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ABSTRACT 

 
This thesis presents a new open-source carbonate reservoir benchmarking case study, the 

COSTA model, that uniquely considers major uncertainties inherent to carbonate 

reservoirs, providing a far more challenging and realistic benchmarking test for a range 

of geo-energy applications. The COSTA model is large (1,600 km2), with many wells 

(447) and large associated hydrocarbon volumes (109 bbls). The dataset embeds many 

interacting geological and petrophysical uncertainties in an ensemble of model concepts 

with realistic geological and model complexity levels and varying production profiles. 

The large number of models and long-run times creates a harder computational challenge 

than older benchmarking models. 

The COSTA model takes inspiration from the shelf-to-basin geological setting of the 

Upper Kharaib Member (Early Cretaceous), one of the most prolific aggradational 

parasequence carbonate formations sets in the world. The dataset to build the model uses 

43 wells from fully anonymized published data from the north-eastern part of the Rub Al 

Khali basin, a sub-basin of the wider Arabian Basin. My model encapsulates both the 

large-scale geological setting and reservoir heterogeneities found across the shelf-to-

basin profile (~36,000 km2), into one single model (~8,300 km2), for geological 

modelling and reservoir simulation studies.  

The result of this research is a semi-synthetic but geologically realistic suite of carbonate 

reservoir models that capture a wide range of geological, petrophysical, and geomodelling 

uncertainties and that can be history-matched against an undisclosed, synthetic truth case. 

The models and dataset are made available as open-source to analyse several issues 

related to testing new numerical algorithms for reservoir characterisation, uncertainty 

quantification, reservoir simulation, history matching, robust optimisation, and machine 

learning. The novelty of my work is the provision of a unique and realistic open-access 

dataset that enables reproducible science in the field of reservoir characterisation and 

simulation and offers new training opportunities in the areas of reservoir characterisation 

simulation and prediction of the reservoir performance of carbonate reservoirs. The 

model(s) can also be used to study geological sequestration of CO2, the feasibility of 

EOR processes, geothermal and groundwater studies.  
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CHAPTER 1 – INTRODUCTION 

Forecasting the reservoir performance of carbonate reservoirs is a complex process 

because of the heterogenous nature of the system being modelled, both from a static 

(geological) and dynamic (fluid flow) perspective. Additionally, geological models of 

green and brown fields are rarely truly representative of the subsurface due to modelling 

capability, geological uncertainty, measurement uncertainty, and overall limitations in 

data acquisition. As more wells are drilled, and the field's maturity develops, the envelope 

of uncertainty will reduce but will always remain throughout the life of a field.  

The typical workflow for building a geological model tends to concentrate on one 

conceptualised geological understanding of the subsurface, model it, create multiple 

geostatistical realisations (to capture the uncertainty) and then select one for history 

matching and production forecasting. The pitfall in this approach is that we try to tweak 

one biased geological concept to match the production data by adding, for instance, 

permeability multipliers (changing the shape of the relative permeability curves) and pore 

volume multipliers. The main reason for this approach is time constraints. The more 

models we conceptualise and build (not referring to multiple geostatistical realisations) 

using conventional static geological modelling software: 1) the more time is needed and 

2) the more complex the problem becomes. Ultimately, we are base-case led, and it is 

convenient to rely on a single concept for managerial decisions on field development 

schemes [1-3]. 

New methodologies have in recent years been developed, which significantly help reduce 

the time and simplify the process it takes to build multiple geological concepts, e.g., 

structural interpretations, stratigraphic architectures and the distribution of facies. Most 

notably, the work done by Jacquemyn et al., 2019 using a grid-free parametric non-

uniform rational B-splines (NURBS) and again by Jacquemyn et al., 2021 using a sketch-

based interface known as Rapid Reservoir Modelling (RRM). 

Researchers need benchmarking examples to test and validate their reservoir modelling 

techniques based on simulation speed or accuracy, complex development optimisation 

and history matching. Open-source reservoir benchmarking case studies are instrumental 

for reproducible science and enable researchers to test and validate their hypotheses. 

Current pre-built open-source offerings are generally geologically simple, fast to run, and 
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predominantly clastic reservoirs (e.g., the PUNQ S3, SPE10, Brugge Field, Norne Field 

models or the Volve Field) [4-9]. Many benchmark studies provide just one geological 

scenario, ignoring geological uncertainties or simplifying them considerably.  

For clastic reservoirs, the Watt Field [10] was the first open-source initiative developed 

to provide an ensemble of geological models that covers a wide range of common 

uncertainties (e.g., formation tops, fault location, petrophysical properties and facies 

distributions) and modelling choices (e.g., permeability cut-offs, pixel vs object-based 

modelling). The Watt Field created a uniquely challenging history matching benchmark 

given the widely varying performance of the geological models, which did not include 

the truth case model. The Watt Field, which was used in Schulte et al., 2019, enabled the 

researchers to investigate the trade-offs in maximizing heat extraction whilst minimizing 

the energy usage in re-injection to develop a geothermal reservoir. The researchers 

accounted for geological uncertainty in their analysis by using 18 geological models 

provided within the Watt Field ensemble. Their results indicated how important 

geological uncertainties are on optimal well placement and the need to incorporate 

uncertainties to optimise geothermal well placements adequately. Another example using 

the Watt Field was the work conducted by Ibiam et al., 2020. The researchers tested 

various history matching techniques on designing the optimal strategy of a polymer flood 

whilst accounting for geological uncertainties.  

Another open-source clastic reservoir model which played an important role in the 

research conducted by Al-Dhahli et al., 2014, is the Brugge Field [5]. The researchers 

used the Brugge Field to test the impact of pore-scale three-phase flow for arbitrary 

wettability on reservoir-scale oil recovery. The simulations conducted at the reservoir 

scale aided them to conclude that Water-Alternating-Gas (WAG) yielded higher recovery 

factors in a water-wet system, whilst an oil-wet system pure gas injection resulted in a 

higher recovery. Naturally, field-scale recovery predictions are sensitive to different 

geological models and different three-phase relative permeability functions.  

The only open-source models for carbonates are the UNISIM-II-D, UNISIM-II-M, 

UNISIM-II-H and UNISIM-III [11, 12]. These models have a range of uses, from field 

development to optimization and management. UNISIM-II-H captures uncertainties in an 

ensemble of property realizations, such as porosity and permeability fields. While these 

realisations capture some of the field uncertainty, they only encompass a very narrow 

window of uncertainties a geomodeller and reservoir engineer faces concerning 
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interpreting the subsurface and building the static geological and dynamic reservoir 

simulation models. Fundamental uncertainties from interpreting the geological concept 

differently have not yet been considered for carbonate reservoirs and delivered in an open-

source format.  

PUNQ-S3 
(Imperial 

College) 

 

- Synthetic siliciclastic model performed by 

Elf Exploration Production 

- 19 x 28 x 5 grid cells 

- Mimicking sediment deposition of deltaic, 

coastal plain environments. 

- 6 producing wells 

- Gaussian Random Fields for petrophysical 

property propagation. 

- 8 years of production history  

SPE 10  
[6] 

 

- Synthetic siliciclastic model  

- 60 x 220 x 85 grid cells 

- Used to compare up gridding and upscaling 

approaches 

Brugge Field 
 [5] 

 

- Synthetic siliciclastic model 

- 20 million grid cells of 50 m x 50 m x 0.25 

meters 

- Upscaled to 450,000 grid-cells 

- Used for history matching & optimization 

studies in regards to a waterflooding strategy 

focusing on maximizing NPV 

Stanford VI 
 [7] 

 

- Synthetic siliciclastic model 

- 150 x 200 x 200 grid cells 

- Mimicking sinuous channels, meandering 

channels & deltaic deposits. 

- Used for upscaling studies & effect of 

heterogeneity on flow behaviours 

Watt Field  
[10] 

 

- Semi-synthetic model based on real 

siliciclastic data from the Wytch Farm Field 

- Used for upscaling, property distribution, 

uncertainty prediction & history matching 

- Considers interpretational uncertainties in 

top structure, fault location, facies modelling 

& interpretation, petrophysical properties and 

grid resolution 

UNISIM-II 

Ensemble 
[11] 

 

- Synthetic carbonate model 

- 5000 m x 5000 m x 150 m 

- Brazilian Pre-Salt 

- Focusing on oil field development & 

production strategy.  

- Capturing facies distribution, hydraulic 

connection and high permeability streaks 

Table 1: A list of the most popular open-source reservoir models for reservoir simulation 

studies. 

Table 1 presents a list of the most popular open-source reservoir models for numerical 

studies. All models except for UNISIM-II represent siliciclastic reservoirs. As previously 
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mentioned, the Watt Field is the only ensemble of open-source models which cover a 

wide range of common uncertainties inherent to siliciclastic reservoirs. 

1.1 Objectives & Motivation 

Carbonate reservoirs contain over half of the world’s remaining oil reserves and play an 

important role in geothermal energy, carbon capture and storage (CCS), and groundwater 

studies. This thesis identifies the need to create a new benchmark case study for complex 

carbonate reservoirs that captures large scale architectures and small-scale heterogeneity.  

This thesis aims to create a new and unique semi-synthetic but geologically realistic suite 

of carbonate reservoir models that capture a wide range of geological, petrophysical, and 

geomodelling uncertainties and are delivered as open-source. The carbonate reservoir 

models that I will create will all represent the true Mother Nature of my dataset. I will 

capture uncertainties by developing multiple geological interpretations (deterministic 

approach) that create different reservoir architectures that behave differently dynamically. 

This approach better captures uncertainties than relying on stochastic seed but requires 

more effort from the geomodeller [13, 14]. I will include geological uncertainties 

hierarchically as an ensemble of models, from the interpretation of the top structures to 

the stratigraphic framework (e.g., the reservoir and baffle zone tops and thicknesses), the 

facies interpretation, the diagenetic overprints, the reservoir flow unit architecture (e.g., 

cumulative flow and storage capacity), the wettability variations, the free water level 

(FWL) and much more. The ensemble of models created can then be tested and history 

matched against the synthetic production data generated from an undisclosed truth case 

model. One will then compare and contrast flow behaviours, recovery factors, sweep 

efficiencies and more between the multiple model realisations. 

The origin of the data and the geology I will use as an analogue is the Upper Kharaib 

Member (Early Cretaceous), U.A.E. The Upper Kharaib Member was selected as a 

geological analogue because it is one of the most prolific oil and gas producing 

aggradational parasequence carbonate formation sets in the world. One of the unique 

characteristics of the Upper Kharaib Member is that the entire shelf-to-basin sediments 

are preserved, are being fruitfully produced, and there is a high volume of published 

material. I will attempt to capture a downsized shelf-to-basin geological setting of the 

Upper Kharaib Member into one single model with three main anticlines to encapsulate 

different carbonate platform characteristics and reservoir flow unit behaviours for various 

geomodelling and reservoir simulation studies. The data I will assemble will comprise a 
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full suite of open-hole logs and core data made anonymous, rescaled, repositioned and 

structurally deformed; FWLs will be normalized, and the entire model will be placed in 

a unique coordinate system. The sub-layering and zonation in the models will attempt to 

reflect the true large-scale shelf-to-basin reservoir characteristics and architectures of the 

Upper Kharaib Member but in an entirely new synthetic geological structure [15-27]. 

The motivation behind this work is to assist the scientific community in developing new 

numerical algorithms for reservoir characterisation, reservoir simulation, uncertainty 

quantification, robust optimization, machine learning and beyond. The availability of 

such realistic subsurface models and datasets will be key to practising and developing 

uncertainty quantification skills related to carbonate reservoir modelling and production 

forecasting. Moreover, the models and dataset can equally be applied for geothermal 

energy, CCS and groundwater studies.  

1.2 Dataset Overview 

The COSTA dataset has measured field data, static and dynamic models, and production 

data. The dataset comprises a mixture of real and synthetic data. I provide synthetic 

contour maps, well coordinates, a special core analysis (SCAL) database, fluid properties, 

capillary pressure (drainage and imbibition), and relative permeability curves for 

reservoir simulation. I based the open-hole log and core data on real field data. 

I provide 72 model realisations encapsulating 14 uncertainties. I kept all the spatial 

geostatistical parameters of the variograms (e.g., nugget, sill, range, azimuth, variogram 

models) consistent throughout the modelling of all scenarios. However, I re-modelled the 

72 original model scenarios with a reduced spatial variogram range for porosity and 

permeability. In total, 144 models are available as part of the open-source package. 

Included are 30 years of synthetic production data generated from my undisclosed truth 

case model to obtain field-wide and well-by-well production data (oil, gas, water rates, 

bottom-hole pressures etc.) for history matching. The production originates from a 

synthetic field development plan (FDP) devised over 30 years. The FDP was designed to 

mimic an onshore drilling campaign typical for giant onshore carbonate reservoirs in the 

Middle East. I added random Gaussian noise of 5% to the production data, and to the 

bottom hole pressures (BHPs), I added 1% to simulate errors in production measurements 

(Appendix Synthetic Production Data).  
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Supplementary data associated with this thesis can be found in the data repository for the 

COSTA model at https://doi.org/10.17861/6e36e28d-50d9-4e31-9790-18db4bce6e5d. 

Please refer to Appendix Understanding the Data, which explains how to understand the 

data. What is included in the open-source package is as follows:  

1. Pseudo well heads and well coordinates; 

2. Logs with real data but with synthetic depths (core porosity and permeability 

already depth matched with logs); 

3. Synthetic contour maps; 

4. Pre-built static geological models; 

5. 144 pre-built reservoir simulation models; 

6. 30 years of synthetic production data for history matching; 

7. Synthetic Special Core Analysis (SCAL) database; 

8. Database including how to build a stratigraphic modified Lorenz plot (SMLP), 

generate relative permeability and forced imbibition capillary pressure curves and 

saturation height modelling. 

The dataset available in this study provides many opportunities for those willing to rebuild 

their reservoir models when testing, for example, the impact of alternative geological 

concepts, geostatistical modelling techniques, reservoir rock typing methodologies, or 

saturation height modelling approaches on reservoir volumetrics and dynamic 

behaviours.  

1.3 Structure of the Thesis 

The thesis contains seven chapters in total. 

Chapter 1 is the current chapter. It gives a brief overview of the objectives and motivation 

behind building my open-source hierarchal carbonate reservoir benchmarking case study 

for reservoir characterisation, uncertainty quantification and history matching. I review 

the most popular existing open-source reservoir models.  

https://doi.org/10.17861/6e36e28d-50d9-4e31-9790-18db4bce6e5d
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Chapter 2 introduces the main principles of carbonate reservoir characterisation. This 

overview includes identifying what a carbonate factory is, how it differs from a 

siliciclastic system and the principles of stratigraphy and diagenesis in carbonates. 

Chapter 2 also explains what carbonate reservoir rock typing entails, what a capillary 

transition zone is, and discusses wettability in the context of carbonates. The uncertainties 

outlined in this chapter will be considered when building my ensemble of models.  

Chapter 3 discuss the pre-modelling aspects of building the initial model concept of my 

open access carbonate reservoir model truth case. I introduce the Upper Kharaib Member, 

which is my analogue case study. I also provide a dataset overview with the data 

repository link.  

Chapter 4 presents the static geological modelling aspects of creating my undisclosed 

aggradational carbonate build-up reservoir model truth case. Surface modelling to build 

the stratigraphic framework, generate facies maps, select the reservoir rock typing 

methodology, and initialise the model. 

Chapter 5 describes the creation of my 144 semi-synthetic but geologically realistic suite 

of carbonate reservoir models that capture 14 uncertainties encompassing geological, 

petrophysical, and geomodelling uncertainties. I also demonstrate the impact the 

uncertainties had on petrophysical property distributions and reservoir volumetrics at 

large. 

Chapter 6 presents the dynamic behaviour of all 144 ensemble members and discusses 

the generation of 30 years of synthetic production data. I also explore the envelope of 

uncertainty in dynamic reservoir performance (e.g., production profiles and water-cut) of 

all ensemble members. I also investigate the impact grid refinement has on the simulation 

results of one ensemble member. At the end of Chapter 6, I present a small field 

optimisation study where well configurations, well distances, and perforation patterns are 

changed. 

Chapter 7 summarises the key outcomes of this thesis and provides concluding remarks 

followed by recommendations for future work.  
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CHAPTER 2 – CARBONATE RESERVOIRS 

Carbonate reservoirs contain over half of the world’s remaining hydrocarbon reserves and 

are important in geothermal energy and groundwater supply [28].  

The carbonates of the Middle East, which were the main input data for this research, 

contain most of the hydrocarbon resources under development. Because the recovery of 

these resources depends on the knowledge of carbonate heterogeneity, rock-fluid 

properties and field development plans, it inspired me, during my previous work 

experience, to provide the geological, geophysical and petroleum engineering community 

with a series of 3D geological models capturing as much as possible the key 

heterogeneities and the associated uncertainties seen on these carbonates. Fluid flow 

dynamics could be assessed and better predicted by researchers in geoscience and 

petroleum engineering disciplines.  

During the integration of the data and model building process, I kept focusing on 

capturing the carbonate heterogeneity (reservoir fabrics with the associated petrophysical 

variations) so that the fluid distributions across the hydrocarbon column would be well 

represented by a saturation model which honours the capillarity of the different rock types 

at different heights above the FWL. For this purpose, the pore system of the carbonate 

rocks had to be well understood. 

The pore systems of carbonate rocks are significantly more complex than those of clastic 

reservoirs, which leads to a much wider range of uncertainties in reservoir 

characterisation, modelling and flow behaviour. These factors can result in lower 

recovery factors due to inadequate reservoir developments. Quantifying the range of 

possible uncertainties in the entire system (reservoir architecture, rock fabric (pore types), 

wettability variations etc.) and their impact on the flow behaviour during primary, 

secondary, and tertiary production is hence not only critical for increasing recovery 

factors, but there is also the growing need to train new generations of reservoir engineers 

and geomodellers in the skill of quantifying uncertainties related to reservoir modelling 

and production forecasting in carbonate reservoirs. 
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2.1.1 Carbonate Factory 

Carbonates are anionic complexes of (CO3)
2-

 and divalent metallic cations such as Ba, Ca, 

Cu, Fe, Mg, Mn, Sr, and Zn [29]. Two of the most common minerals found in carbonate 

limestones are calcite, CaCO3 and dolomite CaMg(CO3)2. The development of the crystal 

lattice systems in which carbonates form can be grouped into families based on the 

internal arrangement of atoms. The three most common crystallographic systems are 

hexagonal, orthorhombic and monoclinic. [29]. Calcite and dolomite are in the hexagonal 

system. A few exceptions exist, such as aragonite, which crystallizes in the orthorhombic 

system even though it has the same composition as calcite [29].  

The growth of a carbonate factory is mainly dependent on latitude, temperature, salinity, 

water depth, sunlight intensity, turbidity, water circulation, partial pressure of carbon 

dioxide (pCO2), and nutrient supply [30].  

 

Figure 1: Schematic depositional profile of the Shu’aiba U.A.E. formation across its 

shelf-to-basin profile showcasing the variety of carbonate morphologies [15]. 

Better reservoir quality rocks (more grain supported fabrics) are near the shoal-

bank crest region, as depicted in the inner shelf. 

 

Figure 2: Photograph of modern-day carbonate factory as inspiration (~250 meters across 

equivalent to one grid cell in my model). Santa Maria Island, Açores, Portugal. 
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Figure 1 depicts a schematic diagram covering a region from the basin to the coastal area, 

exhibiting the typical lithologies of each environment of deposition. Figure 2 is a modern-

day carbonate factory on Santa Maria Island, Açores, Portugal, used to reference how 

heterogeneous mother nature can be and how important reservoir model grid size plays 

in capturing that heterogeneity. 

2.1.2 Unique Attributes of Carbonates 

Unlike terrigenous sediments, carbonate rocks are formed of materials near or on-site of 

the final accumulation of the sediment, the carbonate factory [31]. The difference between 

siliciclastic rocks and carbonates is that the primary porosity is rarely preserved due to 

early and pervasive diagenesis [32]. As opposed to silicates, CaCO3 minerals are very 

reactive, which causes them to be highly heterogeneous entities because of the additional 

overlay of diagenesis.  

Reservoir Characteristic Terrigenous Sandstones Carbonates 

Amount of primary porosity 25 to 40% 40 to 70% 

Amount of ultimate porosity 
Half or more of primary porosity, 

commonly 15 to 30% 

A small fraction of original 

porosity, commonly 5 to 15% 

Type of primary porosity Almost exclusively interparticle 

It can be interparticle, intraparticle, 

intercrystalline, moldic, vuggy, 

cavernous, fenestral, or 

“constructed void.” 

Type of ultimate porosity 
Almost exclusively primary 

interparticle 

Highly variable owing to different 

origins or pore types 

Typical pore size 
Diameter and throat sizes related to 

depositional texture 

Diameter and throat size may not be 

related to depositional texture 

Typical pore shape 
Dependent on particle shape; 

typically, a “negative” of particles 

Varies from strongly related to 

particle shape to totally unrelated 

Uniformity of pore size and shape 

distribution 

It may be relatively uniform in 

homogenous sand bodies 

Variable from fairly uniform to 

extremely heterogeneous – even 

within a body made up of a single 

rock type 

Influence of diagenesis 
Minor – usually reduction by 

compaction or cementation 

Major – can create, obliterate, or 

modify porosity; cementation and 

solution important 

Influence of fracturing 
Not a major importance in reservoir 

properties 

Major importance in reservoir 

properties if present 

Visual estimation of porosity and 

permeability 

Semi-quantitative estimates may be 

relatively easy 

Semi-quantitative estimates may be 

easy or impossible; instrumental 

measurements commonly required 

Adequacy of core analysis for 

reservoir evaluation 

Core plugs of 1-inch diameter may 

be adequate to determine matrix 

porosity 

Core plugs are commonly 

inadequate; may require whole core 

analyses (~4 inches by 1-foot 

segments) for large pore sizes 

Porosity-permeability relationships 
Relatively consistent; may be 

dependent on particle texture 

Highly variable; may be 

independent of particle texture 

Reliability of log characteristics as 

indicators of depositional facies 

(electrofacies mapping) 

The standard practice that may 

provide reliable proxies for 

depositional facies 

Not reliable because logs cannot 

generally detect differences in 

carbonate grain types or textures 

Table 2: Comparison of terrigenous sandstones and carbonate reservoir rocks, after [29]. 
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The presence of fractures and vugs, which could occur due to karstification-fracturation, 

adds even more complexity to their facies because of the presence of secondary porosity 

(vugs) and the potential occurrence of dual-porosity and dual-permeability, which 

complicates the petrophysical evaluation and the fluid flow. 

COSTA model does not address the role of fracturation and karstification. COSTA model 

provides the framework and data for these features to be explored in subsequent research 

projects. Table 2 shows some key differences between terrigenous sandstones and 

carbonate rocks. 

2.1.3 Diagenesis 

The petrophysical properties of carbonates vary significantly from those of modern 

sediments because of the multiple diagenetic overprints that can occur throughout a 

multitude of burial and/or uplift episodes during geological history. Diagenesis can either 

improve or degrade the petrophysical properties of carbonates. Diagenesis can reduce 

porosity and decrease permeability by severe dolomitization above 80% dolomite, for 

instance, or improve the petrophysical quality of the rock [33]. The most common 

diagenetic overprints and their consequences are as follows: 

1. Calcite carbonate cementation, which decreases overall reservoir quality. 

2. Selective dissolution, which tends to improve rock quality and enhances the 

Archie cementation exponent m. 

3. Massive dissolution (karstification) improves the rock quality and enhances the m 

exponent with implications on petrophysical analysis. 

4. Evaporite mineralization, decreasing reservoir quality and net-to-gross (NTG). 

5. When the bulk volume of dolomite is in the range of 70-80%, dolomitization tends 

to increase rock quality. Above 80% dolomite, in the dolostones, the reservoir 

quality degrades. Saturation exponent n could also change as a result of 

dolomitization. 

6. Mechanical & chemical compaction degrades the reservoir quality and creates 

vertical baffles to fluid flow across stylolitic intervals. 

Identifying diagenetic overprints and superimposing them on original fabrics is important 

to be captured in reservoir modelling workflows [34].  

As mentioned before, carbonates are very susceptible to chemical-mechanical changes 

during burial and/or uplift. Petrophysical properties change as a result of diagenetic 
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overprints. In the Middle East, for the Upper Kharaib Member, there is a general trend of 

porosity and permeability degradation with depth, and the rate of change depends from 

field to field [35, 36]. Because changes in porosity and permeability have a direct 

implication on the capillary pressure (𝑃𝑐) behaviour, it is common to represent those 

diagenetic variations by mapping 𝑃𝑐 changes in space. Figure 3 illustrates the influence 

diagenesis may have on the transformation of carbonate petrophysical properties such as 

capillary pressure. The capillary pressure may differ for the same lithofacies deposited in 

the same environment. Furthermore, a primary excellent lithofacies type from a high-

energy environment such as the ramp crest may become indistinguishable from a poorer 

lithofacies type found on tidal flats. In contrast, dolomitization within a certain range 

(e.g., ~70% dolomite) may improve petrophysical properties of a lithofacies type 

(reservoir rock) [37]. 

 

Figure 3: The link between facies, depositional environment, and capillary pressures after 

[37]. A carbonate system not affected by diagenesis [above] and a theoretical 

diagenetic overprint and its impact on the capillary pressure behaviour of 

different facies [below].  

The resulting petrophysical groups (PGs) can encompass multiple lithofacies; 

respectively, a single lithofacies may need to be subdivided into two or more PGs (Figure 

3). Each PG comprises its unique porosity-permeability relationship and a capillary 

pressure curve that helps determine the initial saturation distribution in the reservoir [12]. 
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2.1.4 Classification of Carbonates 

The Dunham Classification system was devised in 1962 by Robert J. Dunham to 

formalize the categorization of carbonate rocks based on their depositional textures and 

facilitate the identification of lithologies by utilizing a consistent field-wide scheme. This 

was achieved by subdividing limestones based on their matrix content and classifying 

them according to the following three textural features (i) presence or absence of 

carbonate mud, (ii) abundance of grains, and (iii) presence of signs of binding during 

deposition [38].  

The Dunham Classification was a modification and improvement of pre-existing 

classification systems by Archie 1952 [39], the most notable of which was Folk’s 1959 

[40] and 1962 [41] schemes [42]. Folk’s classification emphasized the use of descriptive 

terms in which the fundamental name was based on four grain types (Figure 4) and the 

abundance of those allochems (Figure 5) in respect to the mud content and pore spaces 

within the rock matrix [40].  

 

Figure 4: Classification table of limestone according to Folk’s 1962 scheme [41, 43]. 

Textural modifiers specify grain and crystal sizes and the degree of allochem sorting and 

rounding, which produces highly informative classification nomenclature for carbonate 

rocks. On the other hand, Dunham's classification is preferred to Folk’s system because 



14 

 

it does not require microscopes for accurate naming and can classify varied fabrics 

associated with reefal carbonates [38]. In this system, carbonate rocks are first 

differentiated by the amount of depositional texture retained in the rock, e.g., too little, 

and the rocks are classified as crystalline carbonates. 

 

Figure 5: A textural spectrum for carbonate deposits according to Folk’s 1962 scheme 

[41, 43]. 

The next categorization divides carbonates into depositionally bound or unbound rocks; 

if original components were unbound during deposition, the rock is then scrutinized for 

mud content. Four main names are generated depending on the relative percentage of mud 

and grains in the rock – grainstones, packstones, wackestones, and mudstones.  

 

Figure 6: Classification table of carbonate rocks according to Dunham’s scheme [38, 43] 

Carbonate rocks with little or no mud content are classified as grainstones. From there, 

the subdivisions (Figure 6) are based on the characterization of the rock’s support 
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framework (grain-supported packstones or mud-supported wackestones) and the 

distribution of mud within the matrix. 

Dunham’s Classification, which is adopted in this work, is not without its limitations; 

several revisions have been proposed, first by Embry and Klovan in 1971 and later by 

Wright in 1992 (Figure 7). The Embry and Klovan modifications allowed for bound 

sediments' organic and inorganic differentiation. Organically bound carbonates are 

subdivided into bafflestones, bindstones, and framestones. Inorganically bound 

carbonates are subdivided into floatstones or rudstones depending on their coarse-grained 

skeletal deposits' abundance, and the supporting framework was created [44].  

  

Figure 7: Classification table of skeletal limestones according to Embry and Klovan’s 

scheme [43, 45] 

Wright’s modifications were based on the principle that carbonate textures result from 

the effects of the back-and-forth interaction of depositional regime (Dunham’s 

classification), biological activity (Embry and Klovan’s modifications) and diagenesis 

[46]. Diagenetic influences created a new category for carbonate classification in which 

(crystalline) limestones could be sub-divided into obliterative or non-obliterative types 

depending on the abundance and nature of calcite cement present. While the 

modifications made to Dunham’s classification have remedied many disadvantages posed 

by the old system, all classifications still suffer from the inability to distinguish true 

micrite from microbial (or inorganic in-situ) precipitates [42]. However, the future of 

carbonate classification is moving away from traditional identification methods towards 
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automated, computerized techniques that implement computed tomography (CT) scanned 

images of limestones following Dunham’s naming scheme to standardize the 

classification of carbonate rocks [47]. Where the classification of carbonates was once 

qualitative and subjective, new technology has effectively integrated the advantages of 

the classification above models to generate comprehensive petrographic data of the rocks 

as compiled parameter files.  

Lucia also presents a rock-fabric/petrophysical classification of carbonate pore space 

[33]. In the absence of vuggy porosity, Lucia’s scheme is useful to classify and describe 

the pore-size distribution in carbonate rocks based on interparticle porosity, particle size 

and sorting [32].  

2.1.5 Petrography of Carbonates 

Petrophysical properties of carbonate rocks have a much larger range of variability than 

siliciclastic rocks primarily due to the heterogeneity of the pore system, e.g., different 

porosity types with different pore throat sizes. Figure 8 shows multiple thin sections of 

uniquely different carbonate morphologies, textures and fossiliferous material, which 

help the experienced geologist establish the depositional environments and the diagenetic 

processes. Refer to Table 3 for the selected thin section descriptions.  

Further, on the subject mentioned in Section 2.1.4, carbonate sediments' three most 

characteristic components are their infill materials – sparite, micrite, and allochemical 

components [31]. Sparite or sparry calcite is usually a pore-filling cement with crystal 

structures between 5 microns (µm) up to 1 millimetre (mm) in size. Sparite can develop 

to replace the original micrite or allochemical components along the burial history. 

Micrite or microcrystalline calcite is another carbonate sediment form with grains less 

than 5 µm in size. They are typically characterised as ‘carbonate mud’ due to the fine-

grained sediment. Allochemical components are identified by peloids, oncoids, bioclasts 

and or intraclasts. These organised aggregates of carbonate sediment can be formed along 

the burial history but more specifically within the basin of deposition. Other biological 

constituents include fecal pellets, microbially mediated cement, and lime muds [29]. 
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Figure 8: Thin sections of multiple carbonate morphologies, textures, and fossiliferous 

material [31]. Refer to Table 3 for descriptions, which help experienced 

petrographers establish depositional environments and diagenetic events. 

 

 

 

 

 

 

   

 

   

 

   

 

   

 

   

1) Limestone – Wackestone x 11, PPL 2) Limestone – Mudstone x 43, PPL 

10) Bioclasts [Brachiopods] x 28, PPL 11) Dolomitic Limestone x 20, PPL 

 

12) Dolomite x 20, PPL 

 

7) Bioclasts [Bryozoans] x 27, PPL 8) Bioclasts [Corals] x 16, PPL 9) Bioclasts [Echinoderms] x 31, PPL 

6) Bioclasts [Foraminifera] x 15, PPL 4) Peloids & Intraclasts x 15, PPL 

3) Oolitic Limestone x 27, PPL 

5) Bioclasts [Molluscs] x 13, PPL 

13) Cementation / Stylolitization x 31 

PPL 

 

14) Compaction 

PPL 

 

15) Neomorphism 

 

PPL 
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1 
Grains are bioclasts, mainly echinoderm plates with some 

bryozoans (e.g., lower left part). Matrix of carbonate mud. 

Wenlock Limestone, Silurian 

Shropshire, England 

2 

Matrix-supported limestone with less than 10% allochems – 

microfossils of foraminifera and calcite casts of radiolarian. Thin 

veins of pale blue-stained ferroan calcite This sample is a 

fossiliferous micrite. 

Upper Cretaceous, Pindos 

Zone, Greece 

3 

Oolitic/peloidal sediment in which much of the depositional space 

between grains is unfilled by sediment or cement. Cement types 1) 

fine spar and syntaxial overgrowths on echinoderms (lower left). 

Primary intergranular porosity. 

Portland Stone, Upper 

Jurassic, Dorset, England 

4 

Fragment of locally-reworked sediment, the brachiopod shell 

having once been incorporated in a fine-grained sediment which 

was later eroded to produce intraclasts. Shows a large grain which 

might be described as a ‘coated bioclast’. 

Urswick Limestone, Lower 

Carboniferous, Trowbarrow, 

Cumbria, England 

5 

Limestone with abundant molluscan casts. Most originally 

aragonitic molluscs are preserved as casts – that is the aragonite 

dissolved out during diagenesis leaving a mould which later 

became filled with a sparite cement. Matrix is micritic sediment. 

Eyam Limestone, Lower 

Carboniferous, Ricklow 

Quarry, Derbyshire, England 

6 

Foraminifera with calcite hard parts showing a variety of shapes 

and wall structures. The matrix is mainly micritic sediment with a 

little blue-stained ferroan calcite cement. 

Eocene, San Salvador, 

Majorca 

 

7 

Bryozoans with calcite hard parts and a laminated wall structure is 

preserved. Some have been infilled with fine sediment (upper right) 

but most have a blue-stained, ferroan calcite cement infill. 

Ouanamane Formation, 

Middle Jurassic, Western 

High Atlas, Morocco 

8 

Transverse section and parts of two longitudinal sections of the 

colonial rugose coral Lithostrotion. The pore-filling material is 

mainly sparite cement with some micritic cement between the 

corallites. 

Monsal Dale Limestone, 

Lower Carboniferous, 

Coombs Dalte, Derbyshire, 

England 

9 

Echinoderms are major contributors to the allochemical fraction of 

marine limestones. Complete transverse section of a spine (lower 

right) together with a smaller broken fragment. 

Quaternary, Cap Rhir, 

Morocco 

10 

Brachiopods are important constituents of Palaeozoic and Mesozoic 

limestones. They were originally calcite and so their shell structures 

are well-preserved. Shows a transverse section through several 

spines. 

Eyam Limestone, Lower 

Carboniferous, Ricklow 

Quarry, Derbyshire, England 

11 

Unstained Dolomite – euhedral rhomb-shaped crystals which 

contain inclusions, probably calcite, and are thus cloudy. Pink-

stained, non-ferroan calcite and shows a patchy texture of micrite 

and sparite with few recognizable grains 

Woo Dale Limestone, Lower 

Carboniferous, Derbyshire, 

England 

12 

Dolomite in which crystals are distinctly zoned. Fabric is tightly 

interlocking. Zoning may be partly caused by chemical differences 

in the dolomite but it is probably due mainly to varying amounts of 

foreign matter incorporated in the growing crystals  

Woo Dale Limestone, Lower 

Carboniferous, Derbyshire, 

England 

13 

Limestone which has undergone pressure-solution to such an extent 

that most grain boundaries have been modified and the rock is 

pervaded by thin dark seams. Fine saw-tooth appearance 

characteristic of stylolites. 

Woo Dale Limestone, Lower 

Carboniferous, Long Dale, 

Derbyshire, England 

14 
Bioclastic cement which is highly compacted. Alignment of 

fragments parallel to the bedding. 

Upper Carboniferous, 

Cobridge Brickworks, Hanley, 

Staffordshire, England 

15 

Limestone with matrix made up of find pseudospar. Original 

micritic sediment later experienced neomorphism. Very poor 

petrophysical properties. 

Carboniferous Limestone, 

Llangollen, North Wales 

Table 3: Selective carbonate reservoir characteristics under thin section after [31]. 

2.1.6 Stratigraphic Principles  

One of the preliminary challenges oil and gas exploration companies face once 

exploration wells have been drilled and a prospect defined is to build a framework 

structure model based on stratigraphic principles honouring the inter-well heterogeneity. 

A large part of the integrity of the 3D geological model is based on how well the 

stratigraphic framework has been interpreted. Data acquired from wells only represents a 
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fraction of the geological characteristics, true for subsurface reservoirs. The correlation 

between wells requires extensive spatial extrapolation and can be distributed either 

stochastically or deterministically using geostatistics [48].  Understanding the inter-well 

heterogeneity is a challenge that will remain throughout the entire life cycle of the field, 

from exploration (prospect) to development. Interpreting the inter-well heterogeneity of 

the subsurface is the most difficult and creative part of the 3D modelling process. It can 

cause significant errors if misinterpreted, i.e., poor or insufficient data [48].   

Moreover, it is crucial to identify the location of the field with respect to the platform-to-

basin profile. The aforementioned is a challenge all fields face in the initial stages of data 

gathering and interpretation because spatial data is limited. The use of surface analogues 

(outcrops) or subsurface analogue fields (similar reservoir architectures) could help the 

interpreter. For reservoir models to be predictive, it is fundamental that the depositional 

trends linked to carbonate stacking patterns are clearly matched and geologically sound. 

Seismic sections and dynamic data (pressure) validate the stratal geometries. For 

example, if significant pressure differences exist between adjacent wells, it could indicate 

that those wells are either located in different clinoforms or are separated by sealing faults. 

A 3D seismic and transient well test data could assist in the interpretation. 

Some of the key stratigraphic methods used include lithostratigraphy, which neglects 

sediments' time origin or timing but focuses on disconformities to subdivide the 

stratigraphic succession. Genetic Stratigraphy focuses on maximum flooding surfaces to 

subdivide stratal successions. Sequence Stratigraphy (chronostratigraphy) subdivides 

successions based on correlative unconformities and time-dependent sequences. 

Parasequence Stratigraphy identifies carbonate stacking patterns related to sediment 

supply's eustatic rise and fall. Common stacking patterns include but are not limited to 

fining upwards or coarsening upwards [33]. Lithofacies types should be described within 

a stratigraphic sequence framework to honour the vertical stacking of lithofacies. 

Figure 9 shows the northern prograding stratal clinoform geometries found in the 

Shu’aiba formation, U.A.E. These stratal geometries are used here as a potential analogue 

for the significant role in the distribution of the flow units and the consequent fluid 

movement during reservoir simulation if sequence stratigraphy is not taken into 

consideration. The assessment of volumes and fluid flow forecasts are based on the 

sequence stratigraphic interpretations; hence, the results will have errors if misinterpreted. 

Preliminary challenges are the identification of platform-to-basin profile and honouring 
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carbonate stacking patterns for High-Stand Systems Tracts (HST), Transgressive Systems 

Tracts (TST) and Low-Stand Systems Tracts (LST). In the COSTA model, I had to 

consider this carefully. 

 

Figure 9: Schematic interpretation of inter-well heterogeneity of facies and bounding 

surfaces from shelf to basin in the Shu’aiba formation. Modified from [49]. 

Furthermore, the cyclicity of carbonate build-up and fall is dependent on eustatic sea-

level changes. In order to build a stratigraphic framework, it is important to define third 

(depositional), fourth (high-frequency), and fifth (para-sequences) orders based on the 

respective system tracts (HST, TST & LST) as well as the Sequence Boundaries (SB) and 

Maximum Flooding Surfaces (MFS). This is done with the care of sedimentological and 

palaeontological studies. Once the sedimentological beds have been recognised, they 

must honour the respective depositional geometries, e.g., downlap, onlap and/or 

truncation [48].  

Figure 10 displays the challenges and uncertainties in modelling facies across sigmodal 

geometries along a platform margin. The top of each colour represents a mapped surface 

separating the three major depositional sequences. Green represents the shale-dominate 

LST of each High-Frequency Sequence (HFS) onlapping onto the platform margin. Blue, 

pink, and purple areas are the carbonate-dominated HST for each HFS, showing 

aggradational and progradational geometries. These stratal geometries play a significant 

role in the distribution of the flow units and the consequent fluid movement during 

reservoir simulation. The assessment of volumes and fluid flow forecasts are based on the 

sequence stratigraphic interpretations; hence, the results will have errors if misinterpreted. 
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Identifying transitional cut-offs and boundaries is key to improving my history matches 

and making more predictive forecasts.  

 

Figure 10: Stratigraphic section from an anonymous platform-margin [A] and facies 

distributed within a 332-layer stratigraphic framework [B] [48].  

Table 4 shows some generalized stacking patterns dependent on the eustatic sea-level rise 

and fall during a particular geological period. For example, a coarsening upward 

(porosity) sequence could be associated with a progradational (catch-up) event creating 

sigmodal type stratigraphic geometries. Progradation carbonate build-ups are associated 

with higher deposition rates than the accommodation rate. An aggrading (keep-up 

carbonate) would generally have a more uniform stacked build-up. Aggradational 

carbonate build-ups are associated with the accommodation rate being approximate to the 

rate of accumulation. Retrogradation carbonate build-ups are associated with a period of 

transgression, and generally, the deposition rate is lower than the accommodation rate. 

Please note that only the first four rows in Table 4 are typically associated with one 

another.
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Table 4: Generalized levels of geological uncertainties associated with carbonates. In a hierarchal order, the depositional systems can be linked with a 

carbonate stacking pattern (pre-diagenetic effects), e.g., progradation, retrogradation and aggradation. The stratigraphic framework must 

honour the carbonate stacking pattern (stratal geometries). Please note that only the first four rows are typically associated with one another. 
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Figure 11 illustrates the construction of an appropriate stratigraphic framework that 

honours the stacking system (e.g., porosity trend) seen in logs. All models depicted in 

Figure 11 have a ‘true’ carbonate stacking pattern associated with a depositional system. 

However, if interpreted incorrectly (e.g., diagenetic overprint) can cause enormous errors 

in the interpretation of the stratigraphic framework. Column 1 shows layer-cake 

correlations for aggrading keep-up carbonates, column 2 showcases progradational catch-

up carbonates, and column 3 demonstrates retrograding give-up carbonates. The ‘true’ 

stratigraphic frameworks representing the associated stacking systems (pre-diagenetic 

porosity trends) are highlighted green. 

 

Figure 11: Conceptual representations of the uncertainties in interpreting a stratigraphic 

framework. The ‘true’ stratigraphic frameworks representing the associated 

stacking systems (pre-diagenetic porosity trends) are highlighted green. 

Column 1 shows layer-cake correlations for aggrading keep-up carbonates, 

column 2 shows progradational catch-up carbonates, and column 3 shows 

retrograding give-up carbonates [50]. 
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2.1.7 Carbonate Reservoir Rock Typing 

The fundamental idea of defining Reservoir Rock Types (RRT), or PGs, is to classify and 

group lithofacies in terms of their reservoir quality and, ultimately, their dynamic 

behaviour during single- and multi-phase flow. Gomes et al. (2008) offer a concise 

definition for an RRT, namely that an RRT is “a unit of rock deposited under similar 

conditions that experience similar diagenetic processes having a unique porosity-

permeability relationship, capillary pressure curve and water saturation for a certain 

distance above the FWL in the reservoir”.  

Many studies have attempted to identify appropriate RRTs for carbonates [e.g., 9; 11-13; 

16-18]. However, this process is not straightforward because complex diagenetic 

processes often alter the original pore fabric of carbonates, which can cause significant 

variations to porosity-permeability trends and capillary pressure curves within the 

original lithofacies.  

In addition, wettability in carbonate reservoirs can vary with the height above FWL and 

as a function of mineralogy and (modified) rock fabric, causing further complications 

when defining RRTs for carbonate reservoirs that capture the dynamics of multi-phase 

flow [51, 52]. The consistent integration of SCAL and petrophysical data is important 

when defining RRTs [16,18]. Only then can a reservoir modelling workflow not only 

interpolate porosity-permeability relationships and initial fluid distributions consistently 

between wells but also the distribution of two-phase flow properties, such as relative 

permeability (𝑘𝑟) curves, that control multi-phase flow behaviour. 

For completeness, it should be noted that RRTs could be further subdivided and 

characterized as Static Reservoir Rock Types (SRRTs), also known as PGs, and Dynamic 

Reservoir Rock Types (DRRTs). For the classification of SRRTs, multi-phase flow 

properties such as oil-brine capillary pressure and relative permeability curves, which are 

required for RRTs in dynamic simulation models, are not assigned [37, 53, 54]. This 

creates some limitations in flow simulations due to the failure to capture variability in 

wettability in the form of relative permeability curves. This problem can be solved by 

grouping rocks into DRRTs in which wettability (via 𝑘𝑟 curves) is input on SRRTs to 

generate saturation functions and relative permeability curves for simulation models [54].  
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In summary, the relationships between the original lithofacies and RRTs are complex and 

difficult to unravel and are a key uncertainty during carbonate reservoir characterisation 

and modelling. 

Figure 12 demonstrates a capillary-driven reservoir rock typing methodology using 

Conventional Core Analysis (CCA) and SCAL in this thesis. Thin section analysis aids 

in grouping rock samples based on texture, e.g., Dunham Classification. Nuclear 

Magnetic Resonance (NMR) measures the pore size distribution (PSD) of a plug, 

including the total porosity to quality control with helium porosimeter. Mercury Injection 

Capillary Pressure (MICP) provides capillary pressure curves and pore throat size 

distributions (PTSD). SCAL delves into multi-phase flow experiments, e.g., core-

flooding relative permeabilities, centrifugation, capillary pressure resistivity index etc.  

SCAL experiments are generally carried out on plug samples that originate from the 

reservoir's dominant flow units (interpreting flow units require further techniques not 

demonstrated, i.e., stratigraphic modified Lorenz plots, pressure logging tool). Plug 

samples are prioritized based on their criticality to the development plan for a specific 

reservoir. Non-cored intervals can be estimated from wireline logs, e.g., neural network 

analysis of log response calibrated to the core. A proper reservoir rock typing 

methodology can 1) reduce the subsurface uncertainties and business risk associated with 

the utilisation of analogue data for subsurface models and 2) greatly improve the 

characterisation of the water-flooding process and/or gas injection and give the basis for 

better estimation of water/gas breakthrough times. Understanding and optimising 

reservoir displacement processes can reduce the developmental risk associated with early 

gas breakthrough, e.g., gas injection from an enhanced oil recovery process and can help 

optimise the gas recycling process and gas injection balancing.



 

26 

 

 

Figure 12: Static and dynamic reservoir rock typing of carbonate reservoir rocks after [55, 56]. Thin sections and nuclear magnetic resonance are used 

to compute the pore size distribution and porosity for different rock samples originating from different heights above the free water level [left]. 

Grouping mercury injection capillary pressure and pore throat size distributions for a range of unimodal to trimodal distributions found within 

the COSTA model SCAL database [centre]. Dynamic drainage capillary pressure, relative permeability, and capillary imbibition cycles are 

also found within the COSTA model SCAL database [right]. 
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2.1.8 Capillary Transition Zones 

The capillary transition zone is the portion of the reservoir that is of much importance to 

reservoir management and field development because early water production is expected 

[57-60]. Its thickness is strongly dependent on the rock fabric and hence the pore throat 

radius of the rock r, with more consolidated and tight rocks having higher irreducible 

water saturation values and high capillary threshold pressures than unconsolidated and 

porous rocks. The higher the capillary threshold pressure, the larger the difference in 

height between the oil-water contact (OWC) and the FWL (Figure 13). The COSTA 

model addresses this behaviour, and special consideration had to be taken into account 

for the height and volumetric representation of the capillary transition zone. 

Collecting and interpreting the appropriate two-phase data to model the transition zone 

above the FWL is critical to understanding the fluid flow behaviour in the capillary 

transition zones of tight carbonate intervals present in the COSTA model. There is also 

data in the literature suggesting wettability variations with respect to the height above the 

FWL in many Middle Eastern fields [57, 61, 62]. Furthermore, understanding wettability 

variations versus depth are fundamental for implementing Improved Oil Recovery (IOR) 

and/or Enhanced Oil Recovery (EOR) techniques. The COSTA model addressed these 

phenomena. 

 

Figure 13: A cross-section of a sector model shows water saturation distribution with 

multiple OWCs and one common FWL [left]. Theoretical capillary pressure 

curve for porous media [right] after [63]. 

2.1.9 Wettability 

Wettability is a phenomenon in which a fluid adheres or spreads across a rock surface in 

the presence of another immiscible fluid. It plays an important role during the production 

of hydrocarbons and determines the initial fluid distributions. The degree of wetting of 

solids by liquids is a major factor in the flow processes in the reservoir rock. Electrical 
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forces cause the molecular attraction between molecules of similar elements (cohesion) 

and molecules of dissimilar elements (adhesion) [64]. Moreover, the surface tension (or 

interfacial tension) between two fluids also is a function of the molecular forces acting 

between them under tension. Wettability ultimately influences the capillarity, mobility 

and absorbent properties of the formation. The mobility of water 𝑘𝑟𝑤 and oil 𝑘𝑟𝑜 are also 

a function of capillarity forces, viscosity and density. Some authors suggest that the 

combination of petrophysical properties, lithology, and structural position are the major 

controls for relative permeability curves [65]. 

Figure 14 demonstrates the shape of two fluid drops on a solid surface in the presence of 

air. The respective shape of the fluid drop will indicate its preferential wetting phase. 

Mercury is a non-wetting substance, whilst the air surrounding it is. This concept is in 

reverse for the example of water; as it spreads across the surface, it is wetting the surface 

or water-wet. Contact angle measurements are one way to assess a system's preferred 

wetting quantitatively. 

 

Figure 14: Comparison of wetting and non-wetting fluids [66]. 

Treiber et al. (1972) tested the wettability using the standard contact angle method on 50 

carbonate reservoirs worldwide. The results showed that 28% were oil-wet, 64% mixed-

wet, and 8% were water-wet [67]. Marzouk (1999) researched the wettability of two 

major carbonate oil reservoirs in Abu Dhabi using mainly Amott-Harvey measurements 

on restored cores [68]. These two reservoirs represent approximately 97% of the original 

oil in place (OOIP) in Abu Dhabi and 10% of global oil reserves [69]. The wettability 

measurements conducted on these carbonate reservoirs show a wetting transferal from 

the oil zone [oil-wet] to the transition zone [mixed-wet] and the water zone [water-wet], 

respectively [54, 69-71].  

Other studies using a series of different techniques on restored cores show the same trends 

of wetting variability from crest (oil-wet tendency) to flank (water-wet tendency) of the 

formation [56, 72-75]. In addition, it has been observed that different carbonate rocks, 

e.g., dolomite and limestone (which make up the majority of carbonate reservoir rocks in 
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the U.A.E.) at the same elevation above FWL, show remarkable trends when wettability 

is plotted versus depth [69].  

Wettability can be directly measured or inferred through a variety of molecular and micro 

scale techniques, including but not limited to contact angle measurements, 

chromatographic tests, electrokinetic measurements (ζ-potential), NMR, Atomic Force 

Microscopy (AFM) and the United States Bureau of Mines (USBM) [76]. 

The USBM method developed one of the most reliable ways of determining the preferred 

wettability of a given plug sample [77]. It sheds light on the samples’ irreducible water 

saturations 𝑆𝑤𝑖𝑟𝑟, residual oil saturations after waterflood 𝑆𝑜𝑟𝑤, and capillarity behaviours 

(Figure 15). 

 

Figure 15: Wettability measurement using the United States Bureau of Mines method at 

water-wet [left] and oil-wet conditions [right] after [66]. 

To compute the wettability index, one needs to integrate the area under the capillary 

pressure curve for secondary forced drainage 𝐴1 and the area above the capillary pressure 

curve for forced imbibition 𝐴2 as  

∫ 𝑃𝑐(𝑆𝑤)𝑑𝑆𝑤
1

0
,          (1) 

Once both areas have been computed, the wettability index 𝐼𝑈𝑆𝐵𝑀 is calculated as 

𝑈𝑆𝐵𝑀 = log
𝐴1

𝐴2
,          (2) 

I. 𝐴1 – area under the oil drive capillary pressure curve (secondary forced drainage) 

 

𝑺𝒘𝒊𝒓𝒓 𝑺𝒘𝒊𝒓𝒓 

𝑺𝒐𝒓𝒘 
𝑺𝒐𝒓𝒘 
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II. 𝐴2 – replacement of oil by brine, starting at the irreducible water saturation (𝑆𝑤𝑖𝑟𝑟) 

and ending up with residual oil saturation after waterflood (𝑆𝑜𝑟𝑤), e.g., forced 

imbibition. 

In Figure 16, the shape of the drainage capillary pressure curve (wetting phase displaced 

by non-wetting phase) is a function of the rock type. Fine-grained, mud supported rock 

fabrics have higher capillary pressure at a particular saturation than coarser, grain 

supported rock types. Any point on the capillary pressure curve also represents an 

equilibrium condition between the gravitational and capillary forces of that RRT. 

 

Figure 16: Evolutionary representation of two-phase oil migration to production scenario 

for a water-wet rock-fluid behaviour with high spontaneous water imbibition. 

Pre-hydrocarbon migration [A], primary drainage capillary pressure [B], 

spontaneous imbibition [C], forced imbibition capillary pressure [D], 

spontaneous drainage [E], and capillary pressure hysteresis (scanning curves) 

[F]. Modified from [55, 56] 
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2.2 Summary 

This chapter has carefully explained the major ranges of interpretational uncertainties 

inherent to carbonate reservoirs. The large range of possible interpretational uncertainties 

in the entire carbonate reservoir system, e.g., reservoir architecture, rock fabric (pore 

types) and wettability variations, impact flow behaviour during primary, secondary, and 

tertiary production, are critical to comprehend to increase recovery factors in carbonate 

reservoirs.  

The carbonate reservoir models that I will create will all represent the true Mother Nature 

of my dataset. I will capture uncertainties by developing multiple geological 

interpretations (deterministic approach) that create different reservoir architectures that 

behave differently dynamically. The origin of the data and the geology I will use as an 

analogue is the Upper Kharaib Member (Early Cretaceous), U.A.E. The Upper Kharaib 

Member was selected as a geological analogue because it is one of the most prolific oil 

and gas producing aggradational parasequence carbonate formation sets in the world.  

I will attempt to capture a downsized shelf-to-basin geological setting of the Upper 

Kharaib Member into one single model with three main anticlines to encapsulate different 

carbonate platform characteristics and reservoir flow unit behaviours for various 

geomodelling and reservoir simulation studies. A large range of interpretational scenarios 

and geomodelling techniques will be tested to capture the main components of the 

reservoir architecture, stratal geometries, facies, pore systems, diagenetic overprints, 

wettability variations and more across the shelf-to-basin profile.  
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Chapter 3 – MODEL CONCEPT & DATA PREPARATION 

3.1 Overview 

This chapter will discuss the thought process behind the model concept of my undisclosed 

truth case model. The underlying hypothesis behind my geological model is whether it is 

possible to build a geologically consistent and realistic carbonate reservoir model which 

captures the regional (shelf-to-basin) geological features and reservoir heterogeneities of 

the Upper Kharaib Member into a condensed model size for reservoir simulation studies. 

I also had to think carefully about the open-source provision of the dataset. The data 

should be sourced from public domains, be made anonymous, rescaled and integrated into 

a consistent framework for open-access use. Many questions prevailed throughout the 

conceptualisation of my initial model design and data gathering process, such as  

1. On what basis will the topographical structure of my model be based on 

considering no seismic will be used? 

2. On what basis and by how much shall I condense the regional extent of the 

formation to a manageable size for reservoir simulation studies?  

3. How do I synthesise open-hole log signatures for incomplete wells? 

4. Where do I place the wells in the model to be geologically consistent with the 

depositional environments found from shelf to basin? Ultimately, how many wells 

are sufficient to capture the regional scale heterogeneity? 

5. How will I preserve the typical large-scale reservoir architecture and sequence 

stratigraphy? Will I include baffles and high permeability streaks found in the 

literature?  

6. Considering no seismic is used, how can I justify adding faults as an uncertainty? 

Moreover, should I include fractures, and how will I justify their propagation?  

7. Due to diagenetic overprints, how will I capture the typical reservoir 

heterogeneities, e.g., porosity, permeability, wettability, relative permeability and 

capillary pressure profiles? 
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8. How will the facies be distributed? Furthermore, how many reservoir rock types 

will be required to capture the heterogeneity across the entire shelf-to-basin 

profile?  

9. How do I honour the typical fluid distribution at each well? Moreover, how do I 

ensure that the saturation distributions of the wells are honoured during model 

initialisation, i.e., drainage capillary pressure assigned to different reservoir rock 

types? 

10. How do I ensure that the stock-tank oil initially in place (STOIIP) of my 

undisclosed truth case remains undisclosed when I will provide the SCAL 

database to the end-user with the same 𝑃𝑐 and relative permeability 𝑘𝑟 curves used 

for model initialisation? Will I use the same 𝑃𝑐 and 𝑘𝑟 curves, and if not, how do 

I explain altering them? Ultimately, how many drainage capillary curves are 

needed to provide the end-user with the opportunity to analyse the impact of 

multiple capillary-driven reservoir rock types and saturation height modelling 

techniques on STOIIP and production behaviour?  

11. How do I ensure that the wettability characteristics are honoured both in the 

saturation distribution of the well logs and by the relative permeability curves used 

as dynamic inputs in the reservoir simulator? 

12. Ultimately, after I build my undisclosed truth case, what geological, 

petrophysical, and geomodelling uncertainties will be considered in my ensemble 

of models?  

Throughout this chapter and this thesis at large, I hope the answer to these questions will 

become apparent via the methodologies implemented.  

3.2 Upper Kharaib Member 

The Upper Kharaib Member (Late Barremian) is one of the most prolific aggradational 

parasequence carbonate formation sets globally and is found across multiple countries in 

the Middle East (Figure 17). Within the U.A.E. alone, this geological formation is referred 

to as both the Upper Kharaib Member and Thamama Zone B and is estimated to cover an 

area of 36,000 km2. It is found in the north-eastern part of the Rub Al Khali basin, a sub-

basin of the wider Arabian Basin. It is being produced in many present-day onshore and 

offshore fields and has diverse geological flow unit architectures along with petrophysical 
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property distributions [15, 16]. The Upper Kharaib Member is roughly 160 ft thick, and 

its thickness remains quite constant across the region due to its aggradational build-up. 

 

Figure 17: Lithostratigraphic regional scheme of the Upper Kharaib Member (highlighted 

in green) across the southeast Arabian Plate from platform to basin after [33]. 

 

Figure 18: Structural cross-section of the U.A.E. from southwest to east. The general 

location of the Upper Kharaib Member is highlighted in red. Modified from 

[78]. 

Due to the subsidence of the Arabian plate with the Eurasian Plate, the Upper Kharaib 

Member is found in a series of anticlinal structural traps in the U.A.E., which are 

progressively getting deeper towards the north-east (from current day onshore to 

offshore) [79, 80], as shown in Figure 18. The Upper Kharaib Member can be sub-divided 

into several 4th order sequence stratigraphic cycles or subzones (Figure 19) and exhibits 

a significant heterogeneity contrast between upper (B-Upper) and lower (B-Lower) 

zones. My dataset's estimated thicknesses of B-Upper and B-Lower zones vary between 

59 and 102 ft and 82 and 114 ft, respectively. 
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B-Upper is mainly subdivided into three main subzones, BI, BII, and BIIIU, which have 

a variety of depositional facies. The main facies types are rudist-facies, bacinella-facies, 

and bioclast-grainstone facies [20]. These facies originate from high and moderate-energy 

environments and are interpreted to have been reworked in shallower environments above 

wave base or during storm events (tempestites) [20]. Diverse sedimentation is evident, 

from coarse-grained grainstones to fine-medium grained wackestones [56]. However, B-

Upper is mainly dominated by grain-supported limestone fabrics that were generally 

subjected to early diagenetic dissolution, which in turn allows for a highly permeable 

(e.g., 2000 mD) and highly porous (e.g., 34%) reservoir zones [81].  

 

Figure 19: Early Cretaceous Upper Kharaib Member (Thamama Zone B) facies units and 

reservoir characteristics [73]. 

In comparison, B-Lower is subdivided into two main subzones, BIIIL and BIV. The main 

facies associated with B-Lower are lime mudstone/wackestone facies (LM in Figure 19). 

B-Lower has experienced a higher chemical and mechanical diagenetic effect than B-

Upper; these include cementation, compaction, stylolitisation and dolomitization [73]. 

Furthermore, B-Lower has the same average porosity value as B-Upper, but the 

permeability is generally much lower throughout (1 to 10 mD) [26, 35, 36, 82]. However, 

the deepest buried reservoirs have undergone extreme compaction, diagenetic overprints 

(chemical dissolution due to stylolitisation) and a porosity reduction with depth is 

observed [35, 36]. Moreover, the permeability contrast between B-Upper and B-Lower 

in my dataset is minimal in deeper reservoirs, presumably due to reservoir compaction.  
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Furthermore, honouring the 4th order sequence stratigraphic cycles, the Upper Kharaib 

Member, like the COSTA model, has three main dense zones associated with stylolitic 

intervals, e.g., D1, D2 and D3 (Figure 19). These three main dense zones are found 

between subzones BI-BII, BII-BIIU and BIIIL-BIV and are lower porosity intervals that 

act as partial seals [56]. Generally, these dense zones reduce the vertical communication 

within the reservoir and will be an important inclusion in my ensemble of models when 

building the stratigraphic framework [83].  

3.2.1 Regional Downscaling 

Recall that the shelf-to-basin carbonate deposits of the Upper Kharaib Member, found 

within the U.A.E., is estimated to cover an area of roughly 36,000 km2. If I were to build 

a geological model capturing the entirety of the shelf-to-basin carbonate deposits from 

this formation without downsizing, it would require roughly 46 million grid cells. The 

number of grid cells was based on the reservoir model being 160 ft thick with 2 ft thick 

layers and grid sizes in x and y direction of 250 m; 1,280 grid cells per km2.   

 

Figure 20: A map of the global hemisphere centred on the U.A.E. (highlighted with red 

arrow) [top left] after [84]. The geographic region of interest [bottom left] after 

[85] and major onshore and offshore oil fields produced in and around the 

north-eastern part of the Rub Al Khali Basin in the U.A.E. [right] after [36]. 

The centre of the figure illustrates the COSTA model. This miniaturized 

theoretical structure attempts to capture the main geological features of the 

respective carbonate formation from shelf-to-basin into one condensed 

model—estimated model size 124 x 67 km and 11 million grid blocks. 

To keep computational challenges at bay, I planned to downsize the Rub Al Khali Basin 

area of the Upper Kharaib Member from 36,000 km2 down to 8,300 km2 (124 x 67 km 

size). Figure 20 shows the areal extent of the major oil-producing fields in the region of 
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interest, and the centre of the figure is the theorised model size of the COSTA model. The 

initial estimated model dimension and grid count are shown in Figure 21. 

 

Figure 21: Estimated grid cell count [A] and reservoir area in km2 [B] of my model 

(yellow) and a few selected reservoirs/fields (blue).  

In Figure 21, the estimated dimensions and grid count of the full COSTA model might 

come across as high compared to other listed producing fields; however, my model would 

be later subdivided into three individual anticlinal structures. Each geological closure will 

act as a different reservoir representing a fraction of the total area and have roughly 2 

million grid cells each.  

3.2.2  Synthetic Well Logs 

Once the initial model concept was theorized (model size and grid count), the next step 

was to synthesize open-hole log signatures for the wells I will use as analogues in this 

thesis. The wells used originate across multiple fields producing from the Upper Kharaib 

Member across different carbonate depositional settings (shelf-to-basin) and heights 

above the FWL (specified to capture multiple structural elevations). 43 wells across 22 

different fields producing from the Upper Kharaib Member were used. The 43 wells used 

were made anonymous and have real wireline log (i.e., gamma-ray, density, neutron 

porosity, sonic, effective porosity, resistivity, water saturation) and core data (i.e., 

effective porosity and absolute permeability). The key depositional, petrophysical and 

reservoir characteristics of the 43 wells used in this study are shown in Table 5. The wells 

are ordered from shelf to basin.  
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Table 5: Key depositional, petrophysical and reservoir characteristics of the 43 wells used 

in this study. Wells are ordered from lowest y-northing to highest y-northing 

(shelf-to-basin) and are grouped into four main carbonate depositional 

environments; shelf (HWSH), platform (HWPL), transitional (HWTZ) and 

basinal sediments (HWBA). The length of the data bars indicates high, medium 

or low values. Conditional colours were applied to both Lorenz coefficient and 

reservoir thickness columns. Lorenz coefficient ranges from high (red) to low 

(green) values. The colours are reversed for reservoir thickness, i.e., thicker 

(green) and thinner (red). 

Although most of the wireline logs used in this study comprised a full suite of data, several 

wells did not have resistivity or computed water saturation. Moreover, some wells had 

Well No
Formation 

Top (ft)

Depositional 

Location

Structural 

Position

Lorenz 

Coefficient 

(Lc=2A)

Porosity 

(Cv)

Permeability 

(Cv)

Avg. 

Porosity 

(%)

Avg. 

Permeability 

(mD)

Reservoir 

Thickness (ft)

HW-18 8883 HWSH Below FWL 0.42 0.26 0.81 19.40 3.84 161

HW-19 8393 HWSH Mid Flank 0.15 0.13 0.36 28.70 6.55 159

HW-20 8411 HWSH Mid Flank 0.27 0.17 0.77 22.50 1.91 185

HW-1 8621 HWPL Below FWL 0.43 0.35 1.27 21.40 5.35 132

HW-3 7827 HWPL Oil Zone 0.59 0.40 1.63 23.80 27.05 117

HW-4 8167 HWPL Downflank (TZ) 0.71 0.46 3.06 13.20 28.66 155

HW-5 8198 HWPL At FWL 0.42 0.55 1.79 7.00 0.39 138

HW-6 7929 HWPL Oil Zone 0.56 0.42 1.51 18.10 17.94 157

HW-7 8530 HWPL At FWL 0.69 0.35 2.11 15.20 10.08 146

HW-8 8639 HWPL Below FWL 0.69 0.31 2.96 16.70 17.07 120

HW-9 8607 HWPL Downflank (TZ) 0.63 0.32 1.95 17.10 14.45 143

HW-10 8455 HWPL Mid Flank 0.57 0.31 1.33 18.40 10.54 157

HW-16 8414 HWPL Mid Flank 0.70 0.43 2.09 19.00 20.42 148

HW-22 8830 HWPL Below FWL 0.36 0.44 1.09 10.40 0.44 158

HW-23 8792 HWPL Below FWL 0.72 0.40 2.37 14.10 7.30 176

HW-24 8380 HWPL Oil Zone 0.53 0.40 1.41 18.20 7.14 162

HW-25 8252 HWPL Oil Zone 0.26 0.43 0.88 18.40 3.09 152

HW-26 8474 HWPL Mid Flank 0.48 0.44 1.52 10.80 1.41 175

HW-27 8633 HWPL Below FWL 0.69 0.38 2.05 18.70 7.88 176

HW-28 8543 HWPL Mid Flank 0.63 0.35 1.62 17.10 19.42 196

HW-29 8180 HWPL Oil Zone 0.62 0.35 1.62 26.10 39.20 214

HW-30 8328 HWPL Oil Zone 0.68 0.17 2.26 26.80 48.01 177

HW-31 8598 HWPL Below FWL 0.64 0.25 1.85 18.90 23.46 181

HW-32 8386 HWPL Oil Zone 0.59 0.31 1.56 24.70 43.87 161

HW-2 9469 HWTZ Below FWL 0.04 0.45 0.43 13.90 14.96 123

HW-11 8231 HWTZ Below FWL 0.44 0.44 0.95 8.90 0.33 190

HW-12 8234 HWTZ Oil Zone 0.03 0.51 0.53 13.00 13.29 167

HW-13 7974 HWTZ Oil Zone 0.29 0.51 1.05 11.80 1.76 152

HW-14 8068 HWTZ Mid Flank 0.42 0.47 0.94 10.80 1.75 136

HW-17 8400 HWTZ Below FWL 0.58 0.25 1.85 18.30 9.52 158

HW-21 8227 HWTZ Mid Flank 0.31 0.48 1.12 8.90 0.42 151

HW-33 8137 HWTZ Oil Zone 0.46 0.54 1.57 9.90 1.00 205

HW-36 8176 HWTZ Mid Flank 0.57 0.44 1.61 15.60 20.82 168

HW-15 8199 HWBA Below FWL 0.42 0.35 1.15 14.40 2.90 161

HW-35 8006 HWBA Oil Zone 0.19 0.22 0.56 18.00 1.21 201

HW-37 8140 HWBA Mid Flank 0.67 0.19 2.01 19.30 7.24 140

HW-38 8419 HWBA Oil Zone 0.22 0.28 1.33 13.10 1.66 145

HW-39 8243 HWBA Oil Zone 0.26 0.27 0.64 17.30 2.45 148

HW-40 8835 HWBA Oil Zone 0.38 0.25 0.97 21.00 5.91 144

HW-41 7924 HWBA Oil Zone 0.48 0.23 1.21 22.50 14.43 144

HW-42 8101 HWBA Mid Flank 0.35 0.24 0.98 13.10 0.54 149

HW-43 8743 HWBA Downflank (TZ) 0.16 0.30 0.61 13.00 0.78 151

HW-44 7077 HWBA Oil Zone 0.52 0.29 1.63 26.10 18.15 150
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resistivity, and others had a computed water saturation. Typically, to derive water 

saturation, one will use the wireline log reading of the true formation resistivity and apply 

Archie’s equation (Eq. 3), including the resistivity of formation brine, porosity, saturation 

exponent 𝑛 and cementation exponent 𝑚. However, the wells which only had a computed 

water saturation profile did not reveal the values used for the true resistivity of formation 

(virgin zone); they also missed the resistivity of the formation brine and did not have 

information on 𝑛 and 𝑚.  

The key petrophysical uncertainties in Archie’s saturation equation are the exponents n 

and m, which are not measured downhole. The n is the saturation exponent, a function of 

wettability, and the m is the cementation exponent, which is a function of tortuosity. If 

core measurements were not conducted to derive n and m parameters, it is common to see 

petrophysicists opt for a value of 2 for each. However, these can range within the 

formation between 1.7 and 5 [86]. A higher n value would signify a more oil-wet rock 

and therefore reduce the oil in place for that specific interval.  

I back-calculated the trends in porosity and exponents n and m from wells with resistivity. 

I derived water saturation profiles using a Generalized Reduced Gradient (GRG) 

Nonlinear Solver, a Microsoft Excel solver add-in first introduced by Lasdon et al., 1973. 

The GRG nonlinear solver works by first looking at the slope or gradient of the objective 

function as the values inputted change. The GRG Nonlinear solver then attempts to reach 

an optimum solution, in my case by selecting the minimum difference, until the partial 

derivative equals zero.  

The knowledge I gained from wells with full sets of wireline log data allowed me to 

synthesize water saturation and resistivity profiles for wells that lacked data, i.e., setting 

similar variable parameter values for n and m for a particular well. Figure 22 illustrates 

an example where I back-calculate the petrophysical trends, e.g., water saturation, 

porosity, formation resistivity and m, and applied those trends for wells with comparable 

petrophysical property distributions and at similar heights above the FWL. I also used a 

range of 0.015 to 0.03 ohms for the resistivity of formation brine because the wells 

originate from several fields. The solution of computing a synthetic water saturation 

profile by rearranging Archie’s exponents was non-unique. Archie’s equation is given by 

[87] 

𝑆𝑤 = (
1

𝜑𝑚 ∗
𝑅𝑤

𝑅𝑡
)

1

𝑛
,         (3) 
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where m is the cementation exponent (function of tortuosity), n is the saturation exponent 

(function of wettability), 𝑅𝑤  is the resistivity of formation brine, 𝑅𝑡  is the true resistivity 

of formation (virgin zone), and 𝜑 is porosity. 

Equations 4 to 8 are the rearrangement of Archie’s equation;  

𝑅𝑡 = (
1

𝜑𝑚 ∗
𝑅𝑤

𝑆𝑤
𝑛),                         (4) 

𝑅𝑤 = 𝜑𝑚 ∗ 𝑅𝑡 ∗ 𝑆𝑤
𝑛,         (5) 

𝑛 =
log(

1

𝜑𝑚∗
𝑅𝑤
𝑅𝑡

)

log 𝑆𝑤
,         (6) 

𝑚 =
log(

1

𝑆𝑤
𝑛∗

𝑅𝑤
𝑅𝑡

)

log 𝜑
,         (7) 

𝜑 = (
𝑅𝑤

𝑅𝑡∗𝑆𝑤
𝑛)

1

𝑚
,         (8) 

 

Figure 22: Synthetic water saturation profile created for a well with both resistivity and 

computed water saturation. I used a GRG Nonlinear Solver to back-calculate 

the appropriate trends of petrophysical data, e.g., porosity, formation brine 

resistivity and cementation exponent m for a given water saturation profile. In 

green are synthesised data points and the real data points in black. 

3.2.3 Synthetic Structure 

The original well locations of all 43 wells were rescaled proportionally by a factor of four 

to decrease the areal coverage from 36,000 km2 down to 8,300 km2. I downsized the total 

area to keep future computational challenges at bay. To rescale the well locations, I used 

Pythagorean Theorem to ensure the spatial distances between wells remained honoured. 

I converted the original well coordinates to synthetic well coordinates (Figure 23).  
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Once I had rescaled the spatial distances between the wells, the next step was to create a 

new topographical structure. Recall that a large structural depth difference of 6,000 ft 

exists across the region between the currently producing onshore and offshore reservoirs 

for the same geological formation (Figure 18). Moreover, the wells used in this thesis 

were originally located across multiple anticlinal structural traps which get deeper 

towards the basin (northeast). The next task was to reduce the 6,000 ft structural height 

difference, the total number of structural closures (e.g., Figure 18) and at the same time 

attempt to preserve the structural dips of the actual fields but at a minimized horizontal 

scale. 

I eliminated the large structural differences between fields but preserved the geology, 

internal architecture, porosity and permeability variations and, most importantly, the fluid 

distributions in the reservoir. The process mentioned above was done by first reducing 

the spatial distances between wells and then setting a common FWL across the entire 

model. The individual wells were shifted shallower or deeper by tweaking their Kelly 

Bushing until there was a good agreement between the wells' original hydrocarbon 

columns and the new common FWL. As shown in Figure 23, depth shifts were done by 

first setting an average FWL across the entire area of interest. If the average FWL was 

below the initial OWC of each well, the well was shifted downwards (e.g., field A) to 

make sure they had the same hydrocarbon column thicknesses. If the average FWL was 

above the initial OWC of each field, then the well depths were shifted upwards (e.g., 

fields D & E).  

Using the process above, the saturation distributions of the wells remain honoured to the 

normalized new fluid contact across the entire model. The previous structures of Fields 

A, D and E are now re-mapped as fields A’, D’ and E’ (Figure 23). I reconciled drainage 

capillary pressure curves per rock type across the entire area because I did not 

compartmentalise the reservoir. Reservoir compartmentalisation would require different 

approaches to interpret and model the reservoir, i.e., multiple FWLs, distinct pressure 

volume temperature (PVT) regions.  
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Figure 23: Final synthetic well coordinates and model size [top] and the structural 

deformation of several fields across an area of 36,000 km2 into one model with 

two main anticlines [bottom]. The largest depth shift is around 6,000 ft from 

onshore to offshore fields [88]. 
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The process of determining a common FWL across the entire model, and depth shifting 

wells, was synergetic with creating the topography of the model and the subsequent 

process of creating my synthetic contour map (Section 3.2.4). 

3.2.4 Synthetic Contour Map 

Considering that no seismic velocity cube was available in this study, the next step was 

to create a synthetic contour map that would be later used to model the surfaces in 

PETREL™, honouring both well tops and digitized contour maps. The contour maps 

were drawn by hand and then digitized and input into the geo-modelling software as a 

point well data format (Figure 24 and Figure 25).  

 

Figure 24: Model philosophy showing the two main anticlines of the COSTA model, one 

representing the shelf and platform and the other the transitional and basin 

carbonate sediments.  

Two anticlinal structures were conceptualized at first to divide the estimated model area 

of 8,300 km2 into two main structures (Figure 24). The first reason for having two 

anticline structures is that the reservoir would have been unrealistically large if 

conceptualized as one large anticlinal structure. The second reason for creating two 

structures was that one closure would attempt to capture the geological features of the 

shelf-to-platform characteristics and the other the transitional-to-basin characteristics. 

The third and final reason was that one could later test the reservoir spill points' 
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uncertainty related to hydrocarbon production and/or carbon capture and storage (CCS) 

projects.  

My initial attempt was to place all 43 wells within two anticlinal structures, but I later 

realised that to ensure all the hydrocarbon columns of the wells were honoured in Section 

3.2.2, a third anticline was required. I used PETREL™ software for static geological 

modelling. 

 

Figure 25: Digitized synthetic contour map [left], top depth map of the full COSTA model 

[centre], and dynamic sector models [right], which can be extracted from the 

static geological model to capture multiple shelf-to-basin depositional 

environments. 

This thesis provides two unique contour map interpretations as part of the released data, 

allowing other users to rebuild their geological models. Figure 25 shows one contour map 

interpretation which was digitized and inputted into the geo-modelling software to map 

the surfaces in conjunction with the well tops. Each contour map provides a unique 

structural interpretation map, not to mention the chosen modelling algorithms (i.e., 

convergent, least squares, etc.) for modelling the surfaces. More on this topic will be 

discussed in detail in Section 4.2.1.  

3.3 Summary 

This chapter summarizes all key aspects of data preparation and the conceptualisation of 

my static geological model. The methodology is summarised as follows; 

1. Conceptualize a unique geological structure; 

2. Select 43 wells belonging to 22 producing fields across the shelf-to-basin 

geological setting of the Upper Kharaib Member; 

3. Synthesize open-hole log and core signatures; 

4. Downsize the region of interest from 36,000 km2 down to 8,300 km2; 
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5. Create synthetic well coordinates while downsizing; 

6. Set a new common FWL across the entire model concept; 

7. Shift wells up or down from original depths in such a way to honour the 

hydrocarbon columns of the selected wells with respect to the new FWL; 

8. Create a synthetic contour map to represent the new well depths and surface 

topography. 

Instead of a seismic cube, a unique conceptualized model with a synthetic contour map 

was designed and used. I removed the local field structures and downsized the entire 

estimated area of the Upper Kharaib Member in the U.A.E. from ~36,000 km2 down to 

~8.300 km2. The above process allowed me to restructure the large-scale geological 

setting and the well locations whilst simultaneously creating my synthetic geological 

structures. Moreover, as a whole, the stratigraphic paleo slope is still honoured (shown in 

Section 4.2.3).  

I synthesised water saturation profiles for wells without 𝑅𝑡 measurements by using a GRG 

Nonlinear Solver. The solution of computing a synthetic water saturation profile by 

rearranging Archie’s exponents was non-unique. Nonetheless, I ensured that all the input 

parameters, e.g., 𝜑, n, m, 𝑅𝑤, 𝑅𝑡 and water saturation was geologically consistent. 

In summary, all the real data obtained from published material by the authors and other 

sources has been anonymized, rescaled, repositioned, structurally deformed, FWLs 

normalised and was placed in a unique coordinate system so that the model can be 

released without revealing any of the real well locations or allowing users to link the data 

back to real fields. The large-scale depositional environments, the typical large-scale 

reservoir architecture, and sequence stratigraphy found across the shelf-to-basin profile 

of the Upper Kharaib Member have been represented for the first time into one single 

model with three main anticlines for reservoir simulation and engineering studies.  

The next chapter, Chapter 4, will describe the construction of the stratigraphic sequence 

framework and petrophysical models, which reflect the reservoir characteristics of the 

‘real fields’ but in my entirely new and synthetic structure. 



 

46 

 

CHAPTER 4 – STATIC RESERVOIR TRUTH CASE 

4.1 Overview 

This chapter discusses the modelling aspects of creating the reservoir model for my 

undisclosed truth case representing an aggradational carbonate build-up. My undisclosed 

truth case has a unique STOIIP, stratigraphic framework, reservoir flow unit architecture, 

facies distribution, 27 RRTs, wettability, multiple OWCs, capillary transition zone 

thicknesses, FWL, and skin effect (±5) on all producing wells. 

 

Figure 26: The hierarchal construction of my carbonate reservoir benchmarking truth 

case. The main geological uncertainties I present here are the stratigraphic 

framework (aggradational build-up), the rock typing methodology (capillary-

driven Winland R35 method), saturation height modelling (Skelt-Harrison), 

diagenetic overprints and ultimately the formation wettability. 
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Many interpretational and modelling uncertainties concerning geology and input data 

were considered when building my 3D static truth case model. These include the 

interpretation of top structures, the stratigraphic framework, the facies interpretation, 

diagenetic overprints and modelling, the reservoir rock typing methodology, saturation 

height modelling, wettability variations and the interpolation of petrophysical properties 

between wells. All aspects mentioned above will be elaborated on in this chapter.  

4.2 Model Uncertainties and Modelling Choices 

4.2.1 Surface Modelling 

There are many uncertainties inherent to characterising and modelling the COSTA model 

truth case. The first uncertainty was related to the framework modelling, namely, the 

surfaces based on well tops versus surfaces based on both well tops and digitized contour 

maps (Figure 27). Each modelling choice provides a unique structural interpretation map, 

not to mention the chosen modelling algorithm (i.e., convergent, least-squares etc.). In a 

real-life field case study, the geological structure will inevitably alter throughout time as 

more wells are drilled. Hence the topographic uncertainty and gross rock volume (GRV) 

are key geological uncertainties that should be updated throughout the life of a field. This 

thesis provides two unique contour map interpretations for those willing to rebuild their 

geological models. One of the two contour maps was selected for my truth case and was 

representative of the life of the field.  

 

Figure 27: Uncertainty inherent to modelling the topography of the surfaces. Example of 

a surface based on well tops alone [left] and a surface based on both well tops 

and synthetic contour map [right]. 
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4.2.2 Free Water Level (FWL) 

The uncertainties in fluid and petrophysical properties that impact the placement of the 

FWL were considered in the model design. The saturation distributions can represent (at 

large) the saturation derived from the open-hole logs even with a variation in the FWL of 

±30 ft. However, changing the FWL ±100 ft (extreme case) has not only a dramatic 

impact on STOIIP estimates but is also very important for those working on carbon 

capture and storage projects (Figure 28). For example, the amount of CO2 injected and its 

respective storage design will be directly influenced by the spill points of the reservoir 

closures found across the model [89].  

 

Figure 28: Areal and cross-sectional view of oil saturation distribution across the full 

COSTA model with a ±100 ft variation in the free water level.  

4.2.3 Stratigraphic Framework 

The next key geological uncertainty is the reservoir flow unit architecture, which is based 

on the stratigraphy and the diagenetic overprints of the formation, and which controls the 

porosity and permeability. The sub-layering and zonation in the models were constructed 

in such a way as to reflect the true reservoir characteristics and architectures of the Upper 

Kharaib Member but in my entirely new synthetic geological structure [15-27]. 

The COSTA model is roughly 160 ft thick and consists of 15 geological zones (8 reservoir 

and 7 baffle zones) which have been further subdivided into 62 geological layers. The 

thickness of the grid cells varies between 0.8 ft and 8 ft high, and all the grid cells are 250 

x 250 m long. The layering thickness depended on the detail needed to capture the 

heterogeneity.  



 

49 

 

Figure 29 shows the flow unit architecture concept belonging to the 43 wells used in 

constructing the COSTA model truth case. The Stratigraphic Modified Lorenz Plots 

(SMLP) are used to quantitatively asses the dynamic characterisation of flow and storage 

capacity within each reservoir unit. My data captures multiple vertical and lateral 

heterogeneities along with variable baffle zone thicknesses. This study mimics the 

geometries of real aggradational carbonate build-ups and internal reservoir architectures 

by preserving baffles and flow units along with realistic porosity and permeability trends 

observed in the literature [35, 36, 90, 91]. 

 

Figure 29: Normalized cumulative flow and storage capacity plots for 43 wells with a 

normalized true vertical depth subsea (TVDss) for visualization purposes only. 

The stratigraphic modified Lorenz plots and Lorenz plots are from one of three 

flow unit architecture concepts. 

In the first row of Figure 29, normalized cumulative flow and storage capacity plots (with 

a common TVDss) reveal multiple high and low flow units separated by baffles with 

variable thickness, exhibited as a characteristic step-ladder appearance. The second row 

depicts the SMLP and Lorenz plots, which are used to qualitatively assess the dynamic 

characterisation of flow and storage capacity within each reservoir unit. For the SMLP 

plots, the average values of porosity and permeability per geological layer were computed 

with respect to the isochore thicknesses. The values were normalized to 1 and plotted 

from the bottom to the top. The significance of the SMLP allows one to understand the 

relationship of flow capacity (𝑘ℎ) versus storage capacity (𝜑ℎ) in a hierarchal 
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stratigraphic order and quantify the number of flow units. When the geological layer has 

the same value of 𝑘ℎ and 𝜑ℎ, the visual representation of that phenomenon will behave 

as the dashed red line (Figure 29). The distinctiveness of angle dip between geological 

layers is indicative of the relationship between storage and flow capacity of that flow unit.  

Normalized cumulative flow and storage capacity along with Lorenz plots for six selected 

wells located across depositional environments (Figure 30) are shown in Figure 31. From 

shelf-to-basin, there is a noticeable variation in heterogeneity across my model. What is 

noticeable in this dataset is that most of the wells in and around the platform depositional 

environment exhibit a large heterogeneity contrast between flow and storage capacity for 

the upper and lower parts of the reservoir. Towards the basin, the flow unit architectures 

become more homogenous. 

 

Figure 30: Well coordinates for all 43 wells used in this study, along with the general 

location of the regional depositional environments. Highlighted in red are the 

six selected wells depicted in Figure 31, highlighting the regional heterogeneity 

variation across my model. The flow unit architectures across all wells are 

diverse, but generally, there is a trend; a more uniform flow and storage 

capacity in the shelf and basin areas and a more heterogeneous contrast in and 

around the platform interior – margin areas.  
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Figure 31: Regional flow unit architectures across the shelf-to-basin profile (Figure 30). 

Stratigraphic flow profiles have a normalized cumulative flow capacity (blue) 

and storage capacity (red) with respect to true vertical depth sub-sea.  
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Figure 32 summarizes the wells' key geological and petrophysical characteristics of the 

COSTA model truth case.  

 

Figure 32: Key reservoir characteristics of all 43 wells used in this study ordered from 

lowest y-northing to highest y-northing (from shelf to basin). The six wells are 

shown in Figure 30, and Figure 31 are also highlighted in red (x-axis).  

In Figure 32, the wells are arranged from lowest y-northing (well HW-19) to highest y-

northing (well HW-38) to show the regional change in reservoir thickness, reservoir dip 

angle, Lorenz coefficients and finally reservoir petrophysical properties, i.e., porosity and 

permeability across the shelf-to-basin profile of my model. Overall, there is a slight 

degradation in porosity and permeability towards the basin, and the thickness of the 

reservoir becomes thinner. Thinning of the reservoir is typical of compaction induced 

diagenesis and is evident in my data. Moreover, after restructuring the well depths to 
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comply with my synthetic structure (see Section 3.2.1), the reservoir dip angles remained 

around ~1°. 

4.2.4 Variogram 

Recall that all 43 wells used in this study originate from several different fields producing 

across the shelf-to-basin profile of the Upper Kharaib Member. Due to the nature of my 

dataset, defining a single spatial experimental variogram for such a vast area, i.e., at the 

basin-scale, with many lateral geological variations, is challenging. For example, the 

experimental spatial variogram for porosity continuously increases with lag distance; 

however, the data starts to enter a new cycle at around 32 km in the major direction 

(Figure 33). The trough in the data indicates a non-monotonic variogram structure, 

otherwise known as a “hole effect” structure [92, 93].  

 

Figure 33: Spatial experimental variogram range of porosity across the model computed 

using 17 of the total 43 wells. Major (top) and minor (bottom) variogram 

ranges. 

The origin of the hole effect in my dataset is that I enter wells from another field with a 

different trend after a certain distance. The more wells I include to determine the 

experimental variogram, e.g., 60 km, the less correlatable the data becomes. In this study, 

the maximum correlation length I considered was 32 km in the major range and 20 km in 

the minor range because the data has similar trends up to that distance. 

4.2.5 Facies Maps 

The subsequent three aspects of the model construction are all intertwined and are 

susceptible to interpretational and modelling decision uncertainties: facies maps, 

diagenetic overprints and reservoir rock typing. Facies maps are designed to 

conceptualise the depositional environment in the subsurface. Normally, facies are 

identified through detailed sedimentological studies and are mapped in 2D. However, 
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envisaging a realistic carbonate depositional environment is challenging because 

petrophysical properties of carbonates vary from those of modern sediments due to 

multiple diagenetic overprints that can occur throughout burial history. Diagenesis can 

reduce porosity, alter permeability by redistribution of pore space (dolomitization), or 

improve the petrophysical quality of the rock [33]. Therefore, it is crucial to capture the 

superimposition of diagenetic overprints on original fabrics in reservoir modelling 

workflows by digitizing them into the modelling software. Facies maps are then used for 

trending petrophysical properties such as porosity and permeability in 3D. 

We only core a fraction of the total wells in a reservoir in the real world. Therefore, many 

missing data at the well level, e.g., core permeability, cannot be predicted without a proper 

reservoir rock typing methodology linked to a conceptualised facies distribution back-

allocated to the well using a sequence stratigraphic approach. I have 100% cored porosity 

and permeability values in the COSTA model at the well level but, unfortunately, no 

access to the actual core for facies description. For this reason, the inter-well regions of 

the model did not use a conceptualised facies distribution to generate the 3D trends in the 

properties. Instead, I generated pseudo facies distributions by modelling the mean PTSD 

(µm) across the entire model using the Winland R35 equation (Figure 34). By generating 

mean PTSD maps, I could then reverse-engineer the pseudo facies distributions by 

discretising certain pore throat sizes with a lithological class, i.e., >7 microns would be 

grain supported high energy carbonate fabrics whilst <1 micron would be more mud 

supported low energy carbonate fabrics. Therefore, the facies distributions in the COSTA 

model are referred to as pseudo because they are purely based on petrophysics. The 

aforementioned approach allowed me to reconcile drainage capillary pressure per RRT 

for similar depositional environments (low and high energy) and petrophysical trends 

affected by diagenetic overprints of the Upper Kharaib Member [15, 16, 19-22, 24-26, 

90, 94-107].  

The first step was to model both cored porosity and permeability independently in 3D 

with appropriate geostatistical parameters and a variogram model based on the 

experimental variogram. The mean PTSD was then computed using the Winland R35 

equation in 3D, which is given by [108]  

Winland R35 =  10(0.538∗log 𝑘−0.864∗log 𝜑)+0.731,                                                                 (2) 

where the units for permeability are in millidarcy (mD) and porosity (𝜑) in percentage.   



 

55 

 

The PTSD map was then converted from continuous data into discrete data (RRTs) by 

discretising the entire PTSD histogram into 27 different micron ranges (0 to 7 µm), 

resulting in 27 RRTs (Figure 34). The entire RRT process and quantifying how many 

RRTs would eventually be used was synergetic with screening and grouping the data from 

my synthetic SCAL database (see Section 4.2.7). The process of generating my 

petrophysical based facies map was based on the following steps; 

1) Compute the mean PTSD in microns using Windland R35 Equation 2; 

2) Cluster continuous PTSDs into 27 different micron ranges (0 to 7 µm), resulting 

in 27 RRTs; 

3) Ensure any value above 7 microns equates to RRT 27. 

 

 

Figure 34: Continuous distribution of mean pore throat size distribution (microns) across 

the entire model [A]. Discrete distribution of 27 grouped micron ranges from 0 

to 7 µm [B]. Cross-sectional view of the continuous mean pore throat size 

distribution (microns) [C] before converting to discrete reservoir rock type 

groups [D]. The mean pore throat sizes range from 0.1 µm (blue) to 27 µm 

(red). The 27 reservoir rock types range from mud supported low energy 

carbonate fabrics (blue) to more grain supported high energy carbonate fabrics 

(red) in a hierarchical depositional order. The black horizontal line is the FWL.  
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4.2.6 Permeability 

The permeability of my dataset ranges from 0.01 to >600 mD, and the porosity ranges 

from <1 to 36 %. Once I had my full suite of RRT maps, cross-plots of 27 PTSD ranges 

from Winland R35 were used as poro-perm transforms. A collocated co-kriging 

(bivariate) Sequential Gaussian Simulation (SGS) algorithm relating porosity and 

permeability was deployed such that both independent values honour the geological 

trends of the facies maps (Figure 35). Moreover, a non-bivariate distribution of 

permeability in 3D space was modelled for each of the well logs' arithmetic, geometric, 

and harmonic mean permeability upscaling techniques. This approach was based on the 

fact that I have 100% control of permeability at the well level, so predicting permeability 

and porosity at the well level was not an issue, only in the inter-well regions. 

 

Figure 35: Raw porosity vs permeability cross plot before well upscaling [top], 27 

Winland R35 PTSD ranges (0 to 7 µm) [centre] and conformed bivariate 

distribution of porosity and permeability according to the 27 Winland R35 pore 

throat size ranges and trending spatially by honouring the facies map [bottom].  
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4.2.7 Reservoir Rock Typing 

My synthetic SCAL database, part of the released data, contains 110 capillary pressure 

and PTSD curves from anonymized MICP data measured for a wide range of carbonate 

plug samples, all linked to porosity, permeability and Winland R35 values (Figure 36). 

Unimodal, bimodal, and trimodal PTSDs are present in the dataset, capturing multiple 

realistic drainage capillary pressure curves for a wide range of carbonate pore fabrics. 

The open-source provision of the underpinning raw data enables users to analyse the 

impact of using different saturation height modelling functions on STOIIP and 

production.  

 

Figure 36: Cross plots for the 110 mercury injection capillary pressure data included in 

the open-source dataset [left column]. 27 Winland R35 poro-perm transforms 

range from 0.1 to 7 µm. Three selected reservoir rock types with a minimum of 

three samples per reservoir rock type [right column]. Note the wide range of 

capillary threshold pressures (from 1 to 20 psi), as well as porosity and 

permeabilities and pore throat size distributions (from unimodal to trimodal).  
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The entire process of generating a facies map and quantifying how many RRTs would 

eventually be used was synergetic with screening and grouping the data from my synthetic 

SCAL database. I used the Winland R35 reservoir rock typing methodology because it is 

an empirical relationship between pore throat size, permeability (e.g., capillary threshold 

pressure) and porosity. The spread of the entire SCAL database varies from 0 to 7 microns 

which were then discretised into predominantly groups of 0.2 µm. The outcome is 27 

RRTs. The full set of capillary drainage curves for each of the 27 reservoir rock types is 

shown in Figure 37. 

For each of the 27 RRTs, a minimum of three capillary drainage curves were selected 

from my SCAL database based on similar Winland R35 values (Figure 37). There are two 

reasons for doing so. The first reason was diagenetic overprinting; I picked a better or 

poorer drainage capillary pressure curve for a given RRT to mimic dissolution (i.e., 

permeability enhancement) or cementation (i.e., permeability reduction). The second 

reason was to create some real-life uncertainty in selecting the best representation of the 

water saturation with height above FWL for a given grid cell with a given RRT. Over 53 

trillion combinations of capillary pressure curves/RRTs are possible for model 

initialization from which an undisclosed combination was selected for the STOIIP 

calculation of my truth case.  
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Figure 37: 27 reservoir rock types with a selection of at least 3 drainage capillary pressure 

curves for each. Y-axis limited to a maximum of 40 psi which is equivalent to 

a height above the free water level of 310 ft. Capillary threshold pressure ranges 

from 20 psi for reservoir rock type 1 (0 to 0.2 µm) to 1 psi for reservoir rock 

type 27 (≥7 µm)—values for irreducible water saturation range from 4 to 75%.  
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4.2.8 Model Initialisation 

The STOIIP of my undisclosed truth case was generated from 27 saturation height 

functions (one for each RRT), which were modelled using the Skelt-Harrison approach 

[109]. A GRG nonlinear solver was used to back-calculate the most appropriate Skelt-

Harrison fitting parameters for a given drainage capillary pressure curve. Although other 

models can be more appropriate for capturing bimodal and/or trimodal pore throat size 

distributions, the saturation model and the capillary-driven reservoir rock typing 

methodology used in this study proved to be comparatively good at matching the 

saturation profiles from the open-hole logs, which were derived from resistivity. In Figure 

38, I compare the water saturation derived from the open-hole logs and those of my 

saturation height functions for eight wells located at various heights above the FWL. The 

27 saturation height functions used for my truth case remain undisclosed. 

The Skelt-Harrison saturation function is given by 

𝑆𝑤 = 1 − 𝐴 ∗ 𝑒𝑥𝑝 (− (
𝐵

𝐷 + ℎ
)

𝐶

),                                                                                          (3) 

where h is the height above the FWL and A, B, C and D are coefficients to match the 

experimental capillary pressure data. 

I compute the height above the FWL (HAFWL) as [110] 

HAFWL =
144𝑃𝑐

(⍴𝑤 − ⍴𝑜)
,                                                                                                                (4) 

 

where 𝜌𝑜 is the density of the oil phase (e.g., 0.837 g/cc), 𝜌𝑤 is the density of the water 

phase (e.g., 1.135 g/cc), and ∆𝜌 is the density difference between both phases (e.g., 0.298 

g/cc).  
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Figure 38 depicts the high-resolution water saturation distribution for eight wells at different heights above the FWL (e.g., from crest to flank). In Figure 

38, I also compare the water saturation derived from the open-hole logs and those from my saturation height functions. My truth case has an undisclosed 

number of OWCs and capillary transition zone thicknesses.  

 

Figure 38: Eight example well logs and 3 tracks at multiple heights above the FWL. Height above the FWL (0 to 545 ft) [1st track], distribution of 27 

reservoir rock types (1 to 27) [2nd track] and water saturation derived from my saturation height functions (upscaled) and the open-hole logs 

(continuous black line) [3rd track]. Water saturation ranges from 100% (blue) to 0% (dark orange). The reservoir rock typing methodology and 

the saturation height functions match the water saturation derived from the open-hole logs. Scale fixed at 1:220 ft true vertical depth sub-sea. 

Depth is hidden to conceal the FWL of my truth case.
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Figure 39: Eight example well logs and 11 tracks from multiple heights above the FWL. 

Height above the FWL (0 to 545 ft) [1st], gamma ray (2.2 to 27 gAPI) [2nd], 

density (2.1 to 2.7 g/cm3) [3rd], density (1.9 to 2.9 g/cm3) vs. neutron porosity 

(-0.15 to 0.45 ft3/ft3) [4th], neutron porosity (0.05 to 0.4 ft3/ft3) [5th], cored 

porosity (5 to 40 ft3/ft3) [6th], cored porosity vs. neutron porosity [7th], cored 

permeability (0.1 to 500 mD) [8th], formation resistivity (0.2 to 200 ohm) [9th], 

water saturation (0 to 100%) from saturation height functions (upscaled) and 

open-hole log water saturation (continuous black line) [10th] and reservoir rock 

types (1 to 27) [11th]. Scale fixed at 1:280 ft true vertical depth sub-sea (depth 

hidden).  
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4.2.9 Truth Case Visual Summary 

Figure 40 and Figure 41 show the key petrophysical characteristics of my truth case. 

 

 

 

 

 

Figure 40: Cross-sections (southwest to northeast ~180 km) showcasing multiple vertical 

and lateral petrophysical properties across the three structural closures found in 

my truth case. Density (2.1 to 2.7 g/cm3) [A], gamma-ray (2.2 to 70 gAPI) [B], 

porosity (0.05 to 0.35 ft3/ft3) [C], permeability (0.1 to 1500 mD) [D] and 

cementation exponent m (1 to 4.5) [E]. My undisclosed free water level is 

exemplified as the black horizontal line (formation depth is hidden). 
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Figure 41: Cross-sections (southwest to northeast ~180 km) showcasing multiple vertical 

and lateral petrophysical properties across the three structural closures found in 

my truth case. Saturation exponent n (1 to 4.5) [F], reservoir quality index (0 to 

4.5) [G], Winland R35 mean pore throat size (0.1 to 7 µm) [H], reservoir rock 

types (1 to 27) [I] and water saturation (0 to 100%) [J]. My undisclosed free 

water level is exemplified as the black horizontal line (hidden formation depth).  
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4.3 Summary 

This chapter presents my open-source carbonate reservoir base model for reservoir 

modelling and simulation studies. My model depicts the characteristics of the Upper 

Kharaib Member (Late Barremian) from shelf to basin. The model was built to integrate 

and address several reservoir complexities, namely 1) the link between stratal geometries 

and sequence stratigraphy; 2) the spatial correlation (variograms) of facies and 

petrophysical properties across multiple stratal geometries, and 3) the relationship 

between different stratal geometries and flow unit architecture.  

Throughout the construction of my base case, many modelling challenges were 

encountered, predominantly in the early stages of surface modelling. I modelled the 

reservoir at a very high resolution (the average thickness of individual layers was 0.6 ft) 

with 8 reservoir zones and 7 baffles zones. To ensure that the stratigraphy across the entire 

model did not pinch out was very tedious. The entire reservoir rock typing process was 

also challenging because the entire process had to be petrophysically consistent and make 

geological sense, i.e., facies maps, porosity and permeability and ultimately, the oil 

saturation.  

Although I do not include my truth case in the dataset that is released as open-source, the 

SCAL database and well data are provided. My SCAL database provides the user to 

analyse the impact of multiple capillary-driven reservoir rock typing and saturation height 

modelling techniques on STOIIP and production behaviour. My well logs and core data 

also provide the user to rebuild their geological models. 

The next chapter, Chapter 5, will discuss the continual modification to the truth case 

model to account for the hierarchal geological uncertainties that I briefly mentioned in 

Section 4.1. The total geological, petrophysical and gemodelling uncertainties considered 

in the creation of the ensemble of modes will be discussed in full in Section 5.1 
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CHAPTER 5 – RESERVOIR MODEL ENSEMBLE 

5.1 Overview 

In the previous chapter, I discussed the design of the undisclosed truth case, which is not 

included as part of the open-source release. However, in this chapter, I now discuss the 

construction of the ensemble of models’ part of the open-source COSTA model database. 

I rebuilt 72 model scenarios encapsulating 14 different uncertainties (Table 6). I kept most 

of the geostatistical parameters of the variograms (e.g., nugget, sill, azimuth, variogram 

models) consistent throughout the modelling of all scenarios. However, each of the 72 

original model scenarios was also re-modelled with a reduced spatial variogram range for 

porosity and permeability to see its impact on reservoir performance. In total, an ensemble 

of 144 reservoir models, each different from the undisclosed truth case, is available as 

part of the open-source package (Figure 43). 

All 144 models originate from a sector of the full COSTA model (Figure 42). This area 

is chosen to reflect the shelf-to-platform geological characteristics of the Upper Kharaib 

Member and contains 17 out of the total 43 wells used in its construction. The wireline 

log and core data from these 17 wells are provided in this study for those interested in 

reconstructing this sector. Structurally, the sector of the full COSTA model is a four-way 

anticlinal closure which is roughly 60 km long and 26 km wide with flanks dipping 0.6° 

in the northern and southern regions and 1° in the western and eastern regions (~1,600 

km2).  

 

Figure 42: Extracted sector model for reservoir simulation and production data 

generation. Areal map of oil saturation for the full COSTA model [left], a top 

depth map of the field development plan of the sector [centre] and the field 

pressure in the year 2040 [right]. 
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The longer axis of the reservoir is trending northeast-southwest (Figure 42). All model 

releases have 1.3 million active grid blocks, typical for some giant carbonate reservoirs 

in the Middle East. 

Geological concept: I created an undisclosed truth case model followed by two ensemble 

members: ensemble 1 and ensemble 2 (Figure 43). Each ensemble has its unique 

geological concept of the stratigraphic framework and unique reservoir flow unit 

architecture, i.e., the interpretation of the formation tops, baffle tops and their respective 

thicknesses. I kept the number of layers, reservoir and baffle zonation’s constant. 

Consequently, the overall vertical petrophysical property distributions along the 

formation changed. The NTG varies between 80 – 90%.  

 

Figure 43: Summary of my 144 open-source model releases with their respective 

geological uncertainties and modelling decisions. The figure is colour-coded to 

demonstrate the geological concept (red), the choice of data (light blue), the 

model approaches (dark blue) and the model complexity (orange). My 

undisclosed truth case has a unique STOIIP, stratigraphic framework, reservoir 

flow unit architecture, facies distribution, 27 reservoir rock types, wettability, 

multiple oil-water contacts and capillary transition zone thicknesses, free water 

level, and variable but unknown skin effect (±5) at all producing wells. 

I created the first ensemble to select one model to act as the truth case, but only one truth 

case (or true model) exists. I then created two separate ensembles of models for release 
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that honour the data but are different from the truth case. Figure 43 explains that my 

undisclosed truth case has a unique STOIIP, stratigraphic framework, reservoir flow unit 

architecture, facies distribution, 27 reservoir rock types, wettability, multiple oil-water 

contacts and capillary transition zone thicknesses, free water level, and skin effect (±5) 

on all producing wells. 

Choice of data: Each ensemble has a choice of both wireline and cored porosity well data. 

Porosity from logs is generally measured up to over 1000 times the volumes of a core 

plug, and measuring points also vary between, i.e., 0.3 –to 1 ft intervals. Therefore, 

significant uncertainties can be inherent in modelling porosity and matching scales  [111]. 

In this study, the pore volume difference between cored (higher) and logged (lower) 

porosity values are 3%, and hence each contributes to a unique STOIIP.  

My synthetic SCAL database provides the modeller with many water saturation profiles 

with height above the FWL for model initialisation. It contains 110 capillary pressure and 

PTSD curves from anonymized MICP carbonate plug samples linked with porosity, 

permeability and Winland R35 values.  

Modelling choices: Each ensemble has nine permeability maps, six bivariate and three 

non-bivariate distributions. The spatial bivariate permeability distributions were 

modelled linked with either wireline or cored porosity values (and facies). I also include 

individual permeability distributions, which use either arithmetic, geometric or harmonic 

vertical permeability averaging methods. Furthermore, three non-bivariate permeability 

distribution maps are included because permeability prediction at the well level was not 

an issue.  

Model complexity: Each ensemble has six uniquely generated carbonate build-up 

scenarios (facies maps) for each reservoir layer. I initially modelled 27 facies distributions 

and later discretised the facies into 3, 5 and 7 RRT model variants. I clustered the facies 

into a smaller number of rock types to reduce the model complexity, i.e., influence the 

sweep and drainage during reservoir simulation. 

Model anisotropy: 72 model variants were originally created and later re-modelled using 

a reduced anisotropic variogram range for porosity and permeability. I reduced the 

anisotropic spatial range to see the impact on field performance.  

Summary of uncertainties: I incorporated a total of 14 uncertainties in my ensemble, all 

of which will be elaborated on later in this chapter (Table 6). The uncertainties cover 
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complexities that affect the microscopic displacement efficiency (i.e., capillary pressure, 

relative permeability, wettability), areal sweep efficiency (i.e., spatial heterogeneity, 

permeability anisotropy, facies distribution), and vertical sweep efficiency (i.e., 

stratigraphic layering, flow units, vertical heterogeneity, hydrocarbon columns) during 

field development. I did not include fractures and/or faults in this work, and the PVT is 

standard across all ensemble members.  

No Incorporated Uncertainties Related to Interpreting and Modelling Carbonate Reservoirs 

1 Stratigraphic Framework 

2 Net-to-Gross 

3 Facies Distribution 

4 Diagenetic Overprints 

5 Number of Reservoir Rock Types 

6 Porosity Source (Wireline vs. Cored) 

7 Vertical Permeability Profile (Arithmetic, Geometric & Harmonic Averaging) 

8 Spatial Permeability Distribution (Bivariate vs. Non-Bivariate) 

9 Spatial Variability (Variogram) Petrophysical Property Distribution 

10 Stock-tank oil initially in place 

11 Free Water Level 

12 Oil Water Contacts 

13 Capillary Transition Zone Thickness 

14 Formation Wettability 

Table 6: List of incorporated interpretation and modelling uncertainties across my 144 

ensemble members. 

I also included production-related uncertainties (Table 7), elaborated in Section 6.4.4. 

No Production Related Uncertainties 

1 Undisclosed formation skin effect (±5) at all producer wells belonging to my truth case 

2 Zero skin effect at all producer wells belonging to open-source ensemble members 

3 Random Gaussian noise added to oil, water and gas rates (5%) 

4 Random Gaussian noise added to bottom-hole pressures (1%) 

Table 7: List of production-related uncertainties in my ensemble members and to my 

synthetic historical production data.  

5.2 Model Complexity 

In this thesis, three different flow unit architectures were interpreted; my undisclosed truth 

case, ensemble 1, and ensemble 2. All ensembles have unique interpretations of the 

formation tops, baffle tops and their respective thicknesses, along with the cumulative 

flow and storage capacity for every flow unit. Building three different geological concepts 

of the stratigraphic framework and flow unit architecture affects the overall vertical 

profile of petrophysical property distributions. All three flow unit architecture concepts 

have 8 reservoir zones and 7 baffle zones with an average NTG of 85%. 
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Figure 44 shows the interpretational differences in stratigraphy between ensemble 1 and 

2, for well example HW-24. Each ensemble has its unique geological concept of the 

stratigraphic framework and unique reservoir flow unit architecture, i.e., the interpretation 

of the formation tops, baffle tops and their respective thicknesses. I kept the number of 

layers, reservoir and baffle zonation’s constant. Consequently, the overall vertical 

petrophysical property distributions along the formation changed. 

 

Figure 44: Stratigraphic unit interpretational differences between ensemble 1 and 2 for 

well HW-24. Red arrows represent a depth shift of the layers. Orange arrows 

represent a change in the thickness of the baffle zones. Green arrows represent 

a change in thickness of the hydrocarbon-bearing zones. The depth of the 

formation top has also been tweaked. 5 tracks are shown; height above the FWL 

(0 to 220 ft) [1st], water saturation (0 to 100%) from saturation height functions 

[2nd], cored porosity (0.01 to 0.29 fraction) [3rd], cored permeability (0.01 to 

100 mD) [4th] and reservoir rock types (1 to 27) [5th].  

Figure 45 shows the Lorenz plots and SMLPs belonging to the 17 wells within the 

COSTA model sector. The average Lorenz coefficient is 0.59, and the average porosity 

and permeability coefficient of variance (Cv) are 0.36 and 1.83, respectively. However, 
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there is a contrast in heterogeneity between the upper and lower parts of the model. The 

upper part of the model has an average Cv of 0.47 for porosity and 1.01 for permeability. 

The lower part of the model has an average Cv of 0.28 for porosity and 0.89 for 

permeability.  

 

Figure 45: Ensemble 1 and ensemble 2, each having their own concepts of the 

stratigraphic framework (layering) [top row]. Normalized cumulative flow and 

storage capacity plots have a normalized true vertical depth sub-sea for 

visualization only. The stratigraphic modified Lorenz plots and Lorenz plots 

for 17 wells are from one of three flow unit architecture concepts [middle and 

bottom rows].  

5.2.1 Maps of Reservoir Rock Type  

Each ensemble has six uniquely generated carbonate build-up scenarios (i.e., facies maps) 

for each of the 62 geological layers (Figure 48). Recall that I generated facies maps in 

Section 4.2.5 by first modelling cored porosity and permeability independently in 3D 

using the same spatial geostatistical models and parameters. Using all vertical 

permeability profiles derived from different permeability well-log upscaling techniques 

(harmonic, geometric and arithmetic), I repeated this step. I then calculated the mean 
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PTSD (µm) using the Winland R35 equation in 3D (Eqn. 2). The entire process was 

repeated once again using wireline porosity data. The individual PTSD maps were then 

converted from continuous data into discrete data (RRTs) by discretising the entire PTSD 

histogram into 27-micron ranges (from 0 to 7 µm), resulting in 27 RRTs. The 

methodology is summarized in Figure 46 and visualized in Figure 49. 

 

Figure 46: Methodology used to generate 18 permeability maps; 12 bivariate and 6 non-

bivariate distributions between ensembles. Twelve unique carbonate build-up 

scenarios were generated in the process and are showcased in Figure 49. 

Using arithmetic, geometric, and harmonic averaging methods, upscaling the 

permeability data points for each cell penetrated by the wells affects the vertical 

permeability profile and the distribution of mean PTSD in step 3 of Figure 46. Arithmetic 

averaging produced higher permeability values than the geometric averaging method for 

the same dataset. The harmonic averaging provided the lowest average permeability 

models. Consequently, the permeability averaging method affected the spatial 

distribution of mean PTSD (Figure 47). For example, where larger pore throat sizes occur, 

their respective RRT number increases; recall in section 4.2.7 reservoir rock type 1 (0 to 

0.2 µm) to reservoir rock type 27 (>7 µm).  
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Figure 47: The field's average petrophysical characteristics for ensembles 1 and 2 for 

models with 27 reservoir rock types. Ensemble 1 wireline porosity (solid black 

line), ensemble 2 (solid orange line) compared to porosity from the core 

(dashed). Permeability, oil saturation and reservoir rock type distribution for 

both ensemble 1 (solid lines) and ensemble 2 (dashed lines); arithmetic mean 

(green), geometric mean (blue) and harmonic mean (red).  

Figure 48 depicts six carbonate build-up scenarios for ensemble 1 generated using three 

individual permeability well-log upscaling techniques (arithmetic, geometric and 

harmonic) and two porosity sources, i.e., wireline and cored data. 

 

Figure 48: Six reservoir rock type scenarios for a carbonate build-up belonging to the first 

layer of ensemble 1; each map contains seven reservoir rock types from grain 

supported high energy carbonate fabrics (red) to more mud supported low 

energy carbonate fabrics (blue) in a hierarchical depositional order.  
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While all models originally had 27 RRTs, all ensemble members that are a part of the open-source package have a reduced number of RRTs. I discretised 

the 27 RRTs ensemble members into 3, 5, and 7 RRT models by screening the RRT histograms and grouping certain RRTs with one another in such a 

way as to preserve the large-scale heterogeneity (Figure 49). The implication of having variable amounts of RRTs for a given model concept directly 

influences the sweep and drainage during reservoir simulation. It, therefore, helps to expand the uncertainty envelope of this study. 

 

Figure 49: 12 reservoir rock type scenarios belonging to the first layer of ensembles 1 and 2 [left]; each map contains 7 reservoir rock types from grain 

supported high energy carbonate fabrics (red) to more mud supported low energy carbonate fabrics (blue) in a hierarchical depositional order. 

Reservoir rock type clustering shown at five different depths from an ensemble member belonging to ensemble 1 [right]. Visualization was 

made easier by modifying the scale intervals to view only the range of RRTs within the respective planes [112]. 



 

75 

 

  

Figure 50: One ensemble member belonging to ensemble 1 [left] and ensemble 2 [right] is shown at five horizontal slices at different depths. The 

distributions of porosity, permeability, reservoir rock types, oil saturation, along with the 17 wells which fall within this sector, are 

demonstrated. Visualization is made easier by modifying the scale intervals to view only the range of values within the respective planes.  
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Figure 50 shows two ensemble members belonging to ensemble 1 and ensemble 2. Both 

ensemble members used porosity from cored values while permeability was upscaled 

using the harmonic mean averaging technique. The two main geological differences 

between ensembles 1 and 2 are the interpretations of the stratigraphic frameworks and 

flow unit architectures, affecting the vertical and areal distribution of petrophysical 

properties.  

  

Figure 51: Laterally averaged properties for a given reservoir layer across all ensemble 

members with 7 RRTs. Differences in net pore volume, gross block volume and 

grid thickness are associated with having two different stratigraphic 

frameworks concepts, e.g., the interpretation of the formation tops, baffle tops 

and their respective thicknesses. A wide range of average field values for 

porosity is due to the use of wireline or cored values. Permeability profiles vary 

due to the well-log upscaling technique and spatial modelling approach (linked 

to facies maps). Both porosity and permeability have also been modelled with 

a reduced horizontal anisotropic range (discussed in Section 5.2.2). Differences 

in oil per unit area (layer), oil per unit area (total), average field maximum oil-

water capillary pressure, and average field relative permeability to water at 

irreducible oil are also demonstrated.  
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Figure 52: Laterally averaged properties for a given reservoir layer for all ensemble 

members with a variable number of reservoir rock types, e.g., 3, 5, 7 and 27 

RRTs showing the differences in oil per unit area (layer), oil per unit area 

(total), maximum water-oil capillary pressure and relative permeability of 

water at irreducible oil with respect to reservoir height. 
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Figure 51 shows eight petrophysical variations selected from all ensemble members with 

7 reservoir rock types. Comparatively, in Figure 52, I present only the average oil per unit 

area, the average maximum water-oil capillary pressure, and the average relative 

permeability of water at irreducible oil for all ensemble members in this study. The 

petrophysical characteristics differ as RRTs reduce from 27 to 7, 5 and ultimately 3 RRTs. 

The oil saturation of my ensemble members with 27 RRTs exhibit the closest match with 

the water saturation from the open-hole logs (derived from resistivity). The oil saturation 

from the 3, 5 and 7 RRT ensemble members have been left deliberately not matched with 

the open-hole logs. The ensemble members with 3 RRTs show the biggest deviations in 

the wettability characteristics and STOIIP compared to the truth case. Therefore, all 

ensemble members part of the open-source package would have to be corrected during 

history matching. STOIIP comparisons between ensemble members will be elaborated in 

Section 5.2.3. 

 Figure 52 illustrates the average relative permeability of water at irreducible oil 

saturation, i.e., the wettability characteristics across my ensemble members. Generally, 

the wettability varies from water-wet (formation bottom) to oil-wet (formation top) across 

the COSTA model. The relative permeability of water will therefore be higher or lower 

in a particular layer, depending on the preferential wetting of a given RRT. The ensemble 

members with 5 and 7 RRTs mimic the average wettability trend along the reservoir but 

not at the same resolution as those with 27 RRTs. Clustering the RRTs inevitably reduces 

the associated dynamic reservoir inputs, i.e., relative permeabilities and capillary 

pressures. The link between an RRT, pore throat size, wettability, irreducible water 

saturation, and residual oil saturation after waterflood is discussed in more detail in 

Section 6.2.  

Figure 53 exemplifies the distribution of relative permeability of water at irreducible oil 

and the distribution of RRTs along a single, example well path, here for well HW-10. 

This particular example is from an ensemble member with 7 RRTs, and the corresponding 

relative permeability curves are shown. The relative permeability of water is higher for 

RRT 7 (oil-wet) than RRT 1 (water-wet).  
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Figure 53: Distribution of relative permeability of water at irreducible oil and reservoir 

rock types along well HW-10. The seven relative permeability curves used in 

this ensemble member are also shown. Wettability varies from strongly water-

wet (RRT 1) to strongly oil-wet (RRT 7). 
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5.2.2 Model Anisotropy 

Recall that each of the 72 original model scenarios was re-modelled with a reduced spatial 

variogram range for porosity and permeability in Section 4.2.4. I reduced the variogram 

range from 32 km in the major and 20 km in the minor direction to 6 km for both cases. 

Using a shorter variogram range underestimates the overall model pore volume and field 

permeability and was considered a geomodelling uncertainty (Figure 54 and Figure 55).  

 

Figure 54: Laterally averaged properties for a given reservoir layer affected by a reduction 

in range of horizontal anisotropy for ensemble 1 [left column] and ensemble 2 

[right column]. Long major (32 km) and minor (20 km) variogram ranges [solid 

lines] are reduced to 6 km [dashed lines]. Average wireline porosity values 

[black] versus cored values [orange]. Average field permeability; arithmetic 

mean [green], geometric mean [blue] and harmonic mean [red].  

 

Figure 55: Wireline log porosity affected by a reduction in horizontal anisotropic range 

for ensembles 1 and 2 showing reduction of long major (32 km) and minor (20 

km) variogram ranges [left column] to 6 km [right column]. 
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5.2.3 Ensemble Volumetrics 

In this work, I incorporated additional uncertainties in the model ensembles related to the 

STOIIP, namely the number of OWCs and the thicknesses of the capillary transition 

zones. Recall that my undisclosed truth case has 27 RRTs, and each ensemble member 

which is part of the released data, has a reduced number of RRTs. A smaller number of 

RRTs implies a reduced resolution of saturation distribution with height above the FWL. 

Therefore, the number of OWCs and the height of the capillary transition zones 

inevitability differ from my truth case. 

 

Figure 56: Stock-tank oil initially in place between using logged and cored porosity in 

both ensemble 1 (EN1) and ensemble 2 (EN2) with seven reservoir rock types. 

The oil-in-place will uniquely vary between all other ensemble members. 

Using a formation volume factor of 1.525 RB/STB, the difference in STOIIP between 

two ensemble members belonging to ensembles 1 and 2 (each having their unique 

stratigraphic frameworks and 7 RRTs) is as follows (Figure 56): 

- Ensemble 1 has 3.79% (1.17x109 bbls) more oil when using cored porosity 

compared to logged porosity; 

- Ensemble 2 has 3.84% (1.18x109 bbls) more oil when using cored porosity 

compared to logged porosity; 

- Ensemble 2 has, on average, 0.3% (9.5x107 bbls) more oil than ensemble 1 

(statistically insignificant). 



 

82 

 

Figure 57 shows an ensemble member with 27 RRTs which honours the oil saturation 

distributions from the open-hole logs provided in this study. The ensemble members 

which have reduced, i.e., 3, 5, or 7 RRTs, have a significantly larger range of STOIIP 

because I deliberately did not correct the underlying capillary saturation height functions 

to match the log. 
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Figure 57: Cross-sections across the flank of the reservoir showing the effect clustering the number of reservoir rock types has on; the distribution of 

reservoir rock types [A], oil per unit area (layer) [B], distribution of oil saturation with height above the FWL [C] and saturation height functions 

used for model initialisation (gravity-capillary equilibrium) [D]. The oil per unit area (layer) ranges from dark blue (0 ft) to red (1.5 ft), and 

the distribution of oil saturation ranges from light green (0%) to dark red (92%). The number of oil-water contacts and the capillary transition 

zone thicknesses’ inevitability differ amongst ensemble members with fewer reservoir rock types. The range in STOIIP between all ensemble 

members with 27 RRTs and used the same 27 saturation height functions is ±16%. 
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Figure 58: Petrophysical characteristics between three ensemble members belonging to 

ensemble 2. The left column shows three cross-sections with oil saturation 

distribution, reservoir rock types (7 RRTs), and permeability. The right column 

shows areal maps of oil saturation for each case, with the cross-sectional line 

highlighted in red. Comparative STOIIP volumes are shown in Figure 59.  
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Figure 59: Stock-tank oil initially in place difference for three cases shown in Figure 58. 

The difference in STOIIP between Case 1 and Case 3 is 2.4%, equivalent to 7.24x108 bbls 

(Figure 59). All three cases have the same FWL, used cored porosity and the same 

saturation height functions for each of the 7 RRTs. The difference occurs in how the RRTs 

are distributed both vertically and spatially. Having multiple RRT maps influences the 

distribution of hydrocarbons in the models.  

5.3 Summary 

In this chapter, I describe the creation of my suite of 144 semi-synthetic but geologically 

realistic carbonate reservoir models that capture a major range of geological, 

petrophysical, and geomodelling uncertainties. I demonstrate the impact the uncertainties 

have on the distribution of petrophysical properties and reservoir volumetrics at large. 

The value of creating 144 pre-built reservoir models allows the users to explore the impact 

of different fluid flow physics on sweep and recovery across multiple reservoir 

architectures with diverse lateral and vertical rock complexities. Moreover, the open-

source provision of the underpinning raw data provides users with the opportunity to test 

the impact of using different saturation height modelling functions on STOIIP and 

production. Ultimately, the production behaviour across all ensemble members is 

expected to be diverse and will pose a wide and challenging production envelope for 

history matching. The subsequent chapter will showcase the full production envelope of 

all ensemble members and that of my undisclosed truth case.  
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CHAPTER 6 – DYNAMIC RESERVOIR MODELS 

6.1 Overview 

In the previous chapter, I explained the design of the 144 ensembles of models’ part of 

the open-source COSTA model database. In this chapter, I will discuss creating dynamic 

reservoir simulation models. A commercial three-phase, black-oil reservoir simulator was 

used to perform the flow simulations. All ensemble members were initialised as an 

undersaturated fluid system with a gravity-capillary equilibrium and active hysteresis to 

simulate natural depletion and waterflooding. Pressure support is provided by an 

analytical aquifer to add realism and complexity and was modelled using the Carter-Tracy 

method.  

Multiple oil production plateau scenarios were tested to quantify the ideal oil plateau rate, 

which turned out to be 280,000 bbl/day for an average of 12 years. Hence, 280,000 

bbl/day was considered the maximum constraint of the surface facilities. Each producer 

was assumed to have a maximum oil rate of 5,000 bbls/day and a BHP constraint of 300 

psi above the bubble point. The water injectors were solely constrained to a BHP of 6,000 

psi. The full set of reservoir ensemble model parameters and well controls are shown in 

Table 10 and Table 11.  

6.2 Dynamic Reservoir Properties 

I kept the 27 RRT distribution from my truth case to generate as realistic flow behaviour 

as possible. I created oil-water relative permeability and forced imbibition capillary 

pressure curves (hysteresis) for each RRT. The forced imbibition capillary pressure and 

the oil-water relative permeability curves are synthetic but attempt to mimic the 

complexity of carbonate rock wettability which can be oil-wet, neutral or mixed-wet. I 

account for hysteresis by defining (forced) imbibition capillary pressure curves to create 

more realistic production profiles, including residual oil saturation values for each RRT 

after waterflood. These were created using a modified Skjaeveland equation (Eqn. 5) 

[113]. I used the modified Brooks and Corey equations (Eqn. 6 & 7) to generate oil-water 

relative permeability curves [114].  
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The 𝑘𝑟 and 𝑃𝑐 curves which were generated honour the 𝑃𝑐 drainage curves used for model 

initialization which matches the saturation profiles of the open-hole logs (Chapter 4). 

Their respective 𝑆𝑤𝑖𝑟𝑟 end-points are honoured through the end-point 𝑘𝑟, so as to ensure 

that the data is geologically and petrophysically consistent. The end-points and crossover 

of the relative permeabilities were increased/decreased in such a way to be consistent with 

synthetic UBSM wettability indexes, 𝑆𝑤𝑖𝑟𝑟 of the drainage 𝑃𝑐 and the 𝑆𝑜𝑟𝑤 of the forced 

imbibition 𝑃𝑐. 

 

Figure 60: Drainage capillary pressure curves honouring irreducible water saturation cut-

offs [top], the relative permeability of oil (green) and water (red) [centre], and 

forced imbibition capillary pressure curves honouring irreducible water 

saturation and residual oil saturation after waterflood cut-offs [bottom] [115]. 
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The reason for developing a secondary set of forced 𝑃𝑐 drainage curves is due to the nature 

of the mimicked MICP data used in my synthetic SCAL database for model initialization 

(Section 4.2.8). The values of 𝑆𝑤𝑖𝑟𝑟 cannot be representative using MICP due to the nature 

of the experiment; therefore, new 𝑃𝑐 curves with theoretical 𝑆𝑤𝑖𝑟𝑟 end-points were created 

(Figure 60). For the forced imbibition 𝑃𝑐 curves, both the 𝑆𝑤𝑖𝑟𝑟 and 𝑆𝑜𝑟𝑤 values were 

honoured.  

To generate forced imbibition 𝑃𝑐 curves, I used a modified Skjaeveland equation [113] 

which is given by  

 

𝑃𝑐𝑜𝑤𝑖 = 𝑃𝑐𝑜𝑤𝑠𝑡𝑎𝑟 ∗ (
1 − 𝑆𝑤 − 𝑆𝑜𝑟𝑤

1 − 𝑆𝑤𝑖𝑟𝑟 − 𝑆𝑜𝑟𝑤
)

𝑛𝑐𝑜𝑤+

+ 𝑃𝑐𝑒𝑜𝑤 ∗ (
𝑆𝑤 − 𝑆𝑜𝑟𝑤

1 − 𝑆𝑤𝑖𝑟𝑟 − 𝑆𝑜𝑟𝑤
)

𝑛𝑐𝑜𝑤−

,    (5) 

 

𝑘𝑟𝑤 = 𝑘𝑟𝑤𝑖𝑟𝑜 ∗ (
𝑆𝑤 − 𝑆𝑤𝑖𝑟𝑟

1 − 𝑆𝑜𝑟𝑤 − 𝑆𝑤𝑖𝑟𝑟
)

𝑛𝑤

,                                                                                 (6) 

 

While oil-water 𝑘𝑟 curves I generated using the modified Brooks and Corey equations 

[114] which are given by 

 

𝑘𝑟𝑜𝑤 = 𝑘𝑟𝑜𝑐𝑤 ∗ (
1 − 𝑆𝑜𝑟𝑤 − 𝑆𝑤

1 − 𝑆𝑜𝑟𝑤 − 𝑆𝑤𝑖𝑟𝑟
)

𝑛𝑜

,                                                                                  (7) 

 

where 𝑃𝑐𝑜𝑤𝑠𝑡𝑎𝑟 is the capillary pressure maximum at 𝑆𝑤𝑖𝑟𝑟, 𝑆𝑤𝑖𝑟𝑟 is the irreducible water 

saturation, 𝑆𝑜𝑟𝑤 is the residual oil saturation after waterflood, 𝑃𝑐𝑒𝑜𝑤 is the capillary entry 

pressure, 𝑛𝑐𝑜𝑤+ and 𝑛𝑐𝑜𝑤− are coefficients for the positive and negative sections of the 

forced imbibition capillary pressure curve, respectively, 𝑘𝑟𝑤𝑖𝑟𝑜 is the water relative 

permeability maximum at 𝑆𝑤𝑖𝑟𝑟, 𝑘𝑟𝑜𝑐𝑤 is the oil relative permeability maximum at 𝑆𝑤𝑖𝑟𝑟, 

and 𝑛𝑜 and 𝑛𝑤 are exponents for oil and water. 

Wettability krw vs krow interception 

Water Wet > 0.7 

Slightly Water Wet 0.55 - 0.7 

Neutral 0.45 - 0.55 

Slightly Oil Wet 0.45 - 0.3 

Oil Wet < 0.3 

Table 8: Correlations between relative permeability to water 𝑘𝑟𝑤 and oil 𝑘𝑟𝑜 interception 

and rock wettability. 

To quality control whether the wettability of my relative permeability curves matches the 

respective wettability characteristics of my forced imbibition capillary pressure curves, 
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their USBM wettability indexes were computed using the criterion in Table 8 and Table 

9. The wettability index was calculated by the USBM index. integrating the area under 

the secondary forced drainage (𝐴1) divided by the area above the forced imbibition (𝐴2)  

– refer back to Eqn. 2, Section 2.1.9.  

Figure 61 shows the variation in wetting character with respect to the RRTs. My RRTs 

capture the full envelope of wettability characteristics and honour the 𝑘𝑟 along with the 

forced imbibition 𝑃𝑐 curves to create as realistic flow behaviour as possible. 

 

Figure 61: United States Bureau of Mines wettability index per reservoir rock type 

honouring the wettability, irreducible water saturation, and residual oil 

saturation after waterflood in the relative permeability curves.  

Table 9 summarises the dynamic characteristics of my RRTs. The mobile and immobile 

saturations for each fluid phase and each RRT, in this study, are a function of the mean 

PTSD. The total mobile fluids per RRT is the difference between 𝑆𝑤𝑖𝑟𝑟 and 𝑆𝑜𝑟𝑤. With 

degrading mean Winland R35 PTSD, the samples’ 𝑆𝑤𝑖𝑟𝑟 values are increasing. The total 

mobile fluids per RRT is the difference between the 𝑆𝑤𝑖𝑟𝑟 and the 𝑆𝑜𝑟𝑤.  
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RRTs 

Winland 

R35 Cut-

off (µm) 

Swirr 

(%) 

Sorw 

(%) 

Total 

Mobile 

Fluids 

(%) 

𝒌𝒓𝒘 & 𝒌𝒓𝒐 

Interception 

A1  

(Drainage 

𝑷𝒄) 

A2   

(Imbibition 

𝑷𝒄) 

USBM 

Wettability 

Index 
 

1 0 - 0.2 0.9 0 0.1 0.94 1.73 0.67 0.41  

2 0.2 - 0.4 0.87 0 0.13 0.94 2.57 1.08 0.38  

3 0.4 - 0.6 0.84 0 0.16 0.95 1.74 0.71 0.39  

4 0.6 - 0.8 0.8 0 0.2 0.92 1.59 0.68 0.37  

5 0.8 - 1.0 0.77 0 0.23 0.88 1.37 0.65 0.32  

6 1.0 - 1.2 0.4 0.1 0.5 0.73 3.45 1.56 0.34  

7 1.2 - 1.4 0.36 0.11 0.53 0.72 2.26 1.05 0.33  

8 1.4 - 1.6 0.32 0.12 0.56 0.7 3.12 1.59 0.29  

9 1.6 - 1.8 0.29 0.07 0.64 0.67 3.1 1.85 0.22  

10 1.8 - 2.0 0.25 0.1 0.65 0.59 3.99 2.76 0.16  

11 2.0 - 2.2 0.24 0.14 0.62 0.57 4.65 2.68 0.24  

12 2.2 - 2.4 0.23 0.12 0.65 0.55 2.68 1.68 0.2  

13 2.4 - 2.6 0.22 0.1 0.68 0.52 3.95 3.68 0.03  

14 2.6 - 2.8 0.21 0.1 0.69 0.5 2.68 2.72 -0.01  

15 2.8 - 3.0 0.2 0.11 0.69 0.49 3.18 2.94 0.03  

16 3.0 - 3.2 0.19 0.07 0.74 0.47 2.05 2.14 -0.02  

17 3.2 - 3.4 0.18 0.14 0.68 0.53 2.53 2.82 -0.05  

18 3.4 - 3.6 0.17 0.07 0.76 0.43 2.47 3.47 -0.15  

19 3.6 - 3.8 0.16 0.11 0.73 0.42 2.56 3.74 -0.16  

20 3.8 - 4.0 0.15 0.16 0.69 0.36 1.72 2.98 -0.24  

21 4.0 - 4.6* 0.14 0.13 0.73 0.36 1.99 3.78 -0.28  

22 4.6 - 5.0* 0.13 0.17 0.7 0.41 2.17 3.78 -0.24  

23 5.0 - 5.5* 0.12 0.26 0.62 0.31 1.46 3.1 -0.33  

24 5.5 - 6.0* 0.11 0.18 0.71 0.29 2.21 4.71 -0.33  

25 6.0 - 6.2 0.1 0.21 0.69 0.28 2.28 5.07 -0.35  

26 6.2 - 7.0* 0.09 0.27 0.64 0.24 1.05 2.74 -0.42  

27 >7.0 0.08 0.3 0.62 0.23 0.74 2.23 -0.48  

Table 9: Dynamic characteristics of my 27 reservoir rock types for reservoir simulation. 

Conditional colours were applied to the wettability index column. USBM 

wettability index values range from strongly water wet (dark blue) to strongly 

oil-wet (dark red). 

The wettability characteristics of the relative permeability curves which were generated 

attempt to honour the following phenomena: 

- RRTs with high 𝑆𝑤𝑖𝑟𝑟 indicates water-wet tendency; 

- RRTs with intermediate 𝑆𝑤𝑖𝑟𝑟 indicates mixed-wet tendency; 

- RRTs with low 𝑆𝑤𝑖𝑟𝑟 indicates oil-wet tendency. 
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The relationship between 𝑆𝑤𝑖𝑟𝑟 and USBM wettability index matches the results of other 

studies on the notion that from the oil zone (oil-wet) to the TZ (mixed-wet) and the water 

zone (water-wet), there can be wetting transferal in carbonate reservoirs [54-57, 69, 72, 

74, 75, 116]. Figure 55 shows the synthetic relationship between 𝑆𝑤𝑖𝑟𝑟 and 𝑆𝑜𝑟𝑤.  

 

Figure 62: Synthetic relationship between irreducible water saturation and residual oil 

saturation after waterflood for each reservoir rock type. 

Figure 63 depicts the average field values for a particular ensemble member's porosity, 

permeability, water-oil capillary pressure, and relative permeability of water at 

irreducible oil saturation.  

 

Figure 63: Laterally averaged properties for a given reservoir layer belonging to one 

ensemble member. 
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The full set of reservoir descriptions, e.g., reservoir grid, rock and fluid properties, initial 

conditions, and relative permeability analytical data, are summarised in Table 10. 

Reservoir Description 

Avg. Reservoir Length, km 60 

Avg. Reservoir Width, km 26 

Avg. North & South Flank Dip, degrees 0.6 

Avg. East & West Flank Dip, degrees 1 

Avg. Reservoir Thickness, ft 160 

Shallowest Model Depth, ft 7,337 

Deepest Model Depth, ft 8,461 

Range in FWL, ft 8,130 – 8,190 

Reservoir Zones 8 

Baffle Zones 7 

Geological Layers 62 

STOIIP range, bbl. 109 – 1010 

Avg. Water Saturation, % 41 

Reservoir Gridding 

Gridding 181*190*62 

Grid Size (x & y), m 250 

Grid Thickness Range, ft 0.8 – 8.0 

Rock & Fluid Properties 

Avg. Porosity, % 21 

Avg. Porosity Coefficient of Variation (Cv) 0.4 

Avg. Permeability, mD 15 

Avg. Permeability Coefficient of Variation (Cv) 1.8 

Avg. Lorenz Coefficient  0.6 

Rock Compressibility, 1/psi 1*10-6 

Reservoir Temperature, F 251 

Water Compressibility, 1/psi 3.7*10-6 

Water Formation Volume Factor (FVF), RB/STB 1.06 

Water Density, lb/ft3 65.34 

Water Viscosity, cp 0.31 

Water Salinity, ppm 157,482 

Oil Density, lb/ft3 50.86 

Oil Compressibility, 1/psi 3*10-5 

Oil Formation Volume Factor, RB/STB 1.53 

Gas Oil Ratio (GOR), scf/STB 731 

Gas Specific Gravity 0.6 

Initial Conditions 

Initial Reservoir Pressure, psi 4,400 

Reference Depth, ft 7,350 

Bubble Point Pressure, psi 2,166 

Relative Permeability Analytical Data 

Avg. Irreducible Water Saturation (Swirr), fraction 0.32 

Avg. Residual Oil Saturation after Waterflood (Sorw), fraction 0.12 

Avg. Total Mobile Fluids, % 0.57 

Avg. Relative Permeability to Water (krw) and Oil (kro) Interception, fraction 0.56 

Table 10: Dynamic reservoir model description for one ensemble member. 
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6.2.1 Pressure Volume Temperature (PVT) Properties 

PVT data was established based on synthetic but realistic generalized values found from 

fields producing from the Upper Kharaib Member (Figure 64). I used a light oil density 

of 50.86 lb/ft3 produced as an undersaturated fluid system with a gas/oil ratio (GOR) of 

731 scf/STB. Only one set of PVT curves exists in this dataset. However, end users can 

tweak the PVT and test its effect on reservoir performance. Additional information is 

provided in Table 10. 

 

Figure 64: Synthetic fluid properties of the oil and gas phases in the COSTA model. 

6.3 Field development plan (FDP) 

The goal of my FDP was to maximise time on plateau using only water injection. I did 

not consider EOR or IOR. The COSTA model will allow researchers to test EOR and 
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CCS schemes after a prolonged waterflood to see how field life could be extended or how 

the field could be repurposed.  

I assume that production occurs for 30 years (from 2020 to 2050) in one of the three 

anticlines belonging to my undisclosed truth case through a dedicated FDP, shown in 

Figure 65. During the first 5 years, production comes solely from 17 appraisal wells under 

natural depletion. A two-stage 15-year FDP (from 2025 to 2040) added 5-spot water-

flood patterns and peripheral water injectors to the model. The first stage of the FDP 

assumes two drilling rigs are available between 2025 and 2029. The second stage assumes 

a third drilling rig is available between 2030 and 2040. On average, each drilling rig added 

10 vertical onshore wells per year (including mobilisation) to a target depth of 7374 to 

8310 ft TVDss to mimic realistic onshore drilling campaigns typical for giant onshore 

carbonate reservoirs in the Middle East.  

In total, 430 vertical wells were added to the model over 15 years, 248 production wells 

and 182 water injectors (Figure 65). The water injectors are divided into 88 peripheral 

and 94 infill wells. The peripheral water injectors contour the FWL and are roughly 

spaced 2 km apart. The producers and infill water-injectors are in a 5-spot water-flood 

pattern with 1 km spacing between the injectors and producers. Both the producers and 

peripheral water injectors perforate all 62 layers of the reservoir. However, the infill 

water-injectors perforate only the bottom 32 layers of the reservoir to avoid early water 

breakthrough due to the permeability contrast between the upper and lower parts of the 

reservoir. 

Vertical Producer Wells 

BHP Regulated Production, psi 2500 

Rate Controlled Production, bbl/day 5,000 

Perforations, layers 1 to 62 

Vertical Infill Water Injectors 

BHP Regulated Injection Pressure, psi 6000 

Perforations, layers 32 to 62 

Vertical Peripheral Water Injectors 

BHP Regulated Injection Pressure, psi 6000 

Perforations, layers 1 to 62 

Table 11: Well controls for the peripheral and infill producer and water injectors. 

I set a conservative BHP regulated production constraint to all the producers, e.g., 334 

psi above the bubble point (Table 11). All water injectors were constrained only by a BHP 

of 6,000 psi to be under the synthetic fracturing pressure of this reservoir. 
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Figure 65: Number of open producer and water injector wells added to the model over 

time [A]. Schematic of the field development plan with oil potential maps layer 

1 and bottom layer 62 shown side-by-side [B]. Blue is the aquifer, and red is 

the hydrocarbon area. Cross-section of permeability distribution (~300 mD 

streaks in the upper part of the model in red) and 5-spot water flood pattern [C]. 

Infill water injectors perforate only the bottom half of the reservoir. 
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I note that this FDP is not the optimum solution to manage this reservoir. I targeted long 

production plateau time and low water-cut as my management decision. On purpose, I 

leave a lot of room for reservoir simulation engineers and end-users to unravel the 

reservoir's potential, i.e., allow them to explore different reservoir management decisions 

to improve the FDP further. 

6.3.1 Stability Test 

All my models were initialised as an undersaturated system at gravity-capillary 

equilibrium. To validate whether my models are stable (e.g., no fluid redistribution), I 

simulated an ensemble member for 7 years without producing or injecting any fluids, i.e., 

simply monitoring any fluctuations in pressure and saturation with time. Three main 

conditions were tested to validate model stability:  

1. Average field pressure as a function of depth at time zero and at end of the run 

(Figure 66). 

2. Average field pressure as a function of time; i.e., if the model is not equalized, 

there will be a measurable change in pressure vs time, and historical pressure 

change will be more than 10/100 psi (Figure 67). 

3. The maximum time step as a function of time; i.e., if the model cannot reach the 

maximum target time step, then the model is trying to reach stability condition 

Figure 68. 

 

Figure 66: Stability test that measures changes in pressure as a function of depth at the 

start and after 7 years. 
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Figure 67: Stability test that measures changes in average field pressure. Note the narrow 

range of the pressure scale on the y-axis with a total drop of 0.72 psi. 
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Figure 68: Stability testing of an ensemble member where I monitor time step as a 

function of time, changes in field pressure as a function of time for an active 

aquifer, and changes in saturation and pressure as a function of time (from top 

to bottom). The minute changes in these properties indicate that this ensemble 

member is very stable.  
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6.4 Field Performance 

6.4.1 Dynamic Behaviour for Long Variogram Range  

All 72 ensemble member models, which used a long major (32 km) and minor (20 km) 

variogram range to model petrophysical property distributions, were simulated to 

quantify the uncertainty envelope in field and well rates (Figure 69 and Figure 70).  

 

Figure 69: Comparison of field rates for 72 ensemble members and the truth case model 

(red line). The first two rows also show close-ups highlighted by the red box. 

All models have the same set free water level to provide a more focused look 

at the dynamic performance of the different model realisations. The amount of 

reservoir rock types in all ensemble members varies between 3, 5 and 7. 

The maximum variability in oil production rate in 2031, e.g., before plateau production 

is reached, is ~25%, equating to ~40,000 bbl/day. By 2050, the variability in relative 

cumulative oil production reaches ~17% (relative) while it is ~22% for the water-cut 

(absolute) and ~9% for the recovery factor (absolute). Field rates vary significantly across 

all 72 ensemble members and provide a wide uncertainty envelope for later history 

matching exercises. 
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The well rates shown in Figure 70 are from six example wells located across multiple 

structural elevations. In all 72 ensemble members, the production behaviour shows 

diverse oil rates and water-cuts that are commonly observed in Middle Easter carbonate 

reservoirs. Water production mainly becomes an issue in wells located near the flanks of 

the reservoir. However, the water breakthrough times are quite dispersed. Some wells 

belonging to a specific ensemble member exhibit negligibly small water cuts whilst the 

same well belonging to another ensemble member simultaneously water out. Likewise, 

the time on the plateau can vary by ±4 years in crestal wells.  

 

Figure 70. Comparison of well rates for the 72 ensemble members and the truth case (red). 

Note that the six selected wells start at different simulation times due to the 

nature of the field development plan. All models were run with the same free 

water level. 

The recovery factors in Figure 69 are much lower in all ensemble members than in my 

truth case, partly since the original distribution of RRTs has been clustered into 3, 5, and 

7 RRTs. Therefore, the number of 𝑘𝑟 and 𝑃𝑐 tables for reservoir simulation have also been 

reduced. As previously mentioned, the saturation distributions were deliberately not 

matched with the open-hole logs and would have to be corrected during history matching. 

In Figure 71, I demonstrate the field performance of all undisclosed ensemble members 
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with 27 RRTs. The production behaviour is still very heterogeneous, and only the 

recovery factors are more alike (±2.5%). 

 

Figure 71: Field production behaviour of my undisclosed 27 reservoir rock type ensemble 

members and that of my truth case (red). All models have the same set FWL to 

have a more focused look at the dynamic performance of the different model 

scenarios. 

6.4.2 Dynamic Behaviour for Reduced Variogram Range  

I conducted a sensitivity analysis on the horizontal and vertical variability of the 

petrophysical properties by altering the variogram ranges. As discussed in 5.2.2, I re-

modelled all 72 original ensemble members with a reduced horizontal anisotropic range 

of porosity and permeability of 6 km. Figure 72 illustrates the consequence of reducing 

only the horizontal range on the field performance of 12 ensemble members. Figure 73 

demonstrates the consequence of reducing both the horizontal and vertical variogram 

range on the field performance for one ensemble member. 

The maximum variability in field production rates due to a reduction in the horizontal 

anisotropic range can be summarised as follows (readings taken in the year 2050); relative 

oil production rate ~74%, absolute water-cut ~22%, and absolute recovery factor (RF) 

~3% (ignoring lowest RF model anomaly). The time on plateau varies by ±13 years, 

whilst some models do not reach the 280,000 bbl/day plateau.  
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Figure 72: Field production behaviour of 12 ensemble members affected by a reduction 

in horizontal anisotropic range. Long major (32 km) and minor (20 km) range 

(green/blue) reduced to 6 km (orange). 

Figure 73 provides a more focused look at the implication of reducing the horizontal 

continuity of the petrophysical properties for a particular ensemble member. When using 

a reduced variogram range, the overall pore volume of the model is reduced by 6%, which 

in this case equates to a reduction in STOIIP of 1.8 billion barrels. A reduced variogram 

range reduces the relative daily oil production by 13% (33,000 bbl/day) in 2031, the time 

on plateau by 4 years and overall, the absolute water-cut value is increased by 2% in the 

year 2050. 

 

Figure 73: Field production behaviour of one ensemble member affected by a vertical and 

horizontal anisotropic range reduction showing the long variogram range 

(minor 20 km), green, reduced horizontal range of 6 km (orange), and reduced 

horizontal and vertical range (red). The vertical variogram range was reduced 

from 5 ft to 1 ft. 
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I also tested reducing the vertical and horizontal variogram range for the same model. A 

reduced time on the plateau by 1 year along with a 0.6% smaller pore volume was 

observed. The impact of reducing the vertical variogram range is less substantial than 

reducing the horizontal variogram range because the vertical heterogeneity (flow units) 

have already been captured in the basic framework model. 

6.4.3 Effect of Free Water Level (FWL) 

Recall that all 144 ensemble members have been assigned a unique variation in FWL of 

±30 ft. While the saturation distributions can represent (at large) the saturation derived 

from the open-hole logs even with a variation in the FWL of ±30 ft, the impact on the 

reservoir dynamics is significant (Figure 74). The time on plateau varies by ±4 years and 

the absolute water-cut value by ±20% for a single ensemble member. 

 

Figure 74: Variability of plateau production as a function of three different free water 

levels for a single ensemble member. 

6.4.4 Skin Effect 

Recall that all production wells that are a part of my truth case synthetic production data 

have been assigned variable, positive or negative, skin for each of the individual 248 

producing wells. I assigned an undisclosed variable skin on all producer wells because 

the skin is often unknown in real fields and needs to be matched. All ensemble members 

that are a part of the open-source package have been assigned a skin effect of zero. Figure 

75 shows the impact of adding skin to the production wells on the field and well 

performance. Note that a plateau production constraint for these runs was not set in order 

to differentiate the results more clearly, i.e., the producer wells were only constrained by 

rate and BHP. 
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Figure 75: Field performance comparison of a case with zero skin (solid lines) and case 

with positive and negative skin randomly selected for each of the individual 

248 producing wells (dashed lines) [left]. An example of a single producer well 

with a negative skin (solid line) helping improve the oil production rate [right]. 

My undisclosed skin, which has been individually assigned to each of the 248 producer 

wells, increases both the oil production rate (year 2035) and absolute water-cut value 

(year 2050) by 3.5% for a particular ensemble member (Figure 75). 

6.4.5 Effect of Reservoir Rock Type Clustering  

Recall in Chapter 5, while all models originally had 27 RRTs, all ensemble members that 

are a part of the open-source COSTA model database have a reduced number of RRTs. I 

discretised the 27 RRTs into 3, 5, and 7 RRT models by screening the RRT histograms 

and grouping certain RRTs with one another in such a way that I preserve the large-scale 

heterogeneity. The implication of having variable amounts of RRTs for a given model 

concept influences the sweep and drainage during reservoir simulation. It, therefore, helps 

expand the uncertainty envelope of this study. 

A smaller number of RRTs signifies a reduced resolution of saturation distribution with 

height above the FWL. Therefore, the number of OWCs and the height of the capillary 

TZs inevitability differ from an ensemble member with my undisclosed 27 RRTs.  

Figure 76 shows one ensemble member's field performance and dynamic characteristics 

with fewer RRTs. Note that a plateau production constraint for these runs was not set in 

order to differentiate the results more clearly, e.g., the producer wells were only 

constrained by rate and BHP. 
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Figure 76: Field performance and reservoir characterisation of a single ensemble member 

with four clustered reservoir rock type maps; 27 RRTs [red], 7 RRTs [blue], 5 

RRTs [orange] and 3 RRTs [green]. Oil production rate [A], oil production 

cumulative [B], oil recovery factor [C], water-cut [D], average field oil 

saturation with height above the FWL [E], rock type distribution along a single 

well [F], average field relative permeability to water at irreducible oil [G] and 

average field maximum oil-water capillary pressure [H].  

A significant variation in the field performance was observed; absolute water-cut ±3.6%, 

absolute recovery factor ±2.4%, relative oil production rate ±45%, relative cumulative oil 

production ±24% and finally, there is a 60% difference in STOIIP between my 

undisclosed truth case (with 27 RRTs) and the ensemble member with 3 RRTs. As 

discussed previously, the oil saturation from the ensemble members with 3, 5, and 7 RRT 

are deliberately not matched with the open-hole logs and would need to be corrected 

during history matching. 
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6.4.6 Effect of Grid Refinement 

Recall that all model releases have 1.3 million active grid blocks. The grid cells are 250 

x 250 m long, and their thicknesses vary between 0.8 ft and 8 ft. Each of the 144 ensemble 

members was run in parallel on 24 CPUs, and each took between 8 to 24 hours to simulate 

30 years of production history. Although a 1.3 million grid cell model is more likely to 

be used in a real-world environment to keep computational challenges at bay, I wanted to 

test the impact of grid refinement on the predicted reservoir performance. Grid refinement 

tends to reduce numerical dispersion. I refined the grid in x and y direction by a factor 

two and four while keeping layer thicknesses the same, resulting in models with 6.6 

million active grid blocks (125 x 125 m aerial resolution) and 22.6 million active grid 

blocks (62.5 x 62.5 m aerial resolution). With 22.6 million active grid blocks, the model 

took 28 days to run on 24 CPUs. A significant variation in field performance was 

observed; time on plateau ±5.5 years, relative oil production rate ±35%, relative oil 

production cumulative ±9.3%, absolute water-cut ±5% and finally, absolute recovery 

factor ±1.3%. The corresponding results are shown in Figure 77 and Figure 78.  

 

Figure 77: Field performance affected by grid refinement for one ensemble member. 

Original model grid dimension 250 x 250 m [blue], 125 x 125 m [red] and 62.5 

x 62.5 m [green]. 
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Figure 78: Grid refinement of an original model with grid dimension 250 x 250 m (1.3 

million active blocks) to 125 x 125 m (6.6 million active blocks), and 62.5 x 

62.5 m (22.6 million active blocks). The first two rows show the grid resolution 

and areal drainage profiles. The last three rows are cross-sections with two 

producers and one injector in the middle. The water-injection sweep, pressure, 

and oil potential (black represents swept cells) are all visualised for the year 

2050. 
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Using the same grid refined ensemble member, I tested an ultimate recovery factor 

scenario solely by increasing the simulation run time a further 30 years, e.g., until the 

year 2080. No additional wells were added to the FDP and the well production/injection 

constraints were kept the same. The ultimate recovery factor for the ensemble member 

with a refined grid in x and y direction by a factor four is 27% (green line Figure 79).  

 

Figure 79: Ultimate recovery factor and field performance affected by grid refinement for 

one ensemble member. Original model grid dimension 250 x 250 m [blue], 125 

x 125 m [red] and 62.5 x 62.5 m [green]. 

6.5 Field Optimisation 

In this study, all 144 ensemble members incorporate my 15-year FDP, which has 5-spot 

waterflood patterns along with peripheral water injectors contouring the FWL. However, 

my FDP is by no means the optimum solution to manage this reservoir and can likely be 

improved, i.e., better water management, well placement and perforations. I present eight 

different well configuration examples and their impact on field performance (Figure 80). 

These eight scenarios were tested on a small sector of an ensemble member with a 

dimension of 30 km2 (24 x 20 grid cells).  

Cases 1 to 7 honour the following producer well constraints: they operate to a minimum 

BHP of 2,200 psi and a maximum of 5,000 bbl/day and constrain the maximum field 

production rate to 40,000 bbl/day. Case 8 is the only scenario where I incorporate two 

deviated producer wells individually constrained to a maximum daily production rate of 

20,000 bbl/day. All water injectors were constrained to operate to a maximum injection 

pressure of 6,000 psi. All horizontal producer wells have a length of 1,750 m, whilst in 
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case 8, the deviated producer wells are 3,750 m long. All horizontal water injectors are 

2,750 m long. Both water injectors and producers are fully perforated, and all wells are 

spaced 1.5 km apart. 

 

Figure 80: Eight different well configurations tested on a small 30 km2 sector model. 

Cross-sectional view of the model permeability with ~300 mD streaks in the 

upper part of the model (red). Oil producers are coloured in grey and water 

injectors in pink. 
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Figure 81: Field production behaviour of the eight different well configurations shown in 

Figure 80.  

The dynamic performance between all eight cases is shown in Figure 21 and Table 1. I 

did not investigate economic costs. I only analysed the variations in field performance, 

i.e., water breakthrough time, water-cut, recovery factor, and voidage replacement. To 

optimise an ensemble member in its entirety (~1,600 km2) will pose a unique challenge 

because of the multiple reservoir architectures with diverse lateral and vertical geological 

complexities. Fast screening tools might be needed to enable such studies [117, 118].  

 

Table 12: Summary of field production behaviour of eight different well configurations 

tested on a small 30 km2 sector model. The length of the data bars indicates the 

high, medium, or low values. Conditional colours were applied to both water 

injection and oil production cumulative columns. The cumulative water 

injection ranges from high (red) to low (green) values. The colours are in 

reverse for oil production cumulative, e.g., high (green) and low (red).  

I also investigated the impact of having different perforation intervals on the water 

injectors in case 1. Three different scenarios were tested: fully perforated, top half 

perforated, and bottom half perforated (Figure 82). The results indicate that perforating 

the water injectors solely in the bottom half of the reservoir recovers 50% less than 

perforations in the top half of the reservoir (blue vs black lines in Figure 83). Injection 
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wells reach the 6,000 psi BHP constraint at a much lower water injection rate due to the 

lower average porosity and permeability values in the scenario where only the bottom 

half of the reservoir is perforated (injectors). 

 

Figure 82: Testing of perforation intervals on water injectors. Fully perforated injectors 

[left], top 30 layers perforated [centre] and bottom 32 layers perforated [right]. 

Cross-sectional view of the model permeability with ~300 mD streaks in the 

upper part of the model (red).  

 

Figure 83: Field performance comparison for three perforated water injector scenarios; 

fully perforated injectors [red], top 30 layers perforated [blue] and bottom 32 

layers perforated [black].  

I also tested the impact of well spacing between injectors and producers. Figure 84 

demonstrates two scenarios; 1 km spacing and 1.5 km spacing. Unsurprisingly, the closer 

the injector is to the producer (honouring the same well constraints in both scenarios), the 

earlier the water breakthrough.  

 

Figure 84: Comparison between producer and water injector well spacing of 1.5 km 

[solid lines] and 1 km [dashed lines].
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6.5.1 Subsector Models 

As part of the open-source COSTA model dataset, I also include seven small subsectors (C1 – C7) originating from one ensemble member. These 

subsectors cover multiple structural locations capturing numerous reservoir architectures, and all subsectors have an average dimension of 100 km2 and 

92,000 active grid blocks. The dynamic performance varies considerably, e.g., water breakthrough time and oil production (Figure 85).  

 

Figure 85: Location of my seven subsectors (C1 – C7) [left] and their field performances [right]. The subsectors incorporate the same field development 

plan with all 144 ensemble members, and therefore some subsectors, e.g., C3, starts producing at a much later date (2040). 
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6.6 Discussion 

This chapter describes the construction of my dynamic reservoir model ensemble and 

showcases a large majority of their dynamic field and well performance behaviours. 

Significant variations in subsurface flow behaviour were observed. The uncertainties 

associated with reservoir characterisation and reservoir modelling that was included in 

my ensemble of models are highly influential on field performances and forecasts.  

No history matching work has been performed in this study. Still, the significant 

variations observed in the production behaviour across the 144 models provide a wide 

and challenging production envelop for history matching. I provide 30 years of synthetic 

production data (from 2020 to 2050), belonging to my undisclosed truth case, for 

benchmarking against my ensemble of models.  

I conducted a sensitivity analysis on the horizontal and vertical variability of the 

petrophysical properties by altering the variogram ranges. Using a reduced horizontal 

anisotropic range of porosity and permeability substantially impacts field performance 

for this dataset.  

I also reveal the effect grid refinement has on the field performance of my undisclosed 

truth case model. Although a 1.3 million grid cell model is more likely to be used in a 

real-world environment to keep computational challenges at bay, the impact of grid 

refinement on reservoir performance is large. Moreover, all ensemble members part of 

the open-source package have 1.3 million grid cells. However, the synthetic production 

data came from my undisclosed truth case's 22 million grid cell model (refined grid). I 

deliberately chose to provide synthetic production data from my refined undisclosed truth 

case so that results would be closest to ‘nature’.  

Since my FDP is by no means the optimum solution to manage this reservoir, I present 

eight different well configuration scenarios tested on a small sector of an ensemble 

member with a dimension of 30 km2. To optimise an ensemble member in its entirety 

(~1,600 km2) will pose a unique challenge. I also investigated the impact of having 

different perforation intervals and well spacings. The production from the COSTA model 

is diverse and provides the scientific community with a new reservoir model ensemble to 

optimise. 
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A random Gaussian noise of 5% was added to all the produced oil, water and gas rates 

and 1% to well bottom hole pressures (BHPs) to simulate errors in production 

measurements (Appendix Synthetic Production Data). 

Designing and modelling meaningful reservoir models that account for uncertainties 

related to reservoir characterisation and modelling provide, i.e., an asset to make more 

valuable managerial decisions. Although the entire process of creating my 144 ensemble 

members was very time consuming, they provide a large opportunity to explore the 

impact of different fluid flow physics on sweep and recovery across multiple reservoir 

architectures with diverse lateral and vertical rock complexities. 

The COSTA model is based on real but anonymised subsurface data from the Middle 

East. Therefore, those working in the region can relate closely to my models' geological, 

petrophysical, and dynamic flow behaviour. The COSTA model can also be used as an 

analogue for aggradational carbonate formations of similar geological periods found 

across the world.  

There are many strengths of the COSTA model and a wide range of targeted audiences: 

- To the geophysicists – a carbonate petro-elastic model (otherwise known as a rock 

physical model) could be built based on the well data provided in this study, i.e., 

NTG, porosity, water/gas saturation, pressure and RRT maps. The dataset 

includes porosity and density; therefore, the acoustic impedance can be derived, 

and a synthetic seismic cube could be generated. However, I have not developed 

a synthetic seismic cube from our data/model(s) because it would be beyond the 

scope of this PhD research. 

- To the reservoir geologists and sedimentologists – this dataset has 100% cored 

porosity and permeability values at the well level but, unfortunately, no access to 

the actual core for facies description. For this reason, the inter-well regions of the 

model used a generated and not conceptualised facies distribution to trend the 

properties. The facies distributions are referred to as pseudo because they were 

purely based on petrophysics to reconcile drainage capillary pressure per RRT for 

similar depositional environments (low and high energy). Geological concepts 

(regional scale) capturing shorelines and orientations of e.g., shelf margins could 

be drawn. Moreover, linking RRTs to lithofacies could be done but was not done 

in this PhD.  
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- To the geomodellers and geostatisticians – one can use the raw dataset and rebuild 

their own static geological models going through the entire reservoir 

characterisation and geomodelling workflow. Diagenetic overprint maps could 

also be incorporated. As mentioned in this thesis, many uncertainties prevail 

across building a static geological model using this dataset. This dataset provides 

geostatisticians to test different geostatistical approaches, e.g., different variogram 

models, variogram ranges and methods, e.g., multi-point statistics. This dataset 

adds value in integrating static and dynamic modelling, i.e., validating static 

models with reservoir simulators (loop integration).  

- To the petrophysicists – my open-hole log and SCAL data provide the opportunity 

for one to test, for example, the impact of alternative capillary-driven reservoir 

rock typing methodologies or saturation height modelling approaches on reservoir 

volumetrics and dynamic flow behaviours. 

- To the reservoir simulation engineers – the large number of different models 

provide the opportunity for my models to be history-matched against the 30 years 

of synthetic production from my undisclosed truth case. One could use this dataset 

to validate their reservoir modelling techniques based on simulation speed or 

accuracy, complex development optimisation and history matching. Additionally, 

this is a good dataset for field development optimisation and reservoir 

performance prediction to test different recovery processes. One could explore the 

impact of varying fluid flow physics on sweep and recovery across multiple 

reservoir architectures with diverse lateral and vertical rock complexities. 
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CHAPTER 7 – CONCLUSIONS 

The COSTA model is a new open-source reservoir case study that includes realistic 

geological, petrophysical, and geomodelling uncertainties typical of aggradational 

carbonate build-up reservoirs. The COSTA model accounts for many uncertainties 

inherent to the entire process of characterising and modelling heterogeneous carbonates, 

which impact reservoir volumetrics and reservoir performance. The COSTA model 

contains 144 pre-built reservoir models, 30 years of production history, and the 

underpinning data are released in open-source format.  

The COSTA model is geologically and petrophysically consistent from well to basin 

scale, honouring core plug data (core analysis), open-hole log responses and fluid 

distributions across many reservoir intervals with different degrees of heterogeneity. I 

achieved this through an iterative process of well surface adjustment and structural 

deformation (depth adjustment) and saturation matching to ensure the saturation 

distribution in several wells matched a single FWL.  

The COSTA model provides a unique dataset to support research and training in the fields 

of reservoir characterisation, reservoir modelling, reservoir simulation, and uncertainty 

quantification for subsurface energy applications, from oil and gas to geothermal, CCS, 

and beyond. The COSTA dataset is useful for field development optimisation and 

reservoir performance prediction to test different recovery processes. The value of this 

study is also to explore the impact of different fluid flow physics on sweep and recovery 

across multiple reservoir architectures with diverse lateral and vertical rock complexities.  

The COSTA model provides many opportunities for those willing to rebuild their own 

reservoir models when testing, for example, the impact of alternative geological concepts, 

geostatistical modelling techniques, reservoir rock typing methodologies, or saturation 

height modelling approaches on reservoir volumetrics and dynamic flow behaviours.  

No history matching work has been performed in this study. Still, the significant 

variations observed in the production behaviour across the 144 models provide a wide 

and challenging production envelope for history matching. I also reveal the effect grid 

refinement has on the field performance of my undisclosed truth case model.  



 

117 

 

7.1 Recommendations for Future Work 

A key limitation of the COSTA model is the absence of faults, karsts and/or fractures. 

However, the open-source provision of the underpinning raw data provides users with the 

opportunity to test the impact of different modelling approaches and/or include fractures 

and faults to tailor their studies using the COSTA model.  

The COSTA model only mimics an aggradational carbonate build-up whilst carbonates 

can also prograde and retrograde in specific geological periods.  

I limited the use of different geostatistical parameters for petrophysical modelling and 

only considered a reduction in the variogram range.  

My reservoir rock typing methodology was restricted to the Winland R35 technique and 

saturation height modelling to the Skelt-Harrison method. However, as previously 

mentioned, the open-source provision of the underpinning raw data provides users with 

the opportunity to test the impact of different modelling approaches using the COSTA 

model. 

Below I list a few limitations of the work along with some recommendations to be 

considered by the user using my dataset: 

1) My models are not representative of progradational and/or retrogradational 

carbonate parasequences; 

2) I included a large range of geological, petrophysical and geomodelling 

uncertainties in my ensemble of models, but these can all be expanded by the user, 

e.g., different geological concepts, stratigraphic framework perceptions, 

geostatistical modelling techniques, inclusion of fractures, faults and/or karstified 

geological features; 

3) No up-gridding studies were conducted; 

4) My reservoir rock typing methodology was restricted to the Winland R35 

technique. However, many more techniques can be tested;  
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5) My saturation height modelling was limited to the Skelt-Harrison method whilst 

many more functions can be tested; 

6) My dynamic reservoir models are limited to black-oil and do not include 

compositional and/or thermal reservoir simulation model versions; 

7) My 30 years of synthetic production data includes both natural depletion and 

extensive waterflooding; however, no EOR studies have been conducted; 

8) A petro-elastic (rock physics) model could be generated with the dataset provided.  
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APPENDIX  

Understanding the Data 

Supplementary data associated with this article can be found in the data repository for the 

COSTA model at https://doi.org/10.17861/6e36e28d-50d9-4e31-9790-18db4bce6e5d. 

➢ 144 open-source reservoir simulation (CMG IMEX™) & 3D Geo-Models 

(PETREL™). 

 

 

 

 

 

https://doi.org/10.17861/6e36e28d-50d9-4e31-9790-18db4bce6e5d
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➢ Seven cropped subsector reservoir simulation models (CMG IMEX™) 

 

 

➢ Data to build your own 3D Geo-Model (well heads, well logs & contour maps) 

 

 

➢ Synthetic production for history matching 
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➢ Database (SCAL, saturation height functions, relative permeability tables etc.) 

 

 

➢ List of relevant literature for the COSTA MODEL 
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Synthetic Production Data 

 

 

Figure 86: Random Gaussian noise added synthetic production data. Showcased side-by-

side are zoomed in time sections for a particular well. 
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