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Hydrates, Flow Assurance and Phase Equlibria research group at HWU. Phase behaviour 

models via in-house PVT software of this research group (HWPVT) were used 

throughtout this work. Part of the materials and findings from this work has been 

presented or published elsewhere before and the list of the publications concerning the 

work described in this dissertation is given in LIST OF PUBLICATIONS BY THE 

CANDIDATE. 
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December 2020  
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ABSTRACT 

 

Carbon Capture and Storage (CCS) is one of the best possible options to manage the 

produced CO2 from the development of high CO2 hydrocarbon fields or from any other 

CO2 sources. Pure CO2 with impurities free injection into a suitable formation reservoir 

must be properly designed to avoid unnecessary CCS operational issues. From the 

technical perspective, knowledge of the thermophysical properties of the fluid is essential 

to ensure safe and efficient capture, transport and storage of CO2 in the reservoir 

formation for permanent storage. There are available studies completed on these CCS 

fluid thermophysical properties and impurities which can be found elsewhere in the 

literature. However, due to the massive variety of the possible compositions of the 

captured CO2 with a different type of impurities that could present, along with different 

operating ranges of pressure, temperature and brine compositions in CCS operation, new 

and further experimental data for the thermo-physical properties are necessary. 

 

In this study, new CO2 solubility data in different type of aqueous solutions were 

generated using high-pressure high temperature (HPHT) experimental setup from HWU 

PVT laboratory. Further investigation accessing the impact of H2S on the CO2 solubility 

were also completed at temperatures and pressures up to 423 K and 25 MPa respectively 

using Vapour Liquid Equilibrium (VLE) setup from the Centre of Thermodynamic 

Processes (CTP), Mines Paris Tech. The measured results were compared against in 

house predictive model, along with the available experimental data from the open 

literature. In addition to this, density and viscosity of the CO2 aqueous phase over 

geological sequestration conditions, pressures up to 80 MPa and temperatures up to 423 

K were also investigated. An oscillating U-tube densitometer method and capillary tube 

viscosity techniques via HPHT setup from HWU was used in determining both fluid 

densities and viscosities, respectively. The new density and viscosity results measured in 

this work were validated against the calculated density and viscosity model predictions. 

 

Apart from filling the literature gaps, the new thermophysical data generation will help 

to validate the existing equations of state (EoS) thermodynamic model predictions and 

act as an input to improve the existing reservoir model accuracy. New CO2 solubility 

profile (with H2S present) was incorporated into the existing reservoir model to access 

the impact of the H2S presence in the injected CO2 stream on CO2 storage. 
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CHAPTER 1 - INTRODUCTION ON CARBON CAPTURE AND 

STORAGE (CCS) AND IMPURITIES 

 

1.1 Carbon Capture and Storage (CCS) 

 

Carbon capture and storage (CCS) is presently being studied as one of the most promising 

and best options for carbon dioxide (CO2) emission reduction into the atmosphere [1-2]. 

The major CCS efforts focus on the removal of CO2 directly from industrial, utility plants 

as well as from the oil and gas sector and subsequently storing it in secure geologic 

reservoirs. For the oil and gas sector specifically, the rationale for CCS is to enable the 

high contaminant and high CO2 gas field reservoirs to be produced economically, while 

reducing the emissions of CO2 into the atmosphere, and therefore mitigating climate 

change. This is aligned with the Kyoto Protocol [3] and Paris Agreement 2015 [4], where 

it has been agreed and approved globally to invest in clean and renewable energy sources, 

controlling CO2 carbon emissions and global warming. 

 

According to the previous assessment made by CO2CRC [5], there are no specific full-

scale operations for CO2 transport and injection projects in the South East Asia region. 

Statistics show that the injection of CO2 co-produced with natural gas where the CO2 is 

extracted from natural gas development and stored or used for enhanced oil and gas 

recovery is minimal. However, there are few significant projects related to CO2 

sequestration worldwide and some examples of the existing and planned gas field CO2 

injection and storage projects are presented in Table 1.1. The existence of the listed 

projects demonstrates in general terms of the technical feasibility of CO2 injection and 

storage associated with the natural gas field developments.  

 

Table 1.1: Existing or planned gas field CO2 injection and storage projects worldwide [5]. 

 

Project Economy Formation CO2 Injection 

Rate (Mt/yr) 

Number and Type 

of Wells 

Sleipner Norway Utsira 1 1 x 1,250 m 

perforated horizontal 
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Project Economy Formation CO2 Injection 

Rate (Mt/yr) 

Number and Type 

of Wells 

Snohvit Norway  Tubaen 0.7 1 vertical 

In Salah Algeria Krechba  1 3 x 1,000m 

perforated horizontal 

Weyburn-

Midale 

(CO2-EOR) 

Canada  

 

Midale  

 

2.8 

 

650 production & 

289 injection  

 

Gorgon 

 

Australia 

 

Dupuy 

 

2.7-3.2 

 

9 vertical 

 

 

The CCS chain can be categorized into three different stages; starting from CO2 capturing 

from emission sites or sources, CO2 transporting via pipelines or other transportation 

mediums to the suitable storage locations and lastly CO2 injection into geologic reservoir 

formation for permanent storage [6].  

 

1.1.1 CO2 Capture 

 

CO2 capture is the first process consisting of separating CO2 from an effluent stream. The 

captured CO2 is then typically compressed and heated to become a liquid or supercritical 

state prior to the CO2 transportation [5]. In most of the cases today, the resulting CO2 

concentration post CO2 capturing is more than 99 percent, though lower concentrations 

are acceptable. The idea of separating and capturing CO2 from the flue gas of power 

plants, or from fossil fuels did not originate out of concern about global warming. It has 

gained attention as a possible economic source of CO2 especially for enhanced oil 

recovery (EOR) operation usage, where the captured CO2 is injected into oil and gas 

reservoir to increase the mobility of the oil and therefore increase oil productivity. 

 

The mechanism of this CO2 capture activities falls into three main categories; (i) post-

combustion capture (ii) oxy-combustion capture and (iii) pre-combustion capture 

technology. The first two categories are compatible with the existing Pulverized Coal 

(PC) power plants, an infrastructure that relies on the combustion of fossil fuels. Post-
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combustion capture can be considered as a form of flue gas clean-up where CO2 is 

normally captured from the flue gases produced by the combustion of hydrocarbons and 

biomass in the air. Absorption technologies such as cryogenic, amine and membrane 

separation are widely used to capture CO2 from the flue gases. According to Herzog H. 

[7], all commercial post–combustion CO2 capture plants use chemical absorption 

processes with Monoathanolamine (MEA) - based solvent to remove CO2 and H2S acid 

gases from natural gas streams.    

 

While oxy–combustion capture is based on utilizing pure oxygen for combustion 

resulting in a flue gas containing mainly CO2 and water. Even though CO2 and water are 

separable where the water condenses out during adsorption and absorption process, this 

method offers one main challenge in which massive energy is required for the separation 

of the oxygen from the air. And currently, the low temperature (cryogenic) separation 

method is used to separate oxygen from the air. Another thing to note for this oxy-

combustion method, the flue gas will be over 90 percent of CO2 after the water is 

separated. However, there will be minor impurities in the effluent, including SO2, NOx 

and non-condensable compounds such as Oxygen, Nitrogen, Carbon Monoxide and 

Argon. Studies show that this method is capable to capture approximately 100 percent of 

CO2 [8], nonetheless. 

 

The pre-combustion capture category is generally reserved for incorporation into an 

Integrated Gasification Combined-Cycle (IGCC) power plant. This method includes 

gasifying the coal to produce a synthesis gas composed of Carbon Monoxide (CO) and 

Hydrogen (H2). CO is then reacted with water to produce CO2 and H2. As a result, CO2 

will be captured and H2 will be sent to a turbine to produce electricity. This method offers 

some advantages; CO2 is not yet diluted by the combusted air resulting in more CO2 being 

captured. Also, several efficient separation methods could be used since the CO2-

containing stream usually occurs at an elevated pressure [7].  

 

1.1.2 CO2 Transportation  

 

CO2 transportation is the movement of the separated CO2 from its source to the identified 

storage reservoir or utilisation points. The medium of transportation could be done by 

tankers (road, ship and rail) and pipeline depending on the location of the storage 
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reservoir, as well as the cost, safety and geography of the storage area or location. Road, 

ship and rail are commonly chosen as short term solutions for this CO2 transportation 

medium in the absence of pipelines, however, in the long run, CO2 transportation via 

pipeline is most preferable due to the cost effectiveness [8]. 

 

Normally, the separated CO2 is compressed and heated to liquid or supercritical 

conditions (critical pressure and temperature of CO2 are 7.4 MPa (1,070 psia) and 304.15 

K (31°C) [9], respectively) to increase the mass flow rate of the transported CO2 [10]. 

This offers better and easier control of the flow rate over the pumping operations, in case 

of transporting via pipelines. Even though transporting via pipelines is a more reasonable 

option compared to the other transportation media, there are some technical challenges 

throughout the transportation processes. For example, controlling the pipelines pressure 

and temperature of the CO2 fluid is essential to ensure single phase of CO2 (either in liquid 

or supercritical phase) [8], to ensure safety and no CCS operational issues. 

 

Other challenges for pipeline transportation are the presence of the other impurities in the 

transported CO2 stream. Impurities such as N2, H2, H2S, H2O, etc affect thermophysical 

properties of the fluid. CO2 fluid density, viscosity, etc will be changed and consequently 

affect the initial CO2 fluid flow inside the pipeline (pressure drop or changes in flow rate 

observed). In addition to this, these impurities would offer further problems; including 

pipeline corrosion and operational issues [11]. CO2, H2S and SO2 all form corrosive acids 

in the presence of water. Therefore, for all cases, corrosion resistant metallurgy is 

normally installed in all the pipeline equipment, and dehydration of the final CO2 

transported stream is performed. Some other precaution steps to consider for designing 

CO2 pipelines are listed as per the following: (i) low strength steel for pipeline material, 

(ii) additional design corrosion allowance (i.e. greater pipeline wall thickness), (iii) 

additional corrosion monitoring, (iv) possibility of inhibitor injections for corrosion and 

non-hydrates formation and (v) pressure and temperature maintenance in pipelines to 

keep all the phases fluid. Proper pipeline design and operation is mandatory to ensure safe 

CO2 transportation and it should present minimal health and safety risk.  

 

However, the difficulties and challenges associated with the handling and transport of the 

CO2 stream are technically manageable and have lower relative risks associated with it, 

compared to many other industrial gases and chemicals [11].  
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1.1.3 CO2 Storage 

 

The captured and transported CO2 via pipelines could be stored in any suitable geological 

reservoir formations. It includes matured or depleted oil and gas reservoirs, coalbeds 

(including enhanced methane recovery), deep saline aquifer or during enhanced oil 

recovery (EOR) activities. Other potential storage sites include salt caverns, basalt rocks 

and organic shale [12]. The selection of this storage location is based on the geological 

assessments, seismic surveys, during oil-gas exploration and production drilling. The 

feasibility of CO2 injection into reservoir or subsurface areas are depending on several 

factors, including the reservoir rock properties such as permeability, porosity, areal 

extent, reservoir thickness, reservoir pressure and fracture pressure.  

 

Among these geological storage sites, depleted oil and gas reservoirs and deep saline 

aquifers are attractive options due to their largest CO2 capacity [13] and less considerable 

investment by utilizing available infrastructures, experience and geological database 

acquired previously during oil and gas exploitation, respectively [9]. Together, these can 

hold hundreds to thousands of Gigaton of CO2. Often the formations are sufficiently deep, 

usually more than 800 metres, in which the reservoir pressure is high enough to maintain 

the injected CO2 in its supercritical fluid form. Apart from its large storage capacity, the 

saline aquifer formation can offer a place that could delay the CO2 breakthrough into the 

formation or seabed [14]. Since most of the CO2 trapping mechanisms occurred in this 

type of formation, therefore high volumes of injected CO2 can be stored.  

 

Depleted oil and gas reservoirs have shown that they can contain and hold hydrocarbon 

for a million years. This gives confidence that the same reservoir structure can store CO2 

for an equally long time or permanent storage. Besides, the oil and gas reservoirs that 

have been produced are well characterized during previous field development [5]. 

Injecting CO2 into this kind of depleted oil and gas storage location can also be aided by 

the fact that some of the infrastructures are already in place, therefore offers some 

reasonable amount of cost-effectiveness. However, questions arise whether the existing 

wells including the old explorations and appraisal wells drilled have been compromised 

reducing the integrity for further usage of CO2 injection. Due to this, active oil reservoirs 

usually have become a high priority target since CO2 storage can be combined with 
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enhanced oil recovery processes [15]. The illustration of the CO2 injection scheme for 

storage in a deep saline aquifer is shown in Figure 1.1 [5]. 

 

 

Figure 1.1: Illustration of a CO2 injection scheme  for storage in deep saline aquifer [5]. 

 

Enhanced oil recovery (EOR) through CO2 injection into oil reservoirs or CO2 EOR is an 

established process (illustrated in Figure 1.2) that has been practically deployed in the 

petroleum industry for over 40 years. According to the study presented by the Oil and 

Gas Journal in 2008 [16], there were more than 123 CO2 injection projects for EOR 

worldwide, which contribute to an incremental oil recovery of approximately 270 

thousand barrels per day and it has increased rapidly. This statistic demonstrated that the 

motivation for this CO2 injection for EOR is mainly to enhance oil productivity, 

increasing the recovery rather than reducing the carbon emission into the atmosphere. 

However, the major limitation of this CO2 EOR is in the transportation cost of CO2 over 

large distances from the CO2 sources. Normally, a combination of CO2 EOR with 

underground CO2 disposal or storage is a better option and a co-optimisation which 

involves both oils incremental and permanent CO2 storage at the same time.  
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Figure 1.2: Illustration of CO2 injection or storage scheme for Enhanced Oil Recovery (EOR) 

[5]. 

 

1.1.4 CO2 Trapping Mechanisms 

 

In general, CO2 is stored in geological formations via several different trapping 

mechanisms depending on the formation type. However, an essential physical CO2 

trapping mechanism for permanent storage is due to the presence of the caprock [9]. 

Caprock with very low permeability acts as an upper seal to prevent injected CO2 from 

flowing out from the reservoir. CO2 trapping mechanisms can be classified as 

stratigraphical/structural trapping, residual trapping, solubility trapping, hydrodynamic 

trapping as well as mineral trapping. These mechanisms work on different time scales, 

but they all work so that CO2 is trapped in the ground, and there is only a small chance of 

any leakage. Figure 1.3 shows the schematic of the influence of the different CO2 

trapping mechanisms that could occur over millions of times, post-CO2 injection into a 

reservoir [17]. 
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Figure 1.3: Schematic of the influence of different CO2 trapping mechanisms over time [17].  

 

Structural and stratigraphic trapping. The CO2 is injected into a permeable reservoir, 

displacing the brine that initially occupied the pore spaces. The CO2 injection will 

generally cause a rise in reservoir pressure. This activity needs to be monitored to make 

sure the pressure stays below the reservoir fracture pressure, which is defined as the point 

where the rock starts to frac. Due to the density different, CO2 will be rise until it reaches 

the top of the reservoir formation. It is here that an impermeable caprock acts as a trap 

which will prevent further upward CO2 movement. These physical structure traps have a 

variety of geometrical arrangements, including faults, folds and stratigraphical traps. In 

addition to these, to ensure that the structural and stratigraphic trapping is efficient, the 

existing drilled wells have to be properly sealed with appropriate steel and cements caps 

to avoid any potential further CO2 migration through wells. 

 

Residual CO2 trapping. As the CO2 flows through the reservoir, some of it gets 

incorporated or penetrates into the soil matrix. This phenomenon is called residual CO2 

trapping. The CO2 trapped in such a manner remains confined and becomes immobile, 

and this type of trapping can be considered as permanent storage. The illustration of how 

residual CO2 trapping happens in the reservoir is presented in Figure 1.4 [18]. 
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Figure 1.4: Residual trapping illustration happened during CO2 injection [18]. 

 

Solubility trapping. During the early stage of CO2 injection, some of the injected CO2 will 

dissolve in water to form denser aqueous CO2 and sink downwards. This process is called 

solubility trapping. This CO2 dissolution in water will happen slowly over timescales of 

decades to centuries, as depicted in Figure 1.3. The timing and amount of CO2 trapped 

in such a manner are very reservoir-dependent, especially depending on the reservoir 

pressure, temperature, brine salinity as well as pH of the brine.  This solubility trapping 

removes the buoyancy from the CO2, thus reducing the possibility of any leakage. If the 

brine ever leaves the reservoir, the dissolved CO2 also will be released. However, this 

usually occurs on very long geological timescales. 

 

Hydrodynamic trapping. This type of trapping is significant during CO2 storage in 

deep saline aquifers. Saline formations generally have low flow velocities and free- 

phase CO2 will migrate upwards through permeable rock layers due to viscous 

fingering effect as CO2 is less viscous than the formation water or brine. During the 

migration, some of the CO2 dissolves into formation water and migrates together [18]. 

The length of the migration pathway will depend on the relationship between the 

dissolved CO2 and free-phase CO2 before eventually all of the CO2 is trapped 

residually or in solution. 

 

Mineral trapping. Over centuries to millennia, the injected CO2 may react with the 

minerals that originally existed in the reservoir formation. Essentially, the injected CO2 

become incorporated into the solid rock. The minerals within these rocks, react with the 

CO2 in the reservoir, due to the high reservoir pressure and temperature [7]. This 

occurrence is called mineral trapping and can be considered as the most secured and stable 

form of CO2 trapping and permanent storage. Composition of the reservoir rock, 

temperature, pressure, chemical composition of the water, water/rock contact area and the 
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rate of fluid flow through rocks are the main factors for the effectiveness of mineral 

trapping. For example, calcite is one of the common minerals formed during CO2 trapping 

and the formula of reaction can be written as: 

  

 
CaAl2Si2O8 + H2O + CO2→ CaCO3 + Al2Si2O5(OH)4 

             Anorthite                             Calcite        Kaolinite  
Eq. (1) 

 

1.2 Impurities in CCS Operation 

 

Impurities or non-CO2 components can be classified as condensable and non-condensable 

components [13]; major impurities (more than 0.5 %), minor impurities (usually in ppm 

level but less than 0.5 %) and micro-impurities (particulate matters) with different 

molecular weight. Various gaseous impurities exist in the CO2 stream, such as N2, O2, 

CO and NO (for non-condensable impurities), SO2, H2S, and NOx (for condensable 

impurities). A survey was made on the maximum level of each impurity that could be 

expected from the CO2 capture processes [11], as presented in the following Figure 1.5.  

 

 

Figure 1.5: Possibility of the maximum level of impurities that could be obtained from CO2 

captured processes [11]. 
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The maximum levels of impurity however cannot and will not be expected to occur all at 

the same time but it defines the extremes of the composition envelope. All these 

impurities can be separated during the CO2 capture process however they would 

drastically increase the cost of capture and separation. Therefore, it would be more cost-

effective and recommended to co-inject these impurities together with CO2 for 

underground storage.  

 

 A significant issue in evaluating the safety of a CCS project is assessing the impact of 

impurities in the CO2 stream [19]. For example, non-condensable impurities would 

increase liquid CO2 saturation pressure and decrease the critical temperature of CO2. As 

a result, higher pressures are required to ensure single-phase flow in the pipeline during 

CO2 transportation [13]. Besides, these impurities would also increase the injection 

pressure and reduce the CO2 storage capacity, due to a reduction of the CO2 density. Some 

other impurities also can cause a large increase in the phase envelope whilst others have 

a much smaller impact [11]. Generally, the presence of impurities in CCS operation is 

likely to have significant impacts on the design and operation of pipelines and injection 

wells, as well as implication on the geological storage scenarios such as injectivity and 

storage capacity. The main reason is due to the changes in the phase behaviour of pure 

CO2. The potential impact of impurities on carbon capture and storage (CCS) can be 

divided into two parts; physical effect and chemical effect, and it is described as per 

following. 

 

1.2.1 Physical Effects of Impurities 

 

Physical effects of impurities are referring to the changes in physical properties of pure 

CO2, such as changes in CO2 phase behaviour and density. The presence of non-

condensable impurities such as O2, N2 and Argon which cannot be liquefied at ambient 

temperature changes the density of CO2 therefore affecting the CO2 buoyancy and 

injectivity. These non-condensable impurities may also cause capacity reduction with the 

replacement of pure CO2 as they do not compress as great a degree as pure CO2 [11]. The 

following Table 1.2 contains some of the physical properties in CO2 streams that are 

discussed above, collected and reported by IEAGHG  [13] and Wang et al. [20].  
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Table 1.2: Molecular weight and critical properties for CO2 and common impurities collected 

and reported by IEAGHG [13] and Wang et al.[20]. 

 

Impurities MW (g/mol) Critical Temperature (K) Critical Pressure (MPa) 

CO2 44.010 304.20 7.39 

H2 2.016 33.20 1.30 

CH4 16.040 190.80 4.64 

NH3 17.031 405.40 11.33 

H2O 18.015 647.10 22.06 

CO 28.010 132.86 3.49 

N2 28.013 126.0 3.39 

O2 32.000 154.58 5.04 

H2S 34.081 373.59 9.01 

Ar 39.948 151.15 4.87 

SO2 64.066 430.65 7.88 

SO3 80.066 491.45 8.49 

Hg 200.590 1765.00 151.00 

NO 30.000 180.15 6.48 

NO2 46.01 431.15 10.13 

 

 

Effect on Phase Behaviour 

 

The properties of an impure CO2 stream are dependent on pressure, temperature and 

composition. Physical properties of CO2 mixtures, such as density and viscosity, affect 

not only CO2 storage capacity but also permeation and buoyancy of the CO2 plume. Non-

condensable impurities have the effect of increasing bubble point pressure and decreasing 

critical temperature, due to their low critical temperatures [13]. Vapour liquid equilibrium 

(VLE) studies are normally used to understand the phase behaviour of the binary system 

and multicomponent mixtures.  
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Effect on Storage Capacity 

 

The presence of impurities in the CO2 lowers the density of the CO2 stream, and thus 

decreases the amount of CO2 stored per unit volume of storage space [21]. Storage 

capacity is an important indicator of overall CCS cost estimation. Existing approaches for 

cost estimation consider the cost of injection wells and the estimation of the amount of 

CO2 that can be stored permanently. In this case, the reduction in the CO2 storage capacity 

by the impurities can result in an earlier reduction of the storage capacity and increase the 

storage costs afterwards. Ziabakhsh-Ganji and Kooi [22] have conducted an analytical 

study and compared the impact of the different impurities on the Calculated Volume of 

Storage Capacity (STCV), as shown in Figure 1.6. It can be seen that the presence of the 

impurities (SO2, Argon, CH4, O2 as well as N2, in this case) changed the calculated STCV 

of CO2 at specific pressure of 85 bar and temperature of 313.15 K. 

 

 

Figure 1.6: Calculated Volume of Storage Capacity (STCV) for binary gas mixtures containing 

10% impurity against pure CO2 injection, (a) constant pressure (b) constant temperature 

performed by Ziabakash-Ganji and Kooi [22].  

 

 

Effect of Injectivity  

 

Injectivity can be defined as the ability of a geological formation to accept fluids during 

CO2 injection through a well or formation. The changes in density and viscosity due to 

the presence of impurities can bring impact to mass flux over the same pressure drop. A 

decrease in CO2 density will decrease mass flux while a decrease in CO2 viscosity will 

increase the mass flux. The flow of the CO2 stream can be in two-phase flow or single-

phase flow. For single-phase flow, effects can be analyzed based on the Darcy’s law in 
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terms of permeation flux. The following is a normalized permeation flux formula derived 

from IEAGHG [13]: 

 

 
MCO2

̇

M0
̇

=
ρ(μ0 μ⁄ )

ρ0(1 + ∑ mi m0⁄i )
 Eq. (2) 

 

 

where 𝑀𝐶𝑂2
̇ and 𝑀0

̇ are the mass flow per unit area for CO2 in the mixture and its pure 

state; 𝜌 and 𝜌0 are the densities of the injected stream and pure CO2; 𝜇0and 𝜇 are the 

viscosities of the injected fluid and pure CO2.  

 

Predominantly, viscosity and density will be determined by the pressure and temperature 

of the system (and fluid composition). Hypothetical studies have been made to show the 

effect of the injectivity over the same range of scenarios used to examine storage capacity 

and their results show that the effect on injectivity is much less due to the compensation 

between density and viscosity, though has the potential to be significant under certain 

circumstances [13]. 

 

Effect of Buoyancy 

 

In the reduction of the density in CO2 stream, it will cause an increase in CO2 plume 

buoyancy. Normalized buoyancy can be translated as the greater density difference, the 

greater CO2 plume buoyancy and consequently rising velocity if changes in relative 

permeability and capillary pressure are neglected. For example, light impurities can result 

in greater buoyancy for the CO2 plume due to lower plume density and thus increase the 

rising velocity. The rising velocity of injected CO2 plume has the potential to reduce 

residual trapping and increase the lateral spreading of the plume at the caprock, subject 

to the reservoir heterogeneity [13]. The normalized CO2 plume buoyancy is described as 

the following Equation [13]: 

 

 
F

F0
=

ρH2O − ρm

ρH2O − ρCO2
 Eq. (3) 

 

where 𝐹 and 𝐹0are buoyancy forces for the CO2 mixture and pure CO2, 𝜌𝐻2𝑂, 𝜌𝑚 and 

𝜌𝐶𝑂2 are the densities of the formation water, plume and pure CO2 respectively. 
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1.2.2 Chemical Effects of Impurities 

 

Unlike the physical effects of impurities which happen over a relatively short period of 

time, the chemical reactions from impurities take some amount of time to happen and 

require long term observation. Chemical effects of impurities are referring to a chemical 

reaction which normally occurs during fluid-rock interactions. This interaction which is 

also known as geochemical reactions will normally lower the system pH and may then 

cause mineral dissolution and precipitation. Initial reservoir rock properties can be 

affected by fast dissolving and precipitation of minerals. Reduction in rock porosity and 

permeability could potentially affect the capacity, injectivity and whole CCS operation. 

It would determine the long-term fate of the injected CO2, especially when CO2 is injected 

in a deep saline aquifer.  

 

For example, Figure 1.7 demonstrates the impact of injected CO2 on reservoir rocks in 

brine, resulting in the dissolution of minerals. This phenomenon normally happened after 

the CO2 migrates upwards from the injection well to the caprock. As geochemical 

reactions are widely seen as a key mechanism for the stabilization of the pressure and 

brine displacement, these reactions also have the potential to affect the whole integrity of 

the reservoir caprock, as demonstrated in Figure 1.7. In contrast, H2S injection has taken 

place during acid gas injection projects over the decades with no serious effects, however, 

there could be issues if H2S is injected with SO2. It could be the result of the deposition 

of sulphur compounds, causing major pore blocking in the formation. As a result, further 

issues during CCS operation could be experienced. 

 

 

 

Figure 1.7: Example of the dissolution of minerals on reservoir rock over time, post CO2 injection 

for storage. 
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Effect on Caprocks 

 

The impact of impurities on the integrity of caprocks needs to be considered for their 

long-term impact. For example, impurities, such as Sulfur Oxide (SOx) and Nitrogen 

Oxide (NOx), can form sulphuric and nitric acid which can cause rock dissolutions, 

especially on carbonate and aluminosilicate rocks. For example, H2SO4 promotes 

dissolution of calcite (CaCO3) and precipitation of anhydrite (CaSO4). When supercritical 

CO2 is injected into the reservoir formation, it displaces in-situ formation waters and 

creates a dry-out zone. The reactions of SO2 in the dry zone can be written as: 

 

 CaCO3 + SO2 + 1 2⁄ O2 → CaSO4 + CO2 Eq. (4) 

 

SO2 can be dissolved into water in the two-phase region and the front of the CO2 plume, 

lowering the pH of the formation water and causing dissolution of minerals [13].  

 

Effect on Well Materials 

 

Well materials can be affected during and/or after CO2 injection is completed due to the 

return of water containing acidic impurities. For example, reactive impurities, such as 

H2S, SO2 and NO2 in the injected CO2 stream are corrosive and can increase the corrosion 

potential. Generally, well or cement materials used in any conventional oil and gas 

drilling operations initially designed with impurities free, are potentially exposed to this 

corrosiveness of the impurities. Results of thermochemical calculations suggest that the 

effect of acid impurities on the dissolution of cement constituents may be more significant 

than on the dissolution of rocks [13]. Also, the steel casings can be attacked if protection 

from the cement sheaths is lost. Figure 1.8 illustrates the example of corrosion of well 

materials after been exposed to impurities present in the injected CO2 stream.   

 

It has been described that the presence of impurities in captured CO2 could pose a 

significant threat in all stages of the CCS chain. Negative impacts such as corrosion in 

pipelines, well materials as well as in other types of CCS facilities would trigger another 

huge cost impacting the whole CCS operation. It is also presented that another significant 

impact of impurities toward CCS operation is its effects on the thermophysical properties. 

Thermophysical properties such as fluid solubility, density, viscosity, etc are the primary 
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objective of the study since the impurities affect these properties in different ways. For 

example, understanding the fluid solubility is essential as it plays an important role in 

estimating the solubility trapping mechanism during the CCS operation.  Also, accurate 

information about density and viscosity of the CO2 gas-brine mixture is important to 

assess any required heat and compression work, transportation cost, the pressure drop in 

the pipeline, well and storage capacity.   

 

 

 

Figure 1.8: Example of the corrosions occurred on the well materials, after been exposed with 

CO2 with the presence of impurities. 

 

1.3 This Work 

 

As previously described, CCS is one of the best possible options to manage the produced 

CO2 from the development of high CO2 hydrocarbon fields or from any other CO2 

sources. The process involves separating the CO2, transportation by pipelines, and 

injection into appropriate geological formations or any utilization sites, for permanent 

storage. Pure CO2 (with impurities free) injection into a suitable formation reservoir must 

be properly designed to avoid any unnecessary CCS operational issues. However, 

depending on the efficiency of separation and purification technologies, a CO2 stream 

after the separation process possibly have the impurities or co-contaminants such as H2S, 

SO2, NOx and Mercury. High CO2 purity for transport and storage requires an extensive 

separation process, hence high costs are anticipated. One way to lower the cost connected 

to the CCS project is to permit these impurities together with the CO2 gas injection stream 

for permanent storage. 
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Realizing the risk and possible impacts of the impurities present in the captured CO2 

towards the overall CCS operation, it is recommended to have a precise and accurate 

knowledge of these thermophysical properties for safe and efficient CO2 capture, 

transport and injection in the reservoir formation for permanent storage. At present, there 

are several studies conducted accessing the impact of the impurities on the CCS operation 

which can be found elsewhere [11-14][21-22]. However, due to the massive variety of 

the possible compositions of the captured CO2 with different types of impurities that could 

be present, along with different operating ranges of pressure, temperature and formation 

brine compositions in CCS operation, new and further experimental data for this thermo-

physical properties are deemed necessary.  

 

For this study, the aim is to generate reliable experimental data for CO2 solubility, 

accessing the impact of impurity (in this case H2S was chosen) on CO2 solubility and 

other thermophysical properties data generation such as density and viscosity for CO2-

aqueous phase, at geological sequestration conditions, the temperature in the range from 

353.15 K to 423.15 K and pressure up to 80 MPa The work involves both extensive 

experimental works and thermodynamic modelling for CCS purposes, utilizing both lab 

facilities from Heriot-Watt University (HWU) in the United Kingdom and Centre of 

Thermodynamic Processes (CTP) Mines Paris Tech in France. Apart from filling the 

literature gaps, this new experimental data generation will help to validate or modify the 

existing equations of state (EoS) thermodynamic model predictions and act as an input to 

improve existing reservoir model accuracy. To illustrate all the work completed for this 

study, the dissertation has been structured into seven different Chapters.  

 

In Chapter 2, the work that has been carried out in measuring CO2 solubility in deionized 

water, NaCl and mixed salt aqueous solution at the pressure and temperature mentioned 

above are described. Apart from demonstrating an extensive literature data availability 

for this CO2 solubility, the material, apparatus and experimental procedures used in this 

work are explained in this Chapter. Additional work or case studies in identifying the 

initial CO2 concentration in X field brine aquifer are also performed in this work and 

presented in this Chapter. It was found useful as the available field data and correlation 

was not able to describe the initial field aquifer properties accurately. Modifications made 

on the existing setup and procedures are explained and the results obtained from these 

solubility measurements are validated against thermodynamic model predictions. 
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In Chapter 3, the impact of H2S impurity (up to 5 moles% H2S concentration) on CO2 

solubility is demonstrated. The solubility measurement of CO2 and CO2+H2S mixture in 

deionized water, NaCl and mixed salts aqueous solution is studied at similar pressure and 

temperature conditions, using Vapour Liquid Equilibrium (VLE) from the Centre of 

Thermodynamic Processes (CTP), Mines Paris Tech. The measured results are compared 

against a predictive model, along with the available experimental data. Comparison 

between new solubility profiles generated at each of the isotherm measurements against 

previous CO2 solubility profiles (without H2S present) generated at the same aqueous 

solutions, pressure and temperature conditions are made to access the impact of H2S 

impurity on CO2 solubility. The findings obtained from this study are discussed.  

 

Chapter 4 and Chapter 5 demonstrated the experimental works in measuring and 

modelling the density and viscosity of the aqueous solutions with and without the 

dissolved CO2, respectively. In-house HWU high pressure and high temperature 

experimental setup was designed and constructed to simultaneously measure the viscosity 

and density of the aqueous solutions (with and without CO2), based on the capillary tube 

viscosity techniques and vibrating tube method, respectively. Apart from the extensive 

review of the literature data completed on both physical properties, experimental 

calibration and procedure validations are also presented. Following this, the comparison 

between the density and viscosity result measured in this work against the calculated 

model predictions, together with its deviations are demonstrated in these Chapters. 

 

Experimental data incorporation into the existing X field reservoir dynamic modelling 

inputs data, for the modelling accuracy improvements, accessing the impact of H2S 

present on the CO2 injection for CCS are described in Chapter 6. Existing X field reservoir 

model was modelled with impurities free, with the assumptions that the impact of 

impurities is negligible. Here in this chapter, the aim is to show how the input data 

modifications are made, including several parameter adjustments to reflect on the current 

X field development strategy. Simulation results are analysed based on the CO2 trapping 

mechanisms, the volume of CO2 gas injected and CO2 plume behaviour. 

 

Finally, the conclusions of each of the Chapters and recommendation for future works in 

this area of study is summarized and presented in Chapter 7.  
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CHAPTER 2 - CO2 SOLUBILITY MEASUREMENTS 

2.1 Introduction 

 

In the perspective of carbon sequestration or storage in reservoir aquifer, accurate 

knowledge of CO2 solubility in water/brine is crucial. As solubility trapping is one of the 

trapping mechanisms that could help to store CO2 underground permanently, as 

previously described in Chapter 1, understanding the behaviour of such mixtures at 

geological sequestration condition is mandatory. Abundant of literature data for CO2-

water/NaCl are available in open-source literature, over a wide range of pressure and 

temperature conditions, as presented in this Chapter. However, solubility data of CO2 in 

the mixed salts brine aqueous solutions were mostly measured at pressures less than 20 

MPa. Therefore, additional measurements are essential to conduct over a high geological 

sequestration pressure and temperatures, not only for literature data gap closure but this 

high accuracy experimental data will help to validate the accuracy and reliability of the 

model predictions at high pressure and high temperature. 

 

This Chapter is explaining the works that have been carried out, in measuring CO2 

solubility in NaCl with 0.35 M as well as in mixed salt aqueous solution in the temperature 

range of 353.25 K to 423.48 K and pressure up to 38.0 MPa. CO2 solubility in deionized 

water is also carried out at similar pressure and temperature conditions to check the 

validity of the results obtained from this study. Apart from filling in some of the 

experimental gaps found in the literature for this CO2 solubility at this high pressure and 

high temperature conditions, the new CO2 solubility data generated will act as a reference, 

to further understand the impact of impurity, H2S on CO2 solubility in similar aqueous 

solutions, at the same pressure and temperature conditions, presented in Chapter 3. 

 

In addition to this, measurement on the initial CO2 concentration determination in X field 

brine aquifer is also presented in this Chapter. This measurement is found useful after 

current available reservoir field data and correlations are not able to describe the initial 

CO2 concentration of field aquifer properties accurately. For this measurement, some 

modifications are made to the existing cylinder cell and experimental procedures 

demonstrated in this Chapter. The X field gas compositions (known as Mixture10) are 

used, which were previously prepared for the Joint Industrial Project (JIP) Phase 2, 
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investigating the phase behaviour and thermophysical properties of acid gases and related 

fluid system measurements. This JIP is a project collaboration between Petronas and 

Heriot-Watt University and the other Sponsors, where the project aims to have an 

integrated experimental and modelling focusing on the phase behaviour, vapour liquid 

equilibrium, solubility in saline water, glycols, amines, hydrates and other solid 

formations, as well as fluid properties, includes pH, interfacial tension (IFT), density, 

viscosity and thermal conductivity. To access the initial CO2 concentration in the field 

brine aquifer, Mixture 10 is mixed with the field brine aquifer at reservoir pressure and 

temperature prior to the CO2 solubility measurement. Further assessments on the 

allowable amount of CO2 that could be stored via the injection process in X field aquifer 

reservoir are also presented.  

 

The material, apparatus, experimental setup and procedure used for this CO2 solubility 

measurement are described in this Chapter. CO2 with detailed salt and Mixture 10 gas 

compositions used for the brine aqueous solution preparation are also defined. The 

information about this salt composition and Mixture 10 gas is taken from field reservoir 

gas and aquifer analysis recently acquired from the X field appraisal well exercises. This 

actual field information is considered to accommodate the field requirement, mimicking 

the real field data in determining the initial CO2 concentration, reducing the number of 

subsurface uncertainties. Apart from this, modifications made on the current experimental 

setup as well as the procedure used in determining the initial CO2 concentration in 

Mixture 10 saturated brine are also explained. 

 

Further from this solubility measurement, this Chapter also explains how CO2 solubility 

is calculated. Critical parameters such as pressure, temperature, volume and brine 

molarity obtained from each of the isotherms measurements are recorded for this 

solubility calculations. The uncertainties calculated for these parameters are also 

described. CO2 solubility data generated from this study is validated by comparing them 

against available literature data obtained in open sources, along with the Duan and CPA-

SRK72 EoS model predictions. The percentage of absolute average deviations (%AAD) 

is calculated to ensure the reliability of the data obtained. Finally, solubility profiles 

generated at each isotherm measurements are analysed and discussed. CO2 solubility 

profile changes due to the pressure, temperature and salinity of the aqueous solution used 

are also discussed. 
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2.2 Literature Review  

 

Massive CO2-water data are available in the literature, cover a wide range of pressure and 

temperature conditions. Not only CO2 in pure water, but the solubility of CO2 

experimental data in NaCl aqueous solutions are also extensive. Several authors have 

made excellent data reviews and data gathering for the CO2-water/brine aqueous system. 

For example, the new CO2 solubility data generated in the low pressure region, P<1.0 

MPa has been extensively gathered by Carroll et al. [23]. A summary of CO2 solubility 

data in water from 271.65 K to 373.15 K and pressure ranges from 0.1 to 100 MPa also 

has been exhaustive collected [24]. Chapoy and his co-worker have established CO2 

solubility data gathering covers a satisfactory range of temperature, from low 

temperatures conditions (near hydrates-forming conditions) up to 351.0 K. Recently, 

Ahmadi and Chapoy has generated new CO2 solubility data in water over a range of 

temperature from 300.0 to 424.0 K and pressure up to 41.0 MPa [25]. The list of available 

data gathered from the open literature for this CO2 solubility in pure water under 

geological conditions is tabulated in Table 2.1. 

 

Table 2.1:Experimental data available in the literature for CO2 solubility in pure water. 

 

Temperature/K Pressure/ MPa References 

300-424 Up to 41.0 [25] 

293.15-303.15 0.5-3.0 [26] 

273.15-373.15 1.0 – 9.0 [27] 

323-373 0.25-71 [28] 

285-313 0.25-50.7 [29] 

283-303 0.1–2 [30] 

473–523 9.8–49 [31] 

323–533 20–200 [32] 

383–533 10–150 [33] 

303–353 1–4.0 [34] 

323–473 0.1–5.0 [35] 

323–373 10–60 [36] 

288–366 0.7–20.3 [37] 
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Temperature/K Pressure/ MPa References 

283–343 1.0–16 [38] 

323.2 Up to 20 [39] 

244.82-298.15 0.69-13.79 [40] 

323–348 10.1–15.2 [41] 

343-421 Up to 20 [42] 

288.15-313.15 6–25 [43] 

313.15-383.15 1-34.48 [44] 

278–293 6.4–29.5 [45] 

274-278 0.89-2.09 [46] 

344 10–100 [47] 

298 2.1–7.7 [48] 

294 10–60.0 [49] 

277–283 2–4.2 [50] 

274–288 0.1–2.2 [51] 

298 7.5–30.0 [52] 

274–351 0.2–9 [53] 

278–318 0.5–8 [54] 

298.15-448.15 Up to 18 [55] 

283-363 Up to 13 [56] 

273-323 0.1-0.11 [57] 

348-393 2.3-70.3 [58] 

286-348 0.1-0.14 [59] 

298-348 4.79 [60] 

298-423 4.79 [61] 

373-473 0.3-8.0 [62] 

353-473 2-10.2 [63] 

278-338 0.049-0.08 [64] 

313-353 1-14.1 [65] 

303-333 10-20 [66] 

288-298 6-25 [67] 

273-285 0.1-0.3 [68] 
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Temperature/K Pressure/ MPa References 

293-333 2.4-16.7 [69] 

273-288 0.1-5.3 [70] 

298-308 2.5-7.6 [71] 

273-298 1-4.6 [72] 

273-373 0.01-0.36 [73] 

348-421 1.02-2.09 [74] 

297 1-14 [75] 

323.15 0.11-0.58 [76] 

273 -373 Up to 3.6 [77] 

 

 

Koschel et al. [78] and Akinfiev et al. [79] presented a brief review of available literature 

data regarding the solubility of CO2 in aqueous NaCl solutions. Koschel et al. [78] 

concluded that about 1000 solubility data points are available in the literature, of which 

almost 50% are in the temperature range of direct interest for sequestration (T < 150° C), 

but most of them are relatively at low pressures. Only 20% of the data reach to pressures 

above 50 bar and the data above 200 bar are extremely scarce (2% from the overall 

amount of data). Solubility data also have been reported in different concentrations of 

aqueous solutions from 1 wt% to 26.9 wt% NaCl aqueous solutions at temperatures 

between 273.15 K to 800 K and pressures up to 2800 bar. Drummond et al. [80] have 

reported the most comprehensive dataset with around 540 solubility data points in various 

concentrations of sodium chloride aqueous solutions at temperatures between 293 K to 

673 K and pressures up to 400 bar. Ahmadi and Chapoy [25] also generated and presented 

the available data produced for CO2 solubility in NaCl over geological conditions, and 

the data are summarised in Table 2.2. 
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Table 2.2: Experimental data available in the literature for CO2 solubility in NaCl solution. 

 

Temperature/K Pressure/ MPa References 

300-424 Up to 41.0 [25] 

298-348 4.79 [60] 

298-423 4.79 [61] 

323.1-373.1 Up to 20 [78] 

303–523 4–12.6 [80] 

273–323 0.101–0.114 [81] 

353–473 2–10.2 [82] 

313.15-433.15 Up to 10 [83] 

278–338 0.049–0.084 [84] 

313–393 0.7 – 10.0 [85] 

273-313 0.10-0.011 [86] 

445-610 2.5-20 [87] 

298 0.1 [88] 

323.15-423.15 Up to 15 [89] 

323.15-423.15 Up to 20 [90] 

323.15-423.15 Up to 18 [91] 

408-800 3-280 [92] 

313-433 0.2-9.6 [93] 

423–523 10–140 [94] 

303–333 10–20.0 [95] 

323-413 5.0- 40 [96] 

313-393 Up to 10 [97] 

291.2 0.101 [98] 

293 0.101 [99] 

298-318 0.101 [100] 

288-333 0.101 [101] 

288-308 0.101 [102] 

273.5-277 0.8-1.9 [103] 

273-363 0.004-0.1 [104] 
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Temperature/K Pressure/ MPa References 

293-308 0.101 [105] 

233.15 10 [106] 

 

Although CO2 solubility data in pure water and NaCl are extensively available as 

described above, CO2 solubility data in mixed salts aqueous solutions are sparse. The 

available experimental data for such system involves various salt compositions used 

which lead to a wide range of salinity, as presented in Table 2.3. Zhao et al. [89] published 

a paper on the solubility of CO2 in aqueous solutions of CaCl2, MgCl2, KCl and Na2SO4 

at temperatures from 323 K to 423 K and pressure of 15 MPa. Apart from them, Ahmadi 

and Chapoy [25] are also generated some CO2 solubility data in mixed salt aqueous 

solution at different isotherms in the temperature range of 300 to 424 K and pressure up 

to 41 MPa in their recent work.  

 

Table 2.3: CO2 solubility in mixed salts aqueous solution available in the literature.  

 

Temperature/ 

K 

Pressure/  

MPa Aqueous Phase References 

300-424 Up to 41 

NaCl+CaCl2+MgCl2+KCl+ 

SrCl2+BaCl2 
[25] 

308-408 Up to 40  

Na+, Ca2+, Mg2+, Cl-, HCO3-, 

Fe2+, SO4
2- 

[107][108] 

308-328 Up to 16 NaCl+KCl+CaCl2 [109] 

308-424 Up to 40  CaCl2+MgCl2 [110] 

268-298 1-4.0 

NaCl+MgCl2+MgSO4+CaCl2+ 

KCl+NaHCO3+NaBr 
[111] 

298.15 0.1 

NaCl+NaNO3+MgCl2+MgSO4 

+CaCl2+KCl+KNO3+NH4Cl+ 

(NH4)2SO4+Na2SO4+K2SO4+ 

NaHCO3+Mg(NO3)2+MgSO4 

+ CaCl2+Ca(NO3)2+BaCl2+ 

AlCl3+Al2(SO4)3 

[112] 

332 29 

Ca2+, Mg2+, Na+, K+, Fe2+, Cl-, 

SO4
2- 

[113] 
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2.3 Experimental Study 

 

2.3.1 Material 

 

Research grade CO2 from BOC N4.5 (99.995%) is used for this CO2 solubility 

measurement. NaCl with a concentration of 0.35 M and mixed salt brine aqueous solution 

is prepared gravimetrically by adding the salts described in Table 2.4 into the distilled 

water. The amount of each salt (in weight %) added into the aqueous phase is also 

presented in the Table. This calculated salt amount is made based on the real field brine 

aquifer information and understanding coming from the recent field reservoir aquifer 

analysis composition, where the agreed number of the total dissolved solids (TDS) and 

salinity are identified, at approximately 20,000 part per million (ppm) or 2.0 wt%.  

 

Table 2.4: Properties of the salts used for the NaCl and mixed salts aqueous solution preparation 

 

Salt wt% in Aqueous  

Phase 

Purity  

(%) 

Supplier 

NaCl 1.845 99.5 Fisher Scientific 

CaCl2 0.066 99.0 Fisher Scientific 

MgCl2 0.017 99.5 Fisher Scientific 

KCl 0.058 99.7 Fisher Scientific 

SrCl2 0.013 99.0 Sigma Aldrich 

Na2SO4 0.026 99.0 BDH Laboratory 

NaHCO3 0.054 99.0 Fisher Scientific 

 

Apart from these salt properties, information about the initial field gas compositions 

(known as Mixture 10) is also presented. Mixture 10 compositions, tabulated in Table 

2.5 was previously prepared for the Joint Industrial Project (JIP) Phase 2 for the phase 

behaviour and thermophysical properties of acid gases and related fluid system 

measurements. Mixture 10 is mixed with the brine solution at the field pressure and 

temperature, to restore the initial state of the X field reservoir aquifer brine, prior to the 

initial CO2 concentration in X field brine aquifer determination. In addition to this, the 

Mixture 10 information is used as an input for aquifer composition modelling, using 

thermodynamic modelling at different reservoir pressure and temperature conditions. 



 

28 

 

Table 2.5: Field gas compositions (Mixture 10), in a range of mole percent (mol %). 

 

Components Mixture 10 (in mol %) 

CO2 60-70 

Methane 25-30 

Ethane 0.90-1.00 

Propane 0.25-0.30 

n-Butane 0.07 

i-Butane 0.07 

n-Pentane 0.02 

i-Pentane 0.03 

Nitrogen 3-5 

H2S <100 ppm 

 

 

2.3.2 Apparatus 

 

A high pressure experimental setup equipped with a pneumatic rocking system, presented 

in Figure 2.1 is used for this solubility measurement. The setup is similar to the one used 

by Zaidin and his colleagues, explained in their recently completed study on solubility 

studies [114]. This setup and methodology are originally developed from the study 

conducted by Ahmadi and Chapoy on their CO2 solubility measurement in formation 

water under sequestration conditions [25]. Their solubility measurement was completed 

in deionized water and mixed salt aqueous solution (with 80,000 ppm salinity) at 

temperature ranges from 300-424 K and pressures up to 41.0 MPa.  

 

Same variable volume titanium cylindrical with a capacity of 300 ml high-pressure vessel 

is used as a measurement cell. The cell that is manufactured by Proserv can be operated 

at pressure up to 68.0 MPa and at temperature from 203.15 to 423.15 K. The measurement 

cell is mounted and attached to an adjustable rotary axis of the rocking system, as depicted 

in Figure 2.1. The design allows a good mixing between the mixture in the cell, during 

the CO2-aqueous mixture loading process prior to the solubility measurement. The cell is 

surrounded with a heating jacket connected to a Heating Circular Bath (Jubalo Ma-4) for 

the temperature control. This heating jacket and pipework are insulated to help maintain 
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a constant temperature throughout the isotherm measurements. Platinum Resistance 

Thermometer (PRT) located on the body of the heating jacket is used to measure the cell 

temperature. Since the probe is located outside of the measurement cell, it was previously 

calibrated using a Prema calibrator in the temperature range of 273.15 to 423.15 K. The 

calibration made allow better temperature predictions by correcting the fluid temperature 

inside the measurement cell based on the measured temperature of the heating jacket. The 

temperature uncertainties are calculated to be within ±0.17 K. 

 

 

Figure 2.1: Schematic diagram of the high pressure equipment set up equipped with a pneumatic 

rocking system, adopted from Ahmadi and Chapoy [25]. 

 

A pressure transducer (Quartzdyne QS10K-B, pressure range 0-207 MPa) is used for the 

pressure reading throughout the measurements. The transducer is previously calibrated 

using Budenberg deadweight tester where the calculated uncertainties are within ±0.068 

MPa. Similar to Ahmadi and Chapoy study, a gasometer (manufactured by VINCI 

TECHNOLOGIES) is used to measure the solubility of CO2 in the solution at the 

specified temperature and pressure. The gasometer is capable of retaining a maximum 

capacity of 4000 cm3, with a volume and temperature resolution of 0.1cm3 and 0.1K, 

respectively [25]. For sampling and CO2-liquid separation purposes, an Erlenmeyer flask 

is used. The flask is dual connected, one connected at the bottom part of the cell and 

another one is connected to the gasometer. While sampling, additional CO2 is injected 

into the measurement cell to ensure the thermodynamic equilibrium is maintained, using 
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a pressurized bottle of CO2, where it was previously prepared at 5.0 MPa. In the case of 

measurements that required more pressure (>5 MPa) to maintain equilibrium, a booster 

(Spragu Products-Model: S86JN100) is used to increase injection pressure up to 38.0 

MPa. This experimental setup and apparatus used are well described in Ahmadi and 

Chapoy paper [25]. 

2.3.3 Method and Procedures 

 

The methods and procedures used for this CO2 solubility measurement are similar to those 

described originally by Ahmadi and Chapoy [25]. Experimental setups are categorized 

into two sections; one for the sample preparation and another one for the gas-liquid 

sampling measurement includes the calculation made for CO2 solubility. 

 

As for the sample preparation, the cell is washed, dried and locked in a vertical position. 

Approximately 200-250 ml of deionized water is loaded into the cell and degassing is 

done for a few seconds. As the first test conducted is for the experimental method and 

procedure validation, the heating system is set to 423.48 K by manually entered the 

number at the heating circular bath. Once the system temperature is stable, the vapour 

pressure of the water is recorded. CO2 gas is introduced into the cell at 1.0 MPa via one 

of the loading valve located at the top of the cell. The rocking system is initiated for at 

least 20 to 30 minutes to allow good mixing of the mixture, ensuring the equilibrium of 

the system. Equilibrium pressure and temperature are assumed to be reached when the 

jacket temperature and pressure transducer respectively give equivalent values within 

their temperature and pressure uncertainty for at least 10 minutes.  

 

Before starting the sampling procedure, the Erlenmeyer flask is weighted (Mi), and 

connected to the bottom of the measurement cell and gasometer, as depicted in Figure 

2.1. At this point, the drainage valve of the gasometer is closed and the initial volume (Vi) 

and pressure (Pg) of the gasometer are recorded. Equilibrium pressure (P) and temperature 

(T) of the mixture inside the measurement cell is also recorded. All these recorded 

parameters are used for the solubility calculation explained later. Once ready, the 

samplings are carried out via a bottom valve. The valve is opened very slightly to avoid 

a sudden pressure drop in the cell. Withdrawn fluids are released into the Erlenmeyer 

flask and at the same time, the separated gas is continuously transferred to the gasometer. 
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For accuracy purposes, sampling is continued until enough volume of gas is collected in 

the gasometer, approximately 300 to 400ml. At this point, the pressure drop in the cell is 

monitored to ensure the changes in the mixture pressure inside the cell are not more than 

0.07 MPa. Additional CO2 gas prepared in the gas cylinder is injected into the cell to 

ensure the system equilibrium is maintained.  

 

When enough sample is collected, the flask is disconnected and left on the magnetic 

stirrer, while it is still connected to the gasometer. This magnetic stirrer is initiated for at 

least 20 to 30 minutes at room temperature to ensure the maximum capacity of the gas 

liberated from the solution, transferred into the gasometer. Then, using the rotary crank, 

gasometer volume is adjusted and set to the initial gasometer pressure observed at the 

beginning of the test (Pg). Then the final volume of the gas (Vf), pressure (Pf) and 

temperature (Tf) obtained from the gasometer are recorded. The final mass of the flask 

including the solution inside is also measured (Mf). All the values recorded are important 

to be used for the solubility calculation. Ahmadi and Chapoy described how CO2 

solubility calculation and uncertainties are performed [25]. All the procedures and 

calculations presented in his published paper, are very useful.  

 

The solubility data calculated are compared against Duan [115] and CPA-SRK72 [116] 

model predictions. The percentage of absolute average deviation (%AAD) comparing 

against both models is calculated to ensure the reliability of the experimental results 

obtained. Repeatability of the sampling is required if the percentage of AAD calculated, 

either for the Duan model or the CPA-SRK72 EoS model is huge and significant. 

 

This explains one complete cycle for CO2 solubility measurement in deionized water at 

one isotherm and one pressure point. In order to get up to the highest pressure of the 

solubility curves, a series of CO2 gas is introduced into the cell. In this case, CO2 is 

introduced up until 35.0 MPa. Similar experimental procedures are employed. Once the 

measurements are completed and good agreements against literature and prediction 

models are observed, cell cleaning is carried out. The mixtures left in the cell is drained 

out from the cell via the bottom valve and the cell is washed. Preparation for the new CO2 

solubility measurement for other isotherms at 393.23 K, 373.19 K and 353.25 K is made. 

The CO2 solubility measurement is progressed in NaCl and mixed salts or field brine 

aqueous solution at similar pressure and isotherm conditions.  



 

32 

 

2.3.4 CO2 Solubility Calculations 

 

All the recorded parameters and values obtained during the measurement are used for 

further CO2 solubility calculations, which are explained in this section. Even though 

Ahmadi and Chapoy have well described how the solubility calculation is done, this 

section again explaining how the amount of CO2 dissolved in an aqueous solution is 

calculated. As described in the previous section, the total volume of the gas obtained is 

measured in two parts. The gas separated from the solution and collected in the gasometer 

(XA) and the gas remained dissolved in the solution in the flask (XB). The calculation for 

each gas sample is as per following; 

 

A. Separated gas from the solution, collected by Gasometer (XA) 

 

Before the measurement, the total volume of sampling system (Erlenmeyer Flask (VEr) 

and gasometer) are defined as; 

 

 V1 = Vi + VEr Eq. (5) 

 

In this equation, V1 stands for the initial total volume of the sampling system, where Vi 

is the initial volume of the gasometer and VEr is the initial volume of Erlenmeyer flask. 

At the end of the measurement, a liquid sample (with the volume of VL) is collected in 

the Erlenmeyer flask, and the gasometer volume is changed from (Vi) to (Vf) due to the 

separation of the gas from the solution. Therefore, the total volume of the gas in the 

system at the end of the measurement (V2), are described as follow; 

 

 V2 = Vf + (VEr − VL) Eq. (6) 

 

So, the total volume of the gas liberated or separated from the liquid sample (VG) is 

calculated as; 

 

 VG = V2 − V1 = Vf − Vi − VL Eq. (7) 

 

Substituting the liquid volume with mass using the measured mass of the flask before 

(Mi) and at the experiment (Mf) gives; 
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 VG = Vf − Vi −
ML

⍴L
= Vf − Vi −

(Mf − Mi)

⍴L
 Eq. (8) 

 

To calculate the density of the aqueous phase (⍴L), the IAWPS  EoS [117] is used,  when 

the aqueous phase is deionized water. In another hand, Ahmadi and Chapoy explained 

that for the aqueous phase containing dissolved salts in this case for NaCl and field brine 

aquifer, the following correlation suggested by Lewis & Perkin [118] is used to calculate 

the aqueous phase density: 

 

 
⍴sw (

kg

m3
) = (a1 + a2t + a3t2 +  a4t3 + a5t4) − (b1S + b2St

+ b3St2 + b4St3 + b5S2t2) 

Eq. (9) 

 

 

In this equation, the temperature and salinity of the brine are represented by t and S, 

respectively. The required coefficients and range of validity for this equation are 

described in Table 2.6. 

Table 2.6: Coefficients and validity range for Lewis & Perkin correlation. 

 

Equation Coefficients Range of Validity 

𝑎1 = 9.999 × 102 𝑏1 = 8.020 × 102  

273.15 K < 𝑡 < 453.15 K 

0 < 𝑆 < 0.16 𝑘𝑔/𝑘𝑔 

Accuracy: ±0.1% 

𝑎2 = 2.034 × 10−2 𝑏2 = −2.001 

𝑎3 = −6.162 × 10−3 𝑏3 = 1.677 × 10−2 

𝑎4 = 2.261 × 10−5 𝑏4 = −3.060 × 10−5 

𝑎5 = −4.657 × 10−8 𝑏5 = −1.613 × 10−5 

 

Finally, CO2 density calculated using the Span & Wagner EoS [119] at gasometer 

conditions (Pg, Tf) is used to calculate total moles of CO2 separated from the liquid sample 

using the below equation; 

 

 XA = (Vf − Vi −
(Mf − Mi)

⍴L
) × ⍴CO2 Eq. (10) 
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B. Dissolved gas in the sample solution, remained in Erlenmeyer flask  

 

The solubility of CO2 in the liquid sample in the Erlenmeyer flask at laboratory 

temperature (295.15 K) and atmospheric pressure (~0.1 MPa), is taken from the NIST 

Standard Reference Database. Therefore, the total number of CO2 moles dissolved in the 

sample solution (XB) is found employing the below formula; 

 

 XB =  
XCO2

(1 − XCO2)
 ×  [

(Mf − Mi) × Fw

MWW
+  

(Mf − Mi) × (1 − Fw) 

MWsalt
] Eq. (11) 

 

 

In this equation XCO2, MW and FW stand for equilibrium molar composition of CO2 in 

aqueous solution, fluids molecular weight and weight fraction of water in the aqueous 

solution, respectively. Usually, gas solubility is reported based on the mole fraction of 

gas dissolved in water. Therefore, for systems with an aqueous phase containing salts, the 

weight fraction of water (FW) is used in calculations to convert brine mass to water mass. 

Also, for an aqueous phase containing more than one salt (S1, S2, etc.), the above 

equation can be rewritten as; 

 

 XB =  
XCO2

(1 − XCO2)
 × [

(Mf − Mi) × Fw

MWW
+  

(Mf − Mi) × FS1 

MWS1
+

(Mf − Mi) × FS2 

MWS2
+ ⋯ ] Eq. (12) 

 

 

Finally, the total solubility of CO2 in water is calculated by dividing the total number of 

CO2 moles by the total number of CO2 and water moles, expressed in the below equation; 

 

 
XCO2 =

XA + XB

XA + XB + (
(Mf − Mi) × Fw

MWW
)
 

Eq. (13) 
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2.4 Results and Discussions 

 

2.4.1 Solubility of CO2 in Deionized Water 

 

In this study, the solubility of CO2 in deionized water is the first measurement conducted 

at 423.48 K and pressure up to 38.0 MPa [114]. The test is to ensure the technique and 

method used is reliable prior to other CO2 solubility measurements in different aqueous 

solutions, over geological sequestration conditions. The results obtained from this 

validation test are compared against available literature data, Duan model and CPA-

SRK72 model prediction, as demonstrated in Figure 2.2. From the figure, the mole 

fraction of CO2 or CO2 solubility data shows excellent agreements against the literature 

data published by Ahmadi and Chapoy [25], Hou et al. [55] and Takenouchi et al. [33]. 

Predictions made using Duan model and CPA-SRK72 also show good agreements against 

experimental data, with less than 1.0 % of average absolute deviation (%AAD) calculated.  

 

 

Figure 2.2: Mole fraction of CO2 dissolved in deionized water (validation test) at T=423.48 K, 

this work (●), along with literature data Takenouchi et al. [33] (▲), Hou et al. [55] (♦) and 

Ahmadi and Chapoy [25] (*), Duan model [115] (--)and CPA-SRK72 EoS model [120] prediction. 
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Following the validation test, CO2 solubility measurements in deionized water are 

conducted at other isotherm conditions, at 353.25 K, 373.19 K and 393.23 K and pressure 

up to 38.0 MPa. The experimental results are plotted and compared against the Duan 

model and CPA-SRK72 EoS model prediction. The percentage of AAD for both models 

at each of the isotherm measurements are calculated. The CO2 solubility profiles 

generated are presented in Figure 2.3, Figure 2.4, Figure 2.5 and Figure 2.6, along with 

the available literature data and model predictions. These results are also compared, along 

with the model predictions shown in Figure 2.7 to see the impact of the temperature on 

CO2 solubility. Satisfactory agreements are observed in all four isotherms and no huge 

data variations observed within the pressure ranges indicate models have excellently 

predicted the behaviour of CO2 in deionized water.  

 

From Figure 2.7, it is observed that CO2 is dissolved in water at maximum capacity at 

the lower system temperature. This is due to the higher kinetic energy of the aqueous 

phase molecules at a higher temperature broke the intermolecular bonds of the solution 

and help the gas molecules to escape from the solution. However, for the last isotherm at 

423.48 K, at the pressure more than intermediate pressure (>20.0 MPa), the solubility of 

the gas increased to the values more than the observed solubility at lower temperatures. 

In addition to this, as the pressure of the system increased, the CO2 solubility is increased, 

as expected. The number of the gas molecules per unit volume is increased, therefore 

more gas molecules are in contact with the liquid surface, hence the CO2 solubility 

increased. However, as the pressure further increased, the effects of pressure on the 

solubility of the gas are minimal.  

All the CO2 solubility data (experimentally measured) in this deionized water for each of 

the isotherm measurements conducted, at 353.25 K, 373.19 K, 393.23 K and 423.48 K 

are tabulated in Table 2.7. The percentage of AAD calculated for both Duan model and 

the CPA-SRK72 EoS model are also presented with experimental uncertainties 

(U(T,k=2)) calculated. 
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Figure 2.3: Mole fraction of CO2 dissolved in deionized water at T=353.25 K. This work (o), 

Martin et al. (●), Bamberger et al. [65] (▲), Duan model [115] (---) and the CPA-SRK72 EoS (-

) [120] model prediction. 
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Figure 2.4: Mole fraction of CO2 dissolved in deionized water at T=373.19 K. This work (o), Hou 

et al. (x) [55], Shagiakhmetov et al. [36] (◊), Zel’vinskii  [27] (+), Wiebe et. al. [28] (Δ), Zawisa 

et al. [35] (□), Ahmadi and Chapoy [25] (•), Duan model [115] (---) and the CPA-SRK72 EoS 

[120] (-) model prediction. 
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Figure 2.5: Mole fraction of CO2 dissolved in deionized water at T=393.23 K. This work (o), 

Duan model [115] (---) and the CPA-SRK72 EoS [120] (-) model prediction. 
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Figure 2.6: Mole fraction of CO2 dissolved in deionized water at T=423.48 K. This work (o), 

Takenouchi et al. [33] (ӿ), Hou et al. [55] (x), Ahmadi and Chapoy [25] (•), Zaidin et al. [114] 

(▲), Duan model [115] (---) and the CPA-SRK72 EoS [120] (-) model prediction. 
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Figure 2.7: Mole fraction of CO2 dissolved in deionized water at T=353.25 K, 373.19 K, 393.23 

K and 423.48 K, along with the Duan model [115] (--) and CPA-SRK72 EoS [120] (-) model 

predictions.   
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Table 2.7: Measured CO2 solubility in deionized water at 353.25 K, 373.19 K, 393.23 K and 

423.48 K, with calculated deviations against Duan and CPA-SRK72 EoS model prediction. 

 

Temperature/  

K 

(±0.17 K) 

Pressure/ 

MPa 

(±0.068 MPa) 

XCO2 

(mole 

fraction) 

Expanded 

Uncertainty 

(k=2) 

Deviations (%) 

CPA-

SRK72 EoS 

Duan 

Model 

353.25  2.340 0.00577 0.00011 27.7 13.7 

5.079 0.01009 0.00012 13.5 3.7 

10.076 0.01563 0.00019 4.3 0.5 

19.924 0.02148 0.00038 3.1 5.0 

27.560 0.02400 0.00048 3.6 6.9 

34.674 0.02605 0.00052 4.8 9.1 

%AAD 9.48 6.49 

373.19  2.783 0.00535 0.00011 21.3 8.7 

5.013 0.00870 0.00011 15.8 5.2 

10.699 0.01539 0.00019 11.4 5.9 

20.544 0.02027 0.00023 2.1 2.1 

28.519 0.02355 0.00033 3.6 5.1 

36.160 0.02541 0.00038 2.6 5.1 

%AAD 12.66 5.47 

393.23  2.892 0.00436 0.00011 13.7 -1.9 

6.428 0.00999 0.00013 18.7 7.8 

10.484 0.01346 0.00017 8.8 0.2 

22.194 0.02155 0.00037 6.8 4.9 

29.189 0.02322 0.00036 1.1 0.8 

36.667 0.02507 0.00045 -1.1 -0.3 

%AAD 8.36 2.66 

423.48  2.533 0.00341 0.00011 17.7 4.6 

5.011 0.00714 0.00011 20.0 5.5 

11.235 0.01383 0.00015 11.3 0.5 

20.103 0.02062 0.00027 6.4 0.9 

29.935 0.02505 0.00038 1.2 -1.4 

36.847 0.02725 0.00041 -1.7 -2.8 

%AAD 11.32 2.63 
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2.4.2 Solubility of CO2 in 0.35 M NaCl Aqueous Solution 

 

Following the CO2 solubility measurement in deionized water, CO2 solubility in NaCl 

(0.35M) is progressed to quantify the impact of salt presence on CO2 solubility. These 

measurements are carried out at similar isotherms, at T=353.25 K, 373.19 K, 393.23 K 

and 423.48 K and pressure up to 38.0 MPa. Similar experimental procedures are 

employed, ensuring the consistencies and reliability of the experimental results obtained. 

The experimental results are compared with the model predictions of the CPA-SRK72 

and Duan model. Percentage AAD calculated for Duan and CPA-SRK72 EoS model is 

within 2.20% and more than 5.00% in all isotherms, respectively. This indicates that for 

this single salt solution, the Duan model is predicting better than CPA-SRK72. No huge 

deviations were observed in each of the measurements, indicating the experimental results 

obtained are reliable. A comparison between experimental results against Duan and CPA-

SRK72 model in all isotherm measurements is presented in Figure 2.8.  

 

From the figure, similar observations with previous CO2 solubility measurements in 

deionized water are recorded. Increased in pressure led to the higher solubility of CO2 in 

the system, observed in all isotherms. The solubility of CO2 decreased when the system 

temperature increased. It is also observed that the presence of salt reduced the capacity of 

CO2 dissolved in an aqueous solution, by 10 to 15% at each of the isotherms due to the 

salting-out effect. When an ionic salt (NaCl) is added to water, the ions from the salt 

introduced will attract the water molecules to solvate the ions. This tends to decrease the 

weak affinity of non-polar carbon dioxide molecules to water and drive the dissolved 

carbon dioxide out of the polar water. In other words, the solubility of CO2 in water or 

solvent is affected significantly by the presence of other solutes, in this case, the presence 

of NaCl in the solution. These findings are aligned with the conclusion made by Savary 

et al. [121] in their recent completed study, in measuring CO2-H2S mixtures in water and 

2 M NaCl solution over high pressure and temperature conditions.  

 

Measured CO2 solubility data in NaCl 0.35 M solution at each isotherm and different 

pressures are tabulated in Table 2.8. The percentage of absolute average deviations 

(%AAD) and experimental uncertainties (U(T,k=2)) calculated against the Duan and 

CPA-SRK72 model are also presented in the table. 
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Figure 2.8: Mole fraction of CO2 dissolved in NaCl 0.35M at T=353.25 K, 373.19 K, 393.23 K 

and 423.48 K, along with the Duan model [115] (--) and CPA-SRK72 EoS [120] (-) model 

prediction. 
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Table 2.8: Measured CO2 solubility in 0.35M NaCl at 353.25 K, 373.19 K, 393.23 K and 423.48 

K, with calculated deviations against Duan and CPA-SRK72 EoS model. 

 

Temperature/  

K 

(±0.17 K) 

Pressure/ 

MPa 

(±0.068 MPa) 

XCO2 

(mole 

fraction) 

Expanded 

Uncertainty 

(k=2) 

Deviations (%) 

CPA-

SRK72 EoS 

Duan 

Model 

353.25  2.430 0.00486 0.00006 11.86% 0.68% 

5.551 0.00989 0.00013 8.44% 1.68% 

10.647 0.01516 0.00030 3.26% 1.41% 

20.301 0.01880 0.00044 -4.62% -1.68% 

28.299 0.02196 0.00042 0.48% 4.63% 

36.112 0.02291 0.00052 -2.38% 2.86% 

%AAD 5.17 2.16 

373.19  2.453 0.00403 0.00006 7.78% -0.81% 

6.092 0.00899 0.00012 3.13% -0.61% 

10.719 0.01322 0.00024 -3.20% -2.31% 

20.583 0.01882 0.00049 -5.49% 1.76% 

29.226 0.02108 0.00063 -8.64% 0.62% 

36.620 0.02310 0.00072 -7.57% 1.84% 

%AAD 5.97 1.33 

393.23  3.083 0.00459 0.00006 12.44% 3.39% 

5.477 0.00763 0.00008 8.06% 1.54% 

10.666 0.01263 0.00021 1.48% -0.35% 

20.846 0.01866 0.00040 -4.11% 0.81% 

27.723 0.02074 0.00048 -8.14% -1.07% 

36.213 0.02372 0.00069 -6.31% 2.11% 

%AAD 6.76 1.55 

423.48  3.121 0.00408 0.00012 16.13% 5.52% 

5.537 0.00697 0.00007 9.38% 0.68% 

10.621 0.01196 0.00015 2.21% -2.38% 

20.725 0.01914 0.00045 -2.92% -0.69% 

28.630 0.02311 0.00066 -4.41% 0.73% 

36.852 0.02501 0.00065 -10.78% -3.35% 

%AAD 7.64 2.22 
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2.4.3 Solubility of CO2 in Mixed Salts Aqueous Solution 

 

In another set of experiments, measurements are carried out to measure the CO2 solubility 

in mixed salts aqueous solution. This mixed salts aqueous solution are prepared based on 

the real X field aquifer properties, where the salt compositions used to formulate the 

mixed salts were already defined in the previous section. The solubility measurements 

are carried out at similar conditions, at 353.25 K, 373.19 K, 393.23 K and 423.48 K and 

pressure up to 38.0 MPa. Experimental results are plotted along with the model 

predictions of Duan and CPA-SRK72, as shown in Figure 2.9. For the Duan model, the 

calculation is made based on the assumption that the aqueous mixed salts solution is a 

single salt solution (using NaCl concentration value), similar to what Ahmadi and Chapoy 

did in their recent work [25]. Ahmadi and Chapoy have compared their models with two 

different solubilities calculated using two assumptions; in the first calculation, the 

aqueous solution was assumed to be a mixture of water and NaCl (single salt). In the 

second calculation, different salts in the aqueous solution were considered (mixed salts). 

However, based on them, both approaches did not change the calculated %AADs per se 

and give approximately the same numbers of %AAD, ±0.05%.  

 

Ensuring what has been employed by Ahmadi and Chapoy is accurate, experimental 

results obtained from this study are also validated using similar approaches. Two 

assumptions are considered; single salt and mixed salts aqueous solutions are calculated 

for both Duan and CPA-SRK72 models and compared. For the first assumption, assuming 

the aqueous solution to be a mixture of water and NaCl (single salt), %AAD for the Duan 

model is calculated to be approximately 2.63%, 2.99%, 3.15% and 3.78% for 353.25K, 

373.19K, 393.23K and 423.48 K respectively, while %AAD calculated for CPA-SRK72 

model at the same isotherm measurement are approximately 5.41%, 7.34%, 9.18% and 

12.19% respectively. Average %AAD calculated for the Duan model and CPA-SRK72 

EoS are found to be 3.14% and 8.53% respectively, as shown in Table 2.9. For the second 

assumption, assuming different or mixed salts in the aqueous solution, the %AAD 

calculated are not significantly changed. In this case, the %AAD of the measured results 

(mixed salts) in comparison with the Duan model and CPA-SRK72 EoS (single salt) is 

found to be 3.19% and 8.50%, respectively. The comparison of this %AAD calculated 

for both assumptions is presented in Table 2.10. 
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Similar observations with previous CO2 solubility measurements conducted in NaCl 

aqueous solution, where the presence of the salts in the aqueous solution decreased CO2 

solubility. Even though several types of salts were added during brine formulation, the 

magnitude of the CO2 solubility differences are not much significant. This is due to the 

similar molality number for this mixed salts aqueous solution is prepared, approximately 

at 0.35 M or equivalent to 2.0 weight%. Therefore, similar behaviour in CO2 solubility 

profiles are observed in all isotherm measurements. No huge data variations were 

observed when compared against previous solubility measurements in NaCl. In addition 

to this, as expected, CO2 solubility is decreased as the temperature of the system 

increased, and increased when the pressure of the system increased, observed in all 

isotherm measurements. 

 

 

 

Figure 2.9: Mole fraction of CO2 dissolved in mixed salt aqueous solution (0.35 M) at T=353.25 

K, 373.19 K, 393.23 K and 423.48 K, along with the Duan model [115] (--) and CPA-SRK72 EoS 

[120] (-) model prediction. 
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Table 2.9: Measured CO2 solubility in mixed salts aqueous solution (0.35M) at 353.25 K, 373.19 

K, 393.23 K and 423.48 K, with calculated deviations against Duan and CPA-SRK72 EoS model 

(using single salt calculation for the model).   

 

Temperature  

K 

(±0.17 K) 

Pressure 

MPa 

(±0.068 MPa) 

xCO2 

(mole 

fraction) 

Expanded 

Uncertainty 

(k=2) 

Deviations (%) 

CPA-SRK72 

EoS 

Duan Model 

353.25  2.942 0.00604 0.00014 15.5% 5.10% 

5.752 0.00965 0.00013 3.70% -3.51% 

10.554 0.01480 0.00025 1.70% -0.53% 

20.064 0.01932 0.00040 -1.00% 1.39% 

28.009 0.02019 0.00050 -7.50% -3.52% 

35.768 0.02260 0.00065 -3.10% 1.73% 

%AAD 5.41 2.63 

373.19  2.949 0.00514 0.00006 18.52% 5.91% 

5.683 0.00850 0.00011 9.19% -0.71% 

10.808 0.01411 0.00025 8.61% 3.60% 

20.205 0.01946 0.00050 5.42% 5.65% 

28.113 0.02084 0.00059 -0.96% 0.70% 

37.168 0.02292 0.00068 -1.32% 1.35% 

%AAD 7.34 2.99 

393.23  3.406 0.00504 0.00013 18.10% 3.21% 

5.974 0.00847 0.00010 15.88% 4.38% 

10.673 0.01279 0.00022 8.68% 0.77% 

20.209 0.01848 0.00044 3.48% 1.23% 

28.467 0.02218 0.00061 4.74% 4.40% 

36.874 0.02460 0.00067 4.19% 4.94% 

%AAD 9.18 3.15 

423.48  4.337 0.00580 0.00013 25.35% 6.00% 

7.215 0.00858 0.00009 12.29% -3.13% 

11.083 0.01310 0.00023 14.34% 3.35% 

19.983 0.01972 0.00042 9.88% 3.59% 

28.317 0.02420 0.00057 8.71% 5.66% 

37.646 0.02637 0.00075 2.55% 0.97% 

%AAD 12.19 3.78 

%AAD 8.53 3.14 
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Table 2.10: Measured CO2 solubility in mixed salts aqueous solution (0.35M) at 353.25 K, 373.19 

K, 393.23 K and 423.48 K, comparison between two assumptions made on the type of salt used 

for both Duan and CPA-SRK72 EoS model calculations.  

 

Temperature  

K 

(±0.17 K) 

Pressure 

MPa 

(±0.068 MPa) 

xCO2 

(mole 

fraction) 

Deviations (%) 

Single Salt Mixed Salts 

CPA-

SRK72 

Duan 

Model 

CPA-

SRK72  

Duan 

Model 

353.25  2.942 0.00604 15.5% 5.10% 15.4% 5.24% 

5.752 0.00965 3.70% -3.51% 3.6% -3.48% 

10.554 0.01480 1.70% -0.53% 1.6% -0.48% 

20.064 0.01932 -1.00% 1.39% -1.1% 1.45% 

28.009 0.02019 -7.50% -3.52% -7.6% -3.43% 

35.768 0.02260 -3.10% 1.73% -3.2% 1.82% 

%AAD 5.41 2.63 5.42 2.65 

373.19  2.949 0.00514 18.52% 5.91% 18.44% 5.98% 

5.683 0.00850 9.19% -0.71% 9.11% -0.71% 

10.808 0.01411 8.61% 3.60% 8.52% -5.31% 

20.205 0.01946 5.42% 5.65% 5.33% 0.42% 

28.113 0.02084 -0.96% 0.70% -1.07% 1.83% 

37.168 0.02292 -1.32% 1.35% -1.44% 2.84% 

%AAD 7.34 2.99 7.32 3.04 

393.23  3.406 0.00504 18.10% 3.21% 18.02% 3.28% 

5.974 0.00847 15.88% 4.38% 15.81% 4.44% 

10.673 0.01279 8.68% 0.77% 8.61% 0.84% 

20.209 0.01848 3.48% 1.23% 3.39% 1.31% 

28.467 0.02218 4.74% 4.40% 4.65% 4.50% 

36.874 0.02460 4.19% 4.94% 4.09% 5.04% 

%AAD 9.18 3.15 9.10 3.23 

423.48  4.337 0.00580 25.35% 6.00% 25.26 6.09% 

7.215 0.00858 12.29% -3.13% 12.24 -3.04% 

11.083 0.01310 14.34% 3.35% 14.30 3.43% 

19.983 0.01972 9.88% 3.59% 9.85% 3.68% 

28.317 0.02420 8.71% 5.66% 8.68% 5.78% 

37.646 0.02637 2.55% 0.97% 2.51% 1.13% 

%AAD 12.19 3.78 12.14 3.86 

%AAD 8.53 3.14 8.50 3.19 
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2.5 Case Study: Initial CO2 Concentration Measurement in X Field Aquifer  

 

2.5.1 Introduction 

 

Other than CO2 solubility measurement conducted in deionized water, NaCl and mixed 

salt brine at high pressure and high temperature conditions, initial CO2 concentration 

measurement in X field reservoir aquifer are also performed as a case study. Recent X 

field aquifer information, acquired from field Drill Stem Test (DST) data indicates that 

the aquifer water is nearly saturated with CO2. Based on the DST data, the presence of 

CO2 in the aquifer is calculated up to 85.0 mole percent CO2 concentration. This value of 

CO2 concentration estimation needs confirmation, therefore initiating the need to 

understand the initial level of CO2 concentration in the X field brine aquifer and how it 

would impact the CCS operation especially on the CO2 injection and long-term CO2 

storage. As the dissolution of CO2 in brine aquifer formation is considered one of the 

most secure and permanent trapping mechanism when considering CCS (presented in 

Chapter 1), an understanding of the initial concentration and solubility of CO2 in the X 

field aquifer as a function of pressure, temperature, and salinity are important in deciding 

the best CO2 injection strategy for this field.  

 

X field is one of the carbonate gas field discoveries in Sarawak Offshore Malaysia with 

approximately 70.0 mole% CO2 content in gas reservoir section. It has been chosen as 

Petronas’s first technology research and development project involving offshore CO2-

hydrocarbon gas separation and geological storage of produced CO2 in offshore Malaysia. 

The X field is considered as one the most challenging field to be developed due to the 

high CO2 content and high pressure high temperature (HPHT) reservoir with a 

temperature of 423.15 K and a pressure up to 36.0 MPa. As the development plan is 

involving hydrocarbon and CO2 separation, re-injecting back produced CO2 into the 

reservoir aquifer for storage purposes, comprehensive modelling and research studies are 

essential for addressing surface and subsurface uncertainties, identified during earlier X 

field project planning.  

 

Therefore, to address the ambiguity of the CO2 concentration value measured, an 

extensive experimental approach is designed to understand and validate the relationship 

of CO2 solubility under geological sequestration conditions. Utilizing details of the X 



 

51 

 

field gas and aquifer brine information, as previously described in 2.3.1, solubility 

measurement of the Mixture 10 saturated brine (to represent X field aquifer) is measured. 

Apart from this, additional CO2 is introduced into the cell that having Mixture 10 

saturated brine in order to access the occupancy of the solution to accept additional CO2 

that could be dissolved. Considering the current CO2 concentration level in Mixture10 

saturated brine at that specific reservoir pressure and temperature, any allowable injected 

CO2 amount is considered as an amount of CO2 that could be injected in the X field 

reservoir aquifer. The solubility values obtained from these two sets of experiments are 

compared against existing CO2 solubility profiles generated in mixed salts solution, at 

similar pressure and temperature conditions along with the Duan and CPA-SRK72 EoS 

model predictions, as for validation. Observation and analyses on the captured gas sample 

are also made via Gas Chromatograph (GC) to confirm the amount of CO2 and other gas 

compositions, pre and post CO2 introduction in Mixture 10 saturated brine. 

 

For that reason, some modifications are made to the existing CO2 solubility experimental 

setup, as previously explained in 2.3.2. A new floating piston is introduced inside the 

measurement cell, allowing variation in the effective volume of the cell during the 

measurement. The top part of the cell (above the piston) is used for the mixture loading, 

while the bottom part of the cell (below the piston) is occupied by water for the system 

pressure controlling. The experimental procedure is also improvised where the loading of 

the mixture (from top of the cell) and water withdrawal from the bottom part of the cell 

is simultaneously happened to ensure the cell pressure is maintained at the desired 

pressure point. The detailed experimental procedure is presented in the next section. 

 

Following these experimental procedures modifications, along with the critical 

parameters recorded, the solubility of the mixtures is calculated using similar solubility 

equations, described in 2.3.4.  
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2.5.2 Material 

 

CO2, salt compositions used for brine formulation and details mixture of X field gas 

composition (called as Mixture 10) used for this measurement are defined and presented 

in the 2.3.1.  

 

2.5.3 Apparatus 

 

The setup used for this measurement is the same setup used to measure the solubility of 

CO2 as explained in the previous 2.3.3. The same variable volume titanium cylindrical 

high-pressure vessel equipped with a heating jacket to control the temperature is used as 

the measurement cell, as presented in Figure 2.1. However, for this specific case study, 

some improvements to the measurement cell are made. The measurement cell is fitted 

with a floating piston allowing variations in the effective volume of the cell during the 

measurement [114]. The top part of the cell (above the piston) is used for the mixture 

loading and measurement, while the bottom part of the cell (below the piston) is occupied 

by water for the system pressure controlling. The cell modifications equipped with a new 

floating piston are demonstrated in Figure 2.10. 

 

 

 

Figure 2.10: Modification made on the existing measurement cell, equipped with a new floating 

piston inside the cell. 
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Since this case study is conducted after the completion of CO2 solubility measurements 

in deionized water, NaCl and mixed salt brine, no other type of modifications are made 

on the setup or connections. Therefore, both temperature and pressure uncertainties 

remain within ±0.17K and ±0.068 MPa respectively. The same gasometer and 

Erlenmeyer flask are used for sampling purposes. The bottom part of the cell which 

contained water is connected to the Quizix pump for water injection or withdrawal during 

Mixture 10 and CO2 loading into the cell. The other part of the experimental setup is 

similar as explained in 2.3.2. 

 

2.5.4 Method and Procedures 

 

To start with the measurement, the cell is cleaned, dried and locked in a vertical position. 

A new floating piston is introduced into the cell, to allow changes in the effective volume 

of the cell. The top of the cell (above the piston) is filled with 200-250 ml of the mixed 

salts aqueous solution. The air is vacuumed for few seconds and the heating system is set 

at 423.48 K. Once the temperature becomes stable (stable temperature is assumed to be 

reached when the jacket temperature gives equivalent values within temperature 

uncertainty for at least 10 minutes), Mixture 10 gas is injected into the cell via a top-

loading valve. The Mixture 10 gas is injected until the pressure of the system reached the 

initial X field reservoir pressure, at approximately 36.0 MPa. Once the pressure reached 

the desired value, the rocking cell is initiated for at least 30 minutes, until stable pressure 

and temperature are observed, ensuring the system in equilibrium condition. 

 

Once the system reached equilibrium, Mixture 10 gas is released slowly from the top 

valve. At the same time, water is injected from the bottom or behind the floating piston 

to maintain the system pressure at 36.0 MPa, within ± 0.15 MPa. The top valve is closed 

when Mixture 10 gas is completely released (indicating by the first liquid dropped). So at 

this stage, only the Mixture 10 saturated brine is left in the equilibrium with no gas head 

in the cell. Then the sampling steps, employing the same sampling procedure explained 

in 2.3.3 are carried out to measure the gas (Mixture 10) solubility in solution. The 

Erlenmeyer flask is weighted (Mi), and connected to the bottom of the measurement cell 

and gasometer. The drainage valve of the gasometer is closed and the initial volume (Vi) 

and pressure (Pg) of the gasometer is recorded. Equilibrium pressure (P) and temperature 

(T) of the mixture inside the measurement cell is also recorded. 
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Once the system ready, the sampling process is carried out. The bottom valve is opened 

very slightly to avoid a sudden pressure drop in the cell. Withdrawn fluids are released 

into the Erlenmeyer flask and at the same time, the separated gas is continuously 

transferred to the gasometer. Sampling is continued until enough volume of gas is 

collected in the gasometer, approximately 300 to 400 ml [25]. At this point, the pressure 

drop in the cell is monitored to ensure the pressure changes inside the cell are within 

±0.07 MPa. Once the volume collected in the gasometer is sufficient, the sampling 

process is stopped. The bottom valve is closed and disconnected from the Erlenmeyer 

flask. The flask is left on the magnetic stirrer, while it is still connected to the gasometer. 

This magnetic stirrer is initiated for 20 to 30 minutes at room temperature to ensure the 

maximum capacity of the gas liberated from the solution, transferred into the gasometer. 

Then, using the rotary crank, gasometer volume is adjusted and set to the initial gasometer 

pressure observed at the beginning of the test (Pg). The final volume of the gas (Vf), 

pressure (Pf), temperature (Tf) and mass of the flask including the solution inside (Mf) is 

measured. All the values recorded are used for the solubility calculation, employing the 

same solubility calculations described in 2.3.4. This sampling process is repeated twice 

to ensure the solubility values calculated are accurate and reliable.   

 

Following this measurement, pure CO2 is introduced into the Mixture 10 saturated brine 

to determine the occupancy of the solution to accommodate more CO2 to be dissolved at 

423.48 K and 36.0 MPa. This is to mimic the current X field development strategy where 

the produced CO2 is planned to be injected into the same reservoir aquifer. Therefore, the 

solubility of Mixture 10 saturated brine information produced from this study is important 

to ensure a successful development strategy for the X field. While CO2 is introduced into 

the measurement cell via a top-loading valve, water (behind the piston) is withdrawn from 

the bottom of the cell to maintain system pressure at 36.0 MPa with uncertainties within 

± 0.15 MPa. Once the water is completely drained out from the cell, CO2 injection is 

stopped. The pressure and temperature of the cell are monitored throughout this CO2 

loading and water withdrawn process to ensure both parameters are controlled and within 

their uncertainties. 

 

Again, the cell rocking and mixing is started and continued for at least 30 minutes until 

stable pressure and temperature is observed. Samplings are carried out using similar 

sampling procedures to determine the new solubility of the solution (CO2 + Mixture 10) 
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in the cell. Parameters such as the initial and final volume of gasometer, pressure, 

temperature and mass of the flask with and without the solutions are recorded. Employing 

the equations explained in 2.3.4, new gas solubility is calculated. The experimental results 

obtained are compared against the previous solubility calculated in the Mixture 10 

saturated brine, together with solubility profiles generated for CO2-mixed salt of aqueous 

solution at 423.48 K. For both measurements (pre and post CO2 introduction), the gas 

sample captured in the gasometer is extracted using a syringe for the details gas 

composition measurement using Gas Chromatograph. Both gas compositions are 

compared to see any changes pre and post CO2 injection, as presented in Table 2.11. 

 

2.5.5 Results and Discussions 

 

For comparison purposes, the solubility of Mixture10 saturated brine is plotted together 

with the previous CO2 solubility profiles generated in mixed salt brines at 423.48 K, as 

demonstrated in Figure 2.11. As it can be seen, the solubility measured for Mixture10 

saturated brine at 36.0 MPa is approximately 0.018 and 0.019 mole fraction, less than the 

CO2 solubility measured initially in mixed salt aqueous solution at the same pressure 

point. The consistency of the calculated solubility values indicates the accuracy and 

reliability of the result obtained for this study.  

 

By introducing CO2 into the Mixture 10 saturated brine solution, the mole fraction of 

mixed gas in the solution is increased approximately by 30%, from 0.0185 (averaging 

between 0.018 and 0.019 mole fraction) mole fraction to 0.0258 mole fraction. Additional 

CO2 is dissolved in the brine, hence increased the total mole fraction of the gas in the 

solution. This new CO2 – mixed gas solubility value obtained is in excellent agreement 

with the previous CO2 solubility value measured for the mixed salt aqueous solution at 

36.0 MPa. It indicates the maximum allowable amount of CO2 that could be dissolved in 

Mixture 10 saturated brine at this pressure point. In other words, the Mixture 10 saturated 

brine is initially undersaturated with CO2, and it could take an additional amount of CO2 

to be dissolved as long the pressure and temperature of the system are equilibrated at 36.0 

MPa and 423.48 K respectively.  
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Figure 2.11: Mole fraction of CO2 dissolved in mixed salt aqueous solution, together with the 

solubility of Mixture 10 saturated brine and a new concentration of CO2 solubility at 423.48 K. 

CO2 solubility in mixed salt brine (o), CO2 solubility in Mixture 10 saturated brine (•), new CO2 

solubility after post CO2 injection (•), Duan model [115] (---) and CPA-SRK72 EoS [120] (-) 

model prediction. 

 

Table 2.11: Mole fraction of CO2 measured in Mixture 10 saturated brine and CO2+Mixture 10 

saturated brine at 423.48 K and 36.0 MPa. 

 

Case xCO2 

(mole frac) 

Temperature  

K** 

Pressure 

MPa* 

Mixture 10 saturated brine 0.019 423.48 36.0 

0.018 

New CO2 concentration 

(CO2 + Mixture 10 saturated brine) 
0.026 

*U(P, k=2) = 0.068 MPa, **Uc(T, k=2) = 0.17 K 
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Gas analyses made via gas chromatography also indicates that the initial concentration of 

CO2 in the Mixture 10 saturated solution is approximately 93.0 mole%. And after 

additional CO2 is introduced into the Mixture 10 saturated brine, the new concentration 

of CO2 in the brine reached 99.0 mole % or nearly saturated. A total of additional 6.0 

mole % of CO2 increase is aligned with the number calculated for the CO2 solubility as 

presented in Figure 2.11. The measured solubility of Mixture 10 saturated brine and 

CO2+Mixture 10 saturated brine are tabulated in Table 2.11. In addition to this, the study 

has also found that there is a potential of increasing hydrocarbon recovery by 

approximately 6.0 mole % after CO2 has been introduced into the Mixture 10 saturated 

brine solution. Initial dissolved hydrocarbons in the brine solution have been displaced 

by the injected CO2, indicating by the reduction in the dissolved hydrocarbon 

concentration from 6.5 mol% to 0.5 mol% in the gas chromatography analyses. This is 

due to the new dissolution of CO2 occurring in the brine solution. This additional amount 

of CO2 dissolved resulted in changes of in situ pH and eventually will make hydrocarbon 

becomes volatile [122]. The dissolved hydrocarbons are then released and separated by 

the gravity forces and produced as an additional hydrocarbon.  

 

From this case study, the current understanding of the X field reservoir aquifer has to be 

revised with these new CO2 concentration findings, to ensure the accuracy of the reservoir 

model developed, therefore a good field development strategy for CCS operation is 

employed [114]. The potential hydrocarbon incremental during CO2 injection has to be 

incorporated in the future field planning and possibility will increase some additional 

revenue in operating this CCS project. 

 

2.6 Thermodynamic Modelling 

 

A detailed description of the original thermodynamic model used in this work can be 

found elsewhere [103-104]. The concept of this thermodynamic model is based on the 

uniformity of the fugacity of each component throughout all the phases. The CPA-SRK72 

EoS is employed in this study in determining the component fugacities in fluid phases 

since it has been proved to be in excellent agreement with experimental data for such 

systems [25][124]. The fugacity of the non-electrolyte compound is calculated by 

combining the equation of state (EoS) with the Debye-Hückel electrostatic contribution, 

take into account the effect of salts on the phase equilibria. 
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Apart from the CPA-SRK72 EoS model, the Duan model is also used to validate the 

experimental results obtained from this work. This Duan model was developed to 

calculate CO2 solubility in deionized water, NaCl and brine aqueous solution in the 

temperature ranges of 273 K to 533 K, pressure up to 2000 bar and an ionic strength 

ranging from 0-4.3M [115]. However, the accuracy of this Duan model in the brine 

system is less due to the assumptions used an average molality of the brine or salt 

compositions rather than the actual brine compositions. Therefore, having two model 

predictions calculated from CPA-SRK72 EoS and Duan model are necessary for 

experimental results validation, obtained from this solubility study.  

 

In-house PVT software package (HWPVT) was used for all the thermodynamic 

modelling works involved in this study ensuring the consistency of the model predictions 

and the abnormalities are not subjected to the errors or different type of software used. 

 

2.7 Conclusions 

 

New CO2 solubility data in deionized water, NaCl (0.35 M) and mixed salt brine aqueous 

solution at the temperature of 353.25 K, 373.19 K, 393.23 K and 423.48 K and pressure 

up to 38.0 MPa are generated. A high pressure experimental setup equipped with a 

pneumatic rocking system for mixing, previously used by Ahmadi and Chapoy is used 

for this CO2 solubility measurement. The experimental results obtained from each 

isotherm measurements are compared against available literature data as well as Duan 

and CPA-SRK72 EoS model predictions. Excellent agreements are observed, indicates 

the reliability of the technique and results produced from this study.  

 

Absolute average deviations (%AAD) calculated for the Duan model is slightly lower 

than %AAD calculated for the CPA-SRK72, observed in all isotherm measurements. As 

expected, the solubility of CO2 is decreased with increasing temperature, at temperatures 

below 373.19 K, at constant pressure below 20 MPa and salinity. When the temperature 

is above this value, the solubility of CO2 increases again with temperature. With 

increasing pressure, at constant temperature and salinity, the solubility of CO2 is 

increased. However, this pressure effect diminishes with increasing pressure. At lower 

pressures, the solubility of CO2 increases more rapidly than at higher pressures, as a 

function of pressure.  
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The addition of salt into the solution led to the decrease in CO2 solubility, observed in 

both NaCl and mixed salt aqueous solutions in all isotherm measurements. It has been 

observed that the presence of salt in the system reduced the ability of CO2 gas to dissolve 

by 10-15%. This is due to the salting-out effect, where CO2 as non-electrolyte is less 

soluble at this high salt concentration in solution. However, the magnitude of this effect 

is determined by the composition of the salt; monovalent salt solutions, e.g. NaCl or KCl, 

inhibit CO2 dissolution more than divalent salt solutions eg; CaCl2 or Mg. Even though a 

few types of salts are introduced for mixed salts solution, the reduction of CO2 dissolved 

in the solution is minimal due to the same molarity of the aqueous solution prepared. Both 

NaCl and mixed salts solutions are prepared at approximately 0.35 M. 

 

Apart from the CO2 solubility measurement measured in deionized water, NaCl (0.35M) 

and mixed salt brine at high pressures and high temperatures, the solubility of Mixture 10 

saturated brine (to represent X field aquifer brine) is also conducted as a case study. This 

specific solubility measurement for Mixture 10 saturated brine is performed at 423.48 K 

and 36.0 MPa to represent the real X field reservoir conditions. This newly measured 

solubility led to a better understanding of the current CO2 concentration level in X field 

aquifer brine. Modification on the existing experimental setup is carried out by 

introducing the new piston inside the measurement cell, allowing changes in the effective 

volume of the solution before the solubility measurement. Measured solubility in Mixture 

10 saturated brine is compared against previous CO2 solubility profiles generated in 

mixed salt brine, at the same pressure and temperature condition.  

The existing Duan and CPA-SRK72 EoS model plotted along with measured 

experimental data are in agreement with the data obtained. From the results, it is shown 

that Mixture 10 saturated brine (to represent X field aquifer brine solution) is initially 

undersaturated with CO2 (approximately 93.0 mol% of CO2 concentration). The CO2 

concentration in solution is increased by another 6.0 mol% after additional CO2 is 

introduced, confirming the current level of CO2 concentration in the X field aquifer brine. 

It is also found that approximately 6.0 mol% of hydrocarbon will be recovered from the 

same X field aquifer system as a result of CO2 injection due to the CO2-hydrocarbon 

displacement. The effect of this CO2 injection into Mixture 10 saturated brine 

simultaneously attribute to the noticeable increase in CO2 solubility as well as an increase 

in hydrocarbon recovery. 
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CHAPTER 3 - IMPACT OF H2S ON CO2 SOLUBILITY 

MEASUREMENTS 

3.1 Introduction 

 

In general, CO2 gas has been captured and separated from produced oil and gas via 

separation processes before any injection for storage or utilisation purposes. These 

separation processes are essential throughout the CCS chain to ensure pure CO2, or a CO2 

mixture with minimum impurities is obtained to avoid any unnecessary operational and 

engineering issues throughout the CCS processes. However, the capture process 

represents the most costly component in the CCS chain, where the purity of the captured 

gas is a key element of the actual capture costs. Separation of the impurities, such as N2, 

O2, Sox and H2S will drastically increase the cost of capture [125]. Therefore, co-injection 

and underground storage of captured gas containing impurities will be a more cost-

effective scenario in some cases. Besides, some available CO2 capture and separation 

technologies aim at the co-capture of multiple air pollutants together with CO2 [13]. 

 

The impurities, such as H2S is one of the most common components in oil and natural 

gas, will affect the volumetric properties of the injected CO2 [126]. For example, the 

inclusion of H2S in the CO2 stream will increase the risk of pipeline corrosion. Also, the 

dissolution of H2S into the aquifer can alter the system geochemistry significantly [127]. 

This may affect all types of geological storage scenarios, especially the storage capacity, 

due to the changes in CO2 phase behaviour [11]. Also, similar changes in CO2 solubility 

may ultimately affect storage integrity and capacity, where it has been identified and 

explained by Xu et al. [128] and Iglauer [129] that the solubility trapping is one of the 

main principles of trapping mechanisms for CO2 geological storage. Due to that, it is 

important to have an accurate understanding and knowledge of the potential impact of 

H2S impurity on CO2 solubility in water under geological sequestration conditions. 

 

A large number of data points for solubility of CO2 and H2S in both water and saline 

water over a wide range of temperature and pressure are extensively studied and available 

in the literature [54][96][121][130]. However, reliable data on the solubility of CO2-H2S 

mixtures in both pure water and saline water at geological storage conditions are limited. 

A previous study was conducted by Ji and Zhu [127] in predicting the phase equilibria 
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and thermodynamic properties of both CO2-H2S in water and NaCl at typically low 

temperatures (up to 373.15 K only).  They predicted the potential effects of H2S impurity 

on CO2 transportation and geological storage. Their study shows that the bubble and dew 

pressures of the CO2-H2S mixture are decreased with increasing of the H2S content in the 

stream at a given temperature. For both CO2-H2S in water and brine system, the solubility 

of the gas mixture increases with increasing of H2S content, and then decreases while the 

mass density of the aqueous solution with dissolved gas decreases. Their study also 

demonstrated that the inclusion of H2S may lead to the two-phase flow. Another study on 

the solubility of the CO2-H2S mixture in both water and saline water (up to 2 M NaCl) 

was performed by Savary et al. [121]. Their experiments were conducted at high 

temperature and high-pressure condition, at 393.15 K and pressure up to 35.0 MPa 

respectively. Results of their investigation showed that the CO2 solubility decreases in 

the presence of H2S. Since there is no other solubility study conducted beyond this 

pressure and temperature range, generating new CO2-H2S solubility data is essential to 

further understand and evaluate the behaviour of the CO2-H2S mixture at geological 

sequestration conditions. 

 

In this study various measurements are carried out to obtain solubility of CO2 in deionized 

water (for validation purpose), the solubility of CO2-H2S mixture in deionized water, in 

NaCl solution (0.35 M), and a mixed salts aqueous solution. Measurements are conducted 

at a temperature range of 373.15 to 423.15 K and pressure up to 25.0 MPa. A Vapour 

Liquid Equilibrium (VLE) setup [54] from facilities of the Center of Thermodynamics of 

Processes (CTP) in Mines ParisTech University is utilised for this study. The VLE setup 

is designed based on the static analytic type method and is equipped with two in-house 

magnetic capillary samplers (ROLSI®). The device is capable of sampling from both 

liquid and vapour phases, where a Gas Chromatograph (GC) is used to analyse the 

samples. For each sampling set, more than eight samples of both liquid and vapour phases 

are withdrawn and analysed to check the repeatability of the measurements [54]. The cell 

temperatures and pressure are also recorded at each of the sampling points for further 

solubility calculations. Besides, other details of the experiments including material, 

methods, experimental setup and procedures are described in this Chapter. 

 

The study aims to evaluate the impact of H2S (up to 5.0 mol%) on CO2 solubility in a 

different type of aqueous solutions at geological sequestration conditions. Even though 
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the injection of H2S into the reservoir during acid gas injection projects has taken place 

for several years without any serious effects [131], new vapour liquid equilibrium 

experimental data for CO2-H2S mixture in deionized water, NaCl (0.35 M) and mixed 

salts brine solution at the desire field pressure, up to 25.0 MPa under the temperature 

range of 373.15 K to 423.15 K has to be experimentally tested. A good understanding of 

phase behaviour for such mixtures is essential to avoid unnecessary economic and 

operational issues, especially those related to CO2 solubility and storage capacity. 

Experimental data obtained from these VLE tests are compared with literature data, for 

validation purposes, and also against predictions of the CPA-SRK72 [116] model. 

Finally, obtained solubilities at each isotherm are compared against measured CO2 

solubilities in the same aqueous solutions (described in Chapter 2), to access the impact 

of H2S on CO2 solubility.   

 

3.2 Literature Review 

 

While plenty of data points are available on the solubility of carbon dioxide (CO2) in 

water, and in NaCl aqueous solutions for various ranges of pressure and temperature, 

information on the solubility of hydrogen sulfide (H2S) as a function of temperature and 

pressure is much more limited. A list of H2S-water equilibrium data including pressure, 

temperature and sample compositions has been gathered and reviewed by Chapoy et al. 

[130]. They have gathered H2S-H2O equilibrium data over a wide range of pressure and 

temperature, up to 40 MPa and 623.15 K respectively, as shown in Figure 3.1. Another 

review made by Koschel et al. [132] found that H2S solubility data in saline water are 

scarce and are limited to the measurements carried out at low pressures (i.e. P<14 MPa). 

According to them, the data acquired in saline solutions at high-pressure conditions are 

derived from the enthalpic effects of gas dissolution determined by calorimetric 

measurements. Table 3.1 reports pressure, temperature range and number of available data 

points in different literature sources concerning the H2S-pure water system. 
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Figure 3.1: Experimental data available for H2S-H2O data in P-T diagram [130]; black solid 

line; hydrogen sulphide vapour pressure line; red line, hydrate dissociation line. 

 

Table 3.1: Review of literature data made by Koschel et al. [132] presenting H2S solubility in 

pure water and NaCl-bearing aqueous solutions. 

 

P (MPa) T (K) Solution No of Data  References 

0.1 273-363 Pure water 14 [133] 

<0.5 278-333 Pure water 87 [134][135] 

0.1 273-298 Pure water 3 [136] 

0.5-35 310-444 Pure water 20 [137][138] 

1.7 303-316 Pure water 15 [139] 

<13 433-603 Pure water 14 [140] 

1.7-2.4 323-443 Pure water 35 [141] 

0.1 273-323 Pure water 36 [142] 

0.1 273-293 Pure water 3 [143] 

0.1-6.7 283-453 Pure water 264 [144] 

0.1 273-303 Pure water & 

sea water 

49 [145] 

0.1-13 310-590 Pure water 18 [146] 

0-20 303-653 Pure water 121 [80] 

0.1-21 310-589 Pure water 30 [147] 

0.1 298-368 Pure water 39 [148] 
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P (MPa) T (K) Solution No of Data  References 

2-9 303-373 Pure water 21 [149] 

0-14 298-593 Pure water 49 [150] 

0-1.7 313 Pure water 8 [151] 

0.4-4 298-338 Pure water 31 [152] 

1.7-31 323.15–393.15 NaCl (0-3M) 23 [132] 

0.10 298.15–368.15 NaCl (0-5M) 172 [153] 

0.61-3.04 303.15–653.15 NaCl (0-6M) 474 [80] 

0.10 298.15 NaCl-HCl (3M) 40 [154] 

0-14.04 293.15-593.15 NaCl (0-2.5M) 72 [150] 

 

 

There are almost no experimental data available on the solubility of CO2-H2S mixtures in 

water and aqueous solutions. Previous solubility analyses conducted by Bachu et al. [155] 

represent solubility of CO2-H2S mixture in brine, at the conditions of the injection site 

into Keg River Formation in Northern Alberta, at 334.15 K and 13.5 MPa and with a 

salinity of 118950 mg/L. However, their experimental data collection was not completed 

and not sufficient to obtain equilibrium composition. Another investigation on the 

interaction of the CO2-H2S mixture was carried out at 50 MPa and 473.15 K [156]. 

However, this study was mainly focusing on the mineralogical changes induced by these 

acid gases and well cement ageing with H2S rather than solubility effects on phase 

composition changes.  Another available study on CO2-H2S mixtures at geological 

storage conditions has been reported by Shah et al. [157]. In this work, interfacial tension 

(IFT) between water and acid gas (CO2/H2S) was investigated at 393.15 K and pressures 

up to 15 MPa and no solubility measurement has been performed. 

 

Ji and Zhu [127] predicted the impact of H2S presence on CO2 transportation and 

geological storage. In their study, the solubility of CO2 and mass density of the aqueous 

solutions were evaluated in the presence of H2S impurity. They found that the solubility 

of such system (CO2-H2S) increases when H2S content in the mixture increases because 

H2S is more soluble and this corresponds to a reduction in the density of the solution. This 

will provide a negative impact on the gas storage process due to the lower density of the 

aqueous solution. Their analysis was performed at temperatures of 323.15  K, 348.15 K 

and 373.15 K, and pressure up to 13.5 MPa and in 2 mol.kg-1 H2O and NaCl. Based on 



 

65 

 

the results, it was concluded that the H2S inclusion in the CO2 stream may be good to 

enhance storage capacity, but it provides a negative impact on dissolution trapping, and 

eventually affect the CCS operation. Finding from their study also shows that the bubble 

and dew pressures of the CO2-H2S mixture were decreased with increasing of the H2S 

content in the stream at a given temperature. Recently, Savary et al. [121] conducted a 

study to measure the solubility of CO2-H2S mixtures in water and saline water (2.0 M 

NaCl) at geological sequestration conditions. Their experimental study was undertaken 

at 393.15 K and pressures ranging between 1.7 to 35.0 MPa, respectively. Few CO2+H2S 

mixtures were tested and compared with literature data in their study, indicated that CO2 

solubility is decreased in the presence of H2S. Some deviations were observed in their 

experimental results, which were due to the mutual interaction between the gases, in 

which one gas excludes another.  

 

3.3 Experimental Study 

 

3.3.1 Material 

 

Research grade CO2 (CAS No; 124-38-9) and H2S (CAS No; 7783-06-4) from Air Liquid, 

both with minimum molar purity of 99.995%, are used for this study. The NaCl solution 

(0.35 M) and mixed salt brine aqueous solution are prepared gravimetrically based on the 

salt compositions as shown in Table 3.2. This brine aqueous solution prepared is identical 

to the mixed salt solution used for the CO2 solubility test (as described in Chapter 2). The 

salt compositions prepared for these aqueous solutions are set to be identical to the X field 

reservoir’s aquifer. 

 

Table 3.2: Properties of the salts for the mixed salts aqueous solution preparation. 

 

Salt wt% in Aqueous Phase Purity (%) Supplier 

NaCl 1.845 99.5 Fisher Scientific 

CaCl2 0.066 99.0 Fisher Scientific 

MgCl2 0.017 99.5 Fisher Scientific 

KCl 0.058 99.7 Fisher Scientific 

SrCl2 0.013 99.0 Sigma Aldrich 

Na2SO4 0.026 99.0 BDH Laboratory 

NaHCO3 0.054 99.0 Fisher Scientific 
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3.3.2 Apparatus 

 

Vapour Liquid Equilibrium (VLE) from the Centre of Thermodynamics of Processes 

(CTP) in Mines ParisTech PSL University is used for this study to assess the impact of 

H2S on CO2 solubility. The VLE setup is designed based on the static analytic method, as 

shown in Figure 3.2. The same setup used by Valtz et al. [54] to investigate VLE for the 

carbon dioxide-water system at 278.2 to 318.2 K. Chapoy and his colleagues [130][158] 

also used the same VLE set up in their previous study in determining phase diagrams of 

hydrogen sulfide-water and hydrogen sulfide-carbon dioxide binary system. Recently, 

Chabab et al. [159] also completed his thermodynamic study on the CO2-H2O-NaCl 

system using this VLE approach in measuring the CO2 solubility in the aqueous solutions 

with molalities between 1-3 M, at temperatures between 50 to 393.15 K and pressures up 

to 23.0 MPa.  

 

 

 

 

Figure 3.2: Schematic diagram of the VLE equipment used for measuring the solubility of CO2-

H2S in aqueous solutions. C: carrier gas; DAS: data acquisition system; DH2O: degasser water; 

EC: equilibrium cell; FV: feeding valve; GCy: gas cylinder; LB: liquid bath; LS: liquid sampler; 

PP: platinum resistance thermometer probe; PT: pressure transducer; SM: sampler monitoring; 

ST: sapphire tube; Th: thermocouple; TR: temperature regulator; Vi: valve i, VS: vapour 

sampler; VSS: variable speed stirrer; VP: vacuum pump [54]. 
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The equilibrium cell made from titanium body is used as a loading cell and it can be 

operated at the maximum pressure and temperature of 35.0 MPa and 473 K respectively. 

A magnetic Teflon-coated stirrer, driven by an adjustable speed external magnetic system 

is located inside the cell to offer a good mixing of the fluid mixtures to obtain a fast 

system equilibrium. This setup is taking advantage of two magnetic samplers ROLSI®, 

allowing fluid sampling in both vapour and liquid phases [130]. Both ROLSI® are 

connected to the cell through two 0.1 mm internal diameter capillary tubes. The analytical 

work is carried out using a gas chromatograph (VARIAN model CP-3800) equipped with 

a thermal conductivity detector (TCD) and connected to the Hewlett Packard (HP) data 

acquisition unit. TCD is used to detect and analyse the compounds during the isotherm 

measurements and previously calibrated using pure CO2, H2S and water components with 

calculated uncertainty to be within ±2.00%, ±3.00% and ±3.00% respectively. The two 

Pt100 temperature probes mounted at the upper and lower level of the loading cell are 

connected to the HP data acquisition unit for the real-time temperature reading during 

measurements. It was calibrated against a reference platinum resistance thermometer 

(TINS-LEY Precision Instruments) prior to the isotherm measurements and the 

uncertainties are found to be u(T, k=2) ±0.03 K. These calculated uncertainty values are 

tabulated in Table 3.3.  

 

Table 3.3: The uncertainties calculated for the temperature, pressure and components. 

 

Uncertainty Absolute Value 

Maximum uncertainty on T probe, u(T, k=2) ±0.03 K 

Maximum uncertainty on P probe, u(P, k=2)  ± 0.005 MPa  

Maximum relative uncertainty on TCD for CO2 mole numbers, ur(mCO2) ±2% 

Maximum relative uncertainty on TCD for H2S mole numbers, ur(mH2S) ±3% 

Maximum relative uncertainty on TCD for H2O mole numbers, ur(mH2O) ±3% 

 

 

Hayesep Q 100/120 Mesh column (PC18971) with 1.5 metre length and 1/8-inch diameter 

is used as the analytical column. The liquid bath is filled with silicon oil (Ultra-Kryomat 

from Lauda) and is regulated by a temperature controller to maintain the desired 

temperature in a bath with uncertainties of ±0.1 K.  
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Two pressure transducers (Druck, type PTX611) are connected to the upper flange of the 

equilibrium cell to determine system pressure. Depending on the system pressure, the 

high-pressure transducer (maximum up to 40.0 MPa) and the low-pressure transducer 

(maximum up to 6.0 MPa) are manually switched, to check the system pressure. These 

two pressure transducers are connected to the same HP data acquisition unit for real-time 

pressure reading. For these pressure transducers, calibration is performed against a dead 

weight pressure balance (Desgranges & Huot 5202S, CP 0.3–40 MPa, Aubervilliers, 

France) for the high-pressure transducer, and using a modular pressure controller GE 

DRUCK PACE5000 for the low-pressure transducer. The uncertainties calculated for 

both transducers are approximately at u(T, k=2) = ±0.005 MPa as presented in Table 3.3. 

 

3.3.3 Method and Procedures 

 

Similar to what has been employed in the CO2 solubility test using high pressure 

experimental setup [160] described in Chapter 2, the validation test is the first test carried 

out to ensure the setup and procedure used are reliable prior to the CO2-H2S solubility 

measurement. CO2 solubility test in deionized water is performed at 423.15 K and 

pressures up to 25.0 MPa. Experimental procedures used for this CO2- deionized water 

validation test are similar to those described originally by Valtz et al. [54] and Chapoy et 

al. [130]. The equilibrium cell and its loading lines are vacuumed to 0.01 MPa prior to 

the introduction of the deionized water. During this time, the bath is filled with silicon oil 

and set to 423.15 K (this temperature is chosen due to existing results previously obtained 

using HPHT experimental setup) [160]. A volume of 15.0 ml of deionized water is 

introduced into the cell via one of the top-loading valves. The cell is degassed for a few 

seconds to eliminate any possible solution gasses in the cell. The cell is then submerged 

in the bath while the temperature of the system is monitored. The equilibrium temperature 

is reached when two Pt100 probes show similar temperatures within their temperature 

uncertainty for at least ten minutes. 

 

After recording the vapour pressure of the water, VLE measurements are started by 

introducing CO2 gas into the loading cell at 1.0 MPa. An internal stirring system with an 

external motor is started to obtain fast system equilibrium. Equilibrium is assumed when 

the total pressure remains unchanged within ±0.005 MPa within ten minutes under 

efficient stirring. Samplings for both vapour and liquid via ROLSI® are made for at least 
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eight to ten times for the measurement repeatability [54]. As this is a closed circuit 

analytical method, ROLSI® is capable to withdraw and send the samples to a gas 

chromatograph for analysis without disturbing the cell equilibrium condition, leading to 

an accurate and reliable result. At each of the sampling points, the bottom and top 

temperature, and the cell pressure are recorded. The data are processed by deducting the 

mole number ni of each component i (deionized water, CO2 or H2S) from the surface 

corresponding peak. Then, the molar fraction of CO2 and H2S is determined using the 

equation described in Appendix D. The obtained values for both vapour and liquid are 

verified within a range of calibration values, obtained during the TCD calibration test. 

Measurements are continued at CO2 pressures of 2.0 MPa, 5.0 MPa, 10.0 MPa, 15.0 MPa, 

20.0 MPa and 25.0 MPa to have enough data points for the solubility curves at each of 

the isotherms. The generated solubility profiles are compared against literature data and 

model predictions as presented in the Result and Discussion section.  

 

Following this validation test, CO2-H2S measurement to access the impact of H2S on CO2 

solubility in deionized water, NaCl (0.35 M) and in mixed salts aqueous solution are 

progressed at 373.15 K, 393.15 K and 423.15 K. For that, a mixture of CO2-H2S is first 

prepared in the auxiliary cylinder (holding the binary mixture) with H2S to the CO2 

volume fraction of 5:95. To prepare this binary mixture, first, the component with a lower 

vapour pressure at laboratory conditions is injected into the high pressure vessel. At 293 

K, the vapour pressure of H2S and CO2 are 1.78 and 5.73 MPa, respectively. Therefore, 

H2S is first injected into the high pressure vessel. The exact weight of the injected pure 

component was measured using a four-digit balance (Model: Sartorius) three times. The 

average of the readings is calculated and the calculated amount for the second pure 

component is injected into the high pressure vessel accordingly. After injecting both pure 

components, the weight percent and mole fraction of the mixture is calculated. The 

mixture composition is analysed using a GC to check sample composition. As the CO2-

H2S mixture is prepared individually, the final composition prepared for the mixture for 

the measurement in the deionized water, in 0.35 M NaCl and the mixed salt aqueous 

solution is found to be 0.9514 CO2 + 0.0486 H2S, 0.9469 CO2 +0.0531 H2S and 0.9521 

CO2 + 0.0479 H2S respectively. 

 

This CO2-H2S mixture is introduced directly from the high pressure vessel (the auxiliary 

cylinder holding the binary mixture) into the loading cell which is already filled with 20 
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ml of deionized water (0.35M NaCl or mixed salt brine aqueous solution for future tests). 

The same loading process and experimental procedures are employed, to ensure 

consistency of the experiments and the obtained results. All these experimental data 

generated throughout the isothermal runs are recorded via HP on-line data acquisition 

unit, which is connected to a computer through a RS-232 interface [54]. Experimental 

results obtained are plotted and compared against CPA-SRK72 model predictions for the 

result validations. The impact of H2S on CO2 solubility is investigated by comparing the 

results against CO2 solubility profiles obtained using the HTHP experimental setup at the 

same pressure and temperature.  

 

3.4 Results and Discussions 

 

3.4.1 Solubility of CO2 - H2O System (Validation Test) 

 

In the first set of measurements and for validation of the procedures, the solubility of CO2 

in deionized water is measured using the setup discussed above. These measurements are 

conducted at 423.15 K and pressure up to 25.0 MPa. The experimental results are 

compared against previous CO2 solubility measurements conducted in deionized water 

using HWU HPHT experimental setup (as presented in Chapter 2), available data from 

the literature as well as the Duan model [115] and the CPA-SRK72 [116] EoS model 

prediction as presented in Figure 3.3. As it can be observed, agreements between the new 

CO2 solubility measurements with previous CO2 solubility data generated using HPHT 

setup, available literature data published by Takenouchi et al. [33], Hou et al. [55] and 

Ahmadi and Chapoy [25], along with predictions made using the Duan and CPA-SRK72 

model are excellent. No significant deviations are observed and this indicates that the 

VLE experimental setup used in this work is reliable. The experimental data measured in 

both CO2 vapour and liquid mole fractions for this CO2 solubility test in deionized water 

(validation test) are reported in Table 3.4. 
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Figure 3.3: Mole fraction of CO2 dissolved in deionized water (validation test) at 423.15 K, this 

work (■); previous CO2 solubility measured using HPHT setup (●), and literature data; 

Takenouchi et al. [33] (▲), Hou et al.[55] (x), and Ahmadi and Chapoy [25] (*), and model 

predictions; Duan model [115] (..) and CPA-SRK72 EoS [116] (-). 

 

 
 

Table 3.4: Experimental data measured in both CO2 vapour and liquid mole fractions for this 

CO2- deionized water system at 423.15 K (VLE validation test).  

 

P / MPa  

P<6 MPa U(P)=0.2kPa 

P<40 MPa U(P)=0.4kPa  
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Liquid 

(mole fraction) 

0.99 

2.49 

5.02 
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0.9464 
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3.4.2 Solubility of CO2 - H2S in Deionized Water System  

 

CO2 solubility measured in deionized water in the presence of H2S impurity at isotherms 

of 373.15 K, 393.15 K and 423.15 K and pressures up to 25.0 MPa is plotted against 

model prediction using the CPA-SRK72 EoS, as illustrated in Figure 3.4. From the 

profiles, satisfactory agreements between experimental data and predicted model are 

observed with a percentage of average absolute deviation (%AAD) of 5.18%, 4.99% and 

9.85% for each of the isotherms, respectively. Comparison of these results with the 

obtained values from the system without any H2S content, CO2 solubility is reduced by 

approximately 15-20%. This is due to the higher solubility of  H2S in water, which H2S 

dissolved and occupies the space in water faster in comparison to CO2 [127] at a given 

pressure and a constant temperature. At low pressure, both CO2 and H2S solubility data 

measured seem to be unreliable, due to the measured values are beyond their calibrated 

TCD values. However, as pressure increases, CO2 and H2S solubility are reported to be 

consistent and reliable for all the isotherms. Positive deviations are observed in all 

isotherms when the pressure reached more than 20.0 MPa. The measured CO2 and H2S 

solubility data in this deionized water at 373.15K, 393.15 K and 423.15 K are tabulated 

in Table 3.5. The calculated %AAD of the results in comparison with the CPA-SRK72 

model are also presented in the table. 
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Figure 3.4: Mole fraction of CO2 dissolved in CO2-H2S-deionized water at 373.15 K, 393.15 K 

and 423.15 K, comparison against CPA-SRK72 EoS [116] model prediction. 
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Table 3.5: Measured CO2 and H2S solubility data (in mole fraction) in CO2-H2S-deionized water 

at 373.15 K, 393.15 K and 423.15 K along with calculated deviations against CPA-SRK72. 

 

Temp /K 

(±0.03 K) 

Pressure /MPa 

(±0.005 MPa) 

xCO2 

(mole frac) 

xH2S 

(mole frac) 

Deviation (%) 

xCO2 

373.15 2.000 0.00267 0.00021 8.52% 

373.15 4.000 0.005423 0.00053 5.11% 

373.15 6.000 0.00768 0.00077 7.33% 

373.15 8.000 0.01112 0.00113 5.44% 

373.15 10.000 0.01192 0.00125 4.94% 

373.15 16.700 0.01754 0.00180 1.09% 

373.15 20.000 0.01858 0.00187 2.10% 

373.15 23.000 0.01934 0.00192 4.37% 

373.15 25.000 0.01939 0.00190 7.75% 

AAD% 5.18% 

393.15 1.020 0.00124 0.00000 8.37% 

393.15 2.180 0.00293 0.00026 7.69% 

393.15 5.000 0.00686 0.00068 9.26% 

393.15 13.400 0.01460 0.00154 2.03% 

393.15 15.240 0.01586 0.00174 1.45% 

393.15 20.000 0.017801 0.00178 2.51% 

393.15 25.000 0.02004 0.00203 3.61% 

AAD% 4.99% 

423.15 0.990 0.00078 0.00000 16.17% 

423.15 2.250 0.00246 0.00017 9.05% 

423.15 5.070 0.00617 0.00064 9.64% 

423.15 10.160 0.01206 0.00122 9.66% 

423.15 20.370 0.01808 0.00193 4.74% 

423.15 25.250 0.02024 0.00206 7.73% 

AAD% 9.85% 
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3.4.3 Solubility of CO2 - H2S in 0.35 M NaCl System 

 

In the second set of measurements, the impact of H2S on CO2 solubility is measured in 

the aqueous solution with 0.35 M NaCl. The measurements are carried out at the same 

isotherms, 373.15 K, 393.15 K and 423.15 K and pressures up to 25.0 MPa. CO2 solubility 

profiles generated in each of the isotherms are plotted against model prediction, as shown 

in Figure 3.5. The CPA-SRK72 EoS model is able to predict the behaviour of the CO2-

H2S mixture in this NaCl solution with no huge deviations observed even though at the 

high pressure ranges, more than 20.0 MPa. However, the presence of salt in the system 

contributed to the reduction of the CO2 solubility profile observed in all isotherm 

measurements, due to the salting-out effect [121]. This salting-out effect is the same 

phenomenon observed from the previous CO2 solubility measurement conducted in 0.35 

M NaCl solution, as explained in Chapter 2.  

 

 

 

Figure 3.5: Mole fraction of CO2 dissolved in CO2-H2S-0.35M NaCl at 373.15 K, 393.15 K and 

423.15 K, comparison against CPA-SRK72 EoS [116] model prediction. 
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The measured CO2 and H2S solubility data in 0.35M NaCl solution at each isotherm and 

at different pressures, along with calculated deviations (%AAD) are presented in Table 

3.6. 

 

Table 3.6: Measured CO2 and H2S solubility data (in mole fraction) in CO2-H2S-NaCl (0.35 M) 

system at 373.15 K, 393.15 K and 423.15 K along with calculated deviations against CPA-SRK72. 

 

Temp /K 

(±0.03 K) 

Pressure /MPa 

(±0.005 MPa) 

xCO2 

(mole frac) 

xH2S 

(mole frac) 

Deviation (%) 

xCO2 

373.15 2.18 0.00297 0.00036 0.69% 

373.15 5.05 0.00648 0.00092 2.80% 

373.15 10.10 0.01180 0.00165 0.38% 

373.15 16.13 0.01518 0.00218 5.07% 

373.15 20.30 0.01723 0.00248 3.60% 

373.15 25.35 0.01824 0.00253 7.42% 

373.15 30.40 0.01966 0.00272 6.73% 

AAD% 3.81% 

393.15 2.41 0.00283 0.00040 3.63% 

393.15 5.08 0.00605 0.00083 3.10% 

393.15 10.27 0.01113 0.00154 1.97% 

393.15 16.70 0.01537 0.00217 0.48% 

393.15 20.39 0.01728 0.00242 0.45% 

393.15 25.22 0.01865 0.00262 3.83% 

393.15 30.62 0.01932 0.00269 9.59% 

AAD% 3.29% 

423.15 2.27 0.00216 0.00027 - 

423.15 5.20 0.00541 0.00074 5.36% 

423.15 10.05 0.01034 0.00146 4.19% 

423.15 15.16 0.01460 0.00202 3.86% 

423.15 20.89 0.01719 0.00239 3.20% 

423.15 25.30 0.01829 0.00260 9.73% 

423.15 30.91 0.01970 0.00284 14.42% 

AAD% 6.80% 
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3.4.4 Solubility the CO2 - H2S in Mixed Salts Aqueous System 

 

Quantifying the impact of H2S on CO2 solubility in mixed salt brine is completed as for 

the third set of measurements. Measurements are conducted at the same temperature 

ranges of 373.15 K, 393.15 K and 423.15 K and pressure up to 25.0 MPa. CO2 solubility 

profiles generated from these tests are compared against the CPA-SRK72 model 

predictions, as demonstrated in Figure 3.6. A good agreement is observed for the 

measured CO2 solubility (%AAD less than 6%) for all the isotherms. As pressure 

increased, CO2 solubility increased, however, the magnitude of the CO2 solubility 

incremental decreased as pressure increased to values more than 20.0 MPa. The measured 

CO2 and H2S solubility data in this mixed salt aqueous solution at each isotherm at 

different pressures are tabulated in Table 3.7. The calculated %AAD against the CPA-

SRK72 EoS model are also presented in the same table. 

 

 

 

Figure 3.6: Mole fraction of CO2 dissolved in CO2-H2S-mixed salt aqueous solution at 373.15 K, 

393.15 K and 423.15 K, comparison against CPA-SRK72 EoS [116] model prediction. 
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Table 3.7: Measured CO2 and H2S solubility data (in mole fraction) in CO2-H2S-mixed salts 

aqueous solution at 373.15 K, 393.15 K and 423.15 K along with calculated deviations against 

CPA-SRK72. 

 

 

Temp /K 

(±0.03 K) 

Pressure /MPa 

(±0.005 MPa) 

xCO2 

(mole frac) 

xH2S 

(mole frac) 

Deviation (%) 

xCO2 

373.15 2.58 0.00325 0.00042 7.86% 

373.15 5.16 0.00672 0.00093 1.16% 

373.15 10.46 0.01201 0.00189 1.25% 

373.15 15.12 0.01505 0.00227 2.42% 

373.15 20.04 0.01697 0.00248 4.71% 

373.15 25.11 0.01838 0.00257 6.32% 

373.15 30.78 0.01848 0.00248 14.22% 

AAD% 5.42% 

393.15 2.07 0.00228 0.00000 1.21% 

393.15 5.09 0.00595 0.00080 1.14% 

393.15 10.05 0.01094 0.00145 1.92% 

393.15 15.07 0.01486 0.00206 2.66% 

393.15 20.04 0.01715 0.00240 0.35% 

393.15 25.00 0.01858 0.00258 3.92% 

393.15 30.64 0.02011 0.00271 5.42% 

AAD% 2.37% 

423.15 2.06 0.00191 0.00017 - 

423.15 5.21 0.00551 0.00060 6.80% 

423.15 10.09 0.01049 0.00117 5.22% 

423.15 15.04 0.01392 0.00156 0.25% 

423.15 20.17 0.01694 0.00194 2.30% 

423.15 25.02 0.01839 0.00217 8.37% 

423.15 30.14 0.02017 0.00237 10.24% 

AAD% 5.53% 

  



 

79 

 

3.5 Thermodynamic Modelling 

 

Similarly, an in-house HWPVT software package was utilized for this modelling works. 

Cubic equations of state (EoS), such as the Soave-Redlich-Kwong (SRK EoS) [161] and 

the Peng Robinson (PR EoS) [162] equation of state are widely used in the industry due 

to their simplicity. However, since this study requires understanding mixtures containing 

associating fluids, i.e. having hydrogen bonding (water), therefore the simplified cubic 

plus association CPA-SRK72 EoS is considered [116]. According to Kontogeorgis et al. 

[163], the simplified CPA gives a better prediction for such systems as it combines a cubic 

EoS which describes the physical interactions between associating compounds.  

 

The model used in this study is similar to the one used by Chapoy et al. [164] for the 

water content measurement in CO2-rich mixtures. Hajiw et al. [165][166] also employed 

a similar model for her study in obtaining hydrocarbon-water phase equilibria. The model 

is mainly based on the uniformity of the fugacity of each component in all phases, which 

calculated using CPA-EoS model coupled with the original SRK and Peng Robinson EoS. 

The CPA-SRK72 model used for the solubility prediction in this study is in good 

agreement with the experimental data (as illustrated in the Results and Discussions 

section), demonstrating reliability of the techniques and the model presented in this work. 

Apart from this, the Duan model [115] is also used for the validation purpose to check 

the reliability of the CO2 solubility data measured in deionized water. 

 
3.6 Conclusions 

 

New experimental data on the CO2 solubility in deionized water, NaCl solution (0.35 M) 

and mixed salts aqueous solution, in the presence of H2S impurity are generated at three 

isotherms of 373.15 K, 393.15 K and 423.15 K and pressures up to 25.0 MPa. A VLE 

setup designed based on the static-analytic approach, equipped with two online magnetic 

capillary samplers (ROLSI®) from CTP Mines Paris Tech is utilised for this solubility 

measurement. CO2-H2S mixtures are the first mixture prepared in the auxiliary holding 

chamber, with H2S to the CO2 volume fraction of 5:95 before this solubility 

measurements. The experimental data generated from each isotherm is compared against 

available literature data (for validation) and prediction of the CPA-SRK72 EoS model. 

Based on the calculated %AAD, predictions of the CPA-SRK72 EoS model for the phase 
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behaviour of the mixture are in excellent agreement with the obtained experimental 

results for all isotherm. 

 

In general, the findings from this study are quite similar to the previous one described in 

Chapter 2. At constant pressure and salinity as the temperature increases, CO2 solubility 

decreases. However, at T > 373.15 K when the temperature increases, the solubility of 

CO2 increases with temperature and is observed when the pressure above 20 MPa. For all 

the isotherms, it is observed that CO2 is dissolved at maximum capacity at a lower 

temperature. Also, it is observed that the solubility of CO2 is increased with increasing 

pressure, at constant temperature and salinity. This pressure effect diminishes with 

increasing pressure. At lower pressures, the solubility of CO2 increases more rapidly 

when it is compared to higher pressures. The presence of NaCl in water resulting in less 

availability of water molecule for organic components and solute-solute interaction will 

be stronger than solute-solvent interaction, and therefore CO2 solubility is reduced by 10-

15%. And this phenomenon is called the salting-out effect. Since the same molarity of the 

aqueous solution prepared for both NaCl and mixed salts aqueous solution, at 

approximately 0.35 M, therefore it is observed that the reduction of CO2 dissolved in both 

solutions due to this salting-out effect is similar and insignificant.  

 

The impact of H2S on CO2 solubility in deionized water, NaCl aqueous solution and 

mixed salt brine aqueous solution are accessed by comparing the results with the previous 

CO2 solubility data generated for the same aqueous solutions (using HWU HPHT setup), 

under the same pressure and temperature. For the CO2-H2S in deionized water, in 0.35 M 

NaCl and mixed salts aqueous system, the measured CO2 solubility is decreased at 

approximately 15-20% observed in all isotherms measurements. The reduction in this 

CO2 solubility is due to the presence of H2S in the system where H2S is more soluble than 

CO2. H2S will dissolve and occupy the space in water faster in comparison to CO2. This 

will inevitably result in the corresponding mass density of the aqueous solution is 

decreased. Therefore, it is concluded that the presence of this 5 mol% of H2S in the CO2 

mixture will not only affect the original CO2 solubility in the aqueous solutions but also 

provides a negative impact on the whole CO2 storage processes. 
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CHAPTER 4 - DENSITY MEASUREMENTS  

4.1 Introduction 

 

Other than solubility, fluid density is one of the other most important fluid thermophysical 

properties for carbon capture and storage (CCS) operation, especially for storage. During 

CO2 injection into a reservoir aquifer for storage, CO2 dissolves in the brine and leads to 

a solution of higher density, compare to the original aquifer brine [167]. It has been shown 

that dissolved CO2 increases the aqueous phase density on the order 2 to 3% [168]. The 

difference may lead to the CO2 dense brine sinking toward the bottom of the reservoir 

formation while driving brine with low CO2 concentration upwards at the rate that is 

influenced by its fluid viscosity. This natural convection process normally due to the 

negative buoyancy will allow undissolved CO2 to react with the fresh brine at the above 

part of the reservoir and therefore it accelerates and enhance the rate of CO2-brine 

dissolution by convective mixing [169]. This density difference between brine with and 

without dissolved CO2 may also be large enough to trigger Rayleigh instability, which 

can strongly enhance the dissolution processes [127].  

 

The accurate knowledge of the CO2-brine density under geological pressure and 

temperature condition is therefore crucial especially in determining how CO2 moves in 

the aqueous phase and the velocity of the movement [96]. Understanding this CO2 plume 

flow behaviour will also help to improve the current numerical simulation capabilities 

that take into account this variable density brines during CO2 storage injection in CCS 

operation [170].  

 

Therefore, this chapter aims to describe the measurements conducted to obtain the 

densities of aqueous solutions with and without dissolved CO2. The density of the 

deionised water, 0.35 M NaCl and mixed salts aqueous solution together with dissolved 

CO2 are measured at 353.15 K, 373.15 K, 393.15 K and 423.15 K and pressure up to 80 

MPa. An oscillating U-tube densitometer Anton Paar DMA-HPM connected to the HPHT 

viscosity setup from Heriot-Watt University (HWU) PVT laboratory is used for these 

density measurements. Experimental results are compared against Cubic Plus Association 

(CPA-SRK72 EoS) model predictions and discussed.  
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4.2 Literature Data 

 

The data for CO2-saturated water or brines density in the literature are little. Garcia [168] 

reported 53 data points of partial molar volume of solution density data for the CO2-water 

system at a temperature lower than 573 K as listed in Table 4.1. From the table, Teng et 

al. [171] reported 24 points of CO2-saturated water density data along with the solubility 

data measured at low temperatures ranging between 278-293 K and pressure from 6.4-

29.5 MPa. However, their measured density data are considered unreliable after Diamond 

and Akinfiev [24] claimed that Teng et al.’s solubility data were not accurate. Another 

extensive study of density data for this CO2-water system was completed by Hnedkovsky 

et al. [172] where their measurement covers a wider temperature between 298-573 K and 

pressures up to 35 MPa.  

 

Table 4.1: Experimental data measured for the density of the aqueous solutions for the system of 

CO2-water, gathered and reviewed by Garcia [168]. 

 

T (K) P (MPa) Number of Points Reference 

278.15-293.15 6.4-29.5 24 [171] 

298.15-573.15 20-35 14 [172] 

547.15-570.15 19.6-29.4 5 [173] 

298.15-373.15 1.96 8 [174] 

278.15-313.15 Not reported 1 [175] 

298.15 Not reported 1 [176] 

 

 

Sayegh and Najman [177] also measured the density data for the CO2-water system at 

318 K and pressures up to 15 MPa. However, their findings conclude that CO2 saturated 

water was lighter than pure water, which is contrary to the general consensus. In addition 

to this, Wright and co-workers [167] measured CO2 aqueous solution density data along 

with viscosity data at the temperature of 274 K, 294 K and 449 K with CO2 mole fraction 

up to 0.0027 and pressures up to 100 MPa. Hebach et al. [178] recently measured the 

equilibrium phase densities of CO2 and water at 284-332 K and pressure from 1 to 30 

MPa, focusing at concentration closed to saturation. Li et al. [113] also reported the 

densities data for the CO2-water system and CO2-brine (using Weyburn formation brine) 

at a temperature of 332 K and pressure from 3.3 to 29 MPa where their densities values 
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were obtained for both saturated and unsaturated aqueous CO2. Tabasinejad et al. [169] 

and Yaginuma et al. [179] measured CO2-water density data in both dilute aqueous and 

vapour phases at temperatures 382-478 K and pressure from 3.5-129 MPa, and 304 K and 

1.0- 10 MPa respectively.  

 

Another recent study on CO2-saturated water and NaCl brine density data was completed 

by Yan et al. [96]. They have conducted the measurement at the temperature from 323.15 

K to 413.2 K and pressures up to 40 MPa, with NaCl molality up to 5 M. Ohsumi et al. 

[180] also produced density data of CO2 aqueous solution (in seawater) at 276.15 K and 

35 MPa. Parkinson and Nevers [175] reported the densities of the CO2-water system in 

the temperature range from 278.1 K to 313.7 K and pressures up to 3.4 MPa. Malinin 

[173] completed several density data points for solutions of 1 M NaCl at high 

temperatures and pressures however his finding showed that the salinity effects are very 

minimal and are within experimental uncertainty.  

 

As can be seen, most of the density data for CO2-water or brine systems are available 

mainly at the pressure and low-temperature conditions. There are fewer density data 

points measured and reported at the temperature higher than 373 K and pressure more 

than 35 MPa. Therefore, further experimental data in determining the density of CO2-

saturated water and brine system at even higher pressure, higher temperature and in 

various salinities concerning the operational CCS development are deemed essential in 

understanding the behaviour of these thermos-physical properties. 

 

4.3 Experimental Study 

4.3.1 Material 

 

In this study, the material and components used are identical with the one prepared for 

CO2 and CO2-H2S solubility study as described in both Chapter 2 and Chapter 3. CO2 

from BOC N4.5 with a purity of 99.995 mol%, NaCl aqueous solution with a 

concentration of 0.35 M and mixed salt brine aqueous solution with similar concentration 

were gravimetrically prepared. The salt compositions used for the mixed salts brine 

aqueous solution preparation are also identical to the X field reservoir aquifer properties, 

as presented in Table 4.2. 
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Table 4.2: Properties of the salt composition used for the NaCl and mixed salts aqueous solution 

preparation. 

Salt wt% in Aqueous  

Phase 

Purity  

(%) 

Supplier 

NaCl 1.845 99.5 Fisher Scientific 

CaCl2 0.066 99.0 Fisher Scientific 

MgCl2 0.017 99.5 Fisher Scientific 

KCl 0.058 99.7 Fisher Scientific 

SrCl2 0.013 99.0 Sigma Aldrich 

Na2SO4 0.026 99.0 BDH Laboratory 

NaHCO3 0.054 99.0 Fisher Scientific 

 

 

4.3.2 Apparatus 

 

Density measurements are carried out using an oscillating U-tube Densitometer Anton 

Paar DMA-HPM connected to the viscosity capillary tube via high pressure high 

temperature (HPHT) setup as illustrated in Figure 4.1. The same setup was used by 

Ghojogh. [181] in his previous work in determining the densities of the CO2-rich systems. 

The U-tube is made from Hastelloy C276 which is highly resistant to corrosive chemicals. 

The densitometer has a built-in temperature sensor for accurate measurement of the 

sample temperature. To control the temperature of the sample, the densitometer is located 

inside the oven (BINDER GmbH), where it is capable to operate at temperatures between 

203.15 K to 473.15 K with uncertainties of ±0.05 K. The internal oven temperature is 

monitored by two high precisions temperature probes. Both temperatures are displayed 

on two Druck DPI series 280 readouts to a resolution of ±0.1 K with estimated uncertainty 

to be ±0.1K [182]. This densitometer setup is equipped with an evaluation unit (Anton 

Paar, model mPDS 2000V3) displaying the oscillation period τ, sample temperature and 

sample density during the measurement. The standard uncertainty of this oscillation 

period, u(τ), is ±0.005 μs [183]. 

 

The sample pressure is set using a mercury hand pump (SITEC Engineering of 

Switzerland with maximum working pressure at 200 MPa). Two Quartzdyne pressure 

transducer (model: QS 30K-B) with the design pressure up to 207 MPa with a standard 
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uncertainty of ±0.02 MPa [184] are connected to the system to record the system pressure. 

The pressure transducers are monitored and recorded via a personal computer through RS 

232 serial ports. These transducers are located next to the oven, and each of the two lines 

coming from the base of the cells. 

 

 

 

Figure 4.1: The schematic diagram of the U-tube Densitometer Anton Paar located in the oven 

(red box), connected to the capillary tube viscometer in High Pressure – High Temperature 

(HPHT) experimental setup [181]. 

 

The schematic of the HPHT setup illustrated in Figure 4.1 was designed and manufactured 

at the Institute of Petroleum Engineering, Heriot-Watt University. This setup is used for 

simultaneous measurements of fluid density and viscosity which details of the methods 

and procedures for the fluid viscosities measurement are described in Chapter 5. 
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4.3.3 Method and Procedures 

 

For each of the measurements, after applying vacuum to the entire system, the set-up is 

loaded with the sample (or CO2 aqueous mixtures) through the injection point at the top 

of the densitometer. The sample (or CO2 aqueous mixtures) during the loading process 

must be kept in a single phase to avoid composition change due to flashing. Then after 

disconnecting the sample cylinder from the system, the sample fluid is pushed through 

the capillary tube into the other cylinder using the push-pull mercury pump. At this time, 

the temperature of the system is set to the desired condition and system pressure is 

controlled by employing the hydraulic hand pump connected to the system. As the pressure 

and temperature of the system are stabilized and after isolating the viscometer capillary 

tube by closing the related valves, the oscillation period, τ in microseconds with seven 

significant digit resolutions displayed by the mPDS display unit is recorded. To ensure 

the accuracy of the data taken, the oscillation period is recorded after the pressure of the 

system is stable and no variations in the oscillation period are observed within 10-15 

seconds.  

 

The system pressure is increased using the hand pump to measure the oscillation periods at 

different pressures and another oscillation period is recorded. This procedure is continued at 

pressure steps of 5-10 MPa and for pressures up to 80 MPa. Using the general equation of 

this densitometer expressed by Eq. (17), the fluid density is calculated employing the 

measured oscillation period, τ. Then, the system temperature is set to another desired 

temperature, and similar procedures are employed. At this point, a hand pump is released to 

ensure the system pressure is controlled and reduced at low pressure before start with a new 

measurement. It is worth noting that the system requires several hours for the system to reach 

and stabilize at the desired temperature, ensuring the thermal equilibrium in all parts of the 

setup is achieved. 

 

In the vibrating tube densitometers (VTD), the measurement technique is based on the 

mass-spring model. The sample is injected into a metallic or glass vibrating U-tube which 

is electronically excited. The frequency of the excited U-tube is a function of the sample 

mass in the U-tube. Therefore, the density of the sample can be determined by 

measurement of the oscillation period of the tube. This oscillation period is a function of 

the mass, volume and elasticity of the U-tube, as well as sample density. For this mass-
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spring system, the oscillation period of a system with a spring constant (c) and mass (m) 

can be expressed in the following forms; 

 

 Oscillation Period =  τ = 2π√
m

𝑐
 Eq. (14) 

 

Where m is the total mass of the U-tube, which can be found using the following 

Equation: 

 

 m = M + ρV Eq. (15) 

 

 

M is a mass of the tube and 𝜌𝑉 is the mass of the sample inside the U-tube.  

 

Therefore, by substituting the total mass of the U-tube, in the Eq. (14), the density of the 

fluid can found employing the following Equation: 

 

 ρ =  
c

4π2V
τ2 −

M

V
 Eq. (16) 

 

This equation can be further simplified by substituting the A= 
𝑐

4𝜋2𝑉
 and B = 

𝑀

𝑉
, where both 

A and B represent the temperature and pressure-dependent parameters of the oscillator, 

respectively. Therefore, the density of the fluid is expressed by: 

 

 ρ =  Aτ2 − B Eq. (17) 

 

So, for the fluid density measurement at any pressure and temperature (P, T) of interest, 

information of the oscillation period and oscillator parameters (A and B) at the same (P, 

T) is required. The oscillator parameters can be found by measurement of the oscillation 

period of the substance with known densities over the required (P, T) range of 

measurement. 
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4.3.4 Calibrations and Validations 

 
Based on the fluid density equation expressed in Eq. (17), A and B are the temperatures and 

pressure-dependent parameters of the oscillator and τ is the measured oscillation period of 

the fluid at any pressure and temperature (P, T) of interest. Therefore, the calibration of the 

oscillator parameters should be found at each (P, T) of interest by conducting measurements 

for the reference substance. For this study, calibration was previously performed using CO2 

[181] and deionized water, as reference substances. The measured oscillation periods at the 

desired (P, T), were recorded for the density calculations. Then, employing Eq. (17), 

deionized water density is calculated. These measured densities data are compared against 

the densities of water calculated using the IAPWS formulation [117], ensuring the data 

reliability. The deviations are calculated according to  Eq. (18). Furthermore, for each of the 

isotherm, the percentage average absolute deviation (%AAD) of the measured densities in 

comparison with predictions of the model using CPA-SRK72 are determined using Eq. (19). 

 

 

 Deviation (%) = 100 ×
xMeasured − x Predicted

xMeasured
 Eq. (18) 

 

 

 %AAD =  
100

n
× ∑ |

xMeasured − x Predicted

xMeasured
|

n

i
 Eq. (19) 

 

  



 

89 

 

4.4 Results and Discussions 

 

4.4.1 Density of the NaCl (0.35M) & Mixed Salts Aqueous Solution  

 

In this work, the densities of the NaCl aqueous and mixed salt aqueous solution system 

have been first measured, to ensure the reference or baseline of the fluid density is 

generated. The density measurements are conducted at several isotherm conditions, 

353.15 K, 373.15 K, 393.15 K and 423.15 K and pressures up to 80 MPa. The measured 

densities for both NaCl and mixed salt aqueous solution systems are compared against 

density data predictions calculated using the CPA-SRK72 EoS, as demonstrated in 

Figure 4.2 and Figure 4.3 respectively. From both Figures, the measured density data 

show excellent agreements against the density data predictions observed in all isotherms. 

As expected, the density of the fluid decreases when the system temperature increases, 

from 353.15 K to 423.15 K illustrated by top to bottom density profiles in the Figures. 

The NaCl or brine water sample with a higher temperature has a greater volume due to 

the faster moving molecules are further apart, and it is therefore less dense. The density 

of the solution for both NaCl and mixed salts aqueous solution increased linearly with 

pressure. All the density profiles have the same slope within the experimental errors.   

 

Average absolute deviation (%AAD) calculated for the density data measured in NaCl 

solution at 353.15 K, 373.15 K, 393.15 K and 423.15 K are reported to be 0.34%, 0.35%, 

0.32% and 0.28% respectively. While, for the density data measured in mixed salts 

aqueous solution, %AAD calculated for each isotherm at 353.15 K, 373.15 K, 393.15 K 

and 423.15 are reported to be 0.22%, 0.23%, 0.21% and 0.29% respectively. The low 

deviations in calculated %AAD indicate the reliability of measured and predicted density 

data in this work. The IAPWS prediction was employed for pure water density 

predictions, ensuring accurate pure water (salt-free) density profile. The density of the 

water with the 0.35 M or 2%wt of salt system was then calculated based on the IAPWS 

result (corrected to the salt content) accordingly. The measured and predicted density data 

for this NaCl and mixed salts aqueous solution at each isotherm, along with calculated 

%AAD are presented in Table 4.3 and Table 4.4 respectively. 
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Figure 4.2: Densities of the NaCl 0.35M brine solution at T=353. 15 K, 373.15 K, 393.15 K and 

423.15 K (from top to bottom). Red line: IAPWS corrected to the salt content.  

 

 

 

 

Figure 4.3: Densities of the mixed salt aqueous solution (0.35M) at T=353. 15 K, 373.15 K, 

393.15 K and 423.15 K (from top to bottom). Red line: IAPWS corrected to the salt content. 
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Table 4.3: Experimental and predicted liquid density of the NaCl 0.35M by CPA-SRK72 at 

T=353.15 K, 373.15 K, 393.15 K and 423.15 K. 

 

T/K 

(±0.1 K) 

P/MPa 

(±0.02 MPa) 

Density/ 

g.cc-1 

Pred. Density/ 

g.cc-1 

AD% 

 

353.15 3.10 0.9842 0.9868 0.26% 

353.15 8.00 0.9863 0.9891 0.29% 

353.15 15.11 0.9888 0.9924 0.36% 

353.15 28.43 0.9946 0.9983 0.37% 

353.15 42.20 1.0003 1.0040 0.37% 

353.15 56.32 1.0059 1.0096 0.36% 

%AAD 0.34% 

373.15 4.28 0.9718 0.9739 0.21% 

373.15 10.55 0.9745 0.9771 0.27% 

373.15 21.22 0.9790 0.9824 0.35% 

373.15 35.70 0.9852 0.9892 0.40% 

373.15 55.71 0.9935 0.9978 0.43% 

373.15 76.44 1.0015 1.0059 0.44% 

%AAD 0.35% 

393.15 4.32 0.9576 0.9585 0.09% 

393.15 11.51 0.9609 0.9626 0.18% 

393.15 25.25 0.9668 0.9700 0.32% 

393.15 35.86 0.9716 0.9753 0.38% 

393.15 52.17 0.9787 0.9830 0.44% 

393.15 75.92 0.9884 0.9931 0.47% 

%AAD 0.32% 

423.15 3.26 0.9316 0.9315 0.02% 

423.15 9.72 0.9351 0.9358 0.07% 

423.15 23.32 0.9421 0.9442 0.23% 

423.15 37.82 0.9490 0.9526 0.37% 

423.15 52.25 0.9560 0.9602 0.44% 

423.15 74.33 0.9658 0.9709 0.53% 

%AAD 0.28% 
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Table 4.4: Experimental and predicted liquid density of the mixed salt aqueous solutions (0.35M) 

at T=353.15 K, 373.15 K, 393.15 K and 423.15 K. 

 

T/K 

(±0.1 K) 

P/MPa 

(±0.02 MPa) 

Density/ 

g.cc-1 

Pred. Density/ 

g.cc-1 

AD% 

 

353.15 3.64 0.9857 0.9870 0.13% 

353.15 12.00 0.9892 0.9910 0.18% 

353.15 26.90 0.9952 0.9977 0.24% 

353.15 41.49 1.0012 1.0038 0.26% 

353.15 56.12 1.0070 1.0095 0.25% 

353.15 72.18 1.0129 1.0154 0.24% 

%AAD 0.22% 

373.15 3.64 0.9729 0.9736 0.07% 

373.15 12.73 0.9768 0.9783 0.15% 

373.15 22.40 0.9804 0.9830 0.26% 

373.15 34.38 0.9857 0.9886 0.29% 

373.15 52.24 0.9933 0.9963 0.31% 

373.15 72.77 1.0014 1.0045 0.31% 

%AAD 0.23% 

393.15 4.14 0.9587 0.9584 0.03% 

393.15 13.71 0.9630 0.9638 0.09% 

393.15 24.43 0.9676 0.9696 0.20% 

393.15 36.36 0.9728 0.9756 0.28% 

393.15 49.34 0.9785 0.9817 0.32% 

393.15 72.21 0.9880 0.9916 0.37% 

%AAD 0.21% 

423.15 3.80 0.9319 0.9318 0.01% 

423.15 10.56 0.9354 0.9363 0.10% 

423.15 23.69 0.9422 0.9445 0.24% 

423.15 39.08 0.9493 0.9533 0.41% 

423.15 54.88 0.9571 0.9615 0.46% 

423.15 74.42 0.9657 0.9709 0.54% 

%AAD 0.29% 

 



 

93 

 

4.4.2 Density of CO2 Aqueous Solution in NaCl 0.35 M  

 

The following information in Table 4.5 shows the concentration of CO2 in the samples 

used for density measurements. These CO2 and aqueous mole fractions are prepared 

before the density measurement due to the possibility of having such amount of CO2 mole 

fraction in the aqueous solution, during the implementation of the field CO2 injection into 

the reservoir aquifer. Since both fluid density and viscosity measurement are conducted 

in parallel (using the same high pressure high temperature experiment setup), some of the 

CO2-aqueous mole fractions prepared for this density measurement are also used for the 

viscosity measurements described in the next Chapter. 

 

Table 4.5: Concentration of CO2 and aqueous solution (in mole fractions) prepared for the 

density of CO2-aqueous solution measurements. 

 

Aqueous 

Solution  

CO2 Mole 

Fraction 

Aqueous Mole 

Fraction 

Temperature/ K 

NaCl 0.35 M 0.0101 0.9892 373.15 K & 423.15 K 

0.0184 0.9816 353.15 K, 373.15 K, 

393.15 K & 423.15 K 

0.0201 0.9799 373.15 K & 423.15 K 

0.0224 0.9776 353.15 K, 373.15 K, 

393.15 K & 423.15 K 

0.0257 0.9743 353.15 K, 373.15 K, 

393.15 K & 423.15 K 

Mixed Salts 0.0101 0.9892 373.15 K & 423.15 K 

0.0184 0.9816 353.15 K & 373.15 K 

0.0218 0.9782 353.15 K, 373.15 K, 

393.15 K & 423.15 K 

0.0222 0.9778 353.15 K & 373.15 K 

0.0248 0.9752 373.15 K & 423.15 K 

 0.0256 0.9744 353.15 K & 373.15 K 
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Based on the experimental density results for CO2-NaCl systems, the presence of CO2 

content in the solution increased the aqueous phase density by 1 to 3%, observed in all 

isotherms. Figure 4.4 shows the comparison of the density data generated at a few CO2 

concentrations against predicted density data (at the higher CO2 concentration, 

xCO2=0.0257) at a temperature of 353.13 K. Excellent agreement against predicted 

density is observed with a calculated AAD for this CO2 concentration of 0.40%. As can 

be seen, the higher the CO2 concentration in the NaCl solution, the higher density of the 

solution is reported. In this case, a maximum density increase of 1.2% is obtained for a 

solution with the CO2 mole fraction of 0.0257. The density variation of the CO2 aqueous 

solution is nearly linear concerning the CO2 mole fraction [185]. Similarly, Ohsumi et al. 

[180] observed a linear relationship between the density increase and CO2 concentration 

in their measurements for the CO2-seawater system. The same observations have been 

captured in other density results conducted at different isotherm measurements, at 

temperatures 373.15 K, 393.15 K and 423.15 K as demonstrated in Figure 4.5, Figure 

4.6 and Figure 4.7 respectively. Generally, the deviation between the NaCl aqueous 

solution and  the measured CO2-NaCl aqueous solution density is larger at the low 

temperature and high pressure ranges, aligned with what has been reported by Pereira et 

al. [186] in their previous work in measuring CO2-saturated water densities and interfacial 

tension at high temperature and pressure conditions. 

 

 
 

Figure 4.4: Effect of the dissolved of CO2 on the liquid densities of the NaCl 0.35M aqueous 

solution at T=353.15 K. (dashed line; xCO2=0 and red line; xCO2= 0.0257) 
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Figure 4.5: Effect of the dissolved of CO2 on the liquid densities of the NaCl 0.35M aqueous 

solution at T = 373.15 K. (dashed line; xCO2=0 and red line; xCO2= 0.0257) 
 

 

 
 
Figure 4.6: Effect of the dissolved of CO2 on the liquid densities of the NaCl 0.35M aqueous 

solution at T = 393.15 K. (dashed line; xCO2=0 and red line; xCO2= 0.0224) 
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Figure 4.7: Effect of the dissolved of CO2 on the liquid densities of the NaCl 0.35M aqueous 

solution at T = 423.15 K. (dashed line; xCO2=0 and red line; xCO2= 0.0257) 

 

 

The density results for this CO2-NaCl system (at different CO2 concentrations) along with 

the density prediction and calculated %AAD at 353.15 K, 373.15 K, 393.15 K and 423.15 

K are presented in the Table 4.6, Table 4.7, Table 4.8 and Table 4.9 respectively. As 

shown in the Tables, the reliability of the measured liquid densities measured in all 

isotherms were excellent. For the density data measured at 353.15 K, the calculated 

%AAD for the xCO2=0, 0.0184, 0.0224 and 0.0257 are found to be 0.34%, 0.16%, 0.03% 

and 0.40% respectively. For the density data measured at 373.15 K, the calculated %AAD 

for the xCO2=0, 0.0101, 0.0184, 0.0201, 0.0224 and 0.0257 are found to be 0.35%, 

0.12%, 0.14%, 0.33%, 0.05% and 0.31% respectively. And for the density data measured 

at 393.15 K, the calculated % AAD for the xCO2=0, 0.0184 and 0.0224 are found to be 

0.32%, 0.18% and 0.06%. Lastly, for the density data measured at 423.15 K, %AAD 

calculated for the CO2 concentration of 0, 0.0101, 0.0184, 0.0201, 0.0224 and 0.0257 are 

found to be 0.28%, 0.12%, 0.22%, 0.14%, 0.14% and 0.10% respectively. 
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Table 4.6: Experimental and predicted liquid densities of the CO2 - NaCl 0.35M aqueous solution 

at T= 353.15 K, along with calculated %AAD. 

 

xCO2  

(mole frac) 

P/MPa 

(±0.02 MPa) 

Density/ 

g.cc-1 

Pred. Density/ 

g.cc-1 

AD% 

 

0 3.10 0.9842 0.9868 0.26% 

0 8.00 0.9863 0.9891 0.29% 

0 15.11 0.9888 0.9924 0.36% 

0 28.43 0.9946 0.9983 0.37% 

0 42.20 1.0003 1.0040 0.37% 

0 56.32 1.0059 1.0096 0.36% 

0 75.84 1.0132 1.0167 0.35% 

%AAD 0.34% 

0.0184 26.17 0.9981 0.9991 0.10% 

0.0184 34.58 1.0015 1.0029 0.14% 

0.0184 43.06 1.0050 1.0066 0.16% 

0.0184 55.96 1.0102 1.0120 0.18% 

0.0184 69.68 1.0154 1.0174 0.20% 

%AAD 0.16% 

0.0224 28.12 1.0013  - -  

0.0224 34.87 1.0041 1.0035 0.06% 

0.0224 42.12 1.0071 1.0067 0.04% 

0.0224 49.24 1.0099 1.0097 0.02% 

0.0224 63.44 1.0156 1.0155 0.01% 

0.0224 77.04 1.0205 1.0207 0.03% 

%AAD 0.03% 

0.0257 38.33 1.009 - - 

0.0257 47.16 1.0138 - - 

0.0257 56.68 1.0178 1.0132 0.45% 

0.0257 65.35 1.0211 1.0167 0.43% 

0.0257 91.55 1.0299 1.0266 0.32% 

%AAD 0.40% 
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Table 4.7: Experimental and predicted liquid densities of the CO2 - NaCl 0.35M aqueous solution 

at T= 373.15 K, along with calculated %AAD. 

 

xCO2  

(mole frac) 

P/MPa 

(±0.02 MPa) 

Density/ 

g.cc-1 

Pred. Density/ 

g.cc-1 

AD% 

 

0 4.28 0.9718 0.9739 0.21% 

0 10.55 0.9745 0.9771 0.27% 

0 21.22 0.9790 0.9824 0.35% 

0 35.70 0.9852 0.9892 0.40% 

0 55.71 0.9935 0.9978 0.43% 

0 76.44 1.0015 1.0059 0.44% 

%AAD 0.35% 

0.0101 31.70 0.9897 0.9880 0.17% 

0.0101 39.31 0.9929 0.9916 0.13% 

0.0101 45.84 0.9956 0.9945 0.11% 

0.0101 52.54 0.9983 0.9975 0.08% 

0.0101 59.20 1.0010 1.0003 0.07% 

0.0101 64.45 1.0031 1.0025 0.06% 

0.0101 71.79 1.0055 1.0054 0.01% 

%AAD 0.12% 

0.0184 27.00 0.9857 0.9862 0.05% 

0.0184 35.12 0.9891 0.9902 0.10% 

0.0184 45.87 0.9937 0.9952 0.15% 

0.0184 56.63 0.9981 1.0000 0.19% 

0.0184 75.45 1.0056 1.0079 0.22% 

%AAD 0.14% 

0.0201 40.05 0.9963 0.9926 0.37% 

0.0201 47.37 0.9994 0.9960 0.34% 

0.0201 54.05 1.0021 0.9991 0.30% 

0.0201 60.97 1.0049 1.0021 0.28% 

0.0201 66.17 1.0068 1.0043 0.25% 

0.0201 73.72 1.0100 1.0074 0.26% 

%AAD 0.33% 

0.0224 36.99 0.9918 0.9913 0.05% 
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xCO2  

(mole frac) 

P/MPa 

(±0.02 MPa) 

Density/ 

g.cc-1 

Pred. Density/ 

g.cc-1 

AD% 

 

0.0224 43.99 0.9942 0.9946 0.04% 

0.0224 51.48 0.9978 0.9981 0.02% 

0.0224 64.67 1.0034 1.0039 0.05% 

0.0224 77.28 1.0084 1.0091 0.07% 

%AAD 0.05% 

0.0257 43.77 0.9987 - - 

0.0257 52.96 1.0027 0.9990 0.37% 

0.0257 64.36 1.0076 1.0041 0.35% 

0.0257 81.84 1.0144 1.0113 0.31% 

0.0257 98.24 1.0199 1.0176 0.22% 

%AAD 0.31% 

 

 

Table 4.8: Experimental and predicted liquid densities of the CO2 - NaCl 0.35M aqueous solution 

at T=393.15 K, along with calculated %AAD. 

 

xCO2  

(mole frac) 

P/MPa 

(±0.02 MPa) 

Density/ 

g.cc-1 

Pred. Density/ 

g.cc-1 

AD% 

 

0 4.32 0.9576 0.9585 0.09% 

0 11.51 0.9609 0.9626 0.18% 

0 25.25 0.9668 0.9700 0.32% 

0 35.86 0.9716 0.9753 0.38% 

0 52.17 0.9787 0.9830 0.44% 

0 75.92 0.9884 0.9931 0.47% 

%AAD 0.32% 

0.0184 26.40 0.9708 0.9707 0.01% 

0.0184 33.49 0.9739 0.9745 0.06% 

0.0184 44.29 0.9787 0.9801 0.15% 

0.0184 48.51 0.9799 0.9822 0.24% 

0.0184 67.31 0.9883 0.9910 0.28% 

0.0184 88.30 0.9969 1.0000 0.32% 

%AAD 0.18% 



 

100 

 

xCO2  

(mole frac) 

P/MPa 

(±0.02 MPa) 

Density/ 

g.cc-1 

Pred. Density/ 

g.cc-1 

AD% 

 

0.0224 35.03 0.9763 0.9754 0.09% 

0.0224 42.22 0.9796 0.9792 0.04% 

0.0224 47.45 0.9820 0.9818 0.02% 

0.0224 63.90 0.9893 0.9898 0.05% 

0.0224 77.37 0.9949 0.9958 0.09% 

%AAD 0.06% 

 

 

Table 4.9: Experimental and predicted liquid densities of the CO2 - NaCl 0.35M aqueous solution 

at T=423.15 K, along with calculated %AAD. 

 

xCO2  

(mole frac) 

P/MPa 

(±0.02 MPa) 

Density/ 

g.cc-1 

Pred. Density/ 

g.cc-1 

AD% 

 

0 3.26 0.9316 0.9315 0.02% 

0 9.72 0.9351 0.9358 0.07% 

0 23.32 0.9421 0.9442 0.23% 

0 37.82 0.9490 0.9526 0.37% 

0 52.25 0.9560 0.9602 0.44% 

0 74.33 0.9658 0.9709 0.53% 

%AAD 0.28% 

0.0101 31.87 0.9503 0.9488 0.16% 

0.0101 38.77 0.9538 0.9528 0.10% 

0.0101 45.77 0.9571 0.9567 0.04% 

0.0101 52.57 0.9603 0.9604 0.01% 

0.0101 59.21 0.9633 0.9639 0.06% 

0.0101 65.44 0.9660 0.9670 0.11% 

0.0101 73.13 0.9696 0.9708 0.12% 

%AAD 0.12% 

0.0184 26.51 0.9448 0.9450 0.02% 

0.0184 35.01 0.9492 0.9503 0.12% 

0.0184 45.86 0.9546 0.9566 0.21% 

0.0184 61.05 0.9618 0.9649 0.33% 

0.0184 79.86 0.9701 0.9743 0.43% 
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xCO2  

(mole frac) 

P/MPa 

(±0.02 MPa) 

Density/ 

g.cc-1 

Pred. Density/ 

g.cc-1 

AD% 

 

%AAD 0.22% 

0.0201 33.14 0.9516 0.9490 0.27% 

0.0201 39.92 0.9550 0.9531 0.20% 

0.0201 53.44 0.9616 0.9608 0.08% 

0.0201 60.54 0.9649 0.9647 0.02% 

0.0201 47.19 0.9586 0.9574 0.13% 

0.0201 67.19 0.9679 0.9681 0.03% 

0.0201 70.80 0.9695 0.9699 0.05% 

%AAD 0.14% 

0.0224 29.96 0.9476 0.9469 0.08% 

0.0224 35.67 0.9506 0.9505 0.01% 

0.0224 42.21 0.9539 0.9544 0.05% 

0.0224 49.65 0.9576 0.9587 0.12% 

0.0224 59.18 0.9620 0.9639 0.21% 

0.0224 76.79 0.9701 0.9730 0.29% 

%AAD 0.14% 

0.0257 43.18 0.9563 0.9548 0.15% 

0.0257 48.62 0.9591 0.9580 0.11% 

0.0257 56.74 0.9632 0.9626 0.06% 

0.0257 64.40 0.9668 0.9667 0.01% 

0.0257 97.55 0.9812 0.9829 0.17% 

%AAD 0.10% 

 

4.4.3 Density of CO2 Aqueous Solution in Mixed Salts Aqueous Solution  

 

Similar to the density results measured for the CO2-NaCl system, the density data 

produced for the CO2 aqueous solution in mixed salts solution are also plotted along with 

the density data produced at the different CO2 concentrations for comparison purposes. 

Besides, density data prediction at the highest CO2 concentration is also plotted, ensuring 

the reliability of the measured density data. Figure 4.8 shows the comparison of the 

density data generated at a few CO2 concentrations against predicted density data (at the 

higher CO2 concentration, xCO2=0.0256) at a temperature of 353.13 K. A good 
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agreement is observed with a percentage of AAD for this CO2 concentration are 

calculated to be 0.54%.  

 

 
 

Figure 4.8: Effect of the dissolved of CO2 on the liquid densities of the mixed salt aqueous solution 

at T =353.15 K. (dashed line; xCO2=0 and red line; xCO2= 0.0256) 
 

Since the molarity of this mixed salt aqueous solution is approximately similar to the 

molarity prepared for the NaCl solution at 0.35 M, similar observations on the density 

profiles are observed. The effect of different salts type used on the density is considerably 

lower as compared with the CO2 content in the solution. The higher density of the solution 

is reported when the concentration of CO2 in the mixed salts solution is higher, and 

otherwise. The density of the CO2-mixed salt aqueous solution increased linearly with 

pressure. At constant pressure, the density of the aqueous solution increased with CO2 

concentration. And all these curves produced the same slopes and within the experimental 

errors. Low deviations in terms of %AAD calculated indicate the density data produced 

for this CO2-mixed salts solution are good and reliable. Similar observations are observed 

in all the density isotherm measurements measured in mixed salt aqueous solutions, at 

373.15 K, 393.15 K and 423.15 K as demonstrated in Figure 4.9, Figure 4.10 and Figure 

4.11 respectively. 
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Figure 4.9: Effect of the dissolved of CO2 on the liquid densities of the mixed salt aqueous solution 

at T =373.15 K. (dashed line; xCO2=0 and red line; xCO2= 0.0256) 
 

 

 
 
Figure 4.10: Effect of the dissolved of CO2 on the liquid densities of the mixed salt aqueous 

solution at T =393.15 K. (dashed line; xCO2=0 and red line; xCO2= 0.0218) 
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Figure 4.11: Effect of the dissolved of CO2 on the liquid densities of the mixed salt aqueous 

solution at T =423.15 K. (dashed line; xCO2=0 and red line; xCO2= 0.0248) 

 

The measured density data for this CO2-mixed salt aqueous solution system (at different 

CO2 concentrations) along with the density data prediction and calculated %AAD at 

353.15 K, 373.15 K, 393.15 K and 423.15 K are presented in the Table 4.10, Table 4.11, 

Table 4.12 and Table 4.13 respectively. Excellent degree of agreements observed in all 

the measurements. For the density data measured at 353.15 K, %AAD calculated for the 

xCO2=0, 0.0184, 0.0218, 0.0222 and 0.0256 are found to be 0.22%, 0.25%, 0.20%, 0.17% 

and 0.54% respectively. For the density data measured at 373.15 K, %AAD calculated 

for the xCO2=0, 0.0108, 0.0184, 0.0218, 0.0222, 0.0248 and 0.0256 are found to be 

0.23%, 0.09%, 0.31%, 0.15%, 0.09%, 0.21% and 0.44% respectively. And for the density 

data measured at 393.15 K, % AAD calculated for the xCO2=0 and 0.0218 are found to 

be 0.21% and 0.11%. For the density data measured at 423.15 K, %AAD calculated for 

the CO2 concentration of 0, 0.0108, 0.0218 and 0.0248 are found to be 0.29%, 0.09%, 

0.13% and 0.14% respectively. 
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Table 4.10: Experimental and predicted liquid densities of CO2 - mixed salt aqueous solution at 

T= 353.15 K, along with calculated %AAD. 

 

xCO2  

(mole frac) 

P/MPa 

(±0.02 MPa) 

Density/ 

g.cc-1 

Pred. Density/ 

g.cc-1 

AD% 

 

0 3.64 0.9857 0.9870 0.13% 

0 12.00 0.9892 0.9910 0.18% 

0 26.90 0.9952 0.9977 0.24% 

0 41.49 1.0012 1.0038 0.26% 

0 56.12 1.0070 1.0095 0.25% 

0 72.18 1.0129 1.0154 0.24% 

AAD 0.22% 

0.0184 27.20 0.9979 0.9996 0.17% 

0.0184 34.69 1.0010 1.0030 0.20% 

0.0184 41.47 1.0038 1.0060 0.21% 

0.0184 54.49 1.0090 1.0114 0.24% 

0.0184 62.63 1.0121 1.0146 0.25% 

0.0184 105.43 1.0255 1.0301 0.45% 

%AAD 0.25% 

0.0218 33.78 1.0057 1.0029 0.28% 

0.0218 43.74 1.0097 1.0073 0.24% 

0.0218 53.35 1.0135 1.0113 0.21% 

0.0218 73.73 1.0210 1.0194 0.16% 

0.0218 84.35 1.0243 1.0233 0.10% 

%AAD 0.20% 

0.0222 40.96 1.0081 1.0062 0.19% 

0.0222 48.79 1.0120 1.0095 0.25% 

0.0222 67.04 1.0188 1.0169 0.19% 

0.0222 82.88 1.0236 1.0229 0.07% 

0.0222 104.66 1.0287 1.0305 0.18% 

0.0222 40.96 1.0081 1.0062 0.19% 

%AAD 0.17% 

0.0256 55.434 1.0197 1.0127 0.69% 

0.0256 69.423 1.0249 1.0183 0.65% 



 

106 

 

xCO2  

(mole frac) 

P/MPa 

(±0.02 MPa) 

Density/ 

g.cc-1 

Pred. Density/ 

g.cc-1 

AD% 

 

0.0256 84.344 1.0295 1.0239 0.54% 

0.0256 103.077 1.0336 1.0306 0.29% 

%AAD 0.54% 

 

 

Table 4.11: Experimental and predicted liquid densities of CO2 - mixed salt aqueous solution at 

T=373.15 K, along with calculated %AAD. 

 

xCO2  

(mole frac) 

P/MPa 

(±0.02 MPa) 

Density/ 

g.cc-1 

Pred. Density/ 

g.cc-1 

AD% 

 

0 3.64 0.9729 0.9736 0.07% 

0 12.73 0.9768 0.9783 0.15% 

0 22.40 0.9804 0.9830 0.26% 

0 34.38 0.9857 0.9886 0.29% 

0 52.24 0.9933 0.9963 0.31% 

0 72.77 1.0014 1.0045 0.31% 

%AAD 0.23% 

0.0108 12.93 0.9809 0.9787 0.23% 

0.0108 19.58 0.9838 0.9821 0.18% 

0.0108 33.32 0.9897 0.9888 0.09% 

0.0108 47.52 0.9956 0.9953 0.02% 

0.0108 60.83 1.0009 1.0010 0.02% 

0.0108 73.66 1.0061 1.0062 0.02% 

%AAD 0.09% 

0.0184 35.48 0.9888 0.9903 0.16% 

0.0184 43.02 0.9920 0.9939 0.19% 

0.0184 56.35 0.9973 0.9999 0.26% 

0.0184 72.49 1.0032 1.0067 0.35% 

0.0184 104.46 1.0126 1.0188 0.62% 

0.0184 35.48 0.9888 0.9903 0.16% 

%AAD 0.31% 

0.0218 34.33 0.9923 0.9899 0.24% 
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xCO2  

(mole frac) 

P/MPa 

(±0.02 MPa) 

Density/ 

g.cc-1 

Pred. Density/ 

g.cc-1 

AD% 

 

0.0218 42.24 0.9957 0.9937 0.20% 

0.0218 50.57 0.9991 0.9976 0.15% 

0.0218 63.91 1.0045 1.0035 0.10% 

0.0218 84.25 1.0122 1.0117 0.04% 

%AAD 0.15% 

0.0222 43.84 0.9959 0.9946 0.13% 

0.0222 55.46 1.0012 0.9999 0.13% 

0.0222 70.21 1.0073 1.0062 0.11% 

0.0222 86.98 1.0136 1.0129 0.07% 

0.0222 102.84 1.0188 1.0188 0.00% 

%AAD 0.09% 

0.0248 47.988 0.9990 0.9967 0.23% 

0.0248 49.263 0.9996 0.9973 0.23% 

0.0248 54.124 1.0016 0.9995 0.21% 

0.0248 56.902 1.0027 1.0007 0.20% 

0.0248 59.329 1.0037 1.0018 0.19% 

0.0248 64.204 1.0057 1.0039 0.17% 

%AAD 0.21% 

0.0256 55.77 1.0061 1.0002 0.58% 

0.0256 70.90 1.0121 1.0068 0.52% 

0.0256 85.81 1.0172 1.0128 0.43% 

0.0256 104.36 1.0221 1.0199 0.22% 

%AAD 0.44% 

 

 

Table 4.12: Experimental and predicted liquid densities of CO2 - mixed salt aqueous solution at 

T=393.15 K, along with calculated %AAD. 

 

xCO2  

(mole frac) 

P/MPa 

(±0.02 MPa) 

Density/ 

g.cc-1 

Pred. Density/ 

g.cc-1 

AD% 

 

0 4.14 0.9587 0.9584 0.03% 

0 13.71 0.9630 0.9638 0.09% 
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xCO2  

(mole frac) 

P/MPa 

(±0.02 MPa) 

Density/ 

g.cc-1 

Pred. Density/ 

g.cc-1 

AD% 

 

0 24.43 0.9676 0.9696 0.20% 

0 36.36 0.9728 0.9756 0.28% 

0 49.34 0.9785 0.9817 0.32% 

0 72.21 0.9880 0.9916 0.37% 

%AAD 0.21% 

0.0218 34.32 0.9773 0.9750 0.24% 

0.0218 44.28 0.9819 0.9802 0.17% 

0.0218 56.32 0.9869 0.9861 0.08% 

0.0218 70.26 0.9928 0.9926 0.02% 

0.0218 84.06 0.9982 0.9986 0.04% 

%AAD 0.11% 

 

 

 
Table 4.13: Experimental and predicted liquid densities of CO2 - mixed salt aqueous solution at 

T=423.15 K, along with calculated %AAD. 

 

xCO2  

(mole frac) 

P/MPa 

(±0.02 MPa) 

Density/ 

g.cc-1 

Pred. Density/ 

g.cc-1 

AD% 

 

0 3.80 0.9319 0.9318 0.01% 

0 10.56 0.9354 0.9363 0.10% 

0 23.69 0.9422 0.9445 0.24% 

0 39.08 0.9493 0.9533 0.41% 

0 54.88 0.9571 0.9615 0.46% 

0 74.42 0.9657 0.9709 0.54% 

%AAD 0.29% 

0.0108 12.76 0.9391 0.9367 0.26% 

0.0108 19.12 0.9425 0.9409 0.17% 

0.0108 21.3 0.9436 0.9423 0.14% 

0.0108 28.01 0.9471 0.9464 0.07% 

0.0108 32.1 0.9492 0.9489 0.03% 

0.0108 46.38 0.9561 0.9571 0.10% 

0.0108 59.92 0.9622 0.9642 0.21% 
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xCO2  

(mole frac) 

P/MPa 

(±0.02 MPa) 

Density/ 

g.cc-1 

Pred. Density/ 

g.cc-1 

AD% 

 

0.0108 60.51 0.9624 0.9645 0.22% 

0.0108 72.39 0.9698 0.9704 0.06% 

%AAD 0.09% 

0.0218 40.80 0.9561 0.9536 0.27% 

0.0218 49.61 0.9604 0.9586 0.18% 

0.0218 69.53 0.9694 0.9693 0.01% 

0.0218 85.24 0.9765 0.9770 0.05% 

0.0218 40.80 0.9561 0.9536 0.27% 

%AAD 0.13% 

0.0248 38.33 0.9543 0.9520 0.24% 

0.0248 41.60 0.9559 0.9539 0.21% 

0.0248 45.10 0.9577 0.9560 0.18% 

0.0248 48.06 0.9591 0.9577 0.14% 

0.0248 51.72 0.9610 0.9598 0.12% 

0.0248 58.64 0.9643 0.9636 0.07% 

0.0248 65.94 0.9677 0.9675 0.02% 

0.0248 72.83 0.9709 0.9711 0.02% 

%AAD 0.14% 

 

 

4.5 Modelling and Density Prediction 

 

In this study, density prediction or modelling for each of the isotherm runs are completed 

using the Cubic Plus Association (CPA-SRK72) EoS since it was able to provide a good 

agreement in experimental density data for the CO2-water system over a wide range of 

experimental conditions [124]. Besides, this cubic EoS has been extensively and 

practically applied to predict VLE properties and density calculations [183] due to the 

simplicity and availability in relation to the design and operation of the CO2 capture and 

storage system. However, apart from this modelling, there is a correlation available 

expressing the density of aqueous solutions of CO2 that purely based on the 

thermodynamic theory [185][187] and it can be expressed in the following equation; 
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 ρaq = ρ1 + M2. c − c. ρ1. V∅ Eq. (20) 

 

Where 𝑉∅ is the apparent molar volume of dissolved CO2, 𝑀2 is the molecular weight of 

CO2, 𝜌1 is the density of pure water and c is the CO2 concentration expressed by the 

number of moles of solute in 1 m3 of solution. And there are correlations available for the 

partial molar volume CO2, 𝑉∅ as a function of the temperature for the above. Most of the 

representations consider a polynomial fit as follows; 

 

 V∅ = a + bT + cT2 + dT3 + eT4 Eq. (21) 

 

The different fits used for the Eq. (21) are found and available in the literature as well as 

other types of correlations, presented in Table 4.14. 

 

Table 4.14: Correlation used by several authors for partial molar volume of CO2 in water 

calculation, in determining the density of the CO2 aqueous solution. 

 

a b c d e Reference 

37.51 -9.585*10-2 +8.740*10-4 -5.044*10-7 - [168] 

35.663 -5.960*10-2 +6.308*10-4 - - 

37.36 -7.109*10-2 -3.812*10-5 +3.296*10-6 -3.702*10-9 [188] 

1799.36 -17.8218 0.0659297 -1.0579*10-4 +6.200*10-8 [189] 

V∅ =  e154.7881−
3582.452

T
−26.7757773 𝑙𝑜𝑔(T)+0.045234908T

 
[190] 
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4.6 Conclusions 

 
The density of NaCl and mixed salts aqueous solutions are experimentally measured at 353.15 

K, 373.15 K, 393.15 K and 423.15 K and pressure up to 80 MPa. Apart from this, the density 

of the CO2 aqueous solution (in the same type of NaCl and mixed salts aqueous solution) at 

several CO2 concentrations are also completed at similar pressure and temperature ranges. 

An in-house designed and constructed oscillating U-tube densitometer Anton Paar DMA-

HPM method via HPHT setup from Heriot-Watt University PVT laboratory is used for this 

density measurement. Experimental results are compared against density data predictions 

calculated using both IAPWS (corrected with the salt content) and the CPA-SRK72 EoS 

model for validations. This is to ensure the density results obtained from this study are 

accurate and reliable.  

 

From the comparison of the results, both measured and predicted density data are in 

excellent agreement and reported to be within uncertainties values.  Most of the 

percentage of absolute average deviations (%AAD) calculated for each isotherm runs is 

minimal and less than 0.4%. As expected, the density of the aqueous solution decreases 

when the system temperature increases, from 353.15 K to 423.15 K observed in both 

NaCl and mixed salts aqueous solutions. Effect of the CO2 dissolved in liquid densities 

in both NaCl and mixed salts aqueous solution are evaluated and discussed. It has been 

observed that the density of the CO2-NaCl or mixed salt aqueous solution increased 

linearly with pressure. For a constant pressure, the density of the aqueous solution 

increased with the CO2 concentration. In other words, the dissolution of CO2 in both NaCl 

and mixed salts aqueous solution increased the density of the aqueous phase by 1-3% 

observed in all the density measurements conducted in this work.  
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CHAPTER 5 - VISCOSITY MEASUREMENTS  

5.1 Introduction 

 

Another important physical property of the reservoir fluid is the viscosity of the fluid. 

From the perspective of Carbon Capture and Storage (CCS) in geological reservoir 

aquifer, accurate knowledge of this fluid viscosity is important [20], mainly in 

understanding the behaviour of the injected CO2 stream throughout the CCS scheme and 

consequently in oil and gas exploitation. The viscosity of the carbon dioxide aqueous 

solution not only important for CO2 transportation in the pipeline system, but this property 

plays a significant role in the whole subsurface storage and process systems [13]. For 

example, viscosity data will help us to understand the fluid flow regime and the behaviour 

of the pressure drop of reservoir fluid when flowing through the porous media, wellbore 

and surface facilities [191].  With a various and huge range of pressure and temperature 

conditions in the CCS chain, from capture process to transport and storage, the 

understanding of this physical property is essential and has to be experimentally 

measured. Small gradient changes in pressure or temperature may have a significant 

change in fluid viscosity [192].  

 

When CO2 is injected into a reservoir aquifer, some of it may dissolve in the brine and 

leading into successive higher density solution, compared to the original aquifer brine 

[193]. It may then lead to the CO2-dense brine sinking toward the bottom of the reservoir 

formation while driving brine with low CO2 concentration upwards at the rate that is 

influenced by among other factors, known as viscosity. This natural convection process 

which is due to the negative buoyancy will allow undissolved CO2 to react with the fresh 

brine and therefore it accelerates the rate of CO2-brine dissolution, thereby shortening the 

time scale for the storage of the CO2 by solubility trapping [169]. The knowledge of the 

viscosity of the CO2-brine under geological pressure and temperature condition is 

therefore crucial in understanding the multiphase flow properties of CO2-brines in aquifer 

porous media for a successful large scale CCS operation. 

 

Assessment of the literature yields a very limited amount of experimental data for the 

viscosity of solutions of CO2 in water or brine, especially at high pressure and high 

temperature conditions. Li et al. [113] performed an extensive literature survey 



 

113 

 

considering experimental transport-property data for mixtures with dissolved CO2 and 

summarize the availability of the viscosity data is sparse and only limited to the low 

temperature and relatively modest pressures. Therefore, further viscosity measurement 

with the different operating ranges of pressure and temperature in CCS processes, as well 

as with a variety of the CO2 level concentration with a different type of brine composition 

are deemed necessary.  

 

In this communication, the viscosities of aqueous solutions of CO2 at several CO2 mole 

fractions in a different type of aqueous solutions are experimentally measured and 

reported. The measurements are conducted in a single phase compressed liquid region at 

temperatures 373.15 K, 393.15 K and 423.15 K, and in a pressure range up to 80 MPa. 

Apart from this, viscosity measurements are also performed in deionized water (for the 

validation), in NaCl and mixed salt brine solution at similar pressure and temperature 

conditions. This is to ensure the baseline or reference of the viscosity data for each of the 

aqueous solutions is generated for comparison purposes. Percentage average absolute 

deviations (%AAD) for each of the comparisons made are calculated ensuring the 

reliability of the experimental result obtained from this study. Capillary tube viscosity 

measurement method via high pressure and high temperature (HPHT) experimental setup 

from Heriot-Watt University PVT laboratory are utilized for all the viscosity 

measurements. 

 

This chapter aims to describe the experimental works carried out for this viscosity of 

aqueous solutions with and without dissolved CO2 measurement at typically high pressure 

and high temperature conditions, as mentioned above. Comparisons against calculated 

viscosity predictions are also presented. The uncertainties associated with each of the 

methods are demonstrated in Appendix F. 

 

5.2 Literature Data 

 

Viscosity data for pure or deionized water are abundant and available in the open 

literature sources. Approximately more than 4000 points of water viscosity data covering 

the wide range of temperatures from 238 to 1346 K with pressures up to 346 MPa are 

gathered and reviewed by Huber et al. [194]. They have come out with an extensive data 

review and gathering for these water viscosity data points, collected through bibliographic 
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efforts under the auspices of IAPWS and documented in unpublished reports in 1988, as 

well as later data to the year 2000. These viscosity data collections were used in the 

development of their viscosity formulation including an estimation of the uncertainty, the 

temperature and pressure ranges of the data, the experimental method, and the number of 

individual data points. Asseal et al. [195] also have come out with an extensive viscosity 

data gathering and they have categorized the data into four main groups; the liquid phase 

(excluding data near 0.10 325 MPa), the steam (vapour) phase, the supercritical region 

(T>Tc for any pressure) and liquid water at ambient pressure (near 0.101 - 325 MPa) 

between the triple-point temperature and the normal boiling-point temperature. Apart 

from the viscosity data collection by Huber et al. [194], another 5107 points for thermal 

conductivity in the range of temperatures from 256 to 1191 K with pressures up to 785 

MPa were collected by them to update the existing IAPWS formulations for the transport 

properties of water and is intended to facilitate the development of new, more accurate, 

international formulations for the viscosity and thermal conductivity of water and steam. 

 

Currently, the viscosity data of water with the presence of salt, for example, NaCl solution 

is sparse and only available at low pressures, from atmospheric pressure up to 30 MPa 

(300 bars), concentration up to saturation and temperature below 348 K. The only 

available data for this viscosity in NaCl aqueous solution above 75˚C is the study 

conducted by Korosi and Fabuss [196], and Kestin [197]. In addition to this, Ozbek et al. 

[198] have previously studied the viscosity of the aqueous NaCl solution at the 

temperature from 273 – 423 K. They have developed an empirical correlation from their 

generated viscosity results for the viscosity prediction in the temperature range from 10 

to 150˚C. However, it seems that they require additional laboratory measurement for this 

viscosity of NaCl at an even higher temperature and higher pressure, at 623 K and up to 

50 MPa, respectively for the statistical calculations to provide a basis for the 

recommended values of 350˚C. The available viscosity of NaCl solutions data gathered 

and reviewed by Ozbek et al. [198] are presented in Table 5.1.  
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Table 5.1: List of available viscosity of NaCl solutions experimental data, reviewed and gathered 

by Ozbek et al. [198] at various NaCl concentrations and wide pressure and temperature range. 

  

T Range/˚C Pressure/MPa N Points NaCl Conc. Reference 

0 - 154 0.1– 31.0 >100 Up to 6.0 [197] 

 0 - 25 0.1 20 0.002 - 2.000 [199] 

10-40 0.1 44 0 - 5.80 [200] 

12.50 – 42.50 0.1 41 0.001 – 0.600 [201] 

23.80 – 24.00 0.1 6 0- 2.5 [202] 

0 - 50 0.1 42 0 – 6.0 [203] 

30 – 55 0.1 54 0 – 5.0 [204] 

35  0.1 7 0.01 – 0.07 [205] 

 

 

There are a limited amount of experimental data for the viscosity of CO2 solution in water 

or brine available in the literature especially at high pressure and high temperature 

condition. Kumagai and Yokoyama [206] have generated viscosity data of CO2 in pure 

water solution at typically low temperature, at 273 to 278 K and pressure up to 30 MPa. 

With the concentration of CO2 less than 0.0159, their experimental results were generated 

within 1.5% calculated uncertainties. Following this, Kumagai and Yokoyama [207] have 

extended their interest in generating additional viscosity data of CO2 aqueous NaCl 

solution at similar pressure and temperature conditions. Uchida et al. [208] also studied 

the viscosity of CO2 in the water at the temperature range from 273 to 282 K and pressure 

in the range of 0.7 to 5.0 MPa, focusing at concentration closed to saturation with 

calculated uncertainties obtained within 2.3%. Their result indicated that the viscosity of 

the solution increased with increasing CO2 concentration and high viscosities were 

observed under conditions on which CO2 hydrates can form.  

 

In addition to this, Wright and co-workers [167] also produced the viscosity data at the 

condition below the typical aquifer conditions with a temperature of 296 K, with CO2 

mole fraction up to 0.0027 and pressures up to 100 MPa. As can be seen, the available 

data for viscosity is limited, derived only from a few literature sources and restricted at 

low temperatures and relatively modest pressure range.  
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5.3 Experimental Study 

5.3.1 Materials  

 

As this viscosity measurement is conducted parallel with previous density measurement 

using HPHT experimental setup, therefore same materials are used. Deionized water, 

NaCl salt with a concentration of 0.35 M and mixed salt brine aqueous solution prepared 

gravimetrically as described in the previous Chapter 4 is used. The type and amount of 

salts (shown in Table 5.2) used are also identical with the one prepared for the CO2 

solubility measurement described in Chapter 2 and Chapter 3. Pure CO2 from BOC N4.5 

(99.995 mol%) is used to measure the viscosity of the CO2 aqueous solution.  

 

Table 5.2: Properties of the salts used for the NaCl and mixed salts aqueous solution 

preparation. 

 

Salt wt% in Aqueous  

Phase 

Purity  

(%) 

Supplier 

NaCl 1.845 99.5 Fisher Scientific 

CaCl2 0.066 99.0 Fisher Scientific 

MgCl2 0.017 99.5 Fisher Scientific 

KCl 0.058 99.7 Fisher Scientific 

SrCl2 0.013 99.0 Sigma Aldrich 

Na2SO4 0.026 99.0 BDH Laboratory 

NaHCO3 0.054 99.0 Fisher Scientific 

 

 

5.3.2 Apparatus 

 

Viscosity measurements are carried out using a capillary tube viscosity measurement 

method via high pressure and high temperature setup from the Institute of Petroleum 

Engineering, Heriot-Watt University PVT laboratory. This is the same setup used by 

Chapoy et al. [209] and Ghojogh [181] in determining the effect of impurities on thermos-

physical properties and phase behaviour of a CO2-rich system in CCS. This rig facility 

was previously designed and manufactured at HWU with a capacity of maximum working 

pressure up to 200 MPa (29,000 psia) and a working temperature of 523.15 K (250 °C). 
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The set-up is located inside the oven, manufactured by BINDER GmbH, where it is 

capable of being used at temperatures from 203.15 K to 473.15 K (-70 °C to 200 °C) with 

uncertainties of ±0.05 K. The schematic diagram of this setup is shown in Figure 5.1. 

 

 

Figure 5.1: Schematic diagram of the capillary tube viscosity measurement method, located 

inside the oven of high pressure – high temperature (HPHT) experimental setup. 

 

The setup is consisted of two small cylinders, with a volume of 25 cm3, connected through 

a capillary tube with a measured length of 14.78 metres and a temperature-dependent 

calibrated internal diameter. This internal diameter was previously calibrated using few 

pure components (methane, ethane, n-pentane and n-decane) [181]. An oscillating U tube 

densitometer Anton Paar DMA-HPM is also connected to the set-up, for the simultaneous 

fluid density measurements as described in Chapter 4. Two three-way valves, located one 

on top of the cylinders connected to a capillary tube and another one on top of the 

densitometer, are installed to introduce fluids or samples into the cylinders, tube system 

and densitometer. The base side of the two cylinders is connected to opposite sides of a 
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push-pull, motor-driven mercury pump. This pump can move the sample fluid forwards 

and backward between the two cylinders. Apart from this, there is also a hand pump 

connected to the system, manufactured by Sitec Engineering of Switzerland to control the 

pressure of the entire fluid system by injection and withdrawal of the mercury.  

 

Two Quartzdyne pressure transducers (model: QS 30K-B) with the design pressure up to 

207 MPa or up to 30,000 psia with a standard uncertainty of ±0.02 MPa are connected to 

record the system pressure. The pressure transducers are monitored and recorded via a 

PC through RS 232 serial ports. These are located external to the oven, on each of the two 

lines coming from the base of the cells. The internal oven temperature is monitored by 

two high precisions temperature probes. Both temperatures are displayed on two Druck 

DPI series 280 readouts to a resolution of 0.1 K. 

 

5.3.3 Method and Procedures 

 

The capillary tube viscosity measurement method is employed to measure the viscosity 

of aqueous solutions with and without dissolved CO2. In each test, after applying vacuum 

to the entire system, the set-up is loaded with the aqueous sample (or CO2-aqueous) 

mixtures through the injection point at the top of the densitometer. After disconnecting 

the sample cylinder from the system, the sample fluid is pushed through the capillary tube 

into the other cylinder using the push-pull mercury pump. The temperature of the system 

is set to the desired condition and the desired pressure is achieved using the hand pump. 

Once the conditions had stabilized, and after isolating the densitometer by closing the 

related valve, the sample is pumped through the capillary tube at several flow rates. 

Ensuring the consistency of the measurements, at each pressure, viscosities of the sample 

are determined at one single flow rate. And at this chosen flow rate, six readings are 

logged. Therefore, the calculated viscosity data in this study is an average of at least six 

separate readings.  

 

The sample fluid is pumped through the capillary tube by piston pump resulted in 

dynamic differential pressure, monitored and recorded until stable. Then, the pump is 

stopped to record the static differential pressure. The difference between the dynamic and 

static differential pressure is calculated as the pressure drop across the tube. To ensure 

laminar flow conditions, Reynolds numbers are checked for the flow rates in which the 
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measurements are performed. Poiseuille equation, presented below, can relate the 

pressure drop across the capillary tube to the viscosity, tube characteristics and also flow 

rate for laminar flow: 

 

 ΔP =  
128LQη

CπD4
 Eq. (22) 

 

Where ΔP is a differential pressure across the capillary tube viscometer in psi, Q 

represents flow rate in cm3/sec, L is the length of the capillary tube in cm, D refers to an 

internal diameter of the capillary tube in cm, η is a viscosity of the flown fluid in cP and 

C is unit conversion factor equal to 6894757 if the above units are used.  

 

The internal diameter of the tube was previously calibrated using deionized water and 

compared against the IAPWS. As described in Chapter 4, the diameter of the capillary 

tube changes with the temperature, but this provides an insignificant influence on the 

measured viscosity. The flow rate set has also no effect on the accuracy of the viscosity 

measurement. The differential pressure is the only variable in the above formulation that 

may provide an inaccuracy in the viscosity calculation. The usual variation in differential 

pressure measurement is approximately 0.01 psi or 0.001 MPa and this leads to the ±1% 

error in the calculated viscosity for each isotherm run measured in this study. 

 

 

5.4 Results and Discussions  

 

5.4.1 Viscosity of the Deionized Water, NaCl (0.35M) & Mixed Salts Aqueous 

Solution 

 

Before the viscosity measurement of CO2 aqueous solutions, the viscosity of deionized 

water with no CO2 present is measured at few different isotherms, at 373.15 K, 393.15 K 

and 423.15 K and pressure up to 80 MPa. This is to ensure the procedure and setup used 

in this work are reliable and calibrated against the IAPWS [210] prediction viscosity 

model. Comparison between viscosity experimental results measured against this IAPWS 

model in all isotherms are presented in Figure 5.2. From the figure, excellent agreements 

are observed with 0.4% and 0.51% of AAD calculated for 373.15 K and 393.15 K, 

respectively. Even though the calculated %AAD for measured viscosity at 423.15 K is 
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slightly higher at 2.16%, but it is still within the uncertainties of ±1% after anticipated 

additional 1% of uncertainties from the model itself. Table 5.3 shows the measured 

viscosity of deionized water performed at different isotherms and different pressures, in 

comparison with IAPWS viscosity model predictions along with the absolute average of 

deviations (%AAD) calculated for each of the isotherm measurements. 

 

 
 
Figure 5.2: Viscosity of deionized water measured at T=373.15 K, 393.15 K and 423.15 K, 

against IAPWS [210] viscosity model prediction.  

 

Table 5.3: Experimental and predicted deionized water viscosity by IAPWS [210] at 373.15 K, 

393.15 K and 423.15 K. 

 

T/K 

(±0.05 K) 

P/MPa 

(±0.02 MPa) 

Viscosity/ 

μPa.s 

Pred Vis/ 

μPa.s 

AAD% 

 

373.15 3.17 282.56 282.56 0.00% 

373.15 51.17 297.87 295.46 0.81% 

373.15 71.52 299.55 300.8 0.42% 

Ave %AAD 0.41% 

393.15 9.71 236.00 234.53 0.62% 

393.15 75.37 252.00 251.1 0.36% 

393.15 110.14 261.00 259.57 0.55% 
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T/K 

(±0.05 K) 

P/MPa 

(±0.02 MPa) 

Viscosity/ 

μPa.s 

Pred Vis/ 

μPa.s 

AAD% 

 

Ave %AAD 0.51% 

423.15 8.69 182.46 184.53 1.13% 

423.15 30.69 184.32 189.94 3.05% 

423.15 48.48 196.40 194.19 1.12% 

423.15 69.63 192.79 199.19 3.32% 

Ave %AAD 2.16% 

 

 

For the viscosity measurements performed in NaCl 0.35 M and mixed salt aqueous 

solution at the same isotherm conditions, experimental data are compared against the 

viscosity model predictions calculated using a modified Jones and Dole equation as 

expressed below.  

 

 μNaCl = μIAPWS(1 + A(T) ∗ c + B(T) ∗ c2) Eq. (23) 

 

Where,  

 

 𝐴(𝑇)  =  0.000391 ∗  𝑇 –  0.0296 Eq. (24) 

 

 𝐵(𝑇)  =  −0.000061 ∗  𝑇 +  0.030493 Eq. (25) 

 

 

T is the temperature in Kelvin (K) and c is the molality of the solution.  

 

The comparison between viscosity data measured for NaCl 0.35 M and mixed salt 

aqueous solution at 373.15 K, 393.15 K and 423,15 K, and at different pressures against 

calculated viscosity model predictions using the above formulation are presented in 

Figure 5.3 and Figure 5.4, respectively. All these measured viscosities and predicted 

models, along with the percentage of AAD calculated at each of the isotherm 

measurements for both NaCl and mixed salts aqueous solutions are tabulated in Table 

5.4 and Table 5.5, respectively.  
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Figure 5.3: Viscosity of NaCl (0.35M) measured at T=373.15 K, 393.15 K and 423.15 K, against 

viscosity model prediction calculated using modified Jones and Dole equation. 

 

 
Figure 5.4: Viscosity of mixed salt aqueous solution measured at T=373.15 K, 393.15 K and 

423.15 K, against viscosity model prediction calculated using modified Jones and Dole equation. 
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Table 5.4: Experimental and predicted NaCl (0.35 M) viscosity using a modified Jones and Dole 

equation at 373.15 K, 393.15 K and 423.15 K. 

 

T/K 

(±0.05 K) 

P/MPa 

(±0.02 MPa) 

Viscosity/ 

μPa.s 

Pred Vis/ 

μPa.s 

AAD% 

 

373.15 2.66 295.35 300.07 1.60% 

373.15 21.69 302.45 305.47 1.00% 

373.15 48.19 313.61 312.98 0.20% 

373.15 73.66 318.56 320.19 0.51% 

Ave %AAD 0.83% 

393.15 24.48 250.00 248.02 0.79% 

393.15 64.12 263.00 258.40 1.75% 

393.15 109.33 276.00 269.89 2.21% 

Ave %AAD 1.58% 

423.15 2.62 189.95 191.71 0.93% 

423.15 23.45 202.21 197.14 2.51% 

423.15 45.24 204.01 202.63 0.68% 

423.15 73.48 205.35 209.52 2.03% 

Ave %AAD 1.54% 

 

 
Table 5.5: Experimental and predicted mixed salts viscosity calculated using a modified Jones 

and Dole equation at 373.15 K, 393.15 K and 423.15 K. 

 

T/K 

(±0.05 K) 

P/MPa 

(±0.02 MPa) 

Viscosity/ 

μPa.s 

Pred Vis/ 

μPa.s 

AAD% 

 

373.15 2.41 296.51 299.72 1.08% 

373.15 22.50 307.04 305.42 0.53% 

373.15 45.06 314.73 311.81 0.93% 

373.15 75.35 319.67 320.38 0.22% 

Ave %AAD 0.69% 

393.15 31.1 256.43 250.41 2.35% 

393.15 54.25 260.96 256.49 1.71% 

393.15 88.07 269.72 265.18 1.68% 

Ave %AAD 1.91% 

423.15 2.80 187.09 191.76 2.50% 
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T/K 

(±0.05 K) 

P/MPa 

(±0.02 MPa) 

Viscosity/ 

μPa.s 

Pred Vis/ 

μPa.s 

AAD% 

 

423.15 25.82 196.22 197.73 0.77% 

423.15 46.61 201.65 202.97 0.65% 

423.15 70.87 210.21 208.89 0.63% 

Ave % AAD 1.14% 

 

 

Similar to what has been observed in deionized water viscosity measurement, both 

experimental data for NaCl and mixed salt brine solution are showing excellent 

agreements against calculated viscosity model predictions. Calculated %AAD for 

measured viscosity in NaCl 0.35 M is found to be 0.83%, 1.58% and 1.54% for the 

temperature of 373.15 K, 393.15 K and 423.15 K respectively. And for the measured 

viscosity in the mixed salts brine solution, calculated %AAD are found to be 0.69%, 

1.91% and 1.14% for the same temperature conditions, respectively. 

 

5.4.2 Viscosity of the CO2 Aqueous Solution in Deionized Water, NaCl 0.35 M and 

Mixed Salts  

 

The following information in Table 5.6 demonstrated the concentration of CO2 and 

aqueous solution (in mole fractions) prepared for each of the viscosity tests for CO2 

aqueous solution, at the specific temperature. These CO2 and aqueous mole fractions are 

calculated and prepared at the beginning of the test due to the possibility of having such 

amount of CO2 in aqueous solution, during the implementation of the field CO2 injection, 

similar to the density measurement as described in Chapter 4. 

  

Table 5.6: Concentration of CO2 and aqueous solution (in mole fractions) prepared for the 

viscosity of CO2 aqueous solution measurements. 

 

Aqueous  

Solution  

CO2 Mole 

Fraction 

Aqueous Mole 

Fraction 

Temperature/ K 

Deionized Water 0.0161 0.9839 373.15 K & 423.15 K 

0.0268 0.9732 373.15 K & 423.15 K 

NaCl 0.35 M 0.0108 0.9892 373.15 K & 423.15 K 

0.0201 0.9799 373.15 K & 423.15 K 
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Aqueous  

Solution  

CO2 Mole 

Fraction 

Aqueous Mole 

Fraction 

Temperature/ K 

0.0257 0.9743 373.15 K, 393.15 K 

& 423.15 K 

Mixed Salts 0.0108 0.9892 373.15 K & 423.15 K 

0.0218 0.9782 373.15 K, 393.15 K 

& 423.15 K 

0.0248 0.9752 373.15 K & 423.15 K 

 

 

The viscosity data measured in the CO2-deionized water system are compared against 

calculated viscosity model predictions (for validation) using the newly developed 

correlation. As a clear increase of the viscosity with the CO2 concentration can be 

observed at both isotherms, as seen in Figure 5.5 and Figure 5.6, the dependence is linear 

and therefore this new viscosity data generation has been used to calculate the viscosity 

of the aqueous solution of CO2. The following correlation has been developed; 

 

 

 μCO2 =  μwater or NaCl +  xCO2  × (4394.6e−0.01962(T−273.15)) Eq. (26) 

 

 

Comparison of viscosity data measured for CO2 in the deionized water system at a few 

concentrations against calculated viscosity models and the IAPWS model at 373.15 K 

and 423.15 K are presented in Figure 5.5 and Figure 5.6, respectively. Excellent 

agreements are observed in both isotherms, indicates the newly developed correlation can 

predict the viscosity of the aqueous solution with dissolved CO2 accurately. The 

calculated percentage of AAD for the 0.0161 CO2 + 0.09839 deionized water system is 

found to be 0.24% and 0.27% for isotherm of 373.15 K and 423.15 K, respectively. While, 

for the 0.0268 CO2 +0.9732 deionized water system, calculated percentage AAD are 

found to be 0.57% and 0.56%, respectively. The viscosity results for this CO2+deionized 

water system are reported in Table 5.7 and Table 5.8. 
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Figure 5.5: Viscosity of 0.0161 CO2+0.9839 deionized water and 0.0268 CO2 +0.9732 deionized 

water measured at T=373.15 K against calculated viscosity model predictions and IAPWS [210], 

where the stated uncertainties of this model in the investigated T/P range is 1%. 

 

 

 

Figure 5.6: Viscosity of 0.0161 CO2+0.9839 deionized water and 0.0268 CO2 +0.9732 deionized 

water measured at T=423.15 K against calculated viscosity model predictions and IAPWS [210], 

where the stated uncertainties of this model in the investigated T/P range is 1%. 
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Table 5.7: Experimental and calculated viscosity prediction of the 0.0161 CO2 + 0.9839 H2O at 

T=373.15 K and 423.15 K. 

 

T/K 

(±0.05 K) 

P/MPa 

(±0.02 MPa) 

Viscosity/ 

μPa.s 

Pred Vis/ 

μPa.s 

AAD% 

 

373.15 K 

24.48 298.00 298.19 0.06% 

40.58 303.00 302.50 0.17% 

59.71 309.00 307.48 0.49% 

82.29 314.00 313.20 0.25% 

Ave %AAD 0.24% 

423.15 K 

21.51 191.00 191.55 0.29% 

31.13 193.00 193.95 0.49% 

50.83 199.00 198.70 0.15% 

79.52 205.00 205.27 0.13% 

Ave %AAD 0.27% 

 

Table 5.8: Experimental and calculated viscosity prediction of the 0.0268 CO2 + 0.9732 H2O at 

T=373.15 K and 423.15 K. 

 

T/K 

(±0.05 K) 

P/MPa 

(±0.02 MPa) 

Viscosity/ 

μPa.s 

Pred Vis/ 

μPa.s 

AAD% 

 

373.15 K 

63.93 313.00 315.17 0.69% 

78.39 317.00 318.83 0.58% 

96.98 322.00 323.45 0.45% 

Ave %AAD 0.57% 

423.15 K 

56.26 203.00 202.45 0.27% 

80.64 207.00 208.00 0.48% 

94.46 213.00 211.04 0.92% 

Ave %AAD 0.56% 

 

For the CO2 aqueous solution viscosity measurements performed in 0.35 M NaCl, the 

below Figure 5.7 and Figure 5.8 demonstrated the viscosity results obtained at each of 

the isotherms, at T=373.15 K and 423.15 K respectively. The results are compared against 

the calculated CO2 aqueous solution viscosity predictions using the above correlation 

define in Eq. (26) and IAPWS viscosity model predictions [210]. 
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Figure 5.7: Viscosity of water (0.35 M NaCl) and CO2 + 0.35 M NaCl aqueous solution at 

T=373.15 K against calculated viscosity model predictions. xCO2 = 0.0108; (♦), xCO2 = 0.0201; 

(●), xCO2 = 0.0257; (●), xCO2= 0; black dotted lines and IAPWS predictions; red dotted lines. 

 

 

 

 

Figure 5.8: Viscosity of water (0.35 M NaCl) and CO2 + 0.35 M NaCl aqueous solution at 

T=423.15 K against calculated viscosity model predictions. xCO2 = 0.0108; (♦), xCO2 = 0.0201; 

(●), xCO2 = 0.0257; (●), xCO2= 0; black dotted lines and IAPWS predictions; red dotted lines. 
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As can be seen in the Figures, excellent agreements between the experimental viscosity 

results against calculated viscosities are observed for all the CO2 mole concentrations and 

isotherms. %AAD is also calculated for each of the measured viscosities, comparing 

against the calculated viscosities. For the 0.0108 CO2 + 0.9892 H2O system, %AAD 

calculated is found to be 0.25% and 0.80% for 373.15 K and 423.15 K, respectively. And 

for the 0.0201 CO2 + 0.9799 H2O system, 0.44% and 1.47% of AAD are calculated for 

the viscosity measured at 373.15 K and 423.15 K, respectively. Viscosity measurement 

measured at the higher concentration of CO2, with the 0.0257 CO2 + 0.9743 H2O mole 

fractions, percentage of AAD calculated is found to be 0.27%, 0.67% and 2.15% for 

isotherms of 373.15 K, 393.15 K and 423.15 K, respectively. All the viscosities measured 

at different CO2 concentrations with its correspond %AAD are reported in Table 5.9, 

Table 5.10 and Table 5.11. 

 

 

 

 

Figure 5.9: Comparison of the viscosity results measured in NaCl 0.35 M with and without CO2 

in all isotherms, T=373.15 K, 393.15 K and 423.15 K, at different CO2 concentrations, against 

calculated viscosity predictions (solid lines). This work no CO2; xCO2=0; black dotted lines. This 

work xCO2= 0.0108; (●) T=373.15 K; (♦) T=423.15 K. This work xCO2 = 0.0201; (●) T=373.15 

K, (●) T=423.15 K. This work xCO2 = 0.0257; (●) T=373.15 K; (●) T= 393.15 K and (●) 

T=423.15 K. 
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It is also worth mentioning that the higher the CO2 concentration in the solution, the 

higher viscosity it would be. From this study, viscosities measured for the 0.0257 CO2 

and 0.9743 H2O system show a consistent incremental of viscosity values, observed in all 

isotherms. Apart from this, temperature and pressure also play significant roles in 

affecting the viscosity of these CO2 aqueous solutions, where it is also can be seen in 

previous viscosity measurement in the aqueous solution with no CO2. As the pressure 

decreases, at the higher temperature the lower the viscosity it would be, and otherwise, as 

illustrated in Figure 5.9. 

 

Table 5.9: Measured and calculated viscosity of the 0.0108 CO2 + 0.9892 H2O (0.35M NaCl) 

system at T=373.15 K and T= 423.15 K. 

. 

T/K 

(±0.05 K) 

P/MPa 

(±0.02 MPa) 

Viscosity/ 

μPa.s 

Pred Vis/ 

μPa.s 

AAD% 

 

373.15 K 

24.88 313.09 312.55 0.17% 

31.31 315.13 314.38 0.24% 

38.94 315.42 316.54 0.36% 

45.41 319.43 318.38 0.33% 

52.01 319.66 320.25 0.18% 

59.55 322.86 322.38 0.15% 

66.14 322.71 324.24 0.48% 

73.27 326.49 326.25 0.07% 

Ave %AAD 0.25% 

423.15 K 

24.77 200.37 199.90 0.23% 

31.28 201.64 201.56 0.04% 

38.61 202.91 203.40 0.24% 

45.34 204.27 205.09 0.40% 

52.27 204.82 206.80 0.96% 

59.12 206.71 208.49 0.86% 

65.69 206.78 210.08 1.60% 

72.68 208.77 211.77 1.44% 

75.22 209.33 212.37 1.45% 

Ave %AAD 0.80% 
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Table 5.10: Measured and calculated viscosity of the 0.0201 CO2 + 0.9799 H2O (0.35M NaCl) 

system at T = 373.15 K and 423.15 K. 

 

T/K 

(±0.05 K) 

P/MPa 

(±0.02 MPa) 

Viscosity/ 

μPa.s 

Pred Vis/ 

μPa.s 

AAD% 

 

373.15 K 

32.70 319.06 320.95 0.59% 

39.81 321.78 322.96 0.37% 

46.95 323.57 324.99 0.44% 

53.68 325.99 326.89 0.28% 

60.33 327.68 328.77 0.33% 

67.35 329.07 330.76 0.51% 

73.84 334.37 332.60 0.53% 

Ave %AAD 0.44% 

423.15 K 

25.83 203.03 206.40 1.66% 

32.83 204.69 208.21 1.72% 

39.92 206.61 210.04 1.66% 

46.69 209.50 211.76 1.08% 

53.47 210.70 213.46 1.31% 

60.04 211.91 215.20 1.55% 

67.59 214.00 216.97 1.39% 

74.10 215.51 218.58 1.42% 

Ave %AAD 1.47% 

 

 

Table 5.11: Measured and calculated viscosity of the 0.0257 CO2 + 0.9743 H2O (0.35M NaCl) 

system at T = 373.15 K, 393.15 K and 423.15 K. 

 

T/K 

(±0.05 K) 

P/MPa 

(±0.02 MPa) 

Viscosity/ 

μPa.s 

Pred Vis/ 

μPa.s 

AAD% 

 

373.15 K 

57.50 325.00 323.89 0.35% 

67.58 327.00 326.61 0.24% 

84.22 332.00 331.06 0.34% 

99.56 335.00 335.16 0.13% 

Ave %AAD 0.27% 

393.15 K 56.01 269.00 267.03 0.86% 
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T/K 

(±0.05 K) 

P/MPa 

(±0.02 MPa) 

Viscosity/ 

μPa.s 

Pred Vis/ 

μPa.s 

AAD% 

 

72.00 274.00 271.15 0.91% 

86.54 277.00 274.85 0.70% 

105.57 279.00 279.67 0.22% 

Ave %AAD 0.67% 

423.15 K 

38.79 211.00 206.54 2.18% 

54.54 213.00 210.42 1.04% 

71.06 219.00 214.42 1.97% 

85.37 225.00 217.82 3.38% 

104.59 227.00 222.33 2.19% 

Ave %AAD 2.15% 

 

 

The viscosity results for the CO2 aqueous solution (mixed salts solutions) measured at T= 

373.15 K and 423.15 K are plotted in Figure 5.10 and Figure 5.11, respectively. The 

viscosity results are compared against the calculated viscosity predictions, along with 

IAPWS viscosity model predictions. As can be seen, the calculated viscosities are able to 

predict the viscosity for each of the CO2 concentrations with satisfactory agreement 

observed. For the 0.0108 CO2 + 0.9892 H2O system, %AAD calculated is found to be 0.51% 

and 0.87% for 373.15 K and 423.15 K, respectively. And for the 0.0218 CO2 + 0.9782 

H2O system, 0.96%, 0.56% and 1.87% of AAD are calculated for the viscosity measured 

at 373.15 K, 393.15 K and 423.15 K, respectively. Viscosity measurement measured at 

the higher concentration of CO2, at 0.0248 CO2 + 0.9752 H2O mole fractions, percentage 

of AAD calculated is found to be 0.47% and 1.05% for isotherms of 373.15 K and 423.15 

K, respectively. The measured viscosity and %AAD calculated for each of the CO2 

concentrations (xCO2= 0.0108, xCO2=0.0218 and xCO2=0.0248) measurements at the 

different isotherms are reported in Table 5.12, Table 5.13 and Table 5.14, respectively. 
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Figure 5.10: Viscosity of water (mixed salts) and CO2 + mixed salts aqueous solution at T=373.15 

K against calculated viscosity model predictions. xCO2 = 0.0108; (♦), xCO2 = 0.0218; (●), xCO2 

= 0.0248; (●), xCO2= 0; black dotted lines and IAPWS predictions; red dotted lines. 

 

 

 

Figure 5.11: Viscosity of water (mixed salts) and CO2 + mixed salts aqueous solution at T=423.15 

K against calculated viscosity model predictions. xCO2 = 0.0108; (♦), xCO2 = 0.0218; (●), xCO2 

= 0.0248; (●), xCO2= 0; black dotted lines and IAPWS predictions; red dotted lines. 
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Figure 5.12: Comparison of the viscosity results measured in mixed salts aqueous solution, with 

and without CO2 in all isotherms, T=373.15 K, 393.15 K and 423.15 K, at different CO2 

concentrations, against calculated viscosity predictions (solid lines). This work no CO2; xCO2=0; 

black dotted lines. This work xCO2= 0.0108; (●) T=373.15 K; (♦) T=423.15 K. This work xCO2 

= 0.0218; (●) T=373.15 K, (●) T=423.15 K. This work xCO2 = 0.0248; (●) T=373.15 K; (●) T= 

393.15 K and (●) T=423.15 K. 

 

The molarity of the mixed salt aqueous solution used in this study is prepared close to the 

molarity used for NaCl solution at approximately 0.35 M even though different types of 

salt were added, as presented in Table 5.2 in the previous section. Therefore similar 

observations on the viscosity profiles of the solutions with and without dissolved CO2 

were obtained. The effect of salts on the viscosity of water is small but generally positive. 

Some salts, however (for example, potassium chloride) diminish the viscosity of water. 

As the salts in the solution increase, fluid viscosity are increases, as expected. 

 

No huge variances in terms of the viscosity results are observed indicates that the 

viscosity experimental data generated from this study at all isotherms are good and 

reliable. And as expected, higher CO2 concentration in the solution provides higher 

viscosity of the solution, similar to the previous viscosity results measured in 0.35 M 

NaCl solution. Viscosity measured at the higher CO2 concentration at 0.0248 of CO2 

shows a consistent incremental of viscosity values, observed in all isotherms viscosity 
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measurement. Apart from this, as previously discussed, temperature and pressure also 

play significant roles in affecting the viscosity of these (CO2) aqueous solutions. As the 

pressure decreases, at a higher temperature, the viscosity of the solution is observed at the 

lower values and otherwise. The comparison of the viscosity results measured in mixed 

salts aqueous solution with and without CO2 at all CO2 concentrations and isotherms are 

demonstrated in Figure 5.12. 

 

Table 5.12: Measured and calculated viscosity of the 0.0108 CO2 + 0.9892 H2O (mixed salts 

brine) system at T=373.15 K and 423.15 K. 

 

T/K 

(±0.05 K) 

P/MPa 

(±0.02 MPa) 

Viscosity/ 

μPa.s 

Pred Vis/ 

μPa.s 

AAD% 

 

373.15 K 

19.44 312.32 311.35 0.31% 

33.31 313.93 315.28 0.43% 

46.84 320.86 319.11 0.54% 

60.61 324.11 323.01 0.34% 

73.90 329.85 326.76 0.94% 

Ave %AAD 0.51% 

423.15 K 

11.77 201.63 200.46 0.58% 

18.21 199.25 202.16 1.46% 

21.22 201.10 202.95 0.92% 

28.03 202.12 204.72 1.29% 

31.52 203.66 205.63 0.97% 

45.58 209.13 209.22 0.04% 

58.67 209.20 212.51 1.58% 

74.06 216.03 216.32 0.13% 

Ave %AAD 0.87% 

 

 

  



 

136 

 

Table 5.13: Measured and calculated viscosity of the 0.0218 CO2 + 0.9782 H2O (mixed salts 

brine) system at T=373.15 K, 393.15 K and 423.15 K. 

 

T/K 

(±0.05 K) 

P/MPa 

(±0.02 MPa) 

Viscosity/ 

μPa.s 

Pred Vis/ 

μPa.s 

AAD% 

 

373.15 K 

34.44 311.22 316.42 1.67% 

41.87 316.40 318.49 0.66% 

51.33 318.40 321.11 0.85% 

62.31 319.76 324.16 1.37% 

81.84 325.65 329.57 1.20% 

Ave %AAD 0.96% 

393.15 K 

41.87 268.39 262.35 0.39% 

48.13 266.15 263.99 0.81% 

69.16 269.85 269.44 0.15% 

83.74 275.58 273.17 0.87% 

Ave %AAD 0.56% 

423.15 K 

40.24 213.51 210.43 1.45% 

49.28 214.57 212.71 0.87% 

56.45 218.92 214.52 2.01% 

72.33 223.69 218.44 2.35% 

82.97 227.15 221.03 2.69% 

Ave %AAD 1.87% 
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Table 5.14: Measured and calculated viscosity of the 0.0248 CO2 + 0.9752 H2O (mixed salt brine) 

system at T=373.15 K and 423.15 K. 

 

T/K 

(±0.05 K) 

P/MPa 

(±0.02 MPa) 

Viscosity/ 

μPa.s 

Pred Vis/ 

μPa.s 

AAD% 

 

373.15 K 

43.68 321.00 320.84 0.05% 

47.45 323.24 322.27 0.30% 

50.26 324.30 322.67 1.12% 

53.70 325.67 323.62 0.93% 

56.92 324.40 324.51 0.03% 

60.14 326.25 325.40 0.26% 

64.47 328.89 326.60 0.70% 

67.45 329.47 327.43 0.62% 

74.30 330.03 329.33 0.21% 

Ave %AAD 0.47% 

423.15 K 

36.08 214.03 210.05 1.86% 

41.59 214.47 211.45 1.41% 

47.46 214.86 212.95 0.89% 

51.98 216.77 214.09 1.24% 

58.73 218.83 215.77 1.40% 

66.03 217.53 217.58 0.02% 

72.67 218.08 219.22 0.52% 

Ave %AAD 1.05% 
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5.5 Conclusions 

 

The viscosity of the deionized water, NaCl 0.35 M and mixed salts aqueous solution are 

measured (as a baseline study and for the validations) at high temperature range, at 373.15 

K, 393.15 K and 423.15 K and pressure up to 80 MPa. The viscosity of the CO2 aqueous 

solutions (at several CO2 mole fractions) in the same type of aqueous solutions and 

isotherms are also measured. The measurements are conducted using an in-house 

designed and constructed capillary tube viscosity method via HPHT PVT set-up from 

Heriot-Watt University laboratory facilities.  

 

From the result comparisons, both viscosity experimental data and calculated viscosity 

model predictions are in reasonable agreements. Percentage of Absolute Average 

Deviations (%AAD) are calculated for each of the isotherm runs and reported. Most of 

%AAD calculated are within the uncertainties values, however, small deviations observed 

when the temperature of the system increased, at T=423.15 K. These small deviations, 

however, are within the uncertainties of ±1% after anticipated additional ±1% of 

uncertainties are coming from the calculated model prediction itself.  

 

It is observed that the viscosity of CO2 aqueous solution is a function of pressure, 

temperature and level of CO2 concentration. It increases as pressure increases, decreases 

as temperature decreases and increases when the level of CO2 concentration in the 

solution increases, where it has been observed in all the viscosity measurements 

conducted in this study. 
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CHAPTER 6 - APPLICATION ON THE RESERVOIR MODELING 

& SIMULATION, IMPROVING THE MODEL ACCURACY 

6.1 Introduction 

 

With increasing numbers of high CO2 gas fields, monetization of produced CO2 gas is 

crucial ensuring long-term sustainability and growth. Carbon capture and storage (CCS) 

is presently being studied as one of the several options aimed at CO2 emission reduction. 

Petronas has been proactively looking at surface and subsurface technology development 

for the CCS project. The X field located in Sarawak offshore Malaysia, has recently been 

identified by Petronas as a potential pilot for both hydrocarbon production and CO2 

storage. The X field which contains approximately 70 mol% of CO2 gas contents, up to 

30 mol% hydrocarbons with some amount of impurities includes N2, H2S and traces of 

mercury, is the world's first offshore high CO2 gas field production and storage project. 

The X field development strategy involves both hydrocarbon and CO2 production, 

separation and at the same time, re-injecting the produced supercritical CO2 back into the 

reservoir aquifer for permanent storage. This strategy is practically feasible based on the 

previous successful CO2 injection especially on the Sleipner CO2 storage project [211] 

and enhanced oil recovery (EOR) processes [212-213]. 

 

A previous simulation study conducted on the X field reservoir model development has 

been completed and endorsed. The understanding and decision that was made at that point 

of time assume pure CO2 injection considering good separation technology efficiency to 

separate the produced CO2 from the hydrocarbon and other contaminants or impurities. 

However, due to some limitations on the surface technologies and economy limits, traces 

of impurities are likely to present in the system. The presence of these impurities could 

lead to challenging operating and engineering issues throughout the CCS chain [127] as 

previously described in Chapter 1 and Chapter 3.  For example, changes in base CO2 

solubility due to these impurities present may ultimately affect the whole sequestration 

objective in particularly CO2 storage efficiency and capacity [11]. The thermo-properties 

of the CO2 system mixed with H2S stream may differ significantly from the pure CO2 

[214]. Understanding the potential impact of these contaminant gases especially traces of 

H2S present in injected CO2 on CO2 storage is essential and therefore, the existing X field 
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reservoir model accuracy has to be improved by incorporating the accurate CO2-H2S 

solubility data, generated at the X field reservoir conditions. 

 

This Chapter explains the work that has been carried out to improve the accuracy of the 

X field reservoir model. The work includes the incorporation of the laboratory results 

measured for the CO2 solubility with the presence of H2S compound in X field brine at 

field reservoir pressure, temperature and water salinity condition into the existing X field 

reservoir model. This is to ensure the right CO2 solubility profile to present the current 

state of X field development strategy. The experimental lab data incorporation into the 

reservoir model is made after a satisfactory match is obtained during the thermodynamic 

modelling study, which previously described in Chapter 3. The new reservoir model, 

known as Case 1 is developed and simulated to understand the behaviour of injected CO2 

and H2S in the reservoir aquifer, using the appropriate basis and assumptions made 

described later in this Chapter. The Schlumberger compositional Eclipse E300 reservoir 

simulation software package is employed for all these simulations work since the existing 

X field reservoir model was developed using the same Eclipse simulator platform. This 

is to ensure the simulation results obtained from this study are reliable and consistent with 

the existing X field reservoir simulation results and the findings are not subjected to the 

different simulator platform used.  

 

Fifteen years of CO2 injection followed by another hundred years of monitoring period 

with a single CO2 well injector, one producer and hydrocarbon injector were the main 

CO2 injection strategies employed in the existing X field reservoir model development. 

Therefore, similar considerations and approaches are used in this numerical simulation 

work, maintaining the model consistencies. Simulation results are analysed mainly based 

on the CO2 trapping mechanisms include solubility trapping or volume of CO2 dissolved 

in water, residual trapping or volume of CO2 injected trapped as immobile phase and 

structural trapping or volume of CO2 injected exists in free phase [215]. CO2 plume 

behaviour and the total amount of CO2 gas injected, or CO2 storage capacity are also 

measured. Comparison against previous endorsed X field reservoir model (with H2S free) 

are discussed to see how the new CO2-H2S-brine solubility data incorporation affects the 

CO2 storage efficiency and capacity in particular. 
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6.2 Literature Review 

 

6.2.1 Overview of the Available Simulators for CO2 Injection 

 

Presently, there are several reservoir simulators in the market to simulate and study CO2 

injection for storage in Carbon Capture and Storage (CCS) operation. Eclipse Black Oil 

E100, Compositional E300 and E-Advanced from Schlumberger Eclipse Suite, and Black 

Oil & Unconventional simulator (IMEX), Compositional & Unconventional simulator 

(GEM) and Thermal & Advances Processes simulator (STARS) from Computer 

Modelling Group (CMG) and ECO2N module from TOUGH2 [216][217] simulator are 

the most well-known simulators used for geological sequestration in saline aquifers. 

Other than this, Rock Flow Dynamic Navigator, Landmark Nexus, Black Oil Applied 

Simulation Tool (BOAST), the Mathlab Reservoir Simulation Toolbox (MRST) and 

Open Porous Media (OPM) are the other tools available for reservoir simulation [218]. 

Besides, there are other few reservoir simulators with Chemical Enhanced Oil Recovery 

(CEOR) modelling capabilities such as Reveal from Petroleum Experts, Nexus from 

Landmark and UTCHEM from the University of Texas of Austin [219]. Each of these 

simulators has its own way of solving the hydrologic, chemical process and flow transport 

of equations. It also varies concerning the thermodynamic data source and the adopted 

EoS for the CO2 solubility model and other chemical equilibria [220].  

 

Eclipse is an oil and gas reservoir simulator originally developed by Exploration 

Consultants Limited (ECL) and currently owned and maintained by Schlumberger 

Information Solutions (SIS), a division of Schlumberger. It consists of three main 

simulator packages namely Black Oil E100, Compositional E300 and eAdvanced [218]. 

Eclipse Black Oil E100 is known as a fully implicit three dimensional that solves the 

black oil equations (a fluid model) on corner-point grids. In contrast, Eclipse E300 is a 

compositional simulator equipped with a cubic equation of state (EoS), pressure-

dependent permeability values and compositional fluid treatment that solves the reservoir 

flow equations compositional hydrocarbon descriptions and thermal simulation. Eclipse 

E300 also offers several module options in understanding the CO2 flow behaviour during 

CO2 storage. The CO2STORE, GASWAT, CO2SOL and SOLUBILI are the main 

Eclipse modules that are regularly used in the CO2 storage numerical simulation due to 

their capability to consider the CO2 dissolution in water or brine.  
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Other than capability in computing the CO2 dissolution in water and brine, the Eclipse 

CO2STORE module is capable to compute the other thermo-physical properties such as 

density, viscosity and compressibility of pure or impure CO2 as a function of temperature 

and pressure [221]. On the other hand, the Eclipse GASWAT module is designed to 

model the gas phase or aqueous phase equilibrium using a general Peng-Robinson EoS. 

In contrast to CO2STORE, this option allows a multicomponent gas phase injection, 

normally applied for the CO2 injection scenario in depleted gas or oil reservoir. Even 

though both Eclipse E100 and E300 simulator are practically able to simulate the flow 

behaviour of CO2 during CO2 injection in CCS operation, these simulators, however, are 

incapable to deal with many equilibriums and kinetic chemical reactions such as aqueous 

complexation, linear absorption and decay, gas dissolution or exsolution, cation 

exchange, molecular diffusion as well as dissolution and precipitation [220]. 

 

IMEX is a CMG’s three phases of black oil reservoir simulator, one of the world’s fastest 

black oil simulators [222]. IMEX is commonly used to obtain history matches and 

forecasts of primary, secondary and enhanced or improved recovery processes in both 

conventional and unconventional reservoirs. Besides, IMEX models complex, 

heterogenous, faulted oil and gas reservoirs using millions of grid blocks, in achieving 

fast and accurate predictions and forecasts. The other application for this IMEX CMG 

simulator is for the coupled surface network modelling where it is used for the explicitly 

coupled subsurface creation and surface network models, including the onshore gas 

storage fields and deep-water offshore oil and gas fields. In contrast, GEM is an equation 

of state (EoS) compositional, chemical and unconventional simulator from CMG that can 

model the three-phase flow and multi-component fluids [223]. Unlike IMEX, GEM will 

accurately model any type of recovery process where the effective fluid composition is 

important. GEM is used extensively for modelling unconventional reservoirs, enhanced 

oil recovery, low salinity waterflood, geomechanics study as well as carbon capture and 

storage. Another CMG’s reservoir simulator that capable to model thermal, chemical 

EOR and other advanced processes are called STARS [224]. Most of the reservoir 

engineers use STARS to simulate changes to the reservoir based upon fluid behaviour, 

steam or air injection, electrical heating or chemical flooding. The robust reaction kinetics 

and geomechanics capabilities make STARS the most complete and flexible reservoir 

simulator available in the market. Generally, all these CMG simulators are focusing in 
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delivering fast answers from complex reservoirs with an easy to use products and 

workflows. 

 

Rock Flow Dynamics tNavigator and Landmark Nexus simulator are the black oil, 

compositional and thermal compositional simulations [218]. The softwares are 

commercially available however it requires high-performance computing clusters to 

work. Besides, the Mathlab Reservoir Simulation Toolbox also known as MRST is a 

simulator that works as a toolbox for rapid prototyping and demonstration of new 

simulation methods and modelling concepts on unstructured grids [218]. It consists of 

two main parts, first a core offering basic functionality and single- and two-phase solver, 

and second, a set of add-on modules offering more advanced models, viewers and solvers. 

On the other hand, the OPM simulator provides a set of open-source tools centered around 

the simulation of flow and transport of fluids in porous media. 

 

Reveal [225] is a full field reservoir simulator from Petroleum Experts with the capability 

for modelling chemical injection with surfactant phase behaviour and mobility control. 

Other than this, Reveal also has the capability of modelling polymer and several polymer 

gel kinetics based on the shear thinning behaviour near the wellbore [219]. Reveal has 

the options for permeability reduction, inaccessible pore volume, gelation of polymer and 

cross-linker and degradation. Similarly, Nexus [226] from Landmark’s reservoir 

simulation suite, has the capability in simulating the fluid flow from one or multiple assets 

as well as modelling the wells, reservoirs, surface and subsurface facilities as a single 

system for the most comprehensive representation of the assets behaviour. The detailed 

assessment on the process modelling comparison between these reservoir simulators has 

been studied and can be found in Goudarzi et al. [219].  

 

In this work, Eclipse Compositional E300 reservoir simulator from Schlumberger is 

chosen and used for the numerical simulation works, similar to what has been employed 

in the existing X field reservoir model development. Apart from the Eclipse 

compositional E300 simulator accuracies [227], this is also to ensure the simulation 

results obtained from this study are reliable, consistent and comparable with the existing 

X field reservoir simulation results and the abnormalities are not subjected to the errors 

or different simulator software packages used.  
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6.2.2 Long Term CO2 Storage Modelling  

 

There are extensive studies completed on CO2 storage modelling and available in the open 

literature. Jalil et al. [215] studied CO2 injection and sequestration in one of the depleted 

carbonate gas condensate field reservoirs in Malaysia offshore using compositional 

Eclipse E300. Their simulation works covered 20 years of gas production history and 

prediction, followed by 10 years of the CO2 injection and over 100 years of monitoring 

period post-injection to assure the safe sequestration and potential CO2 leakage 

assessment. The assessments on the evaluation of the effective field storage capacity, 

optimum CO2 injection scheme and strategy identification, trapping mechanism 

evaluations and potential geo-mechanical issues that associates with CO2 injection are 

well described in their study.  

 

Mohammed et al. [227] has previously studied the CO2 storage modelling in saline aquifer 

reservoir using three different simulation tools. They have compared Eclipse E300, 

CO2STORE module and Front Sim computational applications in their CO2 injection 

modelling studies to find out which software is more accurate to use for the long-term 

CO2 storage modelling. The recommendation made by them was based on the simulation 

results which include the pressure variations, gas breakout, hysteresis as well as 

imbibition. Their results show that Eclipse Front Sim gave the most accurate result if the 

aim of the study is for the entire field modelling with geological details incorporated. 

However, if the study aims to model just part of the field emphasizing the model physic 

with less geological details, Eclipse E300 was the most suitable simulation tool. 

 

On the other hand, Anchliya [228] has introduced an engineered approach system in 

enhancing the CO2 dissolution and trapping in the aquifer section by improving the CO2 

dissolution acceleration in the aquifer. Their numerical simulation study using CMG’s 

Generalized Equation of State Model (GEM) simulator focusing on avoiding aquifer 

pressurization during CO2 injection whereby it resulted in minimizing the volume of free 

phase CO2 exist below the top seal. A brine recirculation process was designed via GEM 

by introducing brine injection well on top of the CO2 injection well, for the acceleration 

of CO2 dissolution in brine as suggested by Leonenko and Keith [229]. Findings from 

their simulation works showed that the well configuration prevents CO2 accumulation at 

the top of reservoir aquifer during CO2 injection and approximately 90% of CO2 is 

permanently dissolved or trapped after 50 years, including 30 years of CO2 injection. 
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Another example of CMG’s GEM software applications for the CO2 storage modelling 

was previously employed by Nghiem et al. [230-231] in their numerical simulation 

studies describing the essential features for the CO2 storage modelling as well as 

optimization of residual gas and solubility trapping for CO2 storage in saline aquifers. 

Using GEM, Nghiem et al. [230] were able to conclude that water injections are 

practically able to increase residual gas trapping and consequently total CO2 trapping in 

low permeability of rock aquifer. However, at high permeability aquifers, their study 

shows that introduction of water injection does not help to increase the total trapping of 

injected CO2. Besides, Pruess et al. [232] and Zhang et al. [233] also described a simulator 

that capable to simulate CO2 storage in a saline aquifer with similar features. 

 

Kumar et al. [234] have extensively studied CO2 storage reservoir simulation in deep 

saline aquifers using the fully coupled reactive flow and transport compositional CMG 

GEM simulator. Their study focusing on building understanding and estimating the most 

important CO2 storage mechanisms under realistic conditions. Impact of parameters such 

as aquifer rock permeability, ratio of vertical and horizontal permeability (Kv/Kh), 

residual gas saturation, salinity, pressure, temperature, aquifer dip angle and rock 

heterogeneity on CO2 storage efficiency were also evaluated in their study. Their base 

case simulation models were performed for 10,000 years and some of the simulation cases 

were continued simulated up until 100,000 years. For this, they were able to observe the 

mineralization processes in immobilizing the injected CO2 for permanent storage. 

 

Ozah et al. [191] have simulated the storage of pure CO2 and CO2-H2S gas mixtures in a 

deep saline aquifer in their previous numerical simulation study. A compositional 

reservoir simulation via CMG GEM was carried out for 10,000 years in understanding 

the flow and long-term storage potential of pure CO2 and CO2-H2S mixtures. Findings 

from their study show that the maximum distance that injected gas can flow in a reservoir 

are depending on the solubility of CO2 and H2S in brine. When CO2-H2S mixtures are 

injected, H2S is more soluble in water and therefore, the H2S flow distances in the aquifer 

are shorter than CO2 flow distances. The effect of the buoyancy-driven fingers on the 

upward flows of the CO2 is also studied using GEM fine grid simulation to ensure the 

fingers do not have a large impact on the maximum height of the injected gas reached 

after 10000 years of injection. Apart from this study, the GEM simulator has been used 

extensively for modelling CO2 storage in saline aquifer over the last decades. 
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6.3 Numerical Modelling Works 

 

6.3.1 Modelling of CO2 Solubility in Brine 

 

The CO2 solubility model can be used to predict the phase behaviour of CO2 in pure water 

[24][235] or brine [236-237]. It can be calculated using different EoS models or EoS-

activity coefficient models [96]. The reservoir Eclipse simulator [221] normally deals 

with CO2 solubility in brine in two different ways; first known as Eclipse Black Oil E100, 

CO2 solubility is taken into account in terms of PVT tables and second, it is compositional 

Eclipse 300, the EoS model proposed by Soreide and Whitson [238] where is used to 

perform two phases compositional simulation of gas-brine or oil-brine systems. 

Generally, Chang et al. [239] correlation is the default model used in Eclipse to generate 

the tables for CO2 solubility, as functions of temperature, pressure and water or brine 

salinity. In addition, these correlations are also used to calculate the density of the brine 

with dissolved CO2. 

 

Chang et al. [239] developed a set of empirical correlations for reservoir simulation 

applications in estimating both CO2 solubility in NaCl brine and CO2-saturated NaCl 

brine density. According to their correlations, the solubility of CO2 in water can be 

expressed as per following;  

 

 Rsw = aP [1 − b 𝑠𝑖𝑛 (
π

2

cP

cP + 1
)]  if P < P0 Eq. (27) 

 

 

 Rsw = Rsw
0 + m(P − P0) if P > P0 Eq. (28) 

 

 

where 𝑅𝑠𝑤 is a CO2 solubility in standard cubic foot (SCF) of CO2 per standard barrel 

(STB) of water, 𝑃0 and 𝑅𝑠𝑤
0  are the intermediate variables as functions of a, b and c, 

which are coefficients expressed by three empirical fourth-degree of polynomials of 

temperature. The above correlations, however, were previously developed using the CO2 

solubility data generated in limited temperature ranges, from 285 K to 373 K and pressure 

ranges up to 69 MPa. In addition, the correlation can be further modified to correspond 
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to the salinity effect to obtain the CO2 solubility in brine and it can be expressed in the 

following formulation; 

 

 log (
Rsb

Rsw
) =  −0.028C. tF

−0.12 Eq. (29) 

 

where 𝑅𝑠𝑏 is the CO2 solubility in SCF of CO2 per STB of brine, C is the salinity of brine 

in weight percent of solid and 𝑡𝐹 is the temperature in a degree of Fahrenheit. And the 

formation volume factor of CO2 saturated water is calculated as; 

 

 Bw =
ρw,sc + 0.02066Rsb

ρw,atm + 0.0058Rsb
 Eq. (30) 

 

 

where 𝐵𝑤 is the water formation volume factor in reservoir barrel per STB of water 

(rb/STB). 𝜌𝑤,𝑠𝑐 is the density of water at standard conditions, and 𝜌𝑤,𝑎𝑡𝑚 is the density of 

water at reservoir temperature and 0.1013 MPa.  And both water densities are in unit lb/ft3 

and calculated using Rowe and Chou’s [240] correlation. Based on Chang et al. [239], 

the brine solution density can be further corrected for reservoir pressure if the system is 

undersaturated. More details explaining these correlations can be found in Chang et al. 

[239].  

 

The CO2 solubility table generated using the above mentioned Chang et al. [239] 

correlation will be automatically activated if the Eclipse input data for solubility table 

with either SOLUBILI, SOLUBILS or SOLUBILT keywords [221] are unavailable. In 

contrast, if the CO2 solubility data as a function of pressure, temperature and salinity are 

available and properly introduced in the Eclipse data file using the above specific 

keywords by the user, the default Chang et al. solubility table will be overwritten and 

replaced accordingly to ensure the right amount of CO2 dissolved in water or brine and 

other aqueous phase properties are accurately captured. It is worth mentioning that when 

SOLUBILI or SOLUBILT Eclipse keyword [221] is introduced, the salting-out effect is 

taken into account by correcting solubility in pure water with the Chang et al. [239] 

correlation.  
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6.3.2 New CO2 Solubility Profile Generation  

 

For the existing X field reservoir model, there is no specific CO2 solubility table was 

introduced. Therefore, a default CO2 solubility profile table generated using correlations 

introduced by Chang et al. [239] to represent the occupancy of CO2 dissolved in brine 

was activated for the X field CO2 storage numerical modelling. In this study, the default 

CO2 solubility profile table was corrected to correspond with the X field reservoir 

conditions. As the default CO2 solubility table was generated at low reservoir 

temperature, only up to 373 K [239], the new CO2 solubility table in both distilled water 

and saline water was generated using the correlations, to correspond to the X field 

temperature and water salinity at 423.15 K and 20000 mg/L, respectively. As the main 

objective of this Chapter is to improve the existing X field reservoir model accuracy, new 

CO2-H2S-brine solubility data obtained from laboratory works are also incorporated in 

this this new CO2 solubility profile table, ensuring the effect of H2S on CO2 solubility and 

CO2 storage are well defined and characterized. 

 

The new measured solubility data of CO2-H2S in mixed salts brine solution described in 

Chapter 3 are used to generate the CO2 solubility profile generation. Even though the 

previous measurement was conducted only up to 25 MPa which is below the X field 

pressure condition, the CO2-H2S solubility data in brine at the higher-pressure regions, at 

specific X field reservoir pressure ranges become available after a reliable extrapolation 

based on the thermodynamic modelling is generated. Another correlation, for example, 

MCCain water viscosity and density correlation [241] is also employed to check the 

reliability of the new solubility profile generation. The effect of CO2 dissolution in the 

water on water compressibility (Cw) and water viscosity (Mw) are found to be very small 

and insignificant [239]. Hence, the default values for these two parameters Cw and Mw 

remain unchanged.  

 

The new generated CO2 solubility profile is compared against the default CO2 solubility 

profile [239] used in the existing X field model as demonstrated in Figure 6.1. As it can 

be seen, the default CO2 solubility profile is overestimating the capacity of CO2 to 

dissolve in brine at any pressure points, up to 60 MPa. Huge deviations different in CO2 

solubility are observed at low-pressure ranges compared to the higher-pressure ranges 

(more than 30 MPa). 
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Figure 6.1: Comparison between CO2 solubility profiles generated using default CO2 solubility 

table developed by Chang et al. [239] (-) and using corrected solubility table correspond to the 

X field’s temperature and water salinity at 423.15 K and 20000 mg/L with H2S impact 

incorporated (from the lab data obtained for CO2-H2S solubility study in X field brine); (-). 

 

From the observation, it indicates that the new CO2 solubility profile with H2S data 

incorporation has reduced the capacity of the CO2 dissolved in water by approximately 

20 to 30%. These observations are in agreement with other few observations from the 

open literature [11][127], whereby the solubility of CO2 will decrease if there are traces 

of contaminants, in this case H2S is present in the injected CO2 stream. It is also worth to 

mention that the temperature and water salinity defined for this new CO2 solubility profile 

generation plays a significant role in estimating the CO2 solubility in water or brine.  

 

In this study, two CO2 solubility profiles as demonstrated in Figure 6.1 are used to 

represent two different input data for X Field reservoir models, known as a X Field Base 

Case and Case 1 model for the numerical simulation works respectively, described in the 

next section. The new CO2 solubility profile generated is tabulated according to the 

SOLUBILI Eclipse keyword arrangement [221] before the incorporation into the main 

Eclipse data file, as presented in Appendix G and Appendix H.  

 

Reservoir 
pressure

Approximately 
reduce up to 
30 scf/stb
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In addition, the aquifer brine for this new X field model is set to be nearly saturated with 

CO2, unlike the existing X field model where the aquifer was set to be free with CO2. This 

adjustment is made after an additional lab study carried out confirms the number of the 

initial CO2 saturation in the X Field brine aquifer to be nearly saturated, as presented in 

Chapter 2. For this, a new RSWVD keyword in the new Eclipse data file is introduced 

where it describes the initial amount of CO2 saturation in aquifer water prior to simulation 

run [221]. Therefore, in other words, the new Case 1 X field reservoir model is not only 

developed to accommodate the H2S impact on the CO2 solubility, but the aquifer is set to 

be nearly saturated with CO2 to correspond to the current X field aquifer reservoir state. 

The other parameters such as viscosity values, water formation volume factor (Bw) and 

compressibility data (Cw) remain the same as in the X field Base Case model.  

 

As no other changes in main parameters in the existing X Field Eclipse input data file is 

made, hence this new Eclipse model is presumed as good as the existing Base Case X 

field reservoir model for the CO2 storage development. Peng Robinson (PR) Equation of 

State (EoS) in the existing X field Eclipse data file is used and maintained in the new 

model since the previous simulation results analyses were showing PR EoS demonstrated 

satisfactory matches for all the PVT analyses. 

 

6.3.3 Numerical Simulation for Reservoir Model Improvement 

 

For this numerical simulation work, there are several considerations adopted from the 

existing X field reservoir model development works. There includes; (i) compositional 

PVT model with the original reservoir fluid components were grouped into further 

components to ensure better characterization of the heavy end components in which CO2 

is treated as a single component in the reservoir (ii) considering only one producer, one 

CO2 injector and one hydrocarbon injector (as a dummy well), (iii) fifteen years of the 

CO2 injection, from January 2023 to January 2038, (iv) depth of the injector 

approximately 2300 m (below the gas-water contact), (v) CO2 injection rate is set at 115 

MMSCF/D and (vi) constraining the CO2 injection to the initial reservoir pressure to 

assure cap rock integrity and potential leakages.  

 

A new simulation case, known as Case 1 X field is developed incorporating the new CO2–

H2S-brine solubility data in respect to X field temperature and brine salinity. The 
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following explains the details of the reservoir models developed and simulated in this 

study; 

 

i) Base Case - Existing X field reservoir model, where the default solubility table 

(using Chang et al. [239] correlations) was maintained with no further modification 

was made. The X field reservoir aquifer is also free from CO2 content.  

 

ii) Case 1 – The existing X field reservoir model with the new CO2 solubility table 

based on the new CO2-H2S-brine (X field brine) solubility table, generated at a 

temperature of 423.15 K and water salinity of 20000 ppm. The X field aquifer is set 

to be nearly saturated with CO2. And the ratio of CO2 to H2S mole fraction of 

injection scheme is 95 to 5. 

 

For the X Field Base Case, it was purposely simulated as a control simulation study to 

ensure the initial amount of CO2 injected and trapped are measured and act as a reference 

and for comparison purposes. For the X Field Case 1, as mentioned, modification on the 

existing default CO2 solubility profile is made to allow the right CO2 solubility profile 

presenting the current state of the X field reservoir aquifer and CO2 injection strategy. 

The new CO2-H2S solubility data generated at X field reservoir conditions are 

incorporated to ensure the impact of H2S on CO2 solubility is captured during the injection 

scheme. Both cases are simulated via compositional Eclipse E300 for fifteen years of CO2 

injection period follows by an additional hundred years of the monitoring period. And it 

took approximately twelve hours to complete each of the simulation runs.  

 

The simulation results are analysed mainly based on the CO2 plume behaviour along with 

its trapping mechanisms, accessing the amount of CO2 injected dissolved in water or 

solubility trapping, amount of CO2 injected trapped as an immobile phase or residual 

trapping and amount of CO2 injected exists in free phase or CO2 structural trapping. Each 

of these CO2 trapping mechanism assessments is represented by FCWM, FCGMI and 

FCGMM Eclipse keywords and can be found elsewhere [221]. Besides, the total amount 

of CO2 injected or stored in the reservoir aquifer throughout the injection period is also 

measured. Apart from these individual result evaluations, all these evaluations are 

compared against the existing X field reservoir model or Base Case model to measure the 

impact of the H2S presence in the injected CO2 stream.  
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6.4 Results and Discussions 

 

6.4.1 CO2 Plume Behaviour 

 

One of the important parameters to access the efficiency of the simulation study between 

the cases is from their injected CO2 plume behaviour. The CO2 plume behaviours are 

compared throughout the fifteen-year injection period and a few injection time steps are 

selected for this comparison purposes. The CO2 plume is observed for any variation in 

terms of the CO2 flow behaviour especially in the direction of the CO2 movement at first 

year, seven years and fifteen years of the CO2 injection time-steps. According to Okwen 

et al. [242], the CO2 injection into an aquifer is fundamentally controlled by the mobility 

theory. A less viscous fluid displacing a higher viscosity fluid and interplay of the gravity, 

viscous and capillary force affect the behaviour of the injected CO2 plume in the reservoir.  

 

The assessment on the CO2 plume behaviour is completed at the near-wellbore area, as 

illustrated in the following Figure 6.2. This near-wellbore area is also chosen for the 

detailed CO2 plume behaviour comparison between the two cases. The location of the 

CO2 injector in the reservoir model is also shown in Figure 6.2.  

 

 

 

Figure 6.2: Location of the CO2 injector well, planned for the X field development strategy. The 

point where the injected CO2 plume behaviours are compared and analysed. 
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The comparison of the CO2 plume behaviour captured at the different injection time steps 

between the Base Case and Case 1 is illustrated in Figure 6.3. 

 

 

 

Figure 6.3: The CO2 plume behaviour comparison between Base Case and Case 1, captured at 

the different CO2 injection time steps; at the first year, seven years and fifteen years.  

 

From Figure 6.3, there are no significant impacts observed in terms of the CO2 plume 

shape between the Cases. A minor plume shape differences are observed throughout the 

injection period which is less than 10% deviations. Injected CO2 is spread equally into 

the reservoir aquifer from the injection point, due to a good reservoir Kv/Kh observed in 

both cases. Another observation, the injected CO2 was already in the hydrocarbon interval 

after five years of injection. However, in terms of the CO2 concentration level in the 

aqueous phase, the differences are much more severe throughout these fifteen years of 

injection. For example, at the same injection time steps, a high concentration of dissolved 

CO2 is observed for Case 1 (more yellow colour at the CO2 plume head) compared against 

the Base Case. This is due to the introduction of the significant amount of dissolved CO2 

in Case 1 aquifer where it resulted in less CO2 dissolution happened near the wellbore. 

Therefore, the injected CO2 with high concentration spread laterally and vertically faster 

into the reservoir. Besides, the amount of H2S in the injected CO2 stream in Case 1 seems 

inadequate to give an impact on the CO2 plume behaviour. 

 

On top of the CO2 plume behaviour comparison made at the different years of the 

injection, additional comparisons between the Cases are also made at each small reservoir 

simulation time step to see if there are abnormalities. One month, three months, five 

months, one year, three years, five years, seven years, ten years and fifteen years are 

Case 1 Years of  Injection 7 Years of  Injection 15 Years of Injection

Base Case

Case 1

Case 2
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chosen for this detailed plume behaviour comparison. The comparison between the CO2 

plume behaviour captured at these different CO2 injection time steps for the Base Case 

and Case 1 is demonstrated in Figure 6.4 and Figure 6.5 respectively.  

 

 
 

Figure 6.4: CO2 plume behaviour captured at the smaller CO2 injection time steps (during fifteen 

years of CO2 injections) for the X field Base Case model. 

 

 
 

Figure 6.5: CO2 plume behaviour captured at the smaller CO2 injection time steps (during fifteen 

years of CO2 injections) for X field Case 1 model. 
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From the Figures, similar observations are attained in the CO2 plume behaviour even at 

the smaller simulation time steps. Even though CO2 plume behaviour moved in the same 

direction and at the same velocity for each of the simulation cases studied, the 

concentration of the injected CO2 at each of the injection time steps are different. Again, 

this is possibly due to the amount of CO2 dissolved in the aquifer initially set for the X 

field Base Case and Case 1 model. Aquifer water for the Base Case was set to be free 

from CO2 contents while, for the Case 1 aquifer water, it was set to be nearly saturated 

with CO2 contents, as previously defined in 6.3.3 above. The presence of the H2S in the 

injected CO2 stream in X Field Case 1 also influences these dissimilarities of the CO2 

concentration in the reservoir aquifer.  

 

6.4.2 CO2 Trapping Mechanisms & CO2 Storage Capacity 

 

In the context of the CO2 injection for permanent storage in a saline aquifer, there are four 

main trapping mechanisms are identified and hugely quoted in the literature [126][214-

215][243-244]. There are structural or hydrodynamic trapping, residual or capillary 

trapping, solubility trapping and mineral trapping. However, in this modelling study, 

mineral trapping was not considered due to unavailability and inconclusive data as well 

as software capability at the time the study was conducted. As previously mentioned, each 

of these CO2 trapping mechanisms except mineral trapping is characterized using the 

individual Eclipse keywords, for instance, the FCGMM for CO2 structural trapping, the 

FCGMI for CO2 residual trapping and the FCWM for CO2 solubility trapping [221] in the 

simulation works.  

 

Figure 6.6 and Figure 6.7 shows the contribution of each of the CO2 trapping 

mechanisms that influence the amount of CO2 trapped in the saline aquifer over the 

injection time for both X Field Base Case and Case 1 respectively. As depicted, both 

figures are showing similar profiles for FCGMI, FCGMM and FCWM. Major changes 

are observed at the first two years of the injection for both CO2 mobiles (FCGMM) and 

CO2 gas trapped (FCGMI) in both X Field Base Case and Case 1. For example, for the X 

Field Base Case model, huge depletion in the number of CO2 mobile in gas is observed 

at the beginning of the injection phase due to the immediate and fast reaction that 

happened near the wellbore right after the injection. Most of the injected CO2 has reacted 

with the native brine however some of them might not react and fingers the brine, hence 
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become mobile and later trapped as structural or stratigraphic. Besides, the fluid density 

alteration right after the CO2 injection where the native brine density has increased 

significantly, hence the huge impact on the mobile and trapped gas profiles are observed.  

 

 

 

Figure 6.6: Total molar amount of specified component CO2 mobile in gas (FCGMM), the molar 

amount of specified component CO2 trapped in gas (FCGMI), and amount of CO2 injected 

dissolved in water (FCWM) for the X field Base Case model. 

 

FCGMM (CO2 Mobile) 

FCGMI (CO2 Immobile) 

FCWM (CO2 Dissolved) 
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Figure 6.7: Total molar amount of specified component CO2 mobile in gas (FCGMM), the molar 

amount of specified component CO2 trapped in gas (FCGMI), and amount of CO2 injected 

dissolved in water (FCWM) for the X field Case 1 model. 

 

As compared to the X Field Case 1 where the native brine was initially defined to be 

nearly saturated with CO2, the injected CO2 has not reacted much with the brine and 

therefore has spread into the reservoir at a faster rate. The CO2 plume mobile molar 

amount in gas decreases with an increase in CO2 trapped as residual or capillary. In other 

words, the higher the CO2 gas phase is trapped as residual and dissolved into the brine, 

the lower the CO2 molar amount will exist as a mobile phase. During the CO2 injection 

period, native brine around the wellbore is displaced by the injected CO2 supercritical 

fluid, known as a drainage process. However, after the injection period, the brine 

previously displaced now returns and displaces the CO2 injected. This process is called 

an imbibition process. The cycle of this drainage and imbibition process is known as a 

hysteresis process. Understanding this hysteresis process is important because it will 

result in improving CO2 trapped as an immobile phase and leave less mobile CO2 plume 

and subsequently reduce the potential risk of CO2 leakage via the reservoir caprock [215]. 

FCGMM (CO2 Mobile) 

FCGMI (CO2 Immobile) 

FCWM (CO2 Dissolved) 
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Also, the reduction in the number reported for CO2 mobile (FCGMI) molar amount at the 

beginning of the profile for Case 1 indicates the influence of the H2S present in the system. 

H2S is more soluble in water [191], and therefore the CO2 will move faster compare to 

H2S. However, in the long simulation run, it is observed that the curve of the profile is 

flattened and become constant until the end of the fifteen years injection. These results 

are aligned with the previous observations on the CO2 plume behaviour as illustrated in 

Figure 6.4 and Figure 6.5. In the context of CO2 dissolved in brine or FCWM, the X 

Field Case 1 was showing a reduction in the total CO2 molar amount dissolved in brine 

over the injection periods by approximately 11% as compared to the X Field Base Case. 

The CO2 molar amount dissolved in water is reported to be consistent throughout the 

fifteen years of the CO2 injection period. Since this study is focusing more on CO2 

dissolution or CO2 solubility in brine after incorporating the impact of H2S in CO2 

solubility, the result on the CO2 molar amount dissolved in brine is important.  Five moles 

percent of H2S into the injected CO2 stream for the X field Case 1 led to the reduction 

amount of CO2 dissolved in brine over fifteen years of the CO2 injection period.  

 

Apart from these CO2 plume behaviour and trapping mechanism evaluations, the total 

amount of CO2 injected into reservoir aquifer over fifteen years of injection in both 

simulation cases are also calculated and compared. This injected amount generally 

translated into the CO2 storage capacity for this X field. The summary of the results 

obtained from these numerical simulation studies is tabulated in Table 6.1. 

 

Table 6.1: Summary of the simulation results for both X Field Base Case and Case 1. Evaluations 

made based on the CO2 trapping mechanisms (in CO2 molar amount), translated into the amount 

of CO2 in Billion Standard Cubic Feet (BSCF).  

 

No Case Amount of CO2 

Mobile in Free 

Phase  

(BSCF) 

Amount of CO2 

Trapped as 

Immobile 

(BSCF) 

Amount of 

CO2 Dissolved 

in Water  

(BSCF) 

Amount of CO2 

Injected/Storage 

Capacity 

(BSCF) 

1 Base Case 307.52 314.73 1.38 623.62 

2 Case 1 306.56 315.39 1.16 623.12 
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From Table 6.1, it can be seen that after fifteen years of CO2 injection, the total amount 

of CO2 injected for both Cases are comparable, at approximately 623 BSCF. X Field Case 

1 reported less total amount of CO2 injected over fifteen years of CO2 injection by 0.5 

BSCF or 0.08% less than what has been reported for the X Field Base Case. This is due 

to the X field aquifer brine that previously defined for the X Field Case 1 to be nearly 

saturated with CO2, and therefore less of the injected CO2 can be dissolved in the brine. 

Subsequently, the injected CO2 travelled faster into the reservoir, providing higher 

chances for CO2 to be trapped as residual gases. As a result, less supercritical CO2 is 

injected. Having five moles% of H2S in the CO2 injected stream proves that H2S has a 

minimal impact on the total amount of CO2 injected or CO2 storage capacity.  

 

In terms of the amount of CO2 injected mobile and exists in the free phase, X Field Case 

1 reported approximately 0.96 BSCF or 0.3% less than X Field Base Case. However, in 

terms of the amount of CO2 trapped as residual or immobile, Case 1 reported 0.66 BSCF 

or 0.2% more volume as compared against the X Field Base Case. For the amount of CO2 

dissolved in brine, X Field Case 1 reported about 0.22 BSCF or 15.4% less than X Field 

Base Case. These numbers reported seem reliable and consistent with the previous 

corrected CO2 solubility profiles generated for the X Field Case 1 as previously described 

in 6.3.2. A clear reduction in the corrected CO2 solubility profile (vs default CO2 

solubility profile using Chang et al. [239] correlation) as previously shown in Figure 6.1 

is associated with the reduction of the CO2 amount dissolved in brine reported via 

compositional Eclipse E300. These ultimately resulted in lowering the total amount of 

supercritical CO2 injected. 

 

6.4.3 Analytical Calculations 

 

Other than numerical simulation studies, the impact of H2S on CO2 storage are further 

evaluated using a simple analytical calculation. According to the International Energy 

Agency Greenhouse Gas (IEAGHG) [13], the CO2 storage capacity can be calculated in 

quantifying the effect of impurities on CO2 storage capacity with the following equation; 

 

 
M

M0
=

ρ̅

ρ0(1 +  ∑ mi mCO2⁄i )
 Eq. (31) 
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where; 

M   = mass of CO2 in the mixture 

M0 = mass of pure CO2 stream 

ρ̅    = density of mixture 

ρ0   = density of pure CO2 stream 

𝑚𝑖 𝑚𝐶𝑂2
⁄ = ratio of the mass of impurity i to the mass of CO2 in the mixture 

 

Using Eq. (31), the Base Case and Case 1 model are further assessed for validations. The 

parameters such as CO2 density, CO2-H2S mixture density, the ratio of the H2S mass to 

the CO2 mass in the mixture at X field reservoir pressure and temperature are used in 

calculating the values. For comparison purposes, an additional sensitivity scenario known 

as Case 2 to represent the CO2-rich hydrocarbon (approximately 30 moles% of HC) 

injection was introduced for this analytical study. Figure 6.8 shows the result of these 

analytical studies on CO2 storage capacity at X field reservoir temperature at 423.15 K. 

From Figure 6.8, reliable normalized CO2 storage capacity profiles are observed in all 

Cases.  For example, for the pure CO2 injection with impurities free (as a control study), 

the calculated normalized CO2 storage capacity is constant at 1.0 M/Mo at any pressure 

points. Normalized storage capacity calculated for the Base Case and Case 1 is 

comparable. No huge deviations are observed indicating that the presence of H2S in the 

system would not give an impact on the CO2 storage capacity. As the pressure of the 

system increased, reaching the X field pressure condition, the calculated normalized CO2 

storage capacity is identical. For the scenario where 30 moles% of hydrocarbons are 

introduced in the system (Case 2), the CO2 storage capacity is calculated to be at the 

lowest ratio value. The higher amount of the hydrocarbon in the system, the lower the 

calculated CO2 storage capacity.  

 

From these analytical calculation exercises, the results reported are in good agreement 

with what has been reported in numerical simulation studies. The calculated CO2 storage 

capacity for both X field Base Case and Case 1 using this approach is approximately 

similar to the amount of CO2 storage capacity calculated using Eclipse E300. Deviations 

observed at the lower pressure ranges are minimal and insignificant. Therefore, it is found 

that this analytical approach was able to quickly predict and validate the amount of CO2 

storage capacity simulated using a compositional Eclipse E300 simulator.  
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Figure 6.8: Normalized CO2 storage capacity calculated using expression by IEAGHG [13] for 

each of the scenarios at temperature 423.15 K. Comparison between X Field Base Case, with no 

changes made on the existing X field reservoir model scenario (-), X Field Case 1, with new CO2-

H2S solubility data incorporated replacing the existing default CO2 solubility profile scenario (-) 

and new X Field Case 2 with CO2-rich hydrocarbon injection scenario (-), against pure CO2 

injection scenario, a control study (-). 

 

6.5 Conclusions 

 

A new X Field reservoir model known as Case 1 was established after a new CO2-H2S-X 

field brine solubility profile, generated at X field reservoir temperature, pressure and brine 

salinity are available to replace the default CO2 solubility profile used in the existing X 

field model. Besides, X field Case 1 aquifer brine is also set to be nearly saturated with 

CO2 after findings from the lab studies confirm the amount of initial CO2 concentration 

in the X field brine as described in Chapter 2. The X Field Case 1 is developed and 

simulated to access the impact of co-injecting CO2 with H2S into a saline aquifer, 

improving the existing X field reservoir model accuracy for CO2 injection. The existing 

X Field reservoir model known as Base Case (as it is model with no further modification 

made) is also simulated and acts as a control study. Both cases are simulated for fifteen 

years of CO2 injection and followed by another 100 years of monitoring period using 

compositional Eclipse E300 simulator.  

Pressure/ MPa
4510 20 30 35 4015 25



 

162 

 

From the simulation results, at a given X field reservoir conditions, by co-injecting 

supercritical CO2 with 5.0 mole% H2S, the amount of CO2 injected mobile and exists in 

free phase reported for X Field Base Case and Case 1 is calculated to be 307.52 BSCF 

and 306.56 BSCF respectively. In terms of the amount of CO2 trapped as residual or 

immobile, X Field Case 1 is reported to be at 315.39 BSCF, approximately 0.66 BSCF or 

0.2% higher than the amount of CO2 trapped calculated in X Field Base Case. The 

calculated amount of CO2 dissolved in brine for the X Field Base Case and Case 1 model 

are reported to be 1.38 BSCF and 1.16 BSCF, respectively. A clear reduction of 0.22 

BSCF or 15.4% in the amount of CO2 dissolved is apparently due to the H2S present in 

the system. H2S is more soluble in water, occupied the space in the water and therefore 

CO2 will move faster compare to H2S.  

 

Similar observations are obtained during the earlier assessment on the CO2 solubility 

profile comparison against a default CO2 solubility profile generated using Chang et al. 

[239] correlations. These small variations in the calculated amount of CO2 trapping 

mechanisms in both cases, however, resulted in the same total amount of CO2 gas injected 

in the X field for fifteen years of CO2 injection, calculated to be at approximately 623 

BSCF. The analytical study also appears that the CO2 storage capacity ratio for the CO2-

H2S scenario remains unchanged over fifteen years of injection, support findings from 

the simulation study. Therefore, it is concluded that the presence of H2S in the injected 

CO2 stream will lead to a reduction in the volume of CO2 dissolved in brine by 15 %, but 

it will eventually offer a similar amount of CO2 storage over a long period of injection. 

 

Evaluation of the CO2 plume behaviours over fifteen years of injection also demonstrates 

a limited impact of H2S co-injected with CO2. Injected CO2-H2S travelled in the same 

direction and at the same velocity into the reservoir aquifer due to the good reservoir rock 

quality or better Kv/Kh near the wellbore area, observed in both simulation cases, X field 

Base Case and Case 1.  
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CHAPTER 7 - CONCLUSIONS AND RECOMMENDATIONS 

 

The current study aims to generate new experimental data for CO2 solubility, accessing 

the impact of impurity (in this case H2S was chosen) on CO2 solubility and other 

thermophysical properties of CO2 and CO2 aqueous solutions for CCS operation. Data 

such as density and viscosity for CO2-aqueous phase, over geological sequestration 

conditions, pressure up to 38.0 MPa and temperature in the range from 353.15 K to 423.15 

K were generated. The work involves extensive experimental works and thermodynamic 

modelling for CCS purposes, utilizing both lab facilities from Heriot-Watt University in 

the United Kingdom and Centre of Thermodynamic Processes, Mines Paris Tech in 

France. Although various experimental data for this thermophysical study of CO2 and 

CO2 aqueous mixtures have been reported in the literature, the available data for the above 

study conditions are scarce. The CPA-SRK72 EoS is known as an accurate predictive tool 

for the thermodynamic properties of CO2-aqueous mixtures. However, the reliability and 

accuracy of this model in estimation of the thermophysical properties of the CO2 mixtures 

at typically high pressure and high temperature conditions needed to be validated using 

experimental data.  

 

A summary of the results and recommendations for future studies are described in this 

Chapter. 

 

7.1 CO2 Solubility Measurements  

 

The CO2 solubility measurements in deionised water, NaCl (0.35 M) and mixed salt brine 

aqueous solution at the pressure and temperature mentioned above have been carried out 

using a high-pressure experimental setup from HWU. The experimental results obtained 

from each isotherm measurements were compared against available literature data as well 

as Duan and CPA-SRK72 EoS model predictions. Excellent agreements were observed 

with low Absolute Average Deviation (%AAD), indicating the reliability of the technique 

and results produced from this study. As expected, the solubility of CO2 is decreasing 

with increasing temperature, at temperatures below 373.15 K, at constant pressure and 

salinity. When the temperature is above this value, the solubility of CO2 increases again 

with temperature. With increasing pressure, at constant temperature and salinity, the 

solubility of CO2 increases. However, this pressure effect reduces with increasing 
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pressure. At low pressure (P<10 MPa), the solubility of CO2 increases more rapidly than 

at higher pressures, as a function of pressure. 

 

The addition of 0.35 M salt into the solution led to a decrease in the CO2 solubility by 10-

15%, due to the salting-out effect, observed in both CO2-NaCl and CO2-mixed salt 

aqueous solution. Additional work in identifying the initial CO2 concentration in the X 

field brine aquifer at 423.48 K and pressure of 36 MPa was also performed. This 

measurement was found useful after the available field data and correlation were not able 

to describe the initial CO2 concentration in the X field aquifer accurately. It was found 

that the initial X field aquifer brine was nearly saturated with CO2, calculated to be at 

93.0 moles% of CO2 concentrations. The CO2 concentration in solution was increased by 

another 6.0 moles% after additional CO2 was introduced, confirming the current level of 

CO2 concentration in the X field aquifer brine. Also, there was a possibility for the 

hydrocarbon production by an additional 6.0 moles%, post-CO2 injection.  

 

According to the CO2 solubility measurements completed in this study, there are few 

recommendations for future works, as per following; 

 

• To extend the pressure and temperature ranges covered. 

• The same aqueous molarity (0.35 M) was used in the study. So, it is suggested to 

extend the range of the aqueous solution molarity for this CO2 solubility 

measurement, more than 0.35 M. 

• To use the CO2 solubility data to improve the existing thermodynamic models for 

CO2-aqueous solutions. 

 

7.2 Impact of H2S on CO2 Solubility Measurements  

 

The impact of H2S impurity (up to 5.0 moles%) on CO2 solubility was studied. The 

solubility of CO2 and CO2+ H2S mixture in deionised water, NaCl (0.35 M) and brine 

aqueous solution were measured using a static-analytic setup from the Centre of 

Thermodynamic Processes, Mines Paris Tech. The experimental data were compared 

against the CPA-SRK72 EoS and satisfactory matches were obtained with a small %AAD 

calculated. Besides, the new CO2-H2S solubility profiles generated at each isotherm 

measurements were compared against previous CO2 solubility profiles (without H2S 
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present) generated at the same aqueous solutions, pressure and temperature conditions, to 

assess the impact of H2S impurity on CO2 solubility. 

 

It was found that for the CO2-H2S in deionised water, in 0.35 M NaCl and mixed salts 

aqueous system, the measured CO2 solubility has decreased by approximately 15-20% in 

all isotherms measurements. The reduction in solubility is due to the higher solubility of 

H2S in water, which occupies the space in brine faster in comparison to CO2. 

Subsequently, the aqueous solution mass density decreased, hence providing a negative 

impact on the whole CO2 storage process. 

 

Based on the CO2-H2S solubility measurements conducted in this study, there are few 

suggestions for future studies:  

 

• Similar to the CO2 solubility study, the pressure and temperature ranges could be 

extended, covering wider pressure and temperature ranges in relation to CCS 

operation. 

• It is suggested to conduct the above CO2-H2S solubility measurement at several 

numbers of H2S concentrations in quantifying the impact of H2S on solubility. 

• To conduct the CO2-H2S solubility measurements using a similar experimental 

setup as CO2 solubility measurements. This is to ensure the reliability of the 

results and the different obtained are not subjected to the different types of 

equipment used. 

 

7.3 Density Measurements 

 

The density of 0.35 M NaCl and mixed salts aqueous solutions (with and without CO2) were 

experimentally measured at 353.15 K, 373.15 K, 393.15 K and 423.15 K and pressures up to 

80 MPa using in-house designed and constructed HPHT setup including an oscillating U-

tube densitometer from Anton Paar DMA-HPM method. Several CO2 concentrations were 

prepared to study the densities of CO2 aqueous solutions. Experimental results were 

compared against density data predictions calculated using both IAPWS (corrected with 

salt contents) and the CPA-SRK72 EoS model for validations. It was observed that both 

measured and predicted density data were in reasonable agreement with calculated 

%AAD less than 0.4% and within the experimental uncertainties. 
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As expected, the density of the aqueous solution decreases when the system temperature 

increases, from 353.15 K to 423.15 K. The dissolution of CO2 in both NaCl and mixed 

salts aqueous solution increased the density of the aqueous phase. In addition, the density 

of the CO2-NaCl or mixed salt aqueous solution increased linearly with pressure. 

However, at constant pressure, as the CO2 concentration in the mixture increases, the 

density of the aqueous solution also increases. 

 

Based on the abovementioned findings, there are few recommendations for future 

investigations as per following; 

 

• To extend the molarity of the aqueous solution and type of salts and compositions 

used for density measurements.  

• To extend the type of mixture used, for example, to have some other impurities in 

the mixture concerning CCS operation for this density measurements. 

• Comparison of the obtained densities data with other predictive tools that are 

available in the industry. 

 

7.4 Viscosity Measurements 

 

The viscosity of CO2 aqueous solutions at several CO2 mole concentrations in the same 

type of aqueous solutions (in deionised water, 0.35 M NaCl and mixed salt aqueous 

solution) were measured at high temperature (353.15 K, 373.15 K, 393.15 K and 423.15 

K) and pressures up to 80 MPa. Apart from this, the viscosity of deionised water, 0.35 M 

NaCl and mixed salts aqueous solution were also measured to act as a baseline or control 

study. The HPHT PVT set-up from Heriot-Watt University using a capillary tube 

viscometer was used. The viscosity data measured were compared against viscosity 

model predictions calculated using a correlation and it was found to be in reasonable 

agreements. Some deviations were observed when the temperature of the system 

increased, for example at T=423.15 K, however, the deviations are still within the 

measured uncertainties ±1%. 

 

It was found that the viscosity of carbon dioxide aqueous solutions is a function of 

pressure, temperature and CO2 concentration level. It increases as pressure increases, 

decreases as temperature decreases and increases when the level of CO2 concentration in 
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the solution increases. Based on the completed viscosity measurements, there are few 

recommendations for future studies as per following; 

 

• To extend the molarity of the aqueous solution and type of the salt compositions 

used for this viscosity measurement.  

• To extend the type of mixture used, for example, to have some other impurities in 

the mixture concerning CCS operation for this viscosity measurements. 

 

7.5 Numerical Simulation - Improving the Model Accuracy 

 

The existing X field reservoir model was previously simulated without impurities, with 

the assumption that the impact of H2S and other impurities were negligible. Therefore, 

improving the existing X Field reservoir model accuracy is seems essential after 

anticipating some amount of H2S will be co-injected with CO2 for storage. A new X field 

Case 1 model was developed to access the impact of co-injecting CO2 with five moles% 

of H2S into the saline aquifer. The existing default CO2 solubility profile was replaced 

with a new corrected CO2-H2S solubility profile, generated in the X field brine at the field 

conditions. The X field aquifer brine was also set to be nearly saturated with CO2, aligned 

with the findings obtained from the lab. These adjustments were made to ensure the right 

X field reservoir state and development strategy was characterized and employed. The 

existing X Field reservoir model known as Base Case was also simulated to act as a 

control study and for comparison purposes.  

 

Both simulation cases were simulated for fifteen years of CO2 injection and followed by 

another hundred years of monitoring period using the compositional Eclipse E300 

simulator. From the results, it was found that the amount of CO2 trapped as mobile or 

structural trapping was reported to be at 307.52 BSCF and 306.56 BSCF for X Field Base 

Case and Case 1, respectively. In terms of the amount of CO2 trapped as residual or 

immobile, X Field Case 1 was reported to be at 315.39 BSCF, approximately 0.66 BSCF 

or 0.2% higher than the amount of CO2 trapped calculated in X Field Base Case. The 

calculated amount of CO2 dissolved in brine for the X Field Base Case and Case 1 model 

are reported to be 1.38 BSCF and 1.16 BSCF, respectively. It was observed that a clear 

reduction of 0.22 BSCF or 15.4% in the amount of CO2 dissolved is due to the presence 

of H2S in the system. Also, the same total amount of CO2 injected at approximately 623 
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BSCF over fifteen years of injection period was reported for both Cases. Analytical study 

shows that the CO2 storage capacity ratio for the CO2-H2S injection scenario remains 

unchanged over fifteen years of injection, support the findings from the simulation study. 

 

According to the numerical simulation study, the following recommendations are made 

for future studies; 

 

• To extend the sensitivity analyses study covering several CO2 injection schemes, 

including CO2 injection rates, CO2 injection period, number and location of the 

CO2 injector well for further optimization.  

• To include a geochemical reaction module in the numerical modelling to 

understand the impact of the CO2-H2S fluid-rock interaction during and after the 

injection.  

• To have a feasibility study to evaluate the geomechanical issue associated with 

CO2-H2S injection for permanent storage.  

• To have a similar numerical study using a different type of CO2 storage simulator 

platform that currently available in the market, for example, CMG GEM and 

STARS for comparison purposes. 
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Appendix A – Temperature Uncertainties Measurement 

For this CO2 solubility measurement using high pressure high temperature (HPHT) 

experimental setup from HWU, uncertainties for temperature are calculated using the 

following equation; 

 

 Uc(T) =  √uthermometer
2 + ucalibration

2 + urepeatability
2 Eq. (32) 

 

The repeatability uncertainties are calculated to be 0.1 K. Besides, the calibration function 

Eq. (33) is used to convert the measured temperature in the heating jacket to the actual 

temperature inside the measurement cell.    

 

 Tcalibrated(T) =  0.9633T + 0.9208 Eq. (33) 

 

Therefore, employing the above Eq. (33), ucalibration is calculated using the following 

equation; 

 

 ucalibration =  |
dTcalibrated

dT
| ∆T Eq. (34) 

 

 

In this equation, ΔT is equal to 0.1 K and the derivative of the calibration function is 

0.9633. As a result, Uc(T) is found to be 0.17 K for all points. 
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Appendix B – Pressure Uncertainties Measurement 

Similar to temperature uncertainty calculations, the uncertainty of pressure measurement 

is calculated using the following equation; 

 

 Uc(P) =  √usystem
2 + ucalibration

2 + urepeatability
2 Eq. (35) 

 

The high accuracy pressure transducer used in this work was regularly calibrated. Also, 

𝑢𝑟𝑒𝑝𝑒𝑎𝑡𝑎𝑏𝑖𝑙𝑖𝑡𝑦 for this pressure transducer was found to be 0.007 MPa. In this study, during 

sampling, the pressure of the system is controlled by injecting the CO2 gas into the cell to 

prevent any pressure change (while withdrawing the sample into the Erlenmeyer flask) 

within 0.068 MPa in the system. Therefore, usystem for the measurement is found to be 

0.068 MPa. Therefore, Uc(P) is found to be 0.068 MPa with three digits accuracy for all 

the solubility measurements performed in this study. 
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Appendix C – Solubility Uncertainties Measurements 

In comparison with the previous temperature and pressure uncertainties calculations, no 

calibration uncertainty is required for the sampling part of this experiment. Therefore, the 

uncertainty of the solubility measurement is calculated using the following Equation; 

  

 ∆U =  √umeasurement
2 + urepeatability

2 Eq. (36) 

 

Some of the measurements are repeated for data repeatability, and the average standard 

deviation of the repeated test is reported as the uncertainty of repeatability. The 

repeatability for the experiment conducted in this study is found to be 0.000053. To 

calculate the uncertainty of this solubility measurement Eq (37), the main formula used 

is divided into different parts as per following. 

 

 
XCO2 =

XA + XB

XA + XB +
(Mf − Mi) × Fw

WMW

 
Eq. (37) 

  

For simplification, Z and R are defined as; 

 

 Z =  XA + XB Eq. (38) 

 

 R =  
(Mf − Mi) × Fw

WMW
 Eq. (39) 

 

And the uncertainties of ΔZ and ΔR are calculated by; 

 

 ∆Z =  √(∆XA)2 + (∆XB)2 Eq. (40) 

 

 ∆R =  
FW

WMW
× √(∆Mf)2 + (∆Mi)2 Eq. (41) 

 

To calculate ΔZ, XA is divided into C1 and C2. Uncertainties of volume measurements in 

the gasometer, mass measurements and density calculations are used to calculate the total 



 

172 

 

uncertainty of the measurements. (Δ𝑉𝑓 = Δ𝑉𝑖 = 0.1 𝑚𝑙, Δ𝑀𝑓 = Δ𝑀𝑖 = 0.01 𝑔, Δ𝜌𝐿 = 

0.001𝜌𝐿 and Δ𝜌𝐶𝑂2 = 0.0005𝜌𝐶𝑂2). 

 

 XA = (Vf − Vi −
(Mf − Mi) 

ρL
× ρCO2 Eq. (42) 

 

 C1 =  Vf − Vi →  ∆C1 =  √(∆Vf)2 + (∆Vi)2 Eq. (43) 

 

C2 =  
(Mf − Mi)

ρL
 →  

∆C2

C2
=  √(

√(∆Mf)2 + (∆Mi)2

Mf − Mi
)

2

+ (
∆ρL

ρL
)

2

 Eq. (44) 

 

 
∆XA

XA
=  √(

√(∆C1)2 + (∆C2)2

C1 − C2
)

2

+ (
∆ρCO2

ρCO2
)

2

 Eq. (45) 

 

Also, to calculate the uncertainty of XB, D1 and D2 are defined for ease of calculations. 

 

 XB =  
xCO2

1 − xCO2
 ×  [

(Mf − Mi) × Fw

MWw
+

(Mf − Mi) × (1 − FW)

MWNaCl
] Eq. (46) 

 

 D1 =  
xCO2

1 − xCO2
→

∆D1

D1
=  √(

∆xCO2

xCO2
)

2

+ (
∆xCO2

1 − xCO2
)

2

 Eq. (47) 

 

 

D2 =  
(Mf − Mi) × Fw

MWw
+

(Mf − Mi) × (1 − Fw)

Mwsalt
 →  

∆D2

D2
=

Fw

MWw

√(∆Mf)
2 + (∆Mi)

2 +
1 − Fw

MWsalt

√(∆Mf)
2 + (∆Mi)

2 

Eq. (48) 

 

Finally, the uncertainty of ΔXB can be calculated using the following equation; 

 

 
∆XB

XB
=  √(

∆D2

D2
)

2

+ (
∆D1

D1
)

2

 Eq. (49) 
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Employing the defined functions, the uncertainty of measurements are found using the 

following equation; 

 

umeasurement =  ∆XCO2 =  XCO2 × √(
∆Z

Z
)

2

+ (
√(∆Z)2 + (∆R)2

Z + R
)

2

 Eq. (50) 

 

Finally, the expanded uncertainty of these measurements can be found using the 

following equation; 

 

 uexpanded = 2 ×  √umeasurement
2 + urepeatability

2 Eq. (51) 
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Appendix D – CO2 Solubility Calculations 

The salt-free molar fraction of 𝑥𝐶𝑂2

𝑠𝑓
 is determined as follows; 

 

 xCO2

sf =  
nCO2

nCO2
+ nH2O

 Eq. (52) 

 

And 𝑛𝐶𝑂2
 and 𝑛𝐻2𝑂 is a mole number of CO2 and H2O. 

The true mole number can be obtained from the following expressions; 

 

 xCO2
=  

nCO2

nCO2
+ nH2O + ms ∙ nH2O ∙ MH2O

 Eq. (53) 

 

Because 𝑛𝑠𝑎𝑙𝑡  = 𝑚𝑠 ∙ 𝑛𝐻2𝑂 ∙ 𝑀𝐻2𝑂 

And where 𝑚𝑠 =NaCl molality and 𝑀𝐻2𝑂 is the molar mass of water. 

Consequently, the solubility of CO2 can be expressed; 

 

 xCO2
=

xCO2

sf

xCO2

sf + (1 − xCO2

sf )(1 + ms ∙ MH2O)
 Eq. (54) 
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Appendix E - Percentage of Average Absolute Calculations (%AAD) 

The average absolute deviations calculated for each of the experimental data comparisons 

against CPA-SRK72 model predictions are illustrated in the following Eq. (55). 

 

 

 AAD% =  
100

Nexp
∑ (|

xCO2i

cal − xCO2i

exp

xCO2i

exp |)
Nexp

i=1
 Eq. (55) 
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Appendix F – Uncertainties of the Viscosity Measurement 

Two types of uncertainties, Type A [245] and Type B [246] for each of the viscosity 

measurements are demonstrated. The Type A uncertainties, uA(η) have been calculated 

from the standard deviations of up to six independent measurements. In general, the 

uncertainties of viscosity measurements in the gas phase and at low temperatures are 

higher than the dense phase of CO2 mixtures. 

 

 uA(η) =  
s

√n
 Eq. (56) 

 

 s =  √
∑ (xi − x̅)2n

i=1

n − 1
 Eq. (57) 

 

Where uA is an estimated standard uncertainty type A, s represents estimated standard 

deviation, n is the number of measurements and �̅� refers to the mean of the viscosity. 

While, for the Type B uncertainties, it is calculated according to the random error 

propagation theory using the below formulation. 

 

ub(η)

=  ±√[(
∂η

∂∆p
) . d∆p]

2

+ [(
∂η

∂Q
) . dQ]

2

+ [(
∂η

∂D
) . dD]

2

+ [(
∂η

∂L
) . dL]

2

 
Eq. (58) 

 

Based on the equation, the uncertainty of the viscosity due to each variable, (
𝜕𝜂

𝜕𝐿
) , can be 

calculated from the following equation. The variable M could be a pressure drop, Δp, 

flow rate, Q, internal diameter, D or tube length, L. 

 

 (
∂η

∂M
) =  

1

2u(M)
(ηM+u(M) − ηM−u(M)) Eq. (59) 

 

The standard uncertainties for pressure drop, flow rate, diameter and tube length are 

estimated to be ±0.01 psi, ±0.02 cc/hr, ±0.00005 cm and ± 5 cm, respectively. Standard 

uncertainties calculated for temperature and pressure are u(T) = ±0.1 K [182] and u(P) = 

±0.02 MPa, respectively [184]. 
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Appendix G - Base Case, X Field Reservoir Model Eclipse Data Input 

============================================================== 

RUNSPEC 

============================================================== 

 

TITLE                                   

X Field_E300_INIT 

 

DIMENS                                  

129 163 196 / 

 

OIL 

WATER                                   

GAS    

 

METRIC                      

 

START                                  

31 DEC 2022 / 

 

UNIFIN 

UNIFOUT 

 

COMPS 

7 / 

 

EOS 

PR / -- Peng-Robinson 

 

TABDIMS 

--   NTSFUN        NTSPVT       NSSFUN      NPPVT        NTFIP      NTROCC 

       42      1      50           60           3            7*          59  / 

 

GRIDOPTS 

1* 5 / 

 

WELLDIMS 

-- WMAXZ NCWMAX NGMAXZ NWGMAX WELLS CON/WELL GROUP 

WELLS/GROUP 

    35     39      10    20   17  2*  17  1* 44/ 

 

EQLDIMS 

--  NTEQUL   NDPRVD   NDRXVD    NTTRVD    NSTRVD 

--  #EqlRg   z:P(z)   z:Rx(z)   #Xtr(Z)   MxZ:Xtr(Z) 

    1       100       21         1         10   / 

 

REGDIMS 

--  NTFIP    NMFIPR     NRFREG       NTFREG 

--  MxFIPNUM #FIPxxSets MxIndRsvRegs MxFluxRegs 
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     3        3      1*  21  / 

 

VFPPDIMS 

    20   12    12    12    12    12   / 

 

VFPIDIMS 

    20   17    5                  / 

 

GPTDIMS 

5 5 / 

     

ACTDIMS 

    6 80 80 / 

     

UDQDIMS 

    2* 10 10 10 10 10 10 10 10 / 

     

UDADIMS 

    10 10 / 

 

AQUDIMS 

      5 5 15 200 5 100000 /     

 

NSTACK 

    40   / 

 

ROCKCOMP 

   HYSTER     59       / 

 

ISGAS  

 

CO2SOL 

 

SATOPTS 

'HYSTER' / 

 

PARALLEL 

8  / 

 

INCLUDE 

'INCL/PAROPT.INC' / 

 

HWELLS 

 

OPTIONS3 

18* 1 24* 1 168* 1 / 

 

============================================================== 

GRID 

============================================================== 

INIT                                   
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GRIDFILE  

-- GRID output  EGRID output                        

       0             1   / 

 

PINCH                                  

/ 

 

NOECHO                                  

 

INCLUDE 

'INCL/GRID.GRDECL' / 

 

INCLUDE 

'INCL/POROSITY.GRDECL' / 

 

INCLUDE 

'INCL/PERMX.GRDECL' / 

 

INCLUDE 

'INCL/PERMY.GRDECL' / 

 

INCLUDE 

'INCL/PERMZ.GRDECL' / 

 

MINPV 

1000 / 

 

============================================================== 

EDIT 

============================================================== 

-- 

============================================================== 

PROPS 

============================================================== 

NOECHO 

 

ROCKOPTS                               

STRESS 1* ROCKNUM / 

 

INCLUDE 

'INCL/ROCKCOMP.INC' / 

 

INCLUDE 

'INCL/OVERBURDEN.PRN' / 

 

INCLUDE 

'INCL/K5_PVT_FINAL.PRN' / 

 

INCLUDE 

'INCL/KR_PC.INC' / 
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TEMPVD 

--'      Depth   Temp. 

--'        m     °C 

         1800.0  125.20 

         1839.3  126.87 

         1878.6  128.54 

         1917.9  135.07 

         1957.2  131.88 

         1996.5  133.55 

         2035.8  135.22 

         2075.1  136.89 

         2114.4  138.56 

         2153.7  140.23 

         2193.0  141.90 

         2203.0  141.91 

         2213.0  142.75 

         2223.0  143.18 

         2233.0  143.60 

         2243.0  144.03 

         2253.0  144.45 

         2263.0  144.88 

         2273.0  145.30 

         2283.0  145.73 

         2293.0  146.15 

/ 

 

DENSITY 

1* 1006 1* / 

     

PVTW 

350 1 0.00004  0.3 0 /  

 

EHYSTR 

1* 2 / 

 

============================================================== 

REGIONS 

============================================================== 

 

NOECHO                                 

 

INCLUDE 

'INCL/SATNUM.GRDECL' / 

 

INCLUDE 

'INCL/PVTNUM.GRDECL' / 

 

INCLUDE 

'INCL/ROCKNUM.GRDECL' / 
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INCLUDE 

'INCL/FIPNUM.GRDECL' / 

ECHO                                   

 

COPY 

'SATNUM'  'IMBNUM' / 

/ 

 

ADD 

'IMBNUM'  21 / 

/   

 

COPY 

'PVTNUM'  'EQLNUM' / 

/ 

 

============================================================== 

SOLUTION 

============================================================== 

 

EQUIL                                  

-- Datum  Press   OOWC  Pcow  OGOC  Pcog  Init  depth  @datum      

2193  352    2193  0  2193  0    0    0    20   1    / 

 

AQUCT 

--  aquifer datum  P   k     por    Ct     Ri    h  alpha PVTW tab 

      1   2193   352  20   0.10  10E-5  5000  150   90   1   1 /  

      2   2193   352  20   0.10  10E-5  5000  350   90   1   1 /  

/ 

 

AQUANCON 

-- aquifer i1  i2   j1   j2  k1 k2 face C multC 

     1      1   8  1   163 162 196  I-  2*      / 

     1     30  129 1   163 162 196  I+  2*      / 

     1     30  129 106 163 162 196  J+  2*      / 

     2     9    29 129 162 162 196  J+  2*      / 

     2     9    29 129 162 162 196  I+  2*      / 

/ 

 

RPTSOL 

   'AQUANCON=2'  FIP / 

 

RPTRST                                 

BASIC=2 SGAS SOIL SWAT PORV_MOD PRES_EFF PRESMIN  PRES ROCKC/ 

 

============================================================== 

SUMMARY 

============================================================== 

 

NOECHO 
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INCLUDE                                

'INCL/K5_SUMMARY_C02SOL.INC' / 

 

 

 

============================================================== 

SCHEDULE 

============================================================== 

 

DATES                                  

  1 JAN 2023 / 

  / 

 

GRUPTREE 

  'PRODP1' FIELD / 

  'INJP1'  FIELD / 

  'INJP2'  FIELD / 

/ 

 

NOECHO 

 

WELSPECS      

  PROD01V 'PRODP1' 70 62 1880 GAS / 

  GINJ01AH 'INJP1' 84 72 2345 GAS / 

  GHCINJ01 'INJP2' 65 79 1764 GAS / 

/ 

 

COMPDAT                    

  PROD01V 70 62 108 108 OPEN 1* 1.4855E+001 0.19050 1477.14 0.00 1* Z  19.61 / 

  PROD01V 70 62 109 109 OPEN 1* 1.3671E+001 0.19050 1359.33 0.00 1* Z  19.61 / 

  PROD01V 70 62 110 110 OPEN 1* 1.4431E+001 0.19050 1434.99 0.00 1* Z  19.61 / 

  PROD01V 70 62 111 111 OPEN 1* 8.3521E+000 0.19050 830.49 0.00 1* Z  19.61 / 

  PROD01V 70 62 112 112 OPEN 1* 2.4704E+001 0.19050 2456.41 0.00 1* Z  19.61 / 

  PROD01V 70 62 113 113 OPEN 1* 9.7767E+000 0.19050 972.15 0.00 1* Z  19.61 / 

  PROD01V 70 62 114 114 OPEN 1* 7.6426E+000 0.19050 759.95 0.00 1* Z  19.61 / 

  PROD01V 70 62 115 115 OPEN 1* 2.4567E+001 0.19050 2442.86 0.00 1* Z  19.61 / 

  PROD01V 70 62 116 116 OPEN 1* 1.2963E+001 0.19050 1288.98 0.00 1* Z  19.61 / 

  PROD01V 70 62 117 117 OPEN 1* 8.6745E+001 0.19050 8625.52 0.00 1* Z  19.61 / 

  PROD01V 70 62 118 118 OPEN 1* 6.6235E+000 0.19050 658.61 0.00 1* Z  19.61 / 

  PROD01V 70 62 119 119 OPEN 1* 4.7510E+000 0.19050 472.41 0.00 1* Z  19.61 / 

  PROD01V 70 62 120 120 OPEN 1* 9.2102E+000 0.19050 915.81 0.00 1* Z  19.61 / 

  PROD01V 70 62 121 121 OPEN 1* 9.9750E+000 0.19050 991.86 0.00 1* Z  19.61 / 

  PROD01V 70 62 122 122 OPEN 1* 1.7515E+001 0.19050 1741.61 0.00 1* Z  19.61 / 

  PROD01V 70 62 123 123 OPEN 1* 5.8239E+000 0.19050 579.10 0.00 1* Z  19.61 / 

  PROD01V 70 62 124 124 OPEN 1* 4.3557E+000 0.19050 433.11 0.00 1* Z  19.61 / 

  PROD01V 70 62 125 125 OPEN 1* 1.2654E+001 0.19050 1258.22 0.00 1* Z  19.61 / 

  GINJ01AH 84 72 169 169 OPEN 1* 2.9382E+001 0.19050 2557.74 0.00 1* Y  10.10 / 

  GINJ01AH 84 73 169 169 OPEN 1* 4.7548E+001 0.19050 4128.05 0.00 1* Y  9.98 / 

  GINJ01AH 84 74 169 169 OPEN 1* 4.2505E+001 0.19050 3691.02 0.00 1* Y  9.99 / 

  GINJ01AH 85 74 169 169 OPEN 1* 4.5998E+000 0.19050 399.39 0.00 1* Y  9.98 / 

  GINJ01AH 85 75 169 169 OPEN 1* 4.8003E+001 0.19050 4169.00 0.00 1* Y  9.99 / 
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  GINJ01AH 85 76 169 169 OPEN 1* 5.1169E+001 0.19050 4442.25 0.00 1* Y  9.97 / 

  GINJ01AH 85 77 169 169 OPEN 1* 7.6983E+000 0.19050 667.88 0.00 1* Y  9.94 / 

  GHCINJ01 65 79 87 87 OPEN 1* 2.1685E+000 0.19050 201.78 0.00 1* Z  13.93 / 

  GHCINJ01 65 80 87 87 OPEN 1* 9.6230E+000 0.19050 894.46 0.00 1* Z  13.86 / 

  GHCINJ01 65 80 88 88 OPEN 1* 1.4454E+001 0.19050 1343.53 0.00 1* Z  13.86 / 

  GHCINJ01 65 80 89 89 OPEN 1* 1.8138E+001 0.19050 1685.94 0.00 1* Z  13.86 / 

  GHCINJ01 65 80 90 90 OPEN 1* 2.5845E+001 0.19050 2411.88 0.00 1* Z  14.13 / 

  GHCINJ01 65 80 91 91 OPEN 1* 2.0365E+001 0.19050 1900.44 0.00 1* Z  14.13 / 

  GHCINJ01 65 80 92 92 OPEN 1* 1.7878E+001 0.19050 1668.37 0.00 1* Z  14.13 / 

  / 

 

COMPMOBI   

  GINJ01AH 84 72 169 169 26.3 / 

  GINJ01AH 84 73 169 169 26.3 / 

  GINJ01AH 84 74 169 169 26.3 / 

  GINJ01AH 85 74 169 169 26.3 / 

  GINJ01AH 85 75 169 169 26.3 / 

  GINJ01AH 85 76 169 169 26.3 / 

  GINJ01AH 85 77 169 169 26.3 / 

  / 

 

INCLUDE 

'INCL/VLPPRODARIFRev1.INC' / 

 

INCLUDE 

'INCL/VLPCO2INJARIFRev1.INC' / 

 

INCLUDE 

'INCL/VLPINJ_HC_GAS.INC' / 

 

ECHO 

 

WCONPROD      

-- WELL   STATUS Ctrl Mode Gas limit BHPlimit THP limit VFP table     

  PROD01V OPEN THP 1* 1* 5380195.78 1* 1* 1* 90 1 7* / 

/ 

 

UDQ 

DEFINE GU2 MAX('WYMF_2''PROD*') / 

DEFINE WU1 0.045474671*'WYMF_2'-0.001174254+((48.38688*'WYMF_2'-

24.2416)/'WBHP')^(4.80886*'WYMF_2'-1.6007) / 

DEFINE WU2 WHMPR*WU1*18*0.001 / 

DEFINE FU1 FWPR+SUM('WU2''PROD*') / 

DEFINE FU9 ('FYMF_2'-0.1024) / 

UNITS FU1 SM3/DAY / 

/ 

 

ACTIONX 

'ACT1' 100000 1* / 

'FYMF_2' '>' 0.78 AND /  

'WYMF_2' 'PROD*' '>=' 'GU2' 'PRODP1'/ 



 

184 

 

/ 

 

WELOPEN 

'?' SHUT / 

/ 

 

ENDACTIO 

ACTIONX 

'ACT2' 100000 1* / 

'FYMF_1' = 0 / 

/ 

 

WELOPEN 

'GINJ*' SHUT / 

/ 

 

ENDACTIO 

 

GCONPROD 

-- 190 MMscf = 5380195.78 m3 

 'PRODP1' 'GRAT' 2* 5380195.78  / 

/ 

 

DATES                                  

  2 JAN 2023 / 

  / 

 

WCONINJE 

-- WELL TYPE   STATUS Ctrl Mode Gas limit   BHP limit THP limit VFP table    

  GINJ01AH   'GAS' 'OPEN' 'GRUP' 3256434.29 1* 392 1* 1 / 

  GHCINJ01   'GAS' 'OPEN' 'GRUP' 4247523 1* 363 1* 3 /  

/ 

 

WELLSTRE 

--   C1 CO2 C2-HSS C3-C5 C6-C11 C12-C24 C25-C30 

InjG 0.01 0.97 0.01 0.01/ 

InjG2 0.802 0.19 0.008 0.001 / 

/ 

 

GINJGAS 

'INJP1' STREAM InjG 2* / 

'INJP2' STREAM InjG2 2* / 

/ 

 

GCONINJE 

-- min HCi = 18 MMscf, 509703 m3 

'INJP1' 'GAS' 'REIN' 2* 'FU9'  4*  PRODP1 / 

'INJP2' 'GAS' 'RATE' 509703 / 

/ 

 

RPTSCHED 
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FIP=3 / 

 

RPTRST 

'BASIC=2' 'YMF' 'KRG' 'KRO' 'KRW' 'CONV=100' 'PRES' 'SOIL' 'SGAS' 'SWAT' 

'DENG' 'VGAS' 'ZMF' 'XMF' 'PORV_MOD'/ 

 

MESSAGES 

    9* 500   / 

TUNING 

    0.1 3 / 

    / 

    2* 100 / 

/  

 

RPTPRINT 

    1 0 0 0 0 0 0 1 1 / 

 

DATES                                  

 3 'JAN' 2023 / 

 1 'JAN' 2024 / 

 1 'JAN' 2025 / 

 1 'JAN' 2026 / 

 1 'JAN' 2027 / 

 1 'JAN' 2028 / 

 1 'JAN' 2029 / 

 1 'JAN' 2030 / 

 1 'JAN' 2031 / 

 1 'JAN' 2032 / 

 1 'JAN' 2033 / 

 1 'JAN' 2034 / 

 1 'JAN' 2035 / 

 1 'JAN' 2036 / 

 1 'JAN' 2037 / 

 1 'JAN' 2038 / 

 1 'JAN' 2039 / 

 1 'JAN' 2040 / 

/ 

 

============================================================== 

END 

============================================================== 

 

 

  



 

186 

 

Appendix H – Case 1, Existing X Field Reservoir Model with New 

Solubility Input Data (A New SOLUBILI Keyword under PROPS)  

============================================================== 

PROPS 

============================================================== 

NOECHO 

 

ROCKOPTS                               

STRESS 1* ROCKNUM / 

 

INCLUDE 

'INCL/ROCKCOMP.INC' / 

 

INCLUDE 

'INCL/OVERBURDEN.PRN' / 

 

INCLUDE 

'INCL/K5_PVT_FINAL.PRN' / 

 

INCLUDE 

'INCL/KR_PC.INC' / 

 

TEMPVD 

--'      Depth   Temp. 

--'        m     °C 

         1800.0  125.20 

         1839.3  126.87 

         1878.6  128.54 

         1957.2  131.88 

         1996.5  133.55 

         2035.8  135.22 

         2075.1  136.89 

         2114.4  138.56 

         2153.7  140.23 

         2193.0  141.90 

         2203.0  141.91 

         2213.0  142.75 

         2223.0  143.18 

         2233.0  143.60 

         2243.0  144.03 

         2253.0  144.45 

         2263.0  144.88 

         2273.0  145.30 

         2283.0  145.73 

         2293.0  146.15 

/ 

 

DENSITY 

1* 1006 1* / 
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PVTW 

350 1 0.00004  0.3 0 / 

 

-- New solubility data on CO2+H2S+brine is introduced replacing existing default 

solubility table. 

 

SOLUBILI 

-- Pressure      Rsb                    Bw         Uw               Cw 

-- (bars)     (SM3/SM3)         RM3/SM3     (cP)           (1/psi) 

0.00 0             1.00 0.206 3.958E-06 

1.01 0.2581             1.00 0.207 3.957E-06 

6.90 0.441898907 1.00 0.207 3.957E-06 

20.69 2.75135812 1.01 0.209 3.956E-06 

34.48 4.963872238 1.02 0.211 3.955E-06 

48.28 7.082336864 1.02 0.213 3.954E-06 

65.52 9.60257182 1.03 0.215 3.953E-06 

82.76 11.9860343 1.03 0.217 3.952E-06 

100.00 14.23837978 1.03 0.220 3.951E-06 

117.24 16.36526374 1.03 0.222 3.950E-06 

134.48 18.37234164 1.04 0.225 3.949E-06 

151.72 20.26526898 1.04 0.228 3.948E-06 

168.97 22.04970121 1.04 0.231 3.946E-06 

186.21 23.73129383 1.04 0.234 3.945E-06 

203.45 25.31570229 1.04 0.237 3.944E-06 

220.69 26.80858209 1.04 0.240 3.943E-06 

237.93 28.21558868 1.04 0.243 3.942E-06 

255.17 29.54237756 1.04 0.246 3.941E-06 

289.66 31.97792406 1.05 0.253 3.939E-06 

324.14 34.16046538 1.05 0.260 3.936E-06 

358.62 36.13524532 1.05 0.267 3.934E-06 

393.10 37.9475077 1.05 0.275 3.932E-06 

427.59 39.64249631 1.05 0.283 3.930E-06 

462.07 41.26545497 1.06 0.291 3.927E-06 

496.55 42.86162746 1.06 0.300 3.925E-06 

531.03 44.4762576 1.06 0.309 3.923E-06 

565.52 46.15458919 1.06 0.318 3.921E-06 

600.00 47.94186604 1.07 0.327 3.918E-06 

655.17 51.14104365 1.07 0.343 3.915E-06 

689.66 53.42331916 1.07 0.354 3.913E-06 

/ 

 

RPTPROPS 

SOLU / 

 

EHYSTR 

1* 2 / 

 

FILLEPS 
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