
 

CO2 Capture and Storage from Power Plant Flue Gas Using Gas Hydrate-

Based Technologies 

 

 

Aliakbar Hassanpouryouzband 

Submitted for the degree of Doctor of Philosophy 

 

Heriot-Watt University 

Institute of Petroleum Engineering  

School of Energy, Geoscience, Infrastructure, and Society 

August 2019 

 

 

 

 

 

The copyright in this thesis is owned by the author. Any quotation from the 

thesis or use of any of the information contained in it must acknowledge 

this thesis as the source of the quotation or information. 



ABSTRACT 

 
The climate system is changing globally, and there is substantial evidence that subsea 

permafrost and gas hydrate reservoirs are melting in high-latitude regions of the Earth, 

resulting in large volumes of CO2 (from organic carbon deposits) and CH4 (from gas 

hydrate reserves) venting into the atmosphere. As one of the main contributors to global 

climate change, power plants produce a substantial proportion of global anthropogenic 

CO2 emissions. Here, we developed techniques to capture and storage CO2 (CCS) present 

in power plant flue gases based on gas hydrate technologies. First, we experimentally 

measured the thermodynamic properties of different flue gases, followed by modelling 

and tuning the equations of states.  Second, we proposed injection of flue gas into methane 

gas hydrate reservoirs as an option for economically sustainable production of natural gas 

as well as CCS. The optimum injection conditions were found and reaction kinetics was 

investigated in realistic conditions and well characterised systems. Third, kinetics of flue 

gas hydrate formation for both the geological storage of CO2 and the secondary sealing 

of CH4/CO2 release in one simple process was investigated, followed be thoroughly 

investigation of hydrate formation kinetics using a highly accurate in house developed 

device. Finally, effect of the proposed methods on permeability and mechanical strength 

of the geological formations was investigated.     
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Chapter 1 - INTRODUCTION 

Gas hydrates are the center of research emphasis in sustainable chemistry because of their 

innovative applications in a wide range of scientific and industrial contexts. The early era 

of gas hydrates-related research was primarily dominated by the flow assurance. 

However, in recent years the upsurge of work in the field was stimulated by expanding 

its applications to energy recovery, CO2 capture and storage, gas separation, water 

desalination, gas storage and transport, refrigeration, etc. More recently, emission of 

arctic methane from hydrate-bearing sediments has emerged as a greenhouse warming 

potential (GWP), which could be a major concern in the future. 

 

Properties of gas hydrates under various conditions have countless practical consequences 

in science and technology, and it also affects natural cycles. One obvious example is the 

cycle of natural gas hydrate formation at high latitude regions of the earth during seasonal 

changes, which influences global phenomena such as climate change. On the other hand, 

controlling the properties of the clathrates using different methods and additives is of 

great importance to the mentioned sectors, particularly in the context of reducing the costs 

and controlling the kinetics of formation/dissociation, as the expenses required for the 

application of hydrate based methods impact the future of this technology. Even the 

multibillion-dollar oil industry is affected by the properties of gas hydrates formed from 

hydrocarbon gases, formation of which can plug the production facilities and transport 

pipelines, imposing billions of financial loses every year. Finally, fundamental 

understanding of properties of gas hydrates is undeniably involved in any hydrate-based 

technology, which forms the basis of the technologies.  

 

Global energy demand is significantly increasing due to population and economic growth. 

The 2013 International Energy Outlook  by the United States Department of Energy (US 

DOE) projected a global energy consumption rise by 56% from 524 quadrillion BTU 

(British Thermal Unit) in 2010 to 820 quadrillion BTU in 20401.  Growing non-OECD 

(Organization for Economic Co-operation and Development) economies, notably China 

and India are the major contributors to the growing energy consumption. Their combined 

consumption has been projected to reach 28% of world energy consumption by 20302.  

 

As the world transits to a future where renewable is the energy mainstay, there has been 

tremendous progress in generating energy from non-fossil fuel sources. However, the 



 

2 

amount generated is insignificant in meeting the energy demand. About 80% of world 

energy supply will still be sourced from carbon-based fuels including natural gas, oil, and 

coal3. Combustion of these fuels will continue to emit CO2, a greenhouse gas into the 

atmosphere increasing the atmospheric concentration of CO2and its attendant global 

warming effect. Natural gas is the cleanest burning of these three fuel sources and its use 

is set to grow highest among others. Thus, in the medium to long term it could serve as a 

link between now and a future where low to zero carbon energy reigns. 

 

Presently, about 80% of global natural gas consumption comes from conventional gas 

sources4. However, due to technological advances, contributions from unconventional 

sources including tight gas, shale gas, and coalbed methane have increased. To further 

increase the contribution from unconventional natural gas resources, there is need for 

development of natural gas hydrate reservoirs.  

 

1.1 Natural gas hydrates 

Natural gas hydrates are ice-like solids that form and stabilize under conditions of low 

temperature and high pressure. They consist of molecules of water interconnected by 

hydrogen bonds, forming an open lattice that large enough to encage small hydrocarbon 

molecules as guest molecules5,6. The most known guest molecules that form hydrate are 

light hydrocarbons from C1 to C5, CO2, N2 and H2S. These guest molecules are known 

to form three general structures of hydrates, namely structure I (sI), structure II (sII), and 

structure H (sH), which all structure contain various size of cavities and different types 

of guest molecules. Some cavities may remain empty during stable hydrate formation. 

Natural gas hydrates have nonstoichiometric nature, stabling by encaging guest 

molecules. Therefore, they differ from common stoichiometric hydrates such as 

CaSO4.2H2O5. They exist naturally in marine and permafrost sediments and have been 

stable for millions of years7. They are geographically evenly distributed. This has elicited 

active research and development activities into its development especially by 

conventional oil and gas-resource lean countries like Japan and South Korea. Estimates 

of natural gas hydrate resources shows that the amount of methane in natural Gas hydrate 

is several orders of magnitude greater than that in conventional and other unconventional 

gas sources combined. One of the early estimates was by Daniels et al.8 at 3053×1015 m3 

based on assumptions that hydrates could occur wherever conditions for formation and 

stabilization exist. Soloviev9 considered limiting factors such as availability of methane, 
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limited porosity, and percentage of organic matter to give a more conservative estimate 

of 0.2×1015 m3 of methane. However, from improved understanding and information 

extracted in-situ from field trials, estimates of methane in natural gas hydrates reservoirs 

has decreased significantly over time. The most conservative in recent times is at 3×1015 

m3. Technically recoverable volumes of gas in gas hydrate reservoirs have been put at 

approximately 3×1013 m3 by Boswell and Collet10. 

 

1.2 Techniques for methane recovery 

From the foregoing, it is evident that natural gas hydrate is a potential and abundant future 

source of energy. It is therefore imperative to develop techniques to exploit and recover 

methane from it. This however presents itself a daunting challenge, firstly due to the harsh 

conditions in its natural habitat. In addition, it is markedly different from conventional 

and other unconventional natural gas sources. Conventional and other unconventional 

natural gas sources are trapped in place by geological structures (impermeable cap rock) 

and recovered by just sinking a well into the reservoir, and by creating additional conduit 

(hydraulic fracturing) in ultra-low permeability formations (tight gas and shale gas 

formations). Gas hydrates are solids in their natural state and does not need to be trapped, 

thus techniques to recover gas from them involves primarily in-situ dissociation and then 

creating a conduit (well) for gas flow. Three most commonly proposed recovery methods 

in literature are depressurization, thermal stimulation, and inhibitor injection. 

 

1.3 Depressurization 

Gas production by depressurization as the name implies involves lowering the reservoir 

pressure below the hydrate equilibrium pressure at the prevailing reservoir temperature11–

14. This has been described as the most economical of the three methods as it does not 

incur additional cost either in form of energy or chemicals. However, it is reportedly a 

slow process. 

1.1.2.2 Thermal stimulation 

In thermal stimulation method, gas is recovered from natural gas hydrate by heating the 

reservoir to increase and shift the temperature away from the hydrate stability region 

leading to hydrate dissociation. Heat energy is supplied in the form of steam injection or 

hot water injection15–19. A major disadvantage of this technique is reduced efficiency due 

to the loss of heat energy during delivery from source to the reservoir. There is also the 

possible loss of heat to non-hydrate bearing zones and water handling issues due to 
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excessive water production. To mitigate these challenges, alternative heat transfer 

approaches has been suggested. Islam20 proposed electromagnetic heating in which 

electromagnetic heat sources are introduced downhole to provide localized heating. This 

involves installation of electromagnetic heat generators along the length of 

vertical/horizontal wells in the hydrate bearing zone. In practical terms, this will incur 

additional cost not only in terms of installations, but also in terms of energy cost. 

Modelling and simulation studies also proposed in-situ combustion of methane from the 

methane hydrate reservoir21. They suggested the use of a mixture of liquid fuel and 

oxygen/CO2 slurry as the combustion fluid downhole which will not be commercially 

viable considering the volume of liquid fuel and oxygen/CO2 slurry needed for sustained 

methane production. 

1.4 Inhibitor injection 

Inhibitor injection works by altering the hydrate phase boundary to dissociate hydrate in-

situ22–26. It does this by shifting the phase boundary to higher pressures and lower 

temperatures. As a gas recovery method from natural gas hydrate reservoirs, it is not well 

studied compared to depressurization and thermal stimulation. This is owing to the fact 

that it is economically unwise considering the volume and cost of chemical needed and 

its toxicity to the environment. Chemical inhibition studies have so far been limited to 

hydrate dissociation in pipelines and surface facilities. Chemical inhibitors are classified 

into two main categories: thermodynamic inhibitors and kinetic inhibitors.  

Thermodynamic inhibitors such as ethylene glycol (EG) and methylene glycol (MEG) 

alter the hydrate equilibrium condition, thereby dissociating hydrate. They are therefore 

more suitable for gas recovery in natural gas hydrate reservoir. On the other hand, kinetic 

inhibitors slow the rate of hydrate formation, hence they are of more interest in mitigating 

hydrate problems in pipelines and surface facilities. 

 

1.5 Combination of processes 

Combinations of two methods have also been proposed so that the effect of inherent 

deficiency in one method can be reduced by the other method. It has been reported that 

depressurization, apart from being a slow method, also has the possibility of ice formation 

when rapidly done27 thereby causing a reduction or complete blockage of permeability 

which affects the volume of gas produced. In thermal stimulation, a significant proportion 

of the heat energy supplied is lost to ‘thief zones’ (none hydrate bearing zones). In 

addition, the hydrate-bearing zone must be of good porosity, about 15% or more for 
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effective heat stimulation. Chemical inhibition process is expensive owing to the cost of 

the chemicals and also requires a good porosity. Some of these combined approaches 

mimics production techniques applied in conventional reservoirs and are mostly a 

combination of thermal stimulation and depressurization. The huff and puff technique 

demonstrated by Li et al.19 is a combination of thermal stimulation and depressurization 

involving cycles of injection of hot fluid (water or steam), soaking, and gas production. 

According to the authors gas to water ratio of 55 m3 of methane (STP)/m3 of water 

justifies the economic feasibility of the process. Steam Assisted Gravity Drainage 

(SAGD)28 and Steam Assisted Antigravity Drainage (SAAD)29 have also been tested for 

gas recovery in natural gas hydrates in sediments in a combination of thermal stimulation, 

depressurization, and brine injection. Both methods employ two horizontal wells; one 

injection and one production. In SAAD, the production well is above the injection well 

and was reported to produce more gas and less water in comparison to SAGD.  

 

1.6 Gas injection 

Gas injection, especially CO2 into natural gas hydrate reservoir for methane recovery has 

received tremendous attention30–32. In this regard, natural gas hydrate reservoirs could 

serve as a CO2 sink by sequestering CO2 as CO2 hydrate in CO2-CH4 exchange process33. 

Hydrate phase equilibria depends on the type of gas occupying the hydrate cage. Seo et 

al.34  in their study reported that comparing equilibrium conditions  of pure CO2 and 

methane gases, pure CO2 hydrates form at higher temperature for a given pressure, or at 

a lower pressure for a given temperature. Lee et al.33 demonstrated this by carrying out 

quantitative experiments to investigate the kinetics of CO2-CH4 exchange by injecting 

liquid CO2 into methane hydrate. From their results, they inferred the mechanism for 

methane production and identified the depth of the dissociation/exchange on hydrate 

particles35. The process has also been reported to be thermodynamically feasible36 as the 

heat released during CO2-hydrate formation (exothermic, -57.98 kJ/mol) is larger than 

the heat absorbed during methane hydrate dissociation (endothermic, 54.49 kJ/mol). 

Nitrogen injection has been also used to dissociate methane hydrate. Panter et al.37 purged 

gas hydrate plug in pipeline by injecting nitrogen gas. In addition, Masuda et al.38flowed 

nitrogen through methane hydrate bearing limestone core. He observed that hydrate 

dissociated as the nitrogen gas passed through the core. Furthermore, mixtures of CO2 

and nitrogen has shown strong efficacy in dissociating methane hydrate39–42. Park et al.43 

quantified methane replacement using a mixture of CO2 and nitrogen in comparison with 
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CO2 only.  With the use of Raman spectroscopy, they reported that 23% of methane in 

methane hydrate was replaced by nitrogen and 62% of methane in methane hydrates was 

replaced by CO2, thus recovering about 85% of methane in the hydrate, a significant 

increase on 64% that could be recovered by pure CO2. 

 

1.7 Scientific and field trials 

Following several exploratory expeditions, natural gas hydrates has been established to 

be abundantly and geographically widespread sparking unprecedented research effort into 

its exploitation and natural gas production from it. Based on increased knowledge from 

laboratory and simulation studies, a number of onshore and offshore field production 

trials have been conducted. 

Recently, literature search was carried out to see if any new field trials of methane 

recovery from hydrate reservoirs worldwide. The search outcome did not show any new 

trials in plan or in progress in public accessible literature. 

 

1.7.1 Messoyakha gas field 

Messoyakha gas field in the Russian Arctic is the first reported gas hydrate field. Its 

production date of 1969 predates most of the active research in natural gas hydrates. The 

field consists of a free gas layer underlying the hydrate layer 44. Depressurization 

technique is employed by producing gas from the free gas layer which reduces the 

reservoir pressure, causing the gas hydrate to dissociate and release more gas. Cumulative 

gas production to date from the field has been put at 12.9 BCM (billion cubic meters) of 

which 5.4 BCM was contributed from hydrate decomposition. 

 

1.7.2 Mount Elbert, Alaska 

BP Exploration has been active in natural gas hydrate production research in the Alaska 

North Slope. This area has a significant concentration of natural gas hydrate reserves in 

its permafrost with a total estimate of 2.4 TCM45. In 2007 in conjunction with US 

Department of Energy (U.S. DOE) and US geological Survey (USGS), they drilled a 

stratigraphic well to evaluate the potential of technical and commercial viability of gas 

resource from the Alaska North Slope gas hydrate accumulations. Results from their 

wireline Modular Dynamic Testing (MDT) analysis was in agreement with their pre-drill 

predictions46.  
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1.7.3 Mallik Field, Canada 

The Mallik field is situated in the Mackenzie delta, northwest Canada and it has seen 

active hydrate production testing since 200247. Hydrate saturations in excess of 80% of 

pore volumes in some locations has been reported. This makes the Mallik field one of the 

most concentrated hydrate field in the world. There has been two production tests in this 

site so far. 

The Mallik 2002 Gas Hydrate Production Research Well Program, a collaborative 

agreement between Japan National Oil Company (JNOC) and Geological Survey Canada 

(GSC) tested the feasibility of gas production from a natural gas hydrate reservoir at the 

Mallik 5L-38 well site by quantifying the pressure drawdown response of a hydrate 

reservoir. They employed both depressurization and thermal stimulation methods. Their 

test results confirm the possibility of gas production form especially sand dominated 

hydrate reservoirs48. 

 

Also, in 2007 and 2008, a consortium of researchers from Japan Oil, Gas and Metals 

National Corporation (JOGMEC), Natural Resources Canada (NRCan) conducted 

another production test at the Mallik 2L-38 well site using depressurization method49. 

The 2007 test lasted for only 60 hours due to excessive sand production. The 2008 test 

produced both water and gas at 10-20 m3 water/day and 2000-3000 m3 gas/day. It lasted 

for 6 days, the authors in their report opined that the initial high permeability conduits 

that caused initial high gas production rate collapsed with time as hydrate dissociated, 

consequently causing a decline in production. 

 

1.7.4 Ignik Sikumi Field, Alaska 

The Ignik Sikumi gas hydrate field is located in the Prudhoe Bay Unit, Alaska North 

Slope. In May 2012, researchers from ConocoPhillips in collaboration with JOGMEC 

and U.S. DOE the first field trial of CO2-methane exchange mechanism for gas recovery 

from natural gas hydrate reservoir 51-52. The obtained results are complex and hard to 

interpret51. They injected approximately 6000 m3 of a gas mixture composed of 23% CO2 

and 77% N2 into the target hydrate bearing sediment. At the end of the test period, 

approximately 70% of the injected nitrogen was recovered while only 40 % of injected 

CO2was recovered indicating that CO2-methane exchange occurred, and CO2 sequestered 

as CO2-hydrate. Of the approximately 30000 m3 of gas mixture produced, 24,210 m3 was 
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methane. Methane component of the gas mixture produced reached over 90% and the test 

lasted for six weeks. However, this was a limited scale scientific field experiment and 

posed the unique challenge of maintaining rather than controlling the process52. 

 

1.7.5 MH-21 Nankai Trough, Japan 

Following the successes achieved in onshore field production trials, the first offshore gas 

production gas production trial from natural gas hydrate reservoirs was conducted in 

March 2013 by JOGMEC in the eastern Nankai Trough, off the Pacific Coast of Japan53. 

They employed depressurization method by setting well bottom-hole pressure from 13.5 

MPa to 4.5 MPa. The daily average gas production rate was 20,000 m3/d and a cumulative 

gas production of 120,000 m3. The test lasted for 6 days and was reportedly suspended 

due to bad weather and sand production.  

 

1.7.6 Shenhu, South China Sea, China 

In May 2017, China announced the success of the first country to produce methane gas 

from gas hydrate deposits beneath the South China Sea54 (Zheng, 2017). China started its 

first test drilling at the Shenhu area in 2007. The Shenhu gas hydrate enrichment region 

is located in the northern slope of South China Sea, and tectonically belongs to the Baiyun 

sag of the Zhuer depression in the Pearl River Mouth Basin54. The water depth is from 

1000 to 1700 m, the submarine temperature from 276.4 K to 276.8 K, the geothermal 

gradient in a range of 318-340 K/km, and seafloor pressure greater than 10 MPa. The well 

logging indicated that the gas hydrate beds have a thickness of 17.6 m, an average 

effective porosity of 30%, an average gas hydrate saturation of 46.2%, and an average 

permeability of 5.5 mD. The test drilling and production operation was conducted by 

China International Marine Containers Group and China National Petroleum Corporation. 

Simple depressurization was applied to decompose the gas hydrates. By May 17 2017, 

when the test production reached a steady output, 113,200 m3 of natural gas was yielded 

over the previous seven days, with average daily production of just over 16,000 m3 and 

methane content up to 99.5%. China expects commercial use of the resource before 2030. 

No further information is publicly available on the duration of gas production, the total 

volume of gas production, and encountered technical challenges. 
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1.8 Thesis structure 

This thesis is focused almost exclusively on using gas hydrate-based technology for 

mitigating the CO2 produced by power plants. The thesis is structured in 7 parts. In each 

part we introduce parts of our work that provided insights into different aspects of the gas 

hydrate-based technology for CO2 capture from power plants. 

 

In chapter 2, we introduce a new approach to accurately measure the solubility of three 

different types of simulated power plant flue gases, including coal-fired flue gas, gas-

fired flue gas, and syngas, in water and aqueous solutions of NaCl. To mimic real 

operational conditions, the solubility measurements were carried out over a temperature 

range from 273.25 to 303.05 K and pressures up to 22 MPa with 5, 10 and 15 wt. % NaCl. 

The experimental data were presented in conjunction with thermodynamic predictions. 

To predict the solubility of CO2 and N2 in water and brine, we applied three different 

equations of state, including CPA-SRK72, VPT, and PC-SAFT, with adjusted binary 

interaction parameters (BIPs) using a wide range of available experimental data. We also 

performed a series of sensitivity analyses to identify the accuracy range of each EOS in 

terms of pressure, temperature and salinity. 

 

In chapter 3, injection of flue gas or CO2-N2 mixtures into gas hydrate reservoirs has been 

investigated in bulk conditions. In this chapter a series of experiments were conducted to 

investigate the dependence of CO2 capture efficiency on reservoir conditions. The CO2 

capture efficiency was investigated at different injection pressures from 2.6 to 23.8 MPa 

and hydrate reservoir temperatures from 273.2 to 283.2 K in the presence of two different 

saturations of methane hydrate (see Figure 1.1). 

 

Figure 1.1 Table of content art for chapter 3 
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In chapter 4, Injection of flue gas into gas hydrates reservoirs was further investigated. 

We have carried out a series of real-time scale experiments under realistic conditions 

covering temperature 261.2-284.2 K and at the optimum pressures defined in our previous 

chapter, in order to characterize the kinetics of the process and evaluate the efficiency. 

(see Figure 1.2). 

 

Figure 1.2 Table of content art for chapter 4 

 

In chapter 5, we propose the formation of flue gas hydrates in permafrost regions and 

marine sediments for both the geological storage of CO2 and the secondary sealing of 

CH4/CO2 release in one simple process, which could greatly reduce the cost of CO2 

capture and storage (CCS). The kinetics of flue gas hydrate formation inside frozen and 

unfrozen sediments were investigated under realistic conditions using a highly accurate 

method and a well-characterized system (see Figure 1.3).  
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Figure 1.3Table of content art for chapter 5 

 

 

In chapter 6, we present a highly accurate method to investigate the kinetics of flue gas 

hydrate formation. Preliminary results are detailed at three different temperatures. The 

results obtained from this study are important for optimizing CO2 separation operations 

thus maximizing efficiency and reducing economic barriers. In addition, they are also 

useful in studying the kinetics of hydrate formation in other gas mixture systems. 

 

In chapter 7, characteristics of gas permeation through gas hydrate-bearing sediments 

were explored under varying differential pressure for three types of sedimentary core 

samples, including 100 wt. % silica sand, 95 wt. % silica sand + 5 wt. % montmorillonite 

clay, and consolidated sandstone using a standard core-holder.  

 

In chapter 8, the effect of gas hydrate and ice on the geomechanical properties of 

sediments were compared by triaxial compression tests for typical sediment conditions: 

unfrozen hydrate-free sediments at 273.4 K, hydrate-free sediments frozen at 263.1 K, 

unfrozen sediments containing about 22 vol% methane hydrate at 273.4 K, and hydrate-

bearing sediments frozen at 263.1 K. The effect of hydrate saturation on the 
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geomechanical properties of simulated permafrost sediments was also investigated at 

predefined temperatures and confining pressures. Finally, a new physical model was 

developed, based on formation of hydrate networks or frame structures to interpret the 

observed strengthening in the shear strength and the ductile deformation.  

It should be noted that the experiments in this chapter were conducted by Dr. Jinhai Yang, 

which is highly appreciated.  

 

In chapter 9, we summarize the conclusions of previous sections and present 

recommendations for future works in our area of study.   
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Chapter 2 - Solubility of Flue Gas in Water and Aqueous Solutions of 

Salts: Experimental Measurement and Thermodynamic 

Modelling 

 

2.1 Introduction 

Nowadays, fossil fuels, as the main sources of energy demanded in the world, are the 

major contributors to unprecedented anthropogenic CO2 concentration in the 

atmosphere1-2. Use of the fossil fuels as a dominant energy resource is anticipated to be 

continued in the foreseeable future3 despite the fact that the main portion of the 

greenhouse effect and global warming is unquestionably caused by the anthropogenic 

CO2
4-5. Hence, it is inevitable to develop efficient systems to capture and sequester the 

CO2 away from the atmosphere to stabilize its atmospheric concentration and mitigate 

environmental problems6. Carbon capture and storage (CCS) refers to a process in which 

CO2 is captured from large point sources (e.g. fossil fuel power plants) and stored into 

storage sites such as geological formations7-10. Localized reductions in CO2 emission have 

been achieved by CCS pilots operating in the USA and Europe11. Regarding the high cost 

of conventional CCS technologies12, it has been extensively attempted to enhance the 

efficiency of CCS processes by developing economical and viable CCS techniques13. 

However, there is still a number of technical and economic hindrances to be addressed14.  

Recently, injecting CO2 into deep saline aquifers has been suggested as one of the 

potential CCS techniques. In this method, two mechanisms including solubility trapping 

and mineral trapping participate for long-term storage of the injected CO2. The solubility 

trapping refers to dissolution of CO2 into the formation water while the mineral trapping 

takes place by chemical transformation of the dissolved CO2 to geologically and 

thermodynamically stable carbonate minerals. It is essential to conduct adequate 

theoretical and experimental studies on the two mechanisms to understand the 

interactions between the injected gas and formation water as well as the effect of other 

constituents and salinity of the formation water on CO2 solubility15-16.  

More recently, direct injection of flue gas into methane hydrate-bearing sediments has 

been proposed as a cost-effective and advantageous technique for simultaneous recovery 

of methane and sequestration of CO2 as gas hydrate from the flue gas17-21. The North 

Slope of Alaska hydrate field trial successfully demonstrated that it is technically feasible 

to produce methane and store CO2 as hydrate by injection of CO2-N2 mixture into gas 

hydrate reservoirs22-24. In addition to the economic advantages, injection of the CO2-N2 
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in methane hydrate reservoirs results in a higher mobility in the sediments and 

subsequently higher methane recovery compared with those of pure CO2
25-26. Successful 

application of this method may persuade other CCS techniques to use the flue gas instead 

of pure CO2 in order to reduce the CO2 separation costs. To achieve this, it is necessary 

to understand physical and chemical interactions between water and CO2 when other 

constituents of the flue gas such as N2 coexist. Gas hydrates which are ice-like inclusion 

crystalline solids with water molecules encaged small gas molecules, stand in need of 

specific conditions in terms of pressure, temperature, and gas phase composition to be 

stable27-28. Accordingly, the presence of N2 alters CO2 solubility in water and 

consequently hydrate stability zone (HSZ) due to change in the flue gas composition after 

being contacted with water, which, in turn, alters the stable hydrate composition at various 

pressures and temperatures27. Therefore, since the presence of other constituents strongly 

affects the thermodynamic behavior of CO2, their influence is required to be recognized 

and addressed in the CCS process design29-30. 

Given the remarkable influence of other constituents in gas stream on the CO2 

solubility in water and brine31, such solubility data must be used for efficient design, 

development, and deployment of innovative CCS techniques, particularly the techniques 

in which the equilibrium liquid-phase composition is required to estimate the gas-liquid 

mass transfer rate. Furthermore, since there are limited experimental data available in the 

open literature for ternary and multicomponent systems with water31, it is necessary to 

study these systems in terms of the fluid phase equilibria and solubility to assess 

thermodynamic models and improve their accuracy and reliability. Finally, calculating 

the solubility of different gases in the aqueous phase is a key factor for conducting 

molecular dynamics simulations in gas hydrate related researches32-33.  

CO2 solubility in water and aqueous solutions of salts such as NaCl, KCl, and CaCl2 

has been well reported in literature34-59. Many efforts were made to study the solubility of 

N2 in water and brine60-71. Furthermore, the phase equilibria and solubility of CO2-N2 

contained mixtures have been studied by researchers (Table 2.1). As discussed, the flue 

gas storage in saline aquifers together with the gas hydrate-based CO2 separation and 

storage are considered as the promising CCS techniques. Therefore, knowledge gaps 

regarding these techniques, including the solubility of gas mixtures in water and brine, is 

essential to be addressed before commercial implementation. However, to the best of our 

knowledge, little experimental data of CO2 solubility in water and brine are available in 

literature for systems containing N2 at the actual operational conditions of CCS 

techniques. 
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In this study, we introduce the application of a new well-characterized method for 

measuring the solubility of gas mixtures at liquid-gas systems, also applicable for liquid-

liquid systems. The most critical advantages of this method are zero dead-volume for gas 

samples and higher speed of the measurements, increasing the accuracy and reducing the 

time required for collecting data. After the method was successfully evaluated using the 

existing solubility data, we accurately measured solubility of three different types of CO2-

N2 mixtures in water and brine. The measurements were carried out over a wide range of 

pressures and temperatures covering the typical operational conditions of CCS 

techniques. Additionally, a thermodynamic model was utilized to predict the equilibrium 

compositions of both liquid and vapor phases at each experimental point. Three equations 

of state (EOS) including CPA-SRK72, VPT, and PC-SAFT were tuned by adjusting the 

BIPs and applied to calculate the fugacity values. Finally, the experimental data and the 

model predictions were compared with each other to evaluate the accuracy of the 

equations of state at different operating conditions. 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 



 

20 

Table 2.1 Available VLE (Vapor Liquid Equilibria), density and solubility data in the literature for CO2-N2 contained 
mixtures* 

* Available literature data for equilibrium phases under gas hydrate formation conditions can be found elsewhere 94-95.  

No. Year Reference 
System: 

CO2 + N2 + X 
Property 

Type 

Pressure Temperature 

Range 
(MPa) 

Uncertainty 
Range 

(K) 
Uncertainty 

1 1963 72 O2 VLE 5.2-11 - 218-273 - 

2 1965 73 O2 VLE 5.2-11 0.10% 273.15 0.01 K 

3 1971 74 CH4 VLE 6.1-10.1 - 233-273 - 

4 1978 75 CH4 VLE 4.6-9.6 1.00% 270 0.02 K 

5 1983 76 CH4 VLE 6.0-12.2 0.001 MPa 220-240 0.02 K 

6 1983 77 CF2Cl2 VLE 3.0-20 1.00% 223.15-273.15 0.05 K 

7 1984 78 CH3OH Solubility 0.3-18.0 0.004 MPa 223-300 0.05 K 

8 1986 79 n-C19 VLE 5.8-8.2 0.70% 294.15-301.15 0.02 K 

9 1988 80 C2H6 VLE 0.8-9.6 0.02 MPa 220-270 0.02 K 

10 1989 81 n-C4 VLE 3.4-27.6 1.00% 310.9-410.9 0.05 K 

11 1989 82 Cyclohexane VLE 6.9-27.6 0.01 MPa 366.5-410.9 0.05 K 

12 1989 83 CH4 VLE 2.0-12 - 220 - 

13 1990 84 CH4 VLE 6.2-10.3 0.1  MPa 230-250 0.02 K 

14 1991 85 CHClF2 VLE 1.6-5.2 0.50% 263.2-288.2 0.1 K 

15 1992 86 CH4 VLE 6-8.3 0.02 MPa 293 0.01 K 

16 1996 87 CH4 Density 19.9-100 2.00% 323.15-573.15 0.05 K 

17 1999 88 C3H8 VLE 2.0-13 0.001 MPa 240-330 0.1 K 

18 2012 89 
H2O 

H2O + NaCl + KCl 
VLE 8.0-16 0.13% 308.15-318.15 0.05 K 

19 2015 90 H2O Solubility 8.0-18 0.0005 MPa 298.15-313.15 0.3 K 

20 2015 91 H2 VLE 2.1-8.7 0.07% 252-304 0.1 K 

21 2017 92 O2 VLE 4.0-15 0.06  MPa 233-273 0.06 K 

22 2017 93 Ar 
VLE 

Density 
0-23 0.07% 268-303 0.1 K 
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2.2 Experimental Section 

2.2.1 Materials and apparatus 

Research-grade CO2 and N2 (purity 99.995 vol. %) were supplied by BOC Ltd. NaCl 

with a certified purity of 99.50 % was provided by Fisher Scientific. Deionized water 

generated by an integral water purification system (ELGA DV 25) was used throughout 

the experiments. 

Figure 2.1 shows a schematic representation of the high-pressure apparatus used in 

this work. In this setup, a 316 stainless steel cylindrical autoclave (VVessel: 180 cm3, Max. 

working pressure: 22 MPa), was utilized as the measurement vessel. An integral cooling 

jacket fitted around the measurement vessel is connected to a cryostat (Grant LTC) to 

achieve isothermal conditions. A calibrated Platinum-Resistance Thermometer (Pt 100, 

supplied by TC Ltd.) (PRT) with an accuracy of better than ±0.1 K was coated in the 

stainless steel to measure the vessel temperature. Regarding the temperature gradient in 

the cell, as the volume of the cell was considerably small compared to the surrounding 

cooling jacket, and the cooling rate was at maximum, the temperature gradient was 

neglected in all the measurements. The system pressure was measured using a precise 

calibrated Quartzdyne pressure transducer (QS30K–B, Quartzdyne Inc., USA) with an 

accuracy of ±0.005 MPa. A high-pressure magnetic stirrer (6180300B, Top Industrie SA, 

France) was located at the bottom of the vessel with a Rushton type impeller agitating the 

fluids to in order to attain a fast thermodynamic equilibrium. The pressure and 

temperature data were acquired using a data acquisition device and recorded on a PC with 

a LabVIEW software interface. Gas was injected into the measurement vessel via a tube 

connected to a source cell with volume of VSource containing CO2-N2 gas mixture with the 

desired composition. Two temperature probes along with a pressure transducer were 

connected to the source cell to record the pressure and temperature of the cell.  

The vessel was equipped with a movable capillary sampler (ROLSITM). The capillary 

sampler is usable for corrosive gases and able to operate from 233 to 373 K. Moreover, it 

has zero dead volume which makes it simple to take microliter samples from any desired 

phase by using an elevator joystick (to set the location of sampling) via a thin capillary 

tube (with internal diameter of 0.1 mm) connected through the top of the vessel. Since 

the volume of the taken sample is negligible compared with the volume of the vessel, the 

thermodynamic equilibrium inside the vessel does not be disturbed. The samples are 

heated in an expansion room to be fed through a heated line into the carrier gas stream of 

a gas chromatograph (Varian 3600, Agilent Technologies) for analysis. While in 
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application of this method, amount of the sampled gas is severely limited by the 

electromagnetic mechanism of the sampler. The sampler has an online connection to the 

GC, enabling solubility measurements to be automotive and time efficient. 

 
Figure 2.1 Schematic representation of the high-pressure experimental apparatus 

2.2.2 Experimental procedure 

Three typical types of simulated flue gases with different compositions (Table 2.2) 

were tested in this work. In the same line with our previous studies20-21, 96, these gas 

mixtures were selected to simulate the main compositions of industrial flue gases and 

cover a wide range of CO2-N2 composition. For each type of flue gas, the corresponding 

CO2-N2 mixture was prepared in the source cell by injecting pure N2 and CO2 at a pre-

determined molar ratio, mixing and leaving the mixture till the pressure and temperature 

of the cell become stable to ensure the homogeneity before commencing the experiment. 

In addition, three samples was taken and analyzed by the GC to confirm the desired gas 

composition. 

Table 2.2 Compositions of flue gas types used in this study 

Component 

Composition (mole %) 

Type 1: Coal-Fired Flue Gas Type 2: Gas-Fired Flue Gas Type 3: Syngas 

N2 85.4% 97.0% 39.0% 

CO2 14.6% 3.0% 61.0% 

 

For a typical isothermal set of experiments, the measurement vessel was firstly 

washed, dried, sealed and vacuumed; then a certain amount of deionized water or brine 

prepared gravimetrically at a pre-specified salinity (mL) with molecular weight of ML and 
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gravimetric density of ρL was loaded from the bottom into the vessel. The cryostat was 

switched on to achieve the desired temperature. The system was left for at least 12 hours 

to ensure the stability of the system temperature at the determined value.  

At a certain stage of pressure, the gas mixture with the known composition was 

introduced into the system and the mixture was left stirring until the variations in the 

system pressure became stable within ±0.0001 MPa. At each sampling point, three 

samples were taken from the vapor phase using the capillary sampler and analyzed with 

the GC. The pressure and temperature values of the measurement vessel and source cell 

were recorded twice: i) before injecting the flue gas into the system (P1,Source and T1,Source), 

ii) after flue gas injection and thermodynamic equilibrium (P2,Source and T2,Source). After 

taking the samples, the pressure and temperature of the measurement vessel were 

monitored (PVessel and TVessel) to make sure that the sample removal did not affect the 

pressure and temperature of the vessel. The recorded properties along with the GC data 

were used to determine the volume of the injected gas at the pressure stage, the amount 

of gas dissolved in the liquid phase and subsequently the solubility values. Figure 2.2 

schematically illustrates the procedure followed for the CO2 solubility (xCO2) calculation. 

In this figure yi, R, and ni stand for mole fraction of ith component in vapor phase, gas 

constant, and number of ith component, respectively. As can be seen, CPA-SRK7297 EOS 

98-99 has been used for calculation of the compressibility factor (z) for the gas mixtures. 
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Figure 2.2 Schematic procedure of the solubility calculation for CO2.  

2.3 Thermodynamic modelling 

A thermodynamic model was utilized based on the general criterion of thermodynamic 

equilibrium for isothermal systems i.e. equality of fugacity for each component in all 

phases100. To determine the fugacity of each component, three well-known equations of 

state including CPA-SRK72, VPT and PC-SAFT were applied. CPA-SRK72 EOS 

efficiently accounts for the physical interactions in mixtures containing associating 

compounds via combining the Cubic-Plus-Association (CPA) EOS with original Soave-

Redlich-Kwong (SRK72) EOS98-99. Valderrama-Patel-Teja (VPT) EOS employs a non-

density dependent (NDD) mixing rule for calculating the mixture parameters for 

asymmetric mixtures. This EOS is also successfully extended for prediction of 

thermodynamic properties for electrolyte solutions, particularly at high-pressure 

conditions101. PC-SAFT EOS, presented by Gross and Sadowski, has found several 

successful applications, especially for complex mixtures such as mixtures containing 

associating and polar molecules102. Here, we briefly discuss each EOS and refer the 

readers to relevant references for further studies.  
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2.3.1 CPA-SRK72 Equation of State 

CPA-SRK72 has been recently applied successfully to describe the thermodynamic 

behavior of the CO2-contained and water-contained mixtures 103. In this EOS, the original 

SRK72 EOS 104 is combined with the Wertheim’s first-order thermodynamic perturbation 

theory to describe the physical interactions as well as the effect of hydrogen bonding.  

The results obtained from this equation of state for multicomponent systems, in particular, 

for mixtures of strongly associating compounds, were very satisfactory98, 99. This EOS in 

terms of pressure can be written as: 

 𝑃 = 𝑃𝑃ℎ𝑦𝑠𝑖𝑐𝑎𝑙 𝐼𝑛𝑡𝑒𝑟𝑎𝑐𝑡𝑖𝑜𝑛 + 𝑃𝐴𝑠𝑠𝑜𝑐𝑖𝑎𝑡𝑖𝑜𝑛 (1) 

in which: 

 

{
 
 

 
 𝑃𝑃ℎ𝑦𝑠𝑖𝑐𝑎𝑙 𝐼𝑛𝑡𝑒𝑟𝑎𝑐𝑡𝑖𝑜𝑛 =

𝑅𝑇

�̅� − 𝑏
−

𝑎(𝑇)

�̅�(�̅� + 𝑏)

𝑃𝐴𝑠𝑠𝑜𝑐𝑖𝑎𝑡𝑖𝑎𝑡𝑖𝑜𝑛 = −
1

2

𝑅𝑇

�̅�
(1 + 𝜌

𝜕 ln(𝑔(𝜌))

𝜕𝜌
)∑𝑥𝑖∑(1− 𝑋𝐴𝑖)

𝐴𝑖𝑖

 (2) 

In the physical interaction term, b is the co-volume parameter, �̅� is the specific volume, 

and a(T) is the attraction parameter determined as: 

 𝑎(𝑇) = 𝑎0 [1 + 𝑐1(1 − √
𝑇

𝑇𝑐
)]

2

 (3) 

Here Tc is the critical temperature of the fluid, and a0, c1 are the constants known for each 

individual compound. 

In the association term, ρ, g, xi and XAi stand for fluid molar density, radial distribution 

function, mole fraction of the compound i and mole fraction of the compound i not bonded 

at site A, respectively. XAi can be obtained through Eq. (4): 

 𝑋𝐴𝑖 = (1 + 𝜌∑𝑥𝑗
𝑗

∑𝑋𝐵𝑗Δ
𝐴𝑖𝐵𝑗

𝐵𝑗

)

−1

 (4) 

Here, XB is all other kind of association sites B. ΔAiBj
 is called the association strength 

between the site A on the compound i and the site B on the compound j expressed as: 

 Δ𝐴𝑖𝐵𝑗 = 𝑔(𝜌) (exp (
𝜖𝐴𝑖𝐵𝑗

𝑅𝑇
) − 1) 𝑏𝑖𝑗𝛽

𝐴𝑖𝐵𝑗 (5) 

In Eq. (5), ϵAiBj and βAiBj are the association energy and association volume, respectively. 

A comprehensive discussion regarding this EOS can be found elsewhere 98-99.  

In this work, CPA-SRK72 EOS employed the classical mixing rules to calculate the 

fugacity values. The simplified-hard sphere radial distribution function suggested by 

Kontogeorgis et al. was also used in the association term calculations 105. A four-site (4C) 
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association scheme was adopted for water as a highly hydrogen-bonded substance. Table 

2.3 summarizes the CPA-SRK72 EOS pure compound parameters.  

 
Table 2.3 CPA-SRK72 EOS parameters for water (SI units) 

a0 B c1 ϵ β Reference 

0.12277 1.4515×10-5 0.67359 16655 69.2×10-3 105 

 

2.3.2 VPT Equation of State 

VPT (Valderrama modification of Patel and Teja) equation of state is a three-

parameter EOS similar to the PT (Patel and Teja) which is well proven and has been 

applied efficiently for predicting the volumetric properties of fluids106. In VPT equations 

the empirical parameters of PT equations regarding critical compressibility factor and 

acentric factor were formulated and no adjustable parameters required in terms of the 

mentioned properties. In terms of pressure, this EOS can be expressed by: 

 𝑃 =
𝑅𝑇

�̅� − 𝑏
−

𝑎(𝑇)

�̅�(�̅� + 𝑏) + 𝑐(�̅� − 𝑏)
 (6) 

in which: 

 𝑎(𝑇) = 𝑎𝑐 [1 + 𝑚(1 − √
𝑇

𝑇𝑐
)]

2

 (7) 

Here m is a constant known for each individual compound and ac is the force constant 

in the critical point. VPT is able to predict the properties of both polar and non-polar 

fluids with a remarkable accuracy by using a non-density dependent (NDD) mixing rule 

developed by Avlonitis et al. to calculate the mixture parameters for asymmetric mixtures 

107. In the NND mixing rule, the attraction parameter a(T) is separated into classical 

mixing rule part am and asymmetric contribution part aA 100: 

 𝑎 = 𝑎𝑚 + 𝑎𝐴 (8) 

where:  

 𝑎𝑚 =∑∑𝑥𝑖𝑥𝑗√𝑎𝑖𝑎𝑗(1 − 𝑘𝑖𝑗)

𝑗𝑖

 
(9) 

 𝑎𝐴 =∑𝑥𝑝
2∑𝑥𝑖𝑎𝑝𝑖𝑙𝑝𝑖

𝑖𝑝

 
(10) 

In Equation (9), kij is the classical binary interaction parameter. Parameters api and lpi are 

determined as: 

 𝑎𝑝𝑖 = √𝑎𝑝𝑎𝑖 (11) 

 𝑙𝑝𝑖 = 𝑙𝑝𝑖
0 − 𝑙𝑝𝑖

1 (𝑇 − 273.15)  (12) 
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In the above equations, the subscript p stands for polar components and lpi is the 

temperature dependent binary interaction parameter between the polar component and the 

others. More details about VPT EOS can be found in the literature 100. Critical properties 

and acentric factor of pure compounds used in this EOS are provided in Table 2.4.  

Table 2.4 Critical properties and acentric factor of water, CO2, and N2 

Component Pc (MPa) Tc (K) Zc ω Reference 

Water 22.055 647.13 0.2294 0.3449 100 

CO2 7.382 304.19 0.2744 0.2276 100 

N2 3.394 126.10 0.2917 0.0403 100 

 

2.3.3 PC-SAFT Equation of State 

PC-SAFT is a modified SAFT EOS widely used to predict the phase behavior of the 

complex systems. This EOS considers molecules as chains composed of spherical 

segments. The PC-SAFT EoS has been one of the most reliable equations of state that 

was proposed for non-associating fluids by applying the perturbation theory for dispersive 

interactions within the PC-SAFT model. A simple approximate solution for a given 

molecular model is typically described using perturbation theories. Originally, the PC-

SAFT assumed the hard-sphere fluid as a reference fluid and was developed for spherical 

molecules. In this methodology, the total intermolecular forces are divided into reference 

and perturbation terms. The hard chain fluid with high attractive intermolecular forces is 

assumed as the reference fluid in the model. There are three specific parameters for non-

associating compounds including the segment number in the chain (m), the spherical 

segment diameter (σ) and the dispersion interaction energy between the segments (ε/k) 

and also two additional parameters for associating compounds including the association 

energy (εAB) and the association volume (κAB) which are set through fitting experimental 

data at certain experimental conditions 102. To calculate the effective hard sphere 

diameter, a pair potential function for the segment of a chain is employed as 108: 

 𝑢(𝑟) = {

∞                    𝑟 < 𝜎 − 𝑠1
3휀          𝜎 − 𝑠1 ≤ 𝑟 < 𝜎
−휀                𝜎 < 𝑟 < 𝛼𝜎
0                           𝛼𝜎 ≤ 𝑟

 (13) 

where α and s1 are two constants and r denotes the radial distance between two segments. 

In terms of the reduced Helmholtz energy (A), PC-SAFT can be written as: 

 
𝐴𝑅𝑒𝑠

𝑁𝑘𝑇
=
𝐴𝐻𝐶

𝑁𝑘𝑇
+
𝐴𝐷𝑖𝑠𝑝

𝑁𝑘𝑇
 (14) 

in which N and k are the total number of molecules and Boltzmann constant, respectively. 

More details regarding PC-SAFT EOS can be found elsewhere 109-110. PC-SAFT 

parameters for water, CO2, and N2 used in this study are listed in Table 2.5.  
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Table 2.5 PC-SAFT parameters for water, CO2, and N2 

Component MW (kg/kmol) M σ(Å) ε/k (K) εAB(K) κAB Reference 

Water 18.02 2.00 2.3533 207.84 1506.4 0.1550 111 

CO2 44.01 2.0729 2.7852 169.21 - - 110 

N2 28.01 1.2053 3.3130 90.96 - - 110 

 

2.3.4 Modeling of the aqueous solution of NaCl 

The impact of NaCl on the equilibrium compositions was incorporated in the model 

by using the method introduced by Aasberg-Petersen et al. 112. In this method, an 

electrostatic contribution is added to the fugacity coefficient of components in the 

aqueous phase to take the shift in the equilibrium conditions into account:  

 ln(𝜙𝑖) = ln(𝜙𝑖
𝐸𝑂𝑆) + ln (𝛾𝑖

𝐸𝐿) (15) 

in which φi
EOS is the fugacity coefficient of non-electrolyte component i computed by an 

EOS. γi
EL is the Debye-Hückel activity coefficient calculated by:  

 ln(𝛾𝑖
𝐸𝐿) =

2𝐴ℎ𝑖𝑠𝑀𝑚

𝐵3
𝑓(𝐵𝐼1/2 ) (16) 

In Eq. (16), his is the adjustable interaction coefficient between the salt and non-

electrolytic components and Mm is the molecular weight of the salt-free mixture. More 

detailed discussion regarding this method could be found elsewhere 113. Table 2.6 

presents the formulas used to calculate H2O-NaCl, CO2-NaCl and N2-NaCl interaction 

coefficients in this study. We measured the solubility of CO2 in brine and performed a 

regression against the solubility data to obtain the CO2-NaCl interaction coefficients. 

Moreover, hN2-NaCl was regressed against the solubility data of N2 in brine reported by 

Mao and Duan 114. 

Table 2.6 Interaction coefficients between NaCl and water, CO2, and N2 

Component Formula Reference 

H2O ℎ𝐻2𝑂−𝑁𝑎𝐶𝑙 = −
3879.89

𝑊
− 6.09𝑊2 −

45.95

𝑊2 − 8137.28𝑇 + 10.43 
113 

CO2 ℎ𝐶𝑂2−𝑁𝑎𝐶𝑙 = 47.665 − 0.432𝑇 + 1.463 × 10
−3𝑇2 − 2.163 × 10−6𝑇3 This Work 

N2 ℎ𝑁2−𝑁𝑎𝐶𝑙 = 32.849 − 0.238𝑇 + 5.751 × 10
−4𝑇2 − 4.510 × 10−7𝑇3 114, This Work 

 

2.3.5 Binary interaction parameters (BIPs) 

2.3.5.1 CPA-SRK72 

The temperature dependent BIPs were taken equal to those of the work of Haghighi 

et al. 115 represented by Eq. (17). Coefficients A and B are also summarized in Table 2.7. 

 𝑘𝑖𝑗 = 𝐴 +
𝐵

𝑇
 (17) 
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Table 2.7 Optimized BIPs between water and the other gas components used for CPA-SRK72 

Component A B Reference 

CO2 0.1099 -53.7586 115 

N2 0.9909 -379.9691 115 

2.3.5.2 VPT 

The parameters of the experimental BIPs reported by Chapoy et al. 116 aresummarized in 

Table 2.8. 

Table 2.8 BIPs between water and the other gas components used for VPT 

Component kWater-j lH2O
0 lH2O

1 Reference 

CO2 0.19 2.78 23.5 116 

N2 0.49 2.68 36.8 116 

2.3.5.3 PC-SAFT 

We adjusted the temperature dependent BIPs using the solubility data measured for water-

N2 and water-CO2 binary systems through a simplex algorithm through using the 

objective function expressed by Eq. (18): 

 𝑂𝐵𝐽 =∑ (
𝑥𝑖
𝑃𝑟𝑒. − 𝑥𝑖

𝐸𝑥𝑝.

𝑥𝑖
𝐸𝑥𝑝. )

2
𝑁

𝑖=1
 (18) 

In this equation, N and xi are the total number of data points and the solubility of CO2 or 

N2 in water at specified temperature and pressure, respectively. We fitted the BIPs to a 

quadratic polynomial function presented by: 

 𝑘𝑖𝑗 = 𝐴0 + 𝐴1𝑇 + 𝐴2𝑇
2 (19) 

Constants A0, A1 and A2 are reported in Table 2.9. 

Table 2.9 Constants of the temperature dependent BIP polynomial function 

Binary System A0 A1 A2 

Water-CO2 -1.67617 1.27089×10-2 5-10×3.07478- 

Water-N2 -1.09318 5.41529×10-3 -6.39052×10-6 
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2.4 Results and discussion 

In this section, the results of the experimental measurements are presented and compared 

with the predictions made by the thermodynamic model described in the previous section. 

The operating conditions were set at 273.25, 283.15 and 303.15 K (0.1, 10.0 and 30.0 °C) 

and pressures up to 22 MPa to cover the typical operational conditions outside the flue 

gas hydrate stability zone 21. Due to the negligible concentration of water in the vapor 

phase, the mole fractions of CO2 and N2 in the vapor phase at the experimental conditions 

are reported on the water-free basis 20,57. 

2.4.1 Solubility of CO2 and N2 in water 

Changes in composition of vapor phase after gas dissolution in water leads to significantly 

different HSZs when compared with initial composition20. As discussed before, for the 

hydrate-based gas separation and storage, gas composition is essential to obtain optimized 

conditions. However, the presence of mixed gas with different partial solubility for each 

component of the gas makes it difficult to accurately predict HSZ. Accordingly, partial 

solubility of each component is essential property that needs to be determined via 

solubility curves for different components. The flue gas solubility was measured at three 

different isotherms of 273.25, 283.15 and 303.05 K and plotted in Figures 3-5. As can be 

seen, the experimental and predicted equilibrium compositions of the liquid and vapor 

phases for CO2-N2-Water ternary systems show the typical PT features of gas solubility: 

higher solubility at higher pressures and lower temperatures. Notably higher solubility 

for CO2 than N2 at all PT conditions was observed. Since CO2 molecule has a slight 

negative charge near the oxygen and a slight positive charge near the carbon, it is expected 

to be more soluble than N2 because water molecules are attracted to these polar areas. 

Pure N2 is known to require considerably higher pressure to form hydrate compared to 

CO2 which can form single guest structure I hydrate at low pressure. This leads to the 

HSZ shifting to higher pressures after gas dissolution, which can be calculated using the 

measured gas composition after the gas dissolution. As also seen, CO2 concentration 

change in the vapor phase can be up to more than 40% in some cases, which can change 

HSZ up to more than 6 MPa20. This becomes even clearer at lower temperature. 

Therefore, it can be concluded that partial solubility effect on the HSZ plays a major role 

in determining the equilibrium pressures. Considering the presence of gas mixtures in the 

system, it was important to calculate relative mole percent of each gas and water in the 

system for modelling approach, as otherwise no quantitative comparison was achieved. 

These quantities together with measured solubility data are provided in the Appendix A. 
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Interestingly, partial solubility of CO2 in water at all PT conditions is considerably higher 

when compared to that of pure CO2 at the same temperature and partial pressures. 

Accordingly, the presence of N2 will increase overall pressure of the system if the amount 

of CO2 is limited. This will consequently increase the amount of dissolved CO2 in water. 

Furthermore, the experimental results have also been compared with the predictions made 

by CPA-SRK72, VPT and PC-SAFT for all the experimental data points in Figures 3-5. 

The comparisons demonstrate that the predictions made by the equations of state are in 

good agreement with the measured experimental data.  

Table 2.10 summarizes the average relative deviation (ARD) of the equations of state 

used in this study from the experimental data (Figures 3-5) calculated as: 

 𝐴𝑅𝐷 (%) =
100

𝑁
∑(

𝜃𝑗,𝑃𝑟𝑒. − 𝜃𝑗,𝐸𝑥𝑝.

𝜃𝑗,𝐸𝑥𝑝.
)

𝑁

𝑖

 (20) 

in which θj is the equilibrium composition of component j (CO2 or N2) in the liquid or 

vapor phase and N is the total number of measurements at a specific isotherm condition. 

By comparing the AADs in the table, one can find that VPT EOS is able to predict the 

equilibrium compositions of CO2 and N2 more accurately compared to the other two 

equations of state, particularly in lower temperatures and for the gas types 1 and 2 in 

which the concentration of CO2 is remarkably lower than N2. In other words, as the 

temperature of the system or the concentration of CO2 in the gas mixture increases, the 

accuracy of VPT in determination of the equilibrium compositions of CO2 and N2 

decreases. Besides, deviations of the statistical thermodynamics-based equations of state 

from the experimental measurements decrease when the temperature is raised. In 

particular, in terms of the equilibrium mole fraction of CO2 in liquid and vapor phases for 

the gas of Type 3, CPA-SRK72 and PC-SAFT predictions are more accurate in 

comparison with VPT. It is also observed that PC-SAFT presents lower deviations at 

303.05 K for all types of the gases. Meanwhile, it has some difficulties representing the 

mole fraction of N2 in the liquid phase. 

The measured values of solubility data in deionized water are summarized in Figure 2.6 

to analyze the effect of temperature and gas composition on the solubility of CO2 in water 

in the presence of N2. CO2 concentration change depends greatly on the initial 

composition of the gas feed. For the systems with higher initial CO2 content, the CO2 

concentration change after dissolution is more than those with less initial CO2 content, 

which is expected as the solubility of CO2 increases with respect to the increase in its 

partial pressure the vapor phase. This implies more HSZ change with more initial CO2 

concentration in the gas phase. Therefore, it is observed that the mole fraction of CO2 
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dissolved in the liquid phase is higher for the gas of Type 3. Accordingly, lower CO2 

concentration in the liquid and vapor phases is anticipated when the gas of Type 2 was 

injected into the system. Moreover, it is shown that the solubility of CO2-N2 mixtures is 

strongly influenced by the pressure when the CO2 concentration in the gas mixture is 

remarkable. For instance, a rapid increase in the solubility of CO2 in water is observed 

for the gas of Type 3 at pressures less than 10 MPa. Furthermore, for all gas types, the 

mole fractions of CO2 and N2 in the liquid phase decrease with increasing the temperature. 

As a consequence, CO2 concentration in the vapor phase shows an ascending behavior 

with respect to the temperature. It can also be known that for the gas of Type 2 in which 

N2 is the dominant component, temperature and pressure changes have a minor effect on 

the solubility values.  

Table 2.10 ARD of EOS predictions from the experimental results for CO2-N2-water system 

Feed 

Type 

Equation of 

State 

ARD (%) 

Liquid Phase Vapor Phase 

CO2 N2 CO2 N2 

273.25 283.15 303.05 273.25 283.15 303.05 273.25 283.15 303.05 273.25 283.15 303.05 

Type 1 

CPA-SRK72 7.87 8.08 4.34 6.43 4.33 4.45 5.26 5.74 1.37 1.23 0.90 0.20 

VPT 1.92 2.04 5.67 0.65 0.34 5.50 1.18 1.08 2.76 0.09 0.12 0.24 

PC-SAFT 4.51 6.90 3.47 12.43 9.34 11.65 4.38 4.14 0.44 0.38 0.44 0.15 

Type 2 

CPA-SRK72 6.86 7.75 7.89 4.73 0.77 0.74 8.26 5.74 5.61 0.29 0.16 0.16 

VPT 3.50 6.50 6.21 0.89 0.21 0.24 1.72 3.49 3.61 0.03 0.06 0.06 

PC-SAFT 6.50 3.51 3.05 10.79 12.01 10.59 5.38 1.95 1.75 0.13 0.07 0.06 

Type 3 

CPA-SRK72 5.56 5.38 3.84 3.34 1.69 5.64 4.45 1.74 1.15 2.76 0.69 0.57 

VPT 4.95 8.39 3.19 1.61 6.36 3.35 4.82 3.54 0.76 1.41 1.38 0.26 

PC-SAFT 2.01 6.72 2.91 9.20 11.12 10.00 1.80 2.78 0.71 0.60 1.12 0.46 
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Figure 2.3 Experimental and predicted equilibrium compositions of liquid (x, black)  and vapor phases (y, blue) of 
N2+CO2+water system for the gas of Type 1: a to c correspond to the temperatures 273.25, 283.15 and 303.05 K; 1 
and 2 correspond to CO2 and N2, respectively. As observed, predictions of VPT are more accurate than CPA-SRK72 
and PC-SAFT for this gas type, particularly at lower temperatures. However, its accuracy decreases at higher 
temperaures. 
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Figure 2.4 Experimental and predicted equilibrium compositions of liquid (x, black)  and vapor phases (y, blue) of 
N2+CO2+water system for the gas of Type 2: a to c correspond to the temperatures 273.25, 283.15 and 303.05 K; 1 
and 2 correspond to CO2 and N2, respectively. As can be seen, VPT predictions for this gas type are more accurate 
than the other two equations of state, particularly at lower temperatures. 
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Figure 2.5 Experimental and predicted equilibrium compositions of liquid (x, black)  and vapor phases (y, blue) of 
N2+CO2+water system for the gas of Type 3: a to c correspond to the temperatures 273.25, 283.15 and 303.05 K; 1 
and 2 correspond to CO2 and N2, respectively. As observed, the statistical thermodynamics-based equations of state 
are more accurate compared with VPT in predicting the equilibrium mole fractions of CO2 for this gas type. 
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Figure 2.6 Experimentally determined equilibrium compositions of liquid (x)  and vapor phases (y) of N2+CO2+water 
system: a and b correspond to liquid and vapor; 1 and 2 correspond to CO2 and N2, respectively. 
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2.4.2 Solubility of CO2 and N2 in brine 

The equilibrium compositions of liquid and vapor phases were also measured for CO2-

N2-aqueous solutions with 5, 10 and 15 wt. % NaCl at three different isotherms of 273.25, 

283.15, and 303.05 K and pressures up to 22 MPa. Similar trend of partial solubility for 

each type of gas was also observed in brine. In comparison with the solubility in water 

solubility of flue gas reduced by increasing the salinity. Hence, the solubility obtained for 

higher salinities was slightly lower than that for lower salinities. The measured solubility 

data have been also compared against the predictions of CPA-SRK72, VPT and PC-SAFT 

equations of state. The experimental results are tabulated in Appendix A and plotted in 

Figures 7-9 along with the model predictions showing a reasonable agreement between 

the measured and predicted solubility values. Given that the magnetic mixer allowed 

considerably high surface contact of the components and improved mass transfer between 

vapor and liquid phases within the system, final equilibrium point could be achieved in 

time-effective manner. The measured solubility data can be used as a key parameter for 

modelling studies of kinetic characteristics of flue gas dissolution inside formation water-

saturated mesoporous media. 

The average relative deviation (ARD) of the equations of state from the experimental 

results (see Figures 7-9) has been calculated using Eq. (20) and presented in Table 2.11. 

As observed in this table, while predictions made by VPT are more accurate at lower 

temperatures and NaCl concentrations, performance of CPA-SRK72 and PC-SAFT at 

higher temperatures and concentrations of NaCl is more acceptable. Indeed, VPT is able 

to reliably predict the mole fractions of CO2 and N2 in diluted solutions and its predictions 

become less accurate when the concentration of NaCl in the aqueous phase increases 

whereas the accuracy of CPA-SRK72 is remarkable at elevated temperatures and NaCl 

concentrations. Similar to the previous part, deviation of PC-SAFT in predicting the mole 

fraction of N2 from the experimental results is still much higher than VPT and CPA-

SRK72.  

The experimental solubility values of all gas mixtures at different salinities of brines (see 

Figures 7-9) are compared in Figure 2.10. As clearly observed, the solubility of CO2 and 

N2 in the aqueous solutions with different NaCl concentrations increases as the pressure 

increases at isothermal conditions. At high-pressure ranges, the solubility of CO2 

becomes less sensitive to the pressure. Moreover, by increasing the concentration of 

NaCl, the solubility of CO2 and N2 considerably decreases. Solubility of gases in aqueous 

solutions is usually impacted by inorganic salts since the hydration of salt ions makes 



 

38 

some water molecules unavailable to the gas molecules. This phenomenon is called 

salting-out effect 89. More detailed discussion regarding the salting-out effect can be 

found elsewhere 117.  

 

Table 2.11 ARD of EOS predictions from the experimental results for CO2-N2-aqueous solution of NaCl 

NaCl 

Concentration 

(wt. %) 

Equation of 
State 

ARD (%) 

Liquid Phase Vapor Phase 

CO2 N2 CO2 N2 

273.25 283.15 303.05 273.25 283.15 303.05 273.25 283.15 303.05 273.25 283.15 303.05 

0 

CPA-SRK72 7.87 8.08 4.34 6.43 4.33 4.45 5.26 5.74 1.37 1.23 0.90 0.20 

VPT 1.92 2.04 5.67 0.65 0.34 5.50 1.18 1.08 2.76 0.09 0.12 0.24 

PC-SAFT 4.51 6.90 3.47 12.43 9.34 11.65 4.38 4.14 0.44 0.38 0.44 0.15 

5 

CPA-SRK72 5.22 3.23 2.99 6.24 0.90 6.45 4.33 1.79 2.19 0.72 0.20 0.35 

VPT 4.48 6.94 3.88 2.73 2.38 3.63 2.95 4.82 0.93 0.29 0.53 0.20 

PC-SAFT 1.07 5.76 1.74 11.98 11.60 11.17 0.55 2.48 3.12 0.06 0.25 0.48 

10 

CPA-SRK72 6.77 8.07 4.82 7.86 1.77 4.59 7.20 2.84 0.88 0.93 0.36 0.14 

VPT 1.10 4.86 8.55 0.32 0.72 6.55 0.42 2.32 1.95 0.04 0.26 0.17 

PC-SAFT 6.87 2.28 3.10 8.74 11.17 10.43 2.92 0.41 0.41 0.34 0.03 0.10 

15 

CPA-SRK72 6.35 3.17 3.76 2.19 0.26 3.14 3.58 1.44 0.40 0.44 0.21 0.07 

VPT 8.04 7.93 4.50 3.83 1.00 3.73 4.76 4.11 1.79 0.56 0.49 0.15 

PC-SAFT 3.28 4.93 6.98 11.39 11.79 10.93 1.10 1.43 1.35 0.11 0.15 0.17 
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Figure 2.7 Experimental and predicted equilibrium compositions of the liquid (x, black)  and vapor phases (y, blue) for 
the CO2+N2+aqueous Solution with 5 wt. % NaCl: a to c correspond to the temperatures 273.25, 283.15 and 303.05; 
1 and 2 correspond to CO2 and N2, respectively. VPT predictions have more agreement with experimental data at 
lower temperatures. At higher temperatures, accuracy of VPT decreases while CPA-SRK72 and PC-SAFT become more 
accurate. 
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Figure 2.8 Experimental and predicted equilibrium compositions of the liquid (x, black)  and vapor phases (y, blue) for 
the CO2+N2+aqueous Solution with 10 wt. % NaCl: a to c correspond to the temperatures 273.25, 283.15 and 303.05; 
1 and 2 correspond to CO2 and N2, respectively. As observed, VPT is able to predict the equilibrium compositions of 
vapor and liquid phases more accrately compared with the the statistical thermodynamics-based equations of state.  
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Figure 2.9 Experimental and predicted equilibrium compositions of the liquid (x, black)  and vapor phases (y, blue) for 
the CO2+N2+aqueous Solution with 15 wt. % NaCl: a to c correspond to the temperatures 273.25, 283.15 and 303.05; 
1 and 2 correspond to CO2 and N2, respectively. At this salinity, predictions of CPA-SRK72 and PC-SAFT equations of 
state are more accurate than VPT. 

 



 

42 

 

 
Figure 2.10 Experimentally determined equilibrium compositions of liquid (x)  and vapor phases (y) of CO2-N2-
aqueous solution of NaCl: a and b correspond to liquid and vapor; 1 and 2 correspond to CO2 and N2, respectively. 
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Chapter 3 - CO2 Capture by Injection of Flue Gas or CO2-N2 Mixtures 

into Hydrate Reservoirs: Dependence of CO2 Capture Efficiency 

on Gas Hydrate Reservoir Conditions 

 

 

3.1 1. Introduction 

Gas hydrate is a naturally occurring crystalline solid composed of a host lattice of water 

molecules that encages guest gas molecules without chemical bonding1. The principal 

guest molecule in naturally occurring hydrates is CH4, very significant volume of which 

is trapped in natural sediments2. Methane hydrate (MH) is known to exist under 

permafrost, and in continental and margin sediments3 potentially providing a sustainable 

energy resource4 and also powerful reservoirs to mitigate increasing effect of CO2
5 on the 

climate, with respect to reduced geological hazards6 and sufficient energy efficiency7.  

CO2 as the most important anthropogenic greenhouse gas is responsible for more than 

half of the increasing greenhouse effect8. However, given the existing infrastructure for 

production, transfer, and utilization, fossil fuels (main source of CO2 emission) will 

continue to play a major role in heat and power generations for the predictable future9. 

Accordingly, techniques developed for carbon dioxide capture and storage (CCS) play a 

crucial role in control of global warming, standing as the major environmental challenge. 

Despite significant technological advancements in CO2 storage (CS) techniques, 

challenges still exist in the development of complex and fully functional methods that can 

be applied on an industrial scale10. To address these challenges, CS in natural MH 

reservoirs has emerged, which is considered as a promising approach for permanent CS5. 

Furthermore, CO2 hydrate (CH) is thermodynamically more stable than both MH 

structure I and II, enabling exothermic11 replacement of CH4 with CO2. CO2 replacement 

adds heat to the MH reservoir, increasing the methane production rate12 and leading to 

more economic methane production. As a result, injection of CO2 into MH reservoirs can 

not only recover methane by CO2 replacement but also reduce the impact of hydrate 

dissociation on geomechanical stability of the hydrate deposits due to formation of CO2 

hydrate or CO2-mixed hydrates. This secondary hydrate formation will also consume the 

released water and cement the released sands after MH dissociation, results in limiting 

the migration of water, and sand significantly, when compared with other methane 

recovery methods13,14. However, more thorough investigations are required to quantify 

this effect. Recent studies have included various approaches towards understanding the 
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CH4−CO2 replacement mechanism, including liquid CO2 injection15, kinetic study using 

in situ laser Raman spectroscopy16, micro differential scanning calorimeter17, and 

magnetic resonance imaging18, and enhanced CH4−CO2 replacement in the presence of 

thermal stimulation19. Further information can be found elsewhere20–22. 

Despite all of the proposed benefits, CS in hydrate reservoirs has high-cost barriers that 

prevents its wide deployment23–25. In this case, CO2 capture prior to storage is the 

major26,27 cost. It was estimated that the cost of  CO2 separation and disposal from coal-

fired power plants can increase the cost of electricity by about 75%28; much of this cost 

(up to 80%28) is caused by separation of CO2, the removal of which leads to an increase 

in power efficiency from 26% to 38%29. In addition, another major energy penalty comes 

from compression of the flue gas before injection, which should be considered before any 

field trials. There are extensive efforts associated with improvement of the CO2 capture 

efficiency, such as optimizing the capture plant design and capturing parameters, or 

developing new absorbents, adsorbents, membrane materials30 whose principal aims are 

towards a breakthrough in the development of low-cost CO2 capture technology. 

However, the predominant obstacles associated with the exploitation of this method, apart 

from the clear economic challenges, are connected with scaling up in order to encourage 

public investment31. 

Injection of CO2-N2 mixtures instead of pure CO2 into gas hydrate reservoirs could 

significantly reduce CO2 separation costs.  It was reported that using (N2+CO2) gas 

mixtures improved CO2-CH4 exchange rate6,32,33 and resulted in a higher methane 

recovery ratio32 and higher mobility in sediments34 compared to those of supercritical or 

pure CO2. Moreover, an industrial scale test of CO2 replacement in the North Slope of 

Alaska has shown that injecting a gas mixture of 23% CO2 and 77% N2 into a hydrate 

layer with simultaneous recovery of methane has proven successful, preventing CO2 

hydrate build-up around the injection well35. Overall performance was also excellent and 

incident-free, which is a very positive sign for the development of the technology. The 

CS efficiency for this case was more than 50%, whereas most of the injected N2 was 

collected, and at the final depressurization stage below hydrate stability, produced gas 

increased from an initial 20,000 scf/day to 45,000 scf/day. This method offers significant 

potential for efficiency and economic improvements. Direct injection of flue gas from 

coal-fired power plant into hydrate reservoirs36 was proposed as a potential method for 

reduction of the CCS cost by eliminating the major cost of CO2 capture. This method is 

mainly based on methane production by shifting the methane hydrate stability zone rather 

than CO2 replacement, leading to production of methane-rich gas mixtures with up to 
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70% methane and storage of up to 80% CO2 present in flue gas. Given the results, this 

method has a great potential to attract the industrial attention. Regarding concerns with 

respect to the leakage of the injected gas, it’s shown that CO2 hydrate formation could 

provide an additional safety factor for sealing the reservoir by forming a hydrate cap 

which remarkably blocks further upward gas flow37. 

Although the above investigations demonstrate that injection of CO2-N2 gas mixtures 

could provide an economically-viable method for CCS in gas hydrate reservoirs, there 

remains a fundamental question:   How does formation of the CO2 and CO2-mixed 

hydrates (i.e., CO2 capture) depend on the reservoir conditions after CO2-N2 mixtures or 

flue gas injection into a gas hydrate reservoir? Accordingly, experiments were conducted 

to investigate the efficiency of CO2 capture during methane recovery by direct injection 

of flue gas at different conditions, including flue gas injection pressure, reservoir 

temperature, and reservoir hydrate and water saturation. This was to find out if there are 

specific thermodynamic conditions that are most favorable for the CCS process in 

hydrate-bearing sediments. 

 

3.2 Experimental Section 

3.2.1 Materials and experimental apparatus 

Research grade methane with a certified purity of 99.995 vol% was purchased from BOC 

Limited. A synthetic flue gas composed of 85.4 mol% nitrogen and 14.6 mol% CO2
24,36 

was utilized for simulating flue gas coming from coal-fired power plants, which was 

provided by BOC Limited. Deionized water was obtained using ELGA DV 25 Integral 

Water Purification System. It is worth to note that power-plant flue gas may contain O2, 

Ar, SO2 and water beside N2 and CO2
38, but small amount of these gases has very minor 

effect on the HSZ and can be neglected39. 

Experiments were carried out using a 316 stainless steel cylindrical autoclave, a schematic 

of which is shown in Figure 3.1. The high-pressure cell has a volume of 1700 cm3 and a 

maximum working pressure of 40 MPa is surrounded by a cooling jacket. The jacket has 

two openings (inlet and outlet), which allows cooling fluid to circulate around the cell. 

The cooling fluid is circulated by a cryostat (Grant LTC) to obtain the desired 

temperature, ranging from 243.2 K to 303.2 K. The cell temperature was measured using 

a Platinum-Resistant Thermometer (PRT) coated in stainless steel with an uncertainty of 

0.1 K. The Pressure was measured using a Druck pressure transducer (accuracy +/-0.05) 

MPa connected to top of the cell. The cell was kept vertical throughout the tests. Gas was 
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injected from the top-cap via a high-pressure valve. A high-pressure magnetic stirrer (Top 

Industrie SA, France, model 6180300B) is fixed on top of the cell to faster reach of 

equilibrium condition by use of a stainless-steel impeller, helping increase the surface 

contact of the components. The temperature and pressure of the system were recorded on 

a PC using LabView software interface (National Instruments) through a data acquisition 

device at regular time intervals. Gas samples were collected using high-pressure vessels. 

A Gas Chromatograph (GC) (Varian 3600, Agilent Technologies) was used to analyse 

gas samples.  

 
Figure 3.1 Schematic of the high-pressure autoclave 

 

3.2.2 Method and procedure 

Injection of flue gas or CO2-N2 mixtures into MH reservoirs shifts hydrate stability zone 

(HSZ) to higher pressure at the reservoir temperature, therefore, leads to MH 

decomposition and CO2-mixed hydrate formation. By comparison to the fact that MH 

will start decomposition as long as the thermodynamic conditions are shifted outside the 

HSZ, formation of CO2 hydrate or CO2-mixed hydrate is a complex process. This may be 

associated to several factors, including the composition of fluids surrounding the methane 

hydrate crystals, temperature/pressure conditions, the ratio of MH to the injected flue gas, 

and mass/heat transfer process. In porous media the methane hydrate decomposition and 

CO2-mixed hydrate formation takes a long time to reach equilibrium due to mass and heat 

transfer process constrained by fine pores32.  To reduce the experimental time, all 

experiments were conducted in bulk conditions using an autoclave with a magnetic mixer 

(Figure 3.1).   A synthetic flue gas was directly injected into MH and then the system was 

depressurised step by step. Once thermodynamic equilibrium was reached at each 

pressure stage at a set temperature, a gas sample was taken and its composition was 

analysed using a GC. The experiment was repeated at three different temperatures to 
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investigate the effect of reservoir temperature. Furthermore, to understand the 

dependence of the CO2 capture efficiency on the MH reservoir volume and hydrate 

saturation, i.e., ratio of flue gas to MH, experiments were conducted in the presence of 

different amounts of MH initially formed before flue gas injection. It should be noted that 

less water was added to the system for the experiment with a low ratio of flue gas to MH 

to achieve the desired gas to hydrate ratio and to be able to have continuous mixing 

without blockage due to redundant hydrate formation. 

Figure 3.2 presents the HSZs of the gas-water systems tested in this work together with 

the experimental temperature and pressure conditions. In order to mimic the temperature 

of typical MH reservoirs, experiments were conducted at temperature ranging from 273.2 

to 283.2 K. All experiments were started at a pressure below the flue gas HSZ to avoid 

formation of CO2-N2 mixed hydrates. However, from a thermodynamic point of view, the 

possibility of CO2-N2-CH4 mixture hydrate formation still exists at the experimental 

conditions. At the experimental conditions the other possible hydrate compositions are 

CO2-CH4 and N2-CH4 hydrates. Here, CO2 will fill the large cavities, while N2 will enter 

to small cavities for thermodynamic stabilization11,40. The main reason for MH 

dissociation and mixed hydrate formation is the chemical potential shift due to the change 

in the gas composition, but CO2/CH4 replacement could also occur owing to higher 

stability of CO2 hydrate compared to MH. It should be noted that the mechanism of flue 

gas replacement with CH4 is not fully understood and there are controversial ideas about 

that.34,41 As can be seen, in all the experiments, the staged depressurisation process was 

stopped just above the methane hydrate decomposition pressure at the experimental 

temperature, since injected flue gas pressure must be higher than that of existing MH 

reservoirs. In the same line, the optimum conditions for CS can be defined as points at 

which the ratio of CO2/(N2+ CO2) (C-ratio) in hydrate phase is maximum, or consequently 

the C-ratio in gas phase is minimum. It therefore is a key point to analyse the gas 

composition at each stage to determine the optimum conditions for CO2 capture.  
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Figure 3. 2 The predicted hydrate stability zones of CH4, CO2, N2, flue gas, and the experimental conditions 

 

The following general procedure was used for all the experiments. Deionised water was 

loaded in the autoclave. After vacuuming, methane was injected to the desired pressure 

at room temperature ~293 K. Then the system was set to the target temperature whilst 

stirring at 500 rpm to form MH. The stirrer was allowed to run until equilibrium was 

achieved, which was indicated by a stabilised system pressure. Following that, synthetic 

flue gas was injected to the autoclave, allowing the system to reach a pressure between 

the MH phase boundary and flue gas hydrate phase boundary (Figure 3.2). Gas samples 

were taken and analysed at specified time intervals, usually every 24 hours. The process 

was continued until an equilibrium was reached, at which no further changes in gas 

composition were observed. Following this, the system pressure was reduced to the next 

pressure stage by draining certain amount of the gas from the system after stopping the 

stirrer. The same procedure was repeated for each step up to the final pressure stage. The 

system composition which is made up of all gases in the water, hydrate and gas phases, 

were calculated using mass balance and measurement of the removed gas at end of each 

depressurization stage. These results can be found in Appendix B. Table 3.1 shows the 

experimental conditions including temperature, initial water amount, system pressure 

after methane injection at room temperature, start pressure and end pressure of 

depressurization, and molar ratio of initial flue gas to CH4 in the autoclave. 
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Table 3.1 Experimental conditions   

Exp. 
T 

(K) 
Water 

(g) 
CH4 injection P 

(MPa) 
Start P 
(MPa) 

End P 
(MPa) 

Initial flue gas to CH4 
ratio(mol/mol) 

1 273.2 1150 17.58 5.66 2.62 0.59 

2 273.2 500 7.03 5.66 2.62 1.04 

3 278.2 1150 19.31 11.03 4.41 0.82 

4 278.2 500 8.62 11.05 4.21 1.62 

5 283.2 1150 22.06 23.44 7.27 1.91 

6 283.2 500 11.38 23.79 6.99 3.17 

 

 

3.3 Results and Discussion 

As with most gas injection methods, an investigation of the effects of pressure on CS 

through flue gas injection is necessary to determine at which pressure there is a maximum 

CS, for a particular MH reservoir at certain temperature. By optimizing the pressure of 

the injected gas and operating at such conditions close to the optimum pressure, the 

economics of the gas injection projects can be further improved.  This knowledge is 

essential for field-scale applications as it is preferably based on the method efficiency. In 

this work pressure varied rather than temperature because it is relatively easier to control 

the reservoir pressure compared to the temperature. GC analysis results versus pressure 

were plotted as shown in Figure 3.3 a-f to determine the ideal pressure for each test. This 

pressure is seen in Figure 3.3 a-f where clear downward peaks were observed for C-ratio 

graphs. The initial reduction of this ratio can be justified by the fact that more CO2 than 

N2 goes to the hydrate phase (CO2 hydrate or CO2-mixed hydrates) due to relative 

thermodynamic stability of CO2 at lower pressures and N2 promotes CO2-CH4 molecule 

exchange by interfering CH4 in small cages32, which is in agreement with other published 

work6. The possible reason for the secondary increase after optimum pressure is that at 

lower pressures, N2 molecules stop acting as promoting agents for CO2 sequestration, 

which results in reduction in the driving force of N2 on CH4 hydrates. This in turn, will 

possibly lead to destabilization of those excess CO2 hydrates, which were stabilized by 

N2. Furthermore, sharper increase in the C-ratio at the final depressurization stage just 

above CH4 hydrate dissociation pressure indicates some of CO2-mixed hydrates were 

dissociated significantly above the CO2 HSZ, assuming that there is no possibility of N2 

mixed hydrate formation at this condition. It should be noted that C-ratio changes were 
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sharper against pressure at lower temperatures and with higher MH saturation compared 

to those at higher temperatures and with lower MH saturation, respectively, indicating the 

higher chemical potential shift at former conditions compared to latter ones after flue gas 

injection. Accordingly, the trend of changes in the C-ratio for the gas phase shows that 

the occupancy ratio of large to small cages during CO2 mixed hydrate formation changes 

with pressure. What’s more, the experiments were conducted with two different amounts 

of initially formed MH to clarify the effect of hydrate saturation in the reservoir. Figure 

3.3 indicates that at all temperatures, C-ratio decreased with increasing initial MH and 

water content, which can be attributed to CO2-CH4 replacement, higher solubility of CO2 

compared to N2, and reformation new CO2 rich hydrates.  More CS through more MH can 

be considered as further support for CO2-CH4 replacement without full dissociation of 

hydrate structure, which is in agreement with another work34. This phenomena, has also 

been experimentally investigated by various laboratories using NMR. They reported that 

spontaneous exchange between the CH4 and CO2 guest molecule is governed by a direct 

solid-state conversion, which is very slow, and limited by mass transport via hydrate42. 

However, considering the lower concentration of CO2 in the injected gas which could 

possibly reduce the possibility of CO2-CH4 exchange, further investigation is required for 

full understanding of the mechanism. In the same line, presence of more water in the 

system will assist the formation of new CO2-rich hydrates, and the released heat from 

formation of new hydrate will increase the rate of CH4 hydrate dissociation, and 

subsequently help the exchange process as well. As illustrated in Figure 3.3a-f, CH4 

graphs showed upward trends. Corresponding to the increase in CH4 concentration in the 

gas phase, graphs for N2 concentration showed continuous downward trends. Meanwhile, 

CO2 concentration slightly increased after the initial reduction. This is continued until the 

end of the tests, which can be explained using the same reason for the increase in the C-

ratio. It is clear from the aforementioned graphs that CH4 percent in the gas phase 

increased with both reduction in the temperature and an increase in the amount of initially 

formed MH. Accordingly, more favourable conditions for CS are also more favourable 

for methane recovery. It should be noted that using this method will increase the 

separation cost of produced gas compared to pure CH4, but it is clear from the results that, 

in all the optimum conditions the purity of CH4 in the produced gas was relatively high, 

reducing the cost of separation. These results suggest that chemical shift method is able 

to efficiently recover CH4 and facilitate the CH4 transport from the hydrate phase to the 

gas phase. 
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Figure 3.3 Variation in the gas composition change during the stepwise depressurization. (a)-(f) for Experiments 1-6. 

 

Figure 3.4 and Table 3.2 show measured properties of the system at optimum conditions 

for all experiments. As shown in Figure 3.4-a, the C-ratio in the  gas phase for the 

optimum pressure greatly increases with increase in the temperature, whereas there is no 

significant difference in this ratio for system composition (see Figure 3.4-b), which is 

reasonable as system compositions at start of experiments were equal and removed gas 

doesn’t have a significant effect. This suggests that the lower temperatures favour more 
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CO2 than N2 in the hydrate phase. Furthermore, at the optimum pressure, the C-ratio in 

the gas phase is lower for the systems with more MH, while this ratio for system 

composition is higher for the systems with more MH than those with less MH. This can 

be attributed to the fact that the more MH and water have more capacity of storing CO2. 

For each component in the system at each depressurization step, the total concentration 

will increase if the concentration of the component in the gas phase is less than that of the 

system composition, otherwise it will decrease.  With this in mind, it is worth noting that, 

as shown in Figure 3.4 b, the overall C-ratio in the system was almost the same for 

experiments with the same amount of initial methane. However the ratio is lower for the 

experiments with lower initial MH owing to less increase of CH4 in the gas phase during 

the initial steps compared to that of higher initial MH that results from less driving force 

through chemical potential shift. By comparing the slopes of CH4 concentration in Figure 

3.4-a, the temperature effect on CH4 recovery for higher initial MH saturation is relatively 

higher than that with less MH at optimum conditions. However, the slope for the C-ratio 

was almost the same for both amounts of initial MH. This effect is possibly derived from 

higher concentrations of overall N2 at lower MH concentrations and also higher 

temperatures (see Figure 3. 4-b), reducing the temperature effect by interfering MH at 

small pores without replacing with them. For overall system CH4 at the optimum 

conditions, the concentration at higher temperatures is less than that at lower temperature. 

This could be plausibly justified by the fact that upon high pressure at start of the 

experiments at high temperature, relatively more flue gas was injected which, in turn, 

kept the total CH4 concentration at lower state. In contrast, for the same reason, fractions 

of CO2 and N2 increase with temperature.  

 

Figure 3.4 (a) The measured gas composition and (b) the system composition at optimum conditions for all 
experiments. 
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Table 3.2 The determined optimum conditions for CO2 capture as hydrates 

Exp. 
Pressure 

 
(MPa) 

Gas phase composition Overall composition 

N2 
(mol%) 

CH4 
(mol%) 

CO2 
(mol%) 

CO2/(CO2+N2) 
 

N2 
(mol%) 

CH4 
(mol%) 

CO2 
(mol%) 

CO2/(CO2+N2) 
 

1 4.16 
 

47.60 49.00 3.40 6.67 25.49 69.74 4.77 15.36 

2 4.48 55.60 39.20 5.20 8.55 39.07 54.49 6.44 14.15 

3 7.07 50.62 45.12 4.26 7.76 29.19 65.38 5.43 15.69 

4 7.46 55.70 38.27 6.03 9.78 46.14 46.27 7.59 14.12 

5 12.58 54.38 39.96 5.66 9.43 45.46 45.82 8.72 15.84 

6 13.95 56.04 37.12 6.84 10.88 59.01 31.20 9.79 14.23 

 

 

To depressurise the system some gas mixture had to be drained out from the system. This 

in turn will lead to a change in the system composition. Accordingly, because the system 

composition was changing during the depressurisation process, there was a need to define 

a parameter to eliminate the effect of these changes. Thus, “repartition” ratio, R is defined 

as the C-ratio in the gas phase divided by that in the overall system. This is to examine 

whether the apparent optimum in the current method is the true optimum. The R-values 

for each step in all experiments were calculated and are plotted in Figure 3.5, in which 

the minimum R-value at each test is the indication of the optimum point. The resulting 

optimum conditions from R-values for all experiments, as can be seen, were the same as 

those determined based on the gas composition of the existing system. Therefore, it can 

be concluded that optimum conditions can be determined by analysis of the gas 

composition after some gas was removed. 

 
Figure 3.5 R-Values variation with the system pressure at the experimental temperatures 
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Figure 3.6 illustrates the optimum pressure for each experiment together with the 

predicted HSZs for CH4-flue gas mixtures with different mole ratios of CH4. As can be 

seen, all optimum conditions are in a pressure range between the HSZs of 30 mol% and 

50 mole% methane, approaching the HSZs with 30 mol% methane as the initial MH 

decreases and approaching to the HSZs with 50 mol% methane as the initial MH 

increases. Furthermore, in terms of pressure, the two optimum CO2 capture pressures are 

closer at lower temperature compared with those at higher temperatures. However, there 

are larger differences in C-ratio with change of pressure at lower temperature compared 

with higher temperatures (see Figure3). By taking the above two reasons into account, it 

can be concluded that the pressure effect on CO2 capture efficiency is more significant at 

lower temperatures than at higher temperatures.  

 

Figure 3.6 Location of the determined optimum conditions for CO2 capture for different gas hydrate reservoir 
conditions  
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Chapter 4 - Integrated CO2 Sequestration and Methane Recovery by 

Injection of Flue Gas into Frozen Methane Hydrate Reservoirs 

 

 

4.1 INTRODUCTION 

The oceans, permafrost regions, and continental and marine sediments contain a huge 

volume of methane trapped in the form of gas hydrates1 which could be a potential energy 

source 2 or CO2 storage sink3, depending upon human being actions, with respect to 

energy policy and anthropogenic global warming. These ice-like hydrates which are non-

stoichiometric inclusion compounds with hydrogen bonded water cages enclathrated light 

guest molecules without chemical bonds4,5, require suitable thermodynamic conditions 

including, pressure, temperature, and surrounded liquid and gas compositions to remain 

stable. Various approaches were taken to shift the system conditions out of the 

equilibrium in investigation of methane extraction from hydrate-bearing sediments. In 

comparison with those potential methods such as thermal stimulation6, depressurization7, 

chemical inhibitor injection8, CO2
9,10 or CO2-mixed gases11 (e.g. flue gas) injection, is 

more environmentally friendly because of their potential to capture CO2 simultaneously 

with methane recovery. Moreover, injection of CO2-mixed gases (mainly CO2+N2) 

produced directly from power stations rather than pure CO2 is more economic owing to 

significant reduction in the total cost by avoidance of CO2 separation cost11–13.  

Coal-fired power plants represent a substantial proportion of global anthropogenic CO2 

emissions which are the key contributors to global climate change14. The emission of CO2 

in pulverized coal plants causes by combustion of air and coal in a boiler to generate 

energy, producing flue gas with a low concentrated CO2 (~14%). Emission of flue gas 

from a typical 600 MWE power plant could be more than 500 m3 every second15. 

Accordingly, up-scaling post-combustion CO2 capture from power-plant flue gas through 

sustainable methods is gaining importance to limit CO2 emissions. 

Previously, we presented initial results for injection of power-plant flue gas into gas 

hydrate reservoirs16 above freezing temperatures and defined a method11 to determine the 

optimum pressure of injection, where more detailed review of the past literature can be 

found. In recent year, several13,17–19 investigations about various aspects of methane 

recovery by direct injection of flue gas have been reported, including limitations of 

CO2/CH4
17, effects of methane hydrate morphology and   ratio of CO2/N2 in the injection 

gas18, the effect of the sandstone permeability, and efficiency of the method in the 
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presence of thermal stimulation13. Here, referring to the previous chapter as a basis for 

our interpretations where necessary, we report new experimental results for the kinetics 

of optimized flue gas injection into methane hydrate reservoirs at sub-zero temperatures, 

covering all range of subglacial to under permafrost conditions, and further discuss and 

revisit previous results. The method efficiency under sub-zero temperature conditions 

was also investigated as major proportion of gas hydrate reservoirs locate underneath 

permafrost formations20–22. In addition, our previous experiments above water freezing 

point showed remarkably more favourable results for both CO2 storage and methane 

recovery at lower temperatures, emphasizing the necessity of investigating the method 

efficiency under 0 ºC. One of the objectives of this study was to investigate the efficiency 

of the method (i.e. methane recovery and CO2 storage percentages) in realistic time scale 

and hydrate reservoir conditions. The second key objective was to evaluate the impact of 

reservoir conditions on the kinetic efficiency to examine potential methane reservoirs for 

choosing an appropriate one for CO2 storage. Lastly, the impact of global warming and 

natural temperature cycles on the stored CO2 was also investigated to understand the 

potential hazards to the environment.   

4.2 EXPERIMENTAL SECTION 

4.2.1 Materials 

A well-characterized silica sand from Fife (Scotland) was used as the mesoporous media, 

and a detailed analysis can be found in the Appendix C. Deionized water (total organic 

carbon <5 ppb) from an ELGA DV 25 Integral Water Purification was used for wetting 

sands, and experimental setup cleaning. The following gases from BOC Limited were 

used in the experiments: CO2 (99.995 vol %), N2 (99.995 vol %), and CH4 (99.995 vol 

%). Well-characterized sands from Fife, Scotland were used for simulating mesoporous 

hydrate reservoirs. 

4.2.2 Apparatus  
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Figure 4.1 Schematic of the high-pressure cell setup 

 

A high-pressure cylindrical cell setup was employed in all the experiments as shown in 

Figure 4.1. The cell body is made of 316 stainless steel. The geometric area exposed to 

the hydrate-bearing sediments has been placed between a fixed top cap and a bottom cap. 

A movable piston is mounted above the bottom cap to simulate the overburden pressure, 

moving up and down by withdrawal or injection of hydraulic fluid behind the piston. 

Thus, the reservoir is not in direct contact with hydraulic fluid. Hydraulic fluid 

injection/removal was performed using a dual-cylinder Quizix pump (SP-5200, Chandler 

Engineering) for maintaining the pressure or a hand pump for achieving initial 

compaction pressure. A linear variable differential transformer (LVDT) is mounted on 

the bottom cap to measure the piston movement; therefore, the reservoir volume could be 

calculated at any stage. For controlling the temperature during experiments, the cell is 

fitted in an aluminium jacket, which is cooled/heated as a whole by circulation of the 

cooling fluid (water/monoethylene glycol solution from a cryostat (Julabo MA-4). The 

cooling jacket is wrapped with an insulation layer to reduce the heat transfer from the 

surrounding environment and the temperature gradient. Two QUARTZDYNE pressure 

transducers (model QS30K-B, Quartzdyne Inc., U.S.A.)(+/- 0.005 MPa) and a Platinum 

Resistance Thermometer (PRT) (+/- 0.1 K) (placed in the top-cap) were used to measure 

the cell and overburden pressures, and the cell temperature, respectively. The 

temperature, all pressures (including pore pressure, overburden pressure, and pump 

pressure), and the LVDT displacement were monitored by a feedback system of the setup 

(LabVIEW software from National Instruments). All the gas injections, withdrawals, and 
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samplings, were operated using valves allocated at the top, bottom, and two sides. Finally, 

a Gas Chromatograph (GC) (Varian 3600, Agilent Technologies) was used to analyze the 

composition of gas samples for monitoring the evolution in gas composition within the 

system. 

4.2.3 Procedure  

 

In a typical test, 1076.6 g of the sand was partially saturated with 155.6 g deionized water. 

The wetted sediment was then loaded into the cell, and the system was evacuated to soak 

the remained air out. Following evacuation, the piston level was adjusted to compact the 

system with 3.45 MPa overburden pressure for at least a day. Prior to injection of the test 

gas, the system temperature was set to 298.15 K (to ensure there is no hydrate formation 

possibility in the working pressure range). A certain amount of CH4 gas is then added 

through the valves from top and bottom until the desired initial pressure is reached. 

Subsequently, the system temperature was set to 273.35 K (just above freezing point of 

water) to form hydrate without appearance of ice in the system. The system pressure 

reduces as temperature reduces. Since water was exposed to the high pressure CH4 well 

inside the HSZ at this point, hydrate formation was started, reducing the system pressure 

till the equilibrium point was reached at the experimental temperature. The onset of 

hydrate formation appeared at the point where there was a clear change in slope of the 

pressure profile during cooling. Hydrate formation period could take more than a week 

because there was no mixing in the system. Although some conventional temperature 

cycling methods (e.g.  Stern’s method23) could be used to accelerate the hydrate 

formation, the cryostat temperature kept unchanged to preserve the sediment structure 

built in an entirely controlled method. Hydrate formation/growth continued until stable 

pressure profile could be observed, confirming the completion of hydrate formation. 

After completion of hydrate formation, the first test conducted at this hydrate formation 

temperature while for the other experiments, the bath temperature was re- set to the target 

temperature. At this point, hydrate, gas, water, and ice saturation were calculated and 

provided in Table 4.1. For purging the remaining methane gas and reducing the proportion 

of remaining free methane in the gas phase without dissociation of methane hydrate, flue 

gas was injected to the cell at the pressure approximately 10 times the equilibrium 

pressure of methane hydrate at the target temperature after hydrate formation.  Then gas 

was slowly released out from the system until the system was depressurized to 0.7 MPa 

above flue gas hydrate phase boundary immediately to avoid or minimize formation of 

flue gas hydrates. Once the methane concentration has become less than 15% during 
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purging process, the injection port was closed, and the system pressure was reduced to a 

specified optimum point by moving the piston backward. These optimum pressures were 

determined by the method described in the previous chapter.  At this step, pressure was 

maintained using a dual-cylinder Quizix pump and samples from the gas phase were 

collected at pre-determined time points to be analyzed using a GC. After reaching the 

steady state (no change in gas composition for 3 days), the system was depressurized in 

a stepwise manner to recover the remained methane.  Experiment 2R was conducted to 

check the repeatability of the experiments, which was followed the same procedure as 

Experiment 2. However, after reaching equilibrium state at the target pressure, instead of 

depressurization, system was heated to room temperature (294.15 K) to investigate the 

dissociation of the formed hydrates.  

 

Table 4.1 Hydrate, gas, water, and Ice+quasi liquid saturation after methane hydrate formation and before flue gas 
injection. 

Experiment No. 1 2 3 4 5 6 7 2R 

Temperature (K) 261.2 264.8 268.6 273.3 278.1 282.1 284.2 264.8 

Hydrate saturation (vol%) 67.5 66.8 66.2 60.2 54.4 48.8 47.3 66.9 

Gas saturation (vol%) 24.8 25.1 25.6 28.3 26.0 27.1 25.5 25.0 

Water saturation (vol%) 0.0 0.0 0.0 11.5 19.6 24.1 27.2 0.0 

Ice+Quasi liquid saturation (vol%) 7.7 8.1 8.2 0.0 0.0 0.0 0.0 8.1 

 

As we previously defined the effect of pressure on the CO2 storage and methane recovery, 

and indicated that there is an optimum pressure11 at each temperature using simulated 

bulk conditions, it was necessary to determine the efficiency of method at realistic 

conditions. Furthermore, it is also important to characterize the kinetics of the process in 

such conditions as mass and heat transfer is strongly constrained by mesoporous media. 

Additionally, effect of ice on the kinetics of the process was investigated to cover the 

conditions of the methane hydrate reservoirs located in high-latitude regions of the Earth. 

Accordingly, the experiments were designed to fundamentally understand the kinetics 

and efficiency of methane recovery and CO2 storage by injection of flue gas into hydrate-

bearing sediments at the previously defined optimum pressures. The procedure was in all 

cases as described above. The experimental pressure/temperature conditions together 

with hydrate stability zones of N2, CH4, CO2, flue gas, and different combinations of flue 

gas/CH4 are provided in Figure 4.2. The green dots show the optimum conditions at which 

the system was kept at nearly constant pressure. According to Figure 4.2, the experiments 

sufficiently cover the temperature range of permafrost, sub permafrost, subglacial, and 

subsea sediments24. 
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Figure 4.2 The predicted hydrate stability zones of CO2, N2, CH4 and their mixtures and the experimental conditions. 
Dotted lines with indicated percentages correspond to different mixtures of CH4 and Flue gas. For instance, the line 
labelled with 10% represents gas mixtures of CH4 and Flue gas with molar ratio of 10/90, respectively.   

 

 

4.3 RESULTS AND DISCUSSION  

4.3.1 Kinetics of CO2 Capture and CH4 recovery at Optimum Pressure 

Figure 4.3a-f show the evaluation in gas phase composition with time and pressure 

obtained by GC after flue gas was injected. As shown in Figure 4.3a and b methane 

concentration and CO2/(CO2+N2) ratio changes with pressure in all experiments observed 

to follow similar patterns, but were different in rate of changes, especially for those under 

water freezing conditions. Initially, these values fluctuate slightly as a consequence of the 

initial pressure reduction to set the system at target pressure. Methane concentration in 

the gas phase keeps growing and CO2/(CO2+N2) ratio keeps reducing at the target 

pressure until the system reaches equilibrium, this part was circled in Figure3 a-b. Gas 

concentration changes with time since the pressure set was plotted at Figure3 c-f. The 

main mechanism here is the chemical potential shift of the system to higher pressure after 

flue gas injection, which forces the methane molecules to go out of the clathrate cages 

and allow the CO2 molecules to get inside the hydrate cages. This could either occur 

through CO2 replacement or fully/partially dissociation of the existing methane hydrates 

and formation of new CO2 or CO2-mixed hydrates with the released hydrogen-bonded 
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water molecules. Recently, Schicks et. al.25 investigated the exchange phenomena after 

injection of flue gas into methane hydrate reservoirs, where they didn’t observe any 

indication for CO2-CH4 exchange or pure CO2 hydrate formation. Considering the 

experimental conditions, formation of CO2, CO2-N2, CO2-CH4, CO2-N2-CH4, and N2-CH4 

is possible in a thermodynamic point of view. 

 Here, we define half-time (t1/2) as the time required for half the increase in methane 

concentration occurs between the setting pressure and the final equilibrium point. The 

defined half-time t1/2 qualitatively reflects the economic viability of the proposed process 

for a certain reservoir, as for a reservoir with too high (t1/2) industrial scale application of 

the method is not possible.  (t1/2) for all of the experiments calculated to be not more than 

3 hours whereas the overall process could take up to 250 hours, indicating higher driving 

force due to higher chemical potential difference between gas and hydrate phase at initial 

times. A similar trend for the CO2 and N2 composition in the gas phase was observed 

(Figure3 d).  This is because increase of methane concentration in the gas phase, dilutes 

CO2 and N2 concentration and consequently the driving force for removing the CH4 

molecules from the hydrate phase reduces. It’s also possible that replacement occurs 

quickly on the surface of the methane hydrate, then the replacement rate decelerates 

considerably because of formation of a CO2-CH4 or CO2-N2 hydrate (CNH) layer on the 

surface, acting like a physical barrier. This layer prevents the CO2 molecules from fluxing 

into inner side of methane hydrate, slowing down the replacement. Thus, after forming a 

layer of CO2-CH4 or CNH, replacement slows and limited diffusion transport becomes 

the main mechanism for the replacement. Similar explanation were presented in the 

literature26–28. In particular, Falenty et al. proposed shrinking core model for replacement 

of CO2 with CH4. In this model, replacement occurs initially on the surface of hydrate, 

and diffuses to inner layers by rearranging the cavities29, 30,  which is in agreement with 

our results. 

It is known that during formation of CO2-N2 mixed hydrate CO2 goes to the larges 

cavities, whereas N2 will fill the small cavities31. To examine the selectivity of the CO2 

over N2, CO2/(CO2+N2) ratio with time after pressure set was provided at Figure 4.3f 

which decreases with time, indicating stronger selectivity of the CO2 over N2 in all the 

experiments owing to relatively higher32,33 stability of CO2 than N2 at the hydrate Phase. 

This shows relatively higher occupancy of large cavities than small cavities. These results 

are in agreement with previous studies16,34.     
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Figure 4.3 (a) CH4 concentration and (b) CO2/(CO2+N2) evolution with pressure after flue gas was injected. CH4(c), 
CO2(d), N2(e), and CO2/(CO2+N2) evolution with time after pressure was set to the optimum value.    
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4.3.2 Methane recovery during depressurisation 

As mentioned in the previous section the system was depressurized step by step every 24 

hours after reaching equilibrium state at a target pressure. As shown in Figure 4.3a, as the 

system pressure reduces CH4 comes out of the hydrate phase and the percentage of CH4 

in the gas phase increases until passing CO2 HSZ, after which CH4 started to decrease 

because of dissociation of the CO2 rich clathrates. Except for Experiment 7, where CH4 

in the gas phase increases after initial drop. This can be attributed to the fact that in this 

experiment the pressure of the CO2 hydrate dissociation is higher than that of CH4 hydrate 

(Figure 4.2), thus, CO2-rich hydrates dissociate first, followed by dissociation of CH4-

rich hydrate. Regarding CO2/(CO2+N2) ratio during the step-wise depressurization, 

Figure 4.3b shows upward trends until passing CO2 HSZ. This could be justified by the 

fact, during depressurization N2-rich gas was removed, and consequently overall 

CO2/(CO2+N2) ratio was increased as a consequence of dissociation of those hydrates 

with more CO2 than N2, and after passing CO2 HSZ this ratio reached to its maximum 

amount because of the dissociation of CO2-rich hydrate. The maximum pick of this graph 

could be used as an indicator of efficiency of the CO2 capture at the optimum pressure, 

in a way that more CO2 stored at the optimum pressure means more CO2 trapped in 

hydrate phase so that this peak will be higher because of dissociation of more CO2-rich 

hydrate.  
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Figure 4.4 Calculated C-value, and CH4 concentration at the optimum pressures after the system reached to the 
equilibrium and CH4 concentration just before the system passed outside the CH4 HSZ and CO2 HSZ. 

4.3.3 CO2 capture and effect of hydrate reservoir temperature 

Both methane recovery and CO2 storage strongly depend on hydrate reservoir 

temperatures. The extent of changes in gas compositions at lower temperatures are 

typically larger than those at higher temperatures, as would be expected duo to the 

stronger selectivity of CO2 to N2 and CH4 in hydrate phase at lower temperature that 

dominates the molecular exchange between the gas and hydrate phase. In addition, as can 

be seen in Figure 4.2, the experimental pressures for lower temperatures were also lower 

than those for higher temperatures due to the fact that hydrate dissociation points have 

lower pressures at lower temperatures. As a result, the compression cost for the reservoir 

with lower temperatures could be considerably lower. Although, lowering the 

temperature increases the time required for the process after (t1/2), graphs for both 

methane recovery and CO2 storage at negative temperatures show better efficiency in 

terms of time than positive ones at any times. With this in mind, the experiment at 261.2 

K has the maximum efficiency for both methane recovery and CO2 storage, indicating 

that the more CO2 storage more Methane production. To be able to quantitatively analyses 

the results, C-value, is defined and referred as the molar ratio of stored CO2 in the hydrate 
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phase after reaching equilibrium at target pressure to the injected total CO2.  C-value is 

calculated for each experiment and was plotted at Figure 4.4 together with CH4 

concentration at gas phase at target pressure after reaching equilibrium, before passing 

CH4 HSZ, and before passing CO2 HSZ. As can be seen 81.9% of the injected CO2 present 

in the flue gas was stored in the hydrate phase at 261.2 K, and the molar percentage of 

CH4 in the gas phase reached to 60.65, 93.34, 98.18 at the optimum pressure, the boundary 

of CH4 HSZ and CO2 HSZ, respectively. For the experiments at higher temperatures, 

however, the figures in Figure 4.4 decreased and reached to the minimum at Experiment 

7.   

4.3.4 Response of CO2-mixed hydrates to temperature rise 

 
Figure 4.5 Gas composition evolution with pressure after cryostat temperature was set to 294.15 K at Experiment 
2R. 

 

Thermal stability of the stored CO2 is also a major issue for the long-term stability of the 

CO2 underground because the temperature cycle in the storage environment may keep 

altering the formed gas hydrates. This was the main reason to investigate the dissociation 

of formed hydrates at Experiment 2R using thermal stimulation beside investigation of 

the repeatability of the procedure. As can be clearly seen in Figure 4.3, before 

depressurization Experiments 2 and 2R showed well repeatable results. As mentioned 

before for Experiment 2R, the temperature of the system was increased to investigate the 

dissociation behavior of the previously formed hydrates at the optimum pressure. The gas 

composition evolution during dissociation was analyzed by GC and obtained composition 

results were plotted versus pressure in Figure 4.5. As a result of temperature rise the gas 
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phase starts to expand and the formed hydrates start to dissociate, which in turn leads to 

changes in the composition of the gas phase. As shown, initially concentration of the N2 

increases whereas concentration of CH4, and CO2 and CO2/(CO2+N2) reduces. The 

reduction of CO2/(CO2+N2) shows that initially those hydrates with relatively more N2 

start to decompose. This is a positive sign as it shows N2 not only acts as promoting agent 

for CO2/CH4 replacement but also provides another safety factor for retention of the CO2-

rich hydrates during temperature rise. We have previously showed35 the role of N2 for 

providing safety factor for thermal stability of stored CO2 by hydrate formation using flue 

gas in absence of initial methane hydrate in place. However, this is the first mention safety 

role of N2 for methane recovery by flue gas injection. After this phase, there is a sharp 

change in the composition of the gas phase before reaching almost stable composition. In 

this period, the gas hydrates are quickly dissociating and the released gas are entering to 

the gas phase, thus, the absence of changes in the gas phase implies that composition of 

the gas phase in this period interestingly is similar to the composition of those hydrates 

which are dissociating. After this phase, there is another sharp increase followed by slight 

decrease in CO2 concentration and CO2/(CO2+N2) ratio before system reaches 

equilibrium. This rise shows that hydrates with higher CO2 content dissociate after 

dissociation of hydrates with lower CO2 content.  The possible explanation for slight 

decrease in the concentration of the CO2 and CO2/(CO2+N2) ratio is the higher solubility 

of CO2
36 compared to N2 and CH4. 
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Chapter 5 - Geological CO2 Capture and Storage with Flue Gas 

Hydrate Formation in Frozen and Unfrozen Sediments: Method 

Development, Real Time-Scale Kinetic Characteristics, Efficiency, 

and Clathrate Structural Transition 

 
 

5.1 Introduction 

Increasing atmospheric CO2 concentrations, owing to the continuous use of fossil fuels 

as the main energy source for humans, pose a hazard to human life1, possibly have a major 

role in global warming2, may change environmental life cycles3,4, and have long-term 

importance for the foreseeable future5. The increase in temperature in high-latitude 

regions of the Earth in particular appears to be occurring twice as fast as the global 

average6, notably where vast volumes of CH4 in the form of clathrates exist under 

permafrost7 and where a significant amount of organic carbon is accumulated in 

perennially frozen soil over millennia8—a situation that will exacerbate climate change 

by extensive methane venting to the atmosphere9 (which mainly comes from 

decomposition of gas clathrates) and by conversion of the stored carbon to CH4 and CO2 

through decomposition by soil microbes10. Accordingly, urgent11 action is required to 

scale-up CO2 capture and storage to limit CO2 emissions and return to a “safe”6 level 

(1987) of 350 ppm CO2 in the atmosphere. Although the efficiency of different techniques 

for CCS have been improved considerably in recent years12, large-scale, economical 

solutions are still lacking5. 

In the past decade, a number of studies13 have been undertaken to develop realistic CCS 

methods, one of which is using gas hydrate-related technologies. Gas hydrates, or 

clathrate hydrates, are an ice-like group of crystalline inclusion compounds characterized 

by a host lattice of hydrogen-bonded water molecules that enclose suitably sized guest 

gas molecules without chemical bonding, usually at low temperatures and elevated 

pressures14–16. Capturing and storing CO2 in the form of gas hydrates has been previously 

suggested as a possible approach to reduce CO2 emissions, which can be categorized into 

two main approaches: First, methane hydrate reservoirs that exist under permafrost and 

in continental and margin sediments7 can be used to store CO2
17 by replacement of 

injected CO2 molecules with CH4 molecules18, controlling the emissions of CO2 while 

simultaneously allowing for a more economical and more efficient19 deployment of 

methane hydrate sources with respect to the exothermic20 nature of CO2 replacement in 
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the hydrate lattice (This is due to the greater relative thermodynamic stability of CO2 

hydrate than both methane hydrate structure-I (sI) and structure-II (sII)). Furthermore, the 

optimization and development of this method have been extensively studied in the past 

two decades21–23, and several successful field-scale applications, such as those located at 

the Alaska North Slope24, have been reported. More recently, we have suggested direct 

injection of power plant flue gas (mainly N2 and CO2) into CH4 hydrate reservoirs as a 

promising approach to reduce the cost by eliminating CO2 capture from the 

atmosphere25,26. Second, efforts have been made to form gas hydrate from power plant 

flue gas27, with the expectation that more CO2 than N2 will enter the hydrate phase28–30, 

providing the possibility to separate and capture CO2 after hydrate formation31. 

Here, we introduce a new approach to scale-up and reduce the cost of the CCS operation. 

The idea is that power plant flue gas, mainly consisting of N2 and CO2, can be directly 

injected into either simulated or natural (temporary and permanent storage, respectively) 

water/ice-saturated sediments at high pressures to store CO2 in a solidified form, 

providing a realistic and efficient CCS method. Despite the promising prospects of 

hydrate-based CCS, a natural time-scale evaluation of flue gas hydrate formation kinetics 

inside mesoporous media does not yet exist. This work details the results of an 

experimental investigation into the kinetics of flue gas hydrate formation in well-

characterized water/ice-saturated sediments from 261.1 K to 283.1 K, covering the 

temperature range of subglacial, permafrost, sub permafrost, and subsea sediments32. 

Using the newly measured formation kinetics data, we discuss the characteristics of flue 

gas hydrate formation kinetics with a particular focus on the effect of relevant parameters 

on CO2 capture rate, capture efficiency and clathrate stoichiometry. 

This study documents a method that could slow or even stop the rise of the CO2 content 

in the atmosphere. While direct formation of CO2-rich hydrates from power plant flue gas 

will reduce CO2 emissions, the hydrate cap formed in sediments could also provide a 

safety33 mechanism by blocking the pathway of those greenhouse gases released in 

response of permafrost to global warming. Additionally, we address the challenges 

regarding the effect of global warming on the stored CO2-rich hydrates by investigating 

the kinetics of hydrate dissociation during temperature increase, ultimately showing that 

the CO2 level in the atmosphere could be sustainably reduced or at least kept at the same 

level using the proposed method. 
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5.2 Methods 

5.2.1 Materials 

A well-characterized silica sand from Fife (Scotland) was used as the mesoporous media, 

and a detailed analysis can be found in the Appendix C. Deionized water was produced 

using an ELGA DV 25 Integral Water Purification System. For simulating flue gas, a gas 

mixture composed of 85.4 mol% nitrogen and 14.6 mol% CO2 (both with certified purities 

of 99.9995 vol%) purchased from BOC Limited was used. 

5.2.2 Experimental apparatus 

Experiments were carried out using a stainless steel cylindrical cell setup. The setup is 

composed of a high-pressure cell (with a maximum inner volume of 802 cm3 and a 

maximum working pressure of 40 MPa), movable piston, data measurement and 

monitoring system, and pressure/temperature maintaining system, as shown in Figure 5.1. 

The top cap of the cell is fixed, while the bottom cap has a movable piston, moving by 

injection or withdrawal of hydraulic fluid using a hand pump for initial overburden 

pressure and a Quizix pump for maintaining constant pressure. The piston movement 

enables an increase or reduction in the pore pressure within the cell without injecting or 

removing fluid from the cell, thus maintaining a closed system. A linear variable 

differential transformer (LVDT) is mounted to the tail rod of the piston to measure the 

piston displacement, enabling measurement of the exact volume of the cell in real time. 

The cell is located in a cooling jacket, and its temperature is maintained by circulating 

water/monoethylene glycol (60/40, vol/vol) from the temp bath (Julabo MA-4) through 

the shell side of the module. The temperature is measured using a platinum resistance 

thermometer (PRT), located inside the top cap, with a precision of +/- 0.1 K. The cell 

pressure and overburden pressure are measured by means of Quartzdyne pressure 

transducers (model QS30K-B, Quartzdyne Inc., U.S.A., pressure range 0-207 MPa) with 

an accuracy of +/- 0.0005 MPa. Pore pressure, temperature, pump pressure, overburden 

pressure, and piston displacement are recorded on a computer via a data acquisition 

system (LabVIEW software from National Instruments). Test fluids and samples for 

analysis are injected and collected through valves on the bottom cap, top cap, and side 

valves. The molar composition of the gas samples was analyzed using a gas 

chromatograph (GC) (Varian 3600, Agilent Technologies) (with calibration errors of 

±0.5% for CO2 and ±1.2% for N2). 
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Figure 5.1 Schematic of the high pressure autoclave setup 

 

5.2.3 Procedure 

The following general procedure was used for all experiments. The cell was filled with 

partially water-saturated sand (1076.6 g sand/155.6 g water or 12.63 mass% water) and 

vacuumed after adjusting the piston level to control the volume of simulated sediment 

(approximately 148.94 mm height and 75.00 mm diameter or porosity of 37.9%). The 

fluid behind the piston was then maintained at a constant pressure (3.45 MPa) using the 

Quizix pump and the temperature bath was set at the target temperatures (see Table 5.1) 

for several days to ensure stabilization of the system. Then, the piston fluid inlet valve 

was closed, and flue gas was injected at the desired pressures. Gas samples for GC were 

collected at determined intervals according to the pressure decrease rate of the system. 

The sampling process was continued until hydrate formation finished, as evidenced by 

both the final stable CO2 concentration in the gas phase and the pressure reading of the 

pressure transducer28, except for Exp1, in which the test was stopped after 72 days 

because of the very slow formation rate. Finally, the bath temperature was set at 294.15 

K, and the composition of the gas phase was analyzed during gas hydrate dissociation. 

The initial conditions for each experiment are shown in Table 5.1. 

Table 5.1 Experimental temperature, initial pressure conditions, and quantity of injected gas 

Exp. No 1 2 3 4 5 6 7 8 9 

Temperature (K) 261.2 264.8 268.6 273.4 278.2 283.2 273.4 278.2 283.2 

Start Pressure (MPa) 20.82 20.79 20.81 20.79 20.75 20.80 27.95 27.91 33.21 

Injected Gas (mol) 1.0198 0.9974 0.9761 1.0009 0.9476 0.9111 1.2574 1.1974 1.3137 
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5.2.4 Methodology 

Pure CO2 forms simple (single guest) cubic sI clathrate hydrates with a formula of 

2MS6MLI46H2O (where MS is a small 512 (pentagonal dodecahedron) cavity and MLI is 

a large 51262 (tetrakaidecahedron) cavity) with compositions between 5 
3

4
 and 7 

2

3
 

waters/guest, which are stable at considerably lower pressures when compared with 

simple N2 hydrates. CO2 occupies all the large MLI cages (size ratio of 0.83) and some of 

the MS cages (size ratio of 1). Additionally, N2 can stabilize cubic s-II hydrates with a 

unit cell formula of 16 MS8MLII136H2O (where MLII is a large 51264 

(hexakaidecahedron) cavity), occupying a fractionally higher number of MS cavities 

(single guest)34. In addition, owing to the small molecular size, two N2 molecules can fit 

into a large MLII cavity35,36. While several powder X-ray diffraction, NMR spectroscopy, 

and Raman spectroscopy studies37–39 (mainly on 10% and 20% CO2 in N2+CO2 mixtures) 

at limited pressure and temperature ranges suggest that these mixtures only form s-I 

hydrate (except for 1% CO2-99% N2 mixture where the s-II hydrate is more stable), 

structures of CO2+N2 mixed hydrates have yet to be investigated to reveal the underlying 

physics. At the same time, the presence of mesoporous media can change the 

characteristics of hydrate equilibria40. Accordingly, this is another key parameter to be 

analyzed in order to understand the properties of CO2+N2 hydrate formation inside 

sediments. 

Figure 5.2 provides the predicted results of sI and sII HSZs of gas-water systems for 

different combinations of CO2 and N2 together with the pressure/temperature conditions 

of the experiments. An in-house software (HydraFlash) 43–45 was used for prediction of 

the HSZs. Thermodynamic behavior of the fluid system at different pressures, 

temperatures and compositions were modelled using CPA equation of state for the non-

solid phase, with the Peng-Robinson equation of state as the non-association part, and a 

modified van der Waals and Platteeuw method for the solid phase. To understand the 

effect of temperature under real conditions32, Exp 1-6 were started at the same pressure, 

which was selected to represent ocean floor pressure according to the average depth of 

the oceans41,42. Exp 7-9 were performed to investigate the pressure effect. It should be 

noted that as all planned results were obtained using these 9 experiments, we performed 

only one experiment at very low temperature due to the length of time required to perform 

experiments at lower temperatures and higher pressures. The pressures for Exp 1-4 and 7 

were well inside the N2 HSZ, whereas the pressures for Exp 5 and 9 were between the 

flue gas and N2 HSZs, the pressure for Exp 8 was just on the N2 HSZ, and the pressure 

for Exp 6 was outside of the flue gas hydrate formation region. Accordingly, in Exp 1-5 
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and Exp 7-9, there is the possibility of CO2 or CO2-N2 mixed hydrate formation, and in 

Exp 1-4 and 7, there is also possibility of N2 hydrate formation. The sole purpose of Exp 

6 was to observe CO2 dissolution kinetics in the system. For some combinations of flue 

gas (sometimes up to ~8% CO2 at lower temperatures), the pressures of sII HSZs are 

lower than those of sI, indicating the greater stability of sII hydrates from a 

thermodynamic perspective. Accordingly, Exp-5 and 9 were selected to be out of this 

region, whereas other experiments (except Exp 6) cross this region or finish (Exp 1 and 

7) in this region. Several experimental obserevations20, all of which were performed 

outside of this region, suggest that CO2 will go into large cages and N2 will occupy small 

cages (for sI hydrates) in CO2-N2 mixed hydrates. 

 

 
Figure 5.2 The predicted hydrate stability zones of CO2, N2, and their mixtures and the experimental conditions. The 
HSZs are predicted for both sI and sII. The paired phase boundaries of sI and sII of a CO2-N2 mixture are drawn in the 
same pattern of lines, blue (sI) and red (sII). An in-house software (HydraFlash) 43–45 was used for prediction of the 
HSZs. Thermodynamic behaviour of the fluid system at different pressures, temperatures and compositions were 
modelled using CPA equation of state for the non-solid phase, with the Peng-Robinson equation of state as the non-
association part, and a modified van der Waals and Platteeuw method for the solid phase. 
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5.3 Results and Discussion  

5.3.1 Formation kinetics 

The pressure profile of the system after gas injection is illustrated over all of the 

experimental periods in Figure 5.3. A rapid pressure drop was observed just after gas 

injection, mainly as a result of gas solubility and gas contraction. This mechanism is 

clearer in the Exp 6 results, where the system pressure was outside the flue gas HSZ. 

However, in the other experiments, hydrate nucleation/growth was an additional reason 

for this initial reduction. As the gas was consumed by hydrate formation, the gas pressure 

showed a strongly negative decreasing slope. Here, the rate of gas pressure change 

decreased with time, corresponding to a reduction in the gas consumption rate. This is 

because the consumption of the gas molecules moves the system pressure closer to stable 

conditions, reducing the main driving force of hydrate formation. Furthermore, early 

hydrate crystal formations accumulate on the surface, reduce the surface contact of 

components and limit the mass/heat transport in the system. In addition, the free water 

content in the system reduces with hydrate formation, which could limit the hydrate 

formation rate by slowing down the adsorption of the CO2/N2 molecules at the crystal 

interface46. With regard to the pressure decrease during hydrate formation in Exp 3-5, it 

is slightly faster at lower temperatures, as the distance from stable conditions is relatively 

higher in terms of pressure difference (higher sub-cooling). However, the opposite trend 

was observed in Exp 1-2. This could be explained by the presence of less unfrozen 

(quasiliquid) water at lower temperatures. The quasiliquid water content acted as a 

limiting factor for hydrate formation and gas diffusion in the system, and consequently, 

a reduction in the hydrate formation rate at lower temperatures can occur. In addition, the 

gas diffusion rate is reduced at lower temperatures, which, in turn, increases the time 

required for gas molecules to contact the quasiliquid water. Furthermore, hydrates can 

directly form from ice crystals, which is slower at lower temperatures. Comparing the 

graph for Exp 3 with those for Exp 1 and 2 in Figure 5.3 suggests that there was enough 

quasiliquid water and sufficient surface contact between components in Exp 3, weakening 

the limiting effects on hydrate formation at this temperature. As seen, except for Exp 1, 

the pressure graphs for all experiments reached a plateau after the initial decrease, which 

was faster at higher temperatures. This can be attributed to the fact that the differences 

between hydrate formation rates are not large enough to cover the difference between 

stable pressure values. In Exp 1, as the hydrate formation rate decreased considerably 
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after a few months, the tests were stopped when the pressure versus time slope reached 

less than 0.0015 MPa/hr. 

A comparison between the pressure decreases in Exp 4 and 5 with those of Exp 7 and 8 

reveals that experiments at higher pressure take more time to stabilize. The first apparent 

reason for this observation is the pressure drop and consequently more hydrate formation 

at higher pressures. This can also increase the force required for diffusion through formed 

hydrate shells. As the same amount of water was present in all experiments, the second 

reason for this observation could be the previously discussed limiting role of free water, 

lowering the water to gas molar ratio at higher pressures. This is potentially the main 

reason for the very slow hydrate formation during the final stages of the higher pressure 

experiments. The faster hydrate formation in Exp 9 compared to Exp 7 and 8, considering 

its higher pressure and higher temperature, provides additional support for the above two 

explanations. 

 
Figure 5.3 Changes in system pressure after flue gas was injected during clathrate formation inside water saturated 
sediments with the early phase magnified.  

 

5.3.2 CO2 capture 

Figure 5.4 presents the CO2 concentration changes in the gas phase throughout all 

experiments. An insertion of the initial stage is also shown in Figure 5.4. It should be 

noted that all samples were analyzed at least three times to reduce the GC measurement 
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uncertainty, which was calculated to be at most 0.1%. As shown in Figure 5.4, there is 

always an initial decrease in CO2 concentration in all cases due to the higher solubility of 

CO2 relative to N2 in the aqueous phase at temperatures higher than 273.15 K (Exp 4-9) 

and higher stability of CO2 relative to N2 in the ice phase at temperatures under 273.15 K 

(Exp 1-3). Furthermore, it is clear that the relative rate of diffused CO2 to N2 into the ice 

phase is similar in Exp 1-3, indicating an insignificant role of temperature on the diffusion 

of gas into the ice crystals, at least in the early stages. However, for experiments above 

the freezing point of water (Exp 4-9), the relative rate of CO2 to N2 solubility in water 

increases at lower temperatures, due to hydrate formation requiring an induction time 

because there is always a time lag for hydrate formation after flue gas injection. As shown 

in the magnified part of Figure 5.4, clear downward peaks were observed for Exp 4, 5, 7, 

8, and 9 just after flue gas injection was complete. Previously, we reported28 this behavior 

for the same gas mixture under bulk conditions and attributed it to the effect of hydrate 

formation on water solubility and the presence of relatively more CO2 to N2 in the aqueous 

phase than in the hydrate phase. Regarding Exp 6, following approximately 200 hrs of 

initial logarithmic reduction, it reaches equilibrium at approximately 10.5% CO2 in the 

gas phase. 

The curves shown in Figure 5.4 provide other interesting information. The curves show 

that the CO2 concentration in the gas phase reduced considerably faster in Exp 4 and 5 

than in Exp 1-3. At the same injection pressures for higher temperatures, the CO2 

concentration reached a stable value faster. However, the final CO2 concentration in the 

gas phase is smaller at lower temperatures, indicating a higher occupancy ratio of CO2/N2 

in the hydrate phase. Slower changes in the CO2 concentration were observed at higher 

pressures, which could be attributed to the same reason for the slower pressure change in 

these systems. In addition, the presence of more gas in the system leads to a reduced effect 

of hydrate formation on the changes in the composition of the gas phase. Although Exp 

9 was conducted under higher pressure than Exp 6, there was a higher rate of CO2 capture 

in Exp 9, indicating the efficiency of hydrate-based CO2 capture compared with 

dissolution methods alone. Comparing Exp 4 with Exp 7 and Exp 5 with Exp 8, it should 

also be noted that the injection of gas at higher pressures caused a greater reduction in 

pressure, which in turn led to more hydrate formation and consequently a larger change 

in the CO2 concentration. Accordingly, experiments at higher injection pressures in this 

method also have higher final equilibrium pressures. This is because binary N2/CO2 gases 

have higher HSZs at higher N2 concentrations. 
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Figure 5.4 Changes in CO2 concentration in the gas phase during clathrate formation inside water saturated 
sediments after flue gas was injected. To reduce the GC measurement uncertainty for each point, all samples were 
analyzed at least three times. 

 

5.3.3 Structural change 

Next, we investigated the CO2 concentration change during hydrate formation to further 

quantify the kinetics of flue gas hydrate formation. The possible explanation for these 

concavities is that these experiments were started inside the sII HSZ and finished outside 

of the sII HSZ, covering a wide range of HSZs in terms of concentration changes, which 

reduces the stability of hydrates formed at higher pressures. With this in mind, initially 

formed hydrates with relatively more CO2 possibly dissociated, and new hydrates with 

less CO2 formed. Curiously, the presence of more CO2 at higher pressures indicates that 

there is an optimum pressure under which there is maximum CO2 capture, which is 

consistent with our previous results26. Furthermore, a wider concavity in Exp 2 could 

show limited heat or mass transfer for dissociating hydrogen bonds at lower temperatures. 

More interestingly, as shown in Figure 5.4, HSZ zones of sII hydrates with CO2 

concentrations less than approximately 8% are more stable than those of sI, and the trend 

is opposite after passing approximately 8% CO2 in the gas phase. In addition, these 

concavities are observed only in Exp 2-4 and 8 that passed this region (Exp 1, 5, and 7 
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were above or inside this zone). On the basis of the two above explanations, for Exp 2-4 

and 8 sII hydrate formation is the only plausible hypothesis that could be offered to 

explain the reason behind the concavities observed in Figure 5.4. This does not conflict 

with other studies37–39 on this subject that denied the presence of sII hydrate for more than 

1% CO2 concentration in the gas phase because the presented pressure-temperature 

conditions in our study for sII hydrate were not investigated in other studies. To confirm 

the structural changes, these experiments could be coupled with different spectroscopy 

techniques such as NMR to be able to measure the composition of the hydrate phase 

during formation.  

Regarding the change in slope of Exp 5, 7 and 9, clear decrease after concavities in Exp 

2, and 4, and slight decrease after concavities in Exp 4, and 8, we will discuss in the next 

section.  

5.3.4 Pressure effect on CO2 capture 

The rate of CO2 capture is highly sensitive to variations in pressure at each temperature. 

Figure 5.5 summarizes the changes in CO2 concentration in the gas phase versus pressure 

under the conditions presented in the experimental section. Different parts of this Figure 

5.5. were discussed in the previous sections. However, there are some interesting 

observations to be further addressed. The changes in the fraction of CO2 in the gas phase 

is a measure of the relative stability of CO2 to N2 in the hydrate phase with respect to the 

pressure under which they form. The CO2 concentration stays at approximately 14% in 

Exp 3 before reaching N2 HSZ, whereas it begins reduction earlier in Exp 1 and 2. This 

could be explained by the presence of less quasiliquid water at the gas-water interface in 

Exp 1 and 2 and significantly higher stability of CO2 than N2 in the process of hydrate 

crystals accumulation at the gas/water interface, and the diffused gas contains a higher 

concentration of CO2, in turn, leading to the formation of CO2-rich hydrates. Because of 

the intensity of the lower temperature in Exp 1, the hydrate formation rate is very slow 

(Figure 5.5), whereas the slope of CO2 concentration versus pressure is high (Figure 5.5). 

Furthermore, the CO2 concentration significantly changes at the final pressure in Exp 2-

5 and 7-9, which is most clear in Exp 3. Recently, we suggested28 three different 

mechanisms for this behavior. In support of our above claims about the presence of sII 

CO2-N2 hydrates at higher pressures, the concavities of the curves in Figure 5.5 are 

consistent with the stability regions of sII hydrates in Figure 5.2. in addition, this behavior 

could be explained by shrinking core model, where the authors suggested that an initial 

fast surface reaction happens following by a slower stage limited by permeation. Here 
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permeation coefficient of gas molecules plays a crucial. Considering the high density and 

low permeability of CO2 molecules, the secondary decrease in the concentration of the 

CO2 molecules in the gas phase (Figure 5.5) could be explained by the mentioned 

model47.  Slower kinetics of hydrate formation after initial fast hydrate formation (Figure 

5.4) could also be explained by the shrinking core model. 

 
Figure 5.5 CO2 concentration in the gas phase versus system pressure during clathrate formation inside water 
saturated sediments. The changes in the fraction of CO2 in the gas phase is a measure of the relative stability of CO2 
to N2 in the hydrate phase with respect to the pressure under which they form 

 

5.3.5 Quantitative analysis 

Because the initial and final pressures and CO2 concentrations in each test were different, 

there was a need to define a parameter to be able to comparatively quantify the amount 

of captured CO2. Accordingly, the capture ratio, C-value, is defined as the percentage of 

captured CO2 moles inside the hydrate and water phase divided by the moles of initially 

injected CO2. The C-values for each experiment were calculated and plotted in Figure 5.6 

(quantities of the CO2 concentration in the gas phase and hydrate/water phase are 

provided in the Appendix C). As noted before, in Exp 1, the test was stopped before 

reaching the final pressure, so the C-value for this test does not reflect equilibrium 

conditions. It is clear from the graph that either an increase in the pressure or a reduction 
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in the temperature caused an increase in the efficiency of the CO2 capture, confirming the 

results shown in Figure 5.4. Hence, lower temperatures and higher pressures are more 

favorable for CO2 capture if the hydrate formation time is not important, which is 

applicable in this case. An apparent trend of C-values indicates that it is possible to store 

more than 92% percent of the injected CO2 by controlling pressure and by choosing an 

appropriate area for storage. The separation of CO2 from flue gas before injection does 

not seem to have any significant impact in this method on increasing the capture ratio, 

while the separation of CO2 from flue gas has a major13 cost in typical CCS operations. 

Another interesting observation from Figure 5.6 is that injection of flue gas into frozen 

sediments could even capture and store more CO2 from the injected flue gas, which 

suggests that hydrate formation plays a dominant role over CO2 solution in water. 

 

 

 
Figure 5.6 C-value variations under different experimental conditions. An apparent trend of C-values indicates that it 
is possible to store more than 92% percent of the injected CO2 by controlling pressure and by choosing an 
appropriate area for storage. 
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5.3.6 Dissociation of CO2-N2 mixed hydrates 

To further understand the effect of environmental temperature changes during natural 

cycles or the effect of any sudden climate changes such as the hypothesis of Late 

Quaternary climate change48 on the stored hydrates, the composition of the gas phase 

during dissociation of the formed hydrates was examined at the end of the tests after 

setting the cryostat to room temperature (294.15 K). As the temperature increased, the 

gas started to expand and hydrate dissociation began, causing CO2 concentrations to 

change in the gas phase, as shown in Figure 5.7. Under frozen conditions (Exp 1-3), a 

constant CO2 concentration was maintained and even slightly decreased at initial 

pressures after initiation of hydrate dissociation, which was followed by a fast release 

period. The decrease in the CO2 concentration and relative stability of the CO2 

concentration range in terms of pressure change are both greater at lower temperatures. 

Especially for Exp 1, the CO2 concentration in the region of relative pressure stability 

region is more than 60% of the total pressure rise by heating. The relative stability of CO2 

at early stages under frozen conditions suggests that more energy (in the form of heat) is 

required to overcome energy barriers and destabilize the CO2 than N2 inside clathrate 

cages. The rate of CO2 concentration change for this experiment, however, is considerably 

higher during the second phase. This supports the conclusion that after the formation of 

N2-rich gas hydrate at the water-gas interface, CO2-rich gas hydrate formed inside the 

initially formed hydrate shells, which is in agreement with the above results of hydrate 

formation. Furthermore, the trends of CO2 concentration change during hydrate 

dissociation generally follow the opposite pressure path from that in which they formed. 

During dissociation, the CO2 concentration changes have a less steep slope at lower 

pressures and generally increase at higher pressures. This is one of the strongest 

advantages of this method because during small temperature changes, considerably more 

N2 than CO2 will be released, reducing the hazard from CO2 release and increasing the 

safety associated with temperature changes. This results are in agreement with the work 

reported by Schicks et. al.49, 50 about coexistence of different types of gas hydrates at the 

same conditions, as our results confirmed that CO2-rich and N2-rich hydrates exist 

together.  As an additional support for clathrate structural change in Exp 2-4 and 8, there 

are sharp changes in the slope of the curves (circled part) only for these experiments, 

which are missing for the other ones. Finally, sharp drops in the CO2 concentration at the 

end of the dissociation experiment are clearly from the dissolution of CO2 in the water 

phase. 
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Figure 5.7 CO2 concentration in the gas phase versus system pressure during hydrate dissociation after bath 
temperature was set to 294.15 K. 
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Chapter 6 - Insights into the CO2 Capture by Flue Gas Hydrate 

Formation: Gas Composition Evolution in Systems Containing 

Gas Hydrates and Gas Mixtures at Stable Pressures  

 

6.1 Introduction 

Gas hydrates are solid, non-stoichiometric inclusion compounds consisting of an open 

lattice of water molecules that encage small size guest gas molecules such as nitrogen 

(N2) and carbon dioxide (CO2), etc. without chemical bonding1. Between all potential 

guest molecules, CO2 emanating from power plants2 is responsible for the majority of the 

increasing greenhouse effect3. Accordingly, developing efficient methods for CO2 

capture is crucial in order to deal with this major environmental challenge4. To date, 

various methods that have different efficiencies at selected conditions have been 

developed5. In this regard, gas hydrate formation has been proposed as an alternative 

approach to separate CO2 from power plant flue gas which mainly consists of N2 and 

CO2
6. Furthermore, direct injection of CO2-N2 mixtures7,8 and coal-fired flue gas9 into 

methane hydrate reservoirs was proposed as a promising method for capture and 

geological storage of CO2. These gas hydrate-based CO2 capture methods are 

environmentally cleaner and more cost effective compared to the conventional amine-

based absorbance techniques10,11. Fulfilment of these methods requires the flue gas 

hydrate formation kinetics to be completely understood, reduction in the CO2/N2 ratio of 

the gas phase with time is the main indicator of efficiency and may even be the key factor 

in acceptance of these methods for use on an industrial scale. Only a limited number of 

investigations on this subject have been reported and the kinetics of flue gas or N2-CO2 

hydrate formation hasn’t been completely clarified. Different material and methods have 

been suggested to enhance the rate of gas hydrate formation12 and the kinetics of CO2 

separation mechanism and process through hydrate formation have been investigated for 

systems containing CH4, CO2, N2, and oxygen (O2) 
11,13, but little is discussed about when 

and how the system reaches equilibrium. Usually thermodynamic equilibrium of the gas 

mixture is considered to be when pressure is constant14. In this chapter, experimental 

results are reported to show that complex hydrate formation, decomposition, and 

molecular exchange were still occurring in the water-CO2-N2 gas mixture systems when 

the system pressure was constant. 
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6.2 Materials and Methods 

The kinetics of flue gas hydrate formation was studied at 3 constant temperatures using a 

316 stainless steel cylindrical autoclave (maximum working pressure of 20.7 MPa, and 

volume of 180.1 mL), a schematic diagram of which is shown in Figure 1. The autoclave 

was connected to a gas chromatograph (GC) (Varian 3600, Agilent Technologies) 

through an online magnetic capillary sampler system (RolsiTM) with zero dead volume.  

The moveable sampler was connected to the top cap and GC through a capillary tube (0.1 

mm internal diameter), and heated line (T = 323.25 K), respectively. The temperature was 

maintained by a cryostat (Grant LTC) which pumps cooling fluid into the integral cooling 

jacket surrounding the cell. The system pressure and temperature were continuously 

monitored using a Quartzdyne pressure transducer (accuracy +/-0.0005 MPa) and a 

Platinum Resistant Thermometer (PRT) coated in stainless steel (uncertainty of 0.1 K), 

respectively, through a data acquisition device and a LabView software interface at 

regular time intervals. To help increase the surface contact of components, a high-

pressure stirrer (Top Industrie SA, France, model 6180300B) was fixed at bottom of the 

cell. Visual high pressure windows were located at each side of the autoclave to visually 

observe hydrate formation and discriminate it from dissolution.  

 

 
Figure 6.1 Schematic of the high-pressure autoclave setup 

 

40% of the autoclave was filled with deionized water generated by an integral water purification 

system (ELGA DV 25), following which the system was vacuumed. For simplicity, a gas mixture 

of 85.4% N2 and 14.6% CO2 (purity of 99.995 vol% from BOC Limited)  was used to simulate 

coal-fired flue gas9,15. After setting the system temperature to 294.15 K and starting stirrer, the 

simulated flue gas was injected continuously to reach 20.68 MPa. To control the hydrate 
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formation the stirrer was switched off until the system reached the target temperature. After 

reaching the target temperature, mixing was started and flue gas hydrates were formed at a 

constant temperature. Throughout the process the gas composition was analysed using GC. 

Figure 6.2 presents the predicted16 hydrate stability zones (HSZs) of the tested gas-water 

systems together with the experimental temperature and pressure conditions. As can be 

seen experiments were conducted at 3 different temperatures, and consequently 3 

different pressures (Gas law). As shown, the experiment at 273.35 K started at a pressure 

inside the N2 HSZ, but the other two experiments were outside the N2 HSZ zone. 

Accordingly, thermodynamically for all experiments, there was the possibility of N2-CO2 

mixed hydrates and CO2 hydrate formation. However, N2 hydrate formation may occur 

only in the first experiment. Regarding CO2-N2 mixed hydrates, according to 

thermodynamic stabilization, N2 will fill the small cavities and CO2 will enter the large 

cavities17. 

 
Figure 6.2 The predicted hydrate stability zones of N2, CO2, various N2-CO2 combinations, and the experimental 
conisations 

 

6.3 Results and Discussion 

Figure 6.3a shows the CO2 in mole% in the gas phase throughout the experimental process 

at the set temperatures. As can be seen from Figure 6.3a, initially the molar fraction of 

CO2 in the gas phase reduced from 14.6% to 12.4% at 294.15 K which is mainly due to 

the higher solubility of CO2 in water compared to that of N2, moving more CO2 into the 

polar phase (Figure 6.4a). After cooling the system to the target temperature, the CO2 

percentage in the gas phase slightly reduced owing to further increases in CO2 solubility 

with temperature reduction compared to that of N2. For the same reason, the CO2 fraction 
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in the gas phase was slightly smaller in the experiments at lower temperatures. It should 

be noted that, in the investigated system there is a possibility for formation of different 

kind of ions, which are illustrated in Figure 6.4d18.  

 

After hydrate formation started, there was an initial increase in the fraction of CO2 in the 

gas phase for all experiments, which is magnified in Figure 6.3b. These increments infer 

that the CO2/N2 ratio in water phase was relatively higher than that in the hydrate phase 

at the pressures in Figure 6.3b. The difference became clearer at lower temperatures. This 

could be plausibly justified by the fact that according to Figure 6.2 showing that the first 

experiment was initiated at a pressure inside the N2 HSZ and the second experiment was 

closer to N2 HSZ than the third experiment, occupancy ratio of large to small cages in the 

formed hydrates was smallest for the first experiment and is smaller for the second 

experiment compared to the third one, which in turn leads to entering relatively more N2 

into hydrate phase at lower temperature given that the initial system pressure was similar. 

With regard to the aforementioned initial increment in the percentage of the CO2 in the 

gas phase, the first hydrate crystals formed could affect the solubility of CO2 in the 

water19, as the solubility of a gas in a solvent could be significantly different in the 

presence of other solutes in the solution. After this phase, while the system pressure 

continuously decreased due to hydrate formation, the CO2 percentage in the gas phase 

stayed almost stable with small fluctuations, i.e., no more CO2 appeared to go into the 

hydrate lattice compared to N2. This means that in this phase the ratio of CO2/N2 in the 

forming hydrate phase was equal to the ratio in the hydrate former gas phase and water 

phases, demonstrating a dynamical molecule exchanging process between these phases. 

At pressure near to the final equilibrium pressures the molar fraction of the CO2 in the 

gas phase reduced sharply. The possible reason for these changes with only small pressure 

changes could be attributed the fact that the initially formed hydrates with relatively low 

CO2 content dissociated and new CO2-N2 hydrates formed entrapping more CO2. In 

addition, the final slight increase in the CO2 percentage seen in all experiments could 

indicate that there is an optimum pressure at each specific temperature at which more CO2 

can be captured in hydrate (by keeping the pressure constant through gas injection) than 

at the final pressure where dissociation of the CO2-N2 mixed hydrate led to an increase in 

the CO2 percentage. It is worth noting that further investigation is been in progress 

investigating the reasons for these final reductions and increments of the CO2 content in 

the gas phase.  
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Figure 6. 3 (a) Variation in the CO2 mole fraction in the gas phase versus pressure during experiments; (b) 
magnification of the selected part of the Figure 6.3a; (c) Variation in the CO2 mole fraction in the gas phase versus 
time after reaching equilibrium pressure ( More detailed results can be found in Append 
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A physical model of different stages of experiments is illustrated in Figure 6.4 to describe 

the kinetic process of CO2 capture in flue gas hydrate formation.  After reaching the final 

pressure (Figure 6.4b), as can be seen from Figure 6.3c, the system had not reached 

equilibrium and the CO2 fraction in the gas phase was changing with time, while the 

pressure was almost constant (Figure 6.4c). It should be noted that there were still very 

small fluctuations in the pressure (less than 0.14 MPa), but these very small fluctuations 

were commonly seen in other hydrate tests and can be considered as negligible14. The 

reduction of the CO2 percentage in the gas phase suggests that at a constant pressure, the 

amount of CO2 entering into hydrate should be as same as the amount of N2 escaping 

from the previously formed N2-rich hydrates. Three different mechanisms could be 

suggested for this behaviour, as shown in a schematic illustration in Figure 6.4e-g.  

Initially, some of the first formed hydrates with relatively more N2 in the hydrate phase 

were dissociated and new hydrates with relatively less N2 were formed (Figure 6.4e).  As 

a side note, there could be empty cages (Figure 6.4b-c) in the hydrate phase corresponding 

to the occupancy number, so the aforementioned secondary hydrate formation could 

occur by filling these cages with CO2 molecules.  Secondly, some of the hydrate cages 

containing N2 were partially broken, CO2-N2 exchange occurred and residual rings 

formed new cages (Figure 6.4f). A similar behavior for CO2/CH4 replacement was 

reported in the literature20. Third, CO2-N2 replacement in the hydrate phase occurred 

without dissociation of initial hydrates (Figure 6.4g). There is also a similar observation 

for the behavior of CO2-CH4 replacement after injecting CO2-N2 gas into methane hydrate 

system8.  
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Figure 6. 4 Schematic illustration of the described flue gas hydrate formation experiments: (a) Dissolution of CO2 and 
N2 in water after injecting high pressure gas; (b) Formation of CO2-N2 hydrates after reaching to the target 
temperature; (c) Changing hydrate/gas phase composition after reaching final pressure; (d) Formation of different 
kinds of ions during experiment; (e)-(g) proposed mechanisms to explain the change in the hydrate/gas composition. 

 

The first mechanism is thermodynamically more preferable, as CO2 tends to enter large 

cavities, whereas N2 goes for small cavities17. However, the possibility of secondary and 

tertiary mechanisms still exist as CO2 could go to small cavities in some circumstances21. 

What’s more, two small concavities can be seen in Figure 6.3c graphs for Experiments 1 

and 2, which could be explained with the same reason as for the final increase in Figure 

6.3a. Regarding Experiment 3, lack of increment in Figure 6.3c could be explained 

because the system was further outside the N2 HSZ, reducing the difference in the 

composition of the formed hydrates at initial and final pressures. It’s also confirmed that, 

under elevated subcooling there is possibility of hydrate formation with metastable 

occupancies, if the concentration of small guest molecules (such as N2) in the hydrate 

phase and overall solution is comparable22. This could be another explanation for 

abovementioned behavior. In addition, our results are in agreement with the research 

conducted by Schicks et. al.23, 24. They reported coexistence of sI and sII hydrate at the 

conditions where only sI CH4 hydrate was stable and confirmed that metastable hydrates 

could form during hydrate growth. It should be noted that further investigation is required 

to deeply understand this phenomenon. The HSZs at the experimental temperatures are 

plotted as a function of pressure against CO2 percentage in Figure 6.3a. The CO2 

concentration at the end of each experiment approached to the corresponding HSZ curve. 
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The final CO2 concentration is 7.1% in Experiment 1 at 273.4 K 8.2% in Experiment 2 at 

275.4 K, and 8. 6% in Experiment 3 at 277.1 K, suggesting lower temperatures favor 

more CO2 than N2 compared to higher temperature. Furthermore, it is clear from Figure 

6.3c that more than 40% of the CO2 capture through hydrate formation occurs at final 

pressures and it takes longer for tests at lower temperatures to reach equilibrium compared 

to those at higher ones. This indicates that although CO2 capture at higher temperatures 

is less efficient in terms of captured CO2 percentage, it could have the advantages of faster 

capture at certain conditions (Figure 6.S2 in Appendix C). Accordingly, temperature of 

the capture environment, temperature of the supplied water, energy loss for maintaining 

and keeping the temperature, and energy loss for the reactor’s electrical part should be 

considered and the most economic temperature and the most economic residency time for 

reaction should be chosen. 
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Chapter 7 - Methane Recovery from Gas Hydrate-bearing Sediments: 

An Experimental Study on the Gas Permeation Characteristics 

under Varying Pressure 

7.1 Introduction 

Gas hydrates are ice-like crystalline compounds composed of cages of water molecules 

and enclathrated guest molecules 1,2. They form under conditions of high pressure and 

low temperature. When the guest molecules are a mixture of the components of natural 

gas such as methane, ethane, propane, carbon dioxide, and nitrogen, they are referred to 

as natural gas hydrates 3. Natural gas hydrates occur in nature under the subsurface of 

permafrost regions and in the continental margins of world oceans 4–6. Due to its 

overwhelming abundance in nature, gas hydrate is regarded as a potential future source 

of low carbon energy as the global energy system is being decarbonized gradually. This 

has elicited tremendous research effort towards the development of commercially viable 

and environmentally safe production techniques 7. Three major techniques have been 

proposed, namely, depressurization, thermal stimulation, and chemical inhibitor injection 

8,9. Depressurisation induces hydrate dissociation by reducing the system pressure below 

the hydrate stability pressure at the prevailing reservoir temperature. Thermal stimulation 

introduces external heat to shift the system temperature away from equilibrium thus 

decompose hydrate. The external heat source can be hot water, steam, hot brine or an 

electromagnetic heat source 10–15. Injection of chemicals such as glycols and methanol 

alters the hydrate equilibrium chemically to dissociate hydrate. Combination of any two 

of the mentioned techniques has also been shown to improve gas recovery efficiency. The 

most characterised is thermal stimulation combined with depressurisation 16–19. CO2 or 

CO2-mixed injection technique can also be utilized for methane recovery based on CO2-

CH4 exchange 20–23 and chemical potential shift 7,24–27 and for geological carbon capture 

and storage 28,29. Moreover, direct injection of flue gas in permafrost region for CO2 

storage and secondary sealing of CH4 release into atmosphere through formation of a gas 

hydrate layer has been proposed 30. Natural gas hydrate exploitation by CO2/H2 injection 

is also considered as another promising technique, in which the role of H2 is to decrease 

the partial pressure of methane and break methane hydrate stability 31,32. 

Apart from flow assurance considerations, particularly avoidance of hydrate reformation 

in the downhole separation systems 33,34, the efficiency of gas production from sediments 



 

113 

strongly depends on the permeability of hydrate deposits 9. The permeability of hydrate-

bearing porous media differs markedly from that of non-hydrate-bearing porous media. 

In general, permeability of hydrate-bearing sediments is reduced due to the presence of 

gas hydrate in pores. The permeability change is complicated as it is affected by a number 

of geological formation factors such as hydrate saturation, porosity, and sediment 

mineralogy 35,36. In particular, the extent of permeability reduction depends on the hydrate 

formation sites in the porous media. Empirical modelling of permeability showed that, if 

hydrates form on the surfaces of grains, the reduction in permeability is gradual and 

minimal, therefore, the effect on fluid flow is also minimal. If hydrates form in the middle 

of the pores, permeability reduction is pronounced, and even reduces to zero if the pore 

bodies are completely blocked 37. Also, permeability in the presence of hydrate changes 

as hydrate dissociates. This change impacts directly on pressure communication, fluid 

flow and ultimately, gas production from hydrate-bearing sediments. Recently, a critical 

path analysis (CPA) was conducted by Daigle to predict permeability to either water or 

gas over the entire range of the measured hydrate saturation 38. It was showed that CPA 

can appropriately assisted for determination of permeability in hydrate-bearing 

sediments. However, permeability and relative permeability in gas hydrate-bearing 

sediments are still peculiar properties which is imperative to be studied.  

Permeability measurements using natural core samples in in-situ conditions from hydrate-

bearing sediments is often costly and difficult to achieve 9,39. Pressure coring helps to 

maintain the samples at near in-situ conditions but does not completely eliminate sample 

disturbance during coring 40. Also, creep and diffusion processes may cause hydrate re-

distribution and change physical properties of the cores when pressure cores are stored 

for a long time 9. Laboratory synthesis of artificial hydrate cores is therefore, a viable 

alternative for permeability measurements and studies. It has the flexibility of 

synthesising hydrates with characteristics of interest such as hydrate saturations and 

preparation processes despite differences in pore-scale growth habits, time scales of 

hydrate formation, and spatial distribution 41. Further discussion in this regard can be 

found elsewhere 42,43. It should be noted that controlled synthesis of methane hydrate-

bearing sediments in laboratory, particularly in a way it forms in nature, has always been 

a challenge due to low solubility of methane in water 43. As a result, hydrate formation 

from methane gas dissolved in water is a slow process. Hence, more expedient techniques 

are usually followed in laboratory such as dissolved gas method, partial water saturation 

method, ice-seeding method, and hydrate premixing method 9. Each method could result 

in different pore-scale habits and different permeation characteristics accordingly 44. 
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Nevertheless, the partial water saturation method followed in this work has shown to be 

fast and reliable enough to make homogeneous synthetic gas hydrate-bearing sediments 

at desired saturations 7,26,29,30,45. 

 

Given the significance of permeability change and the importance of its predictability in 

the successful exploitation of natural gas hydrate reservoirs, researchers attempted to 

understand gas permeation mechanisms in hydrate-bearing sediments using different 

porous media including glass beads, sand, and clay. Kumar et al. experimentally 

determined gas permeability of packed glass beads with varying saturation of CO2 hydrate 

46. Their results were compared with the theoretical estimates of Kozeny grain models 37 

for grain coating and pore filling permeability models. They observed that for hydrate 

saturations less than 35%, the measured permeability values agree better with the grain 

coating model. On the other hand, for hydrate saturations greater than 35%, the measured 

permeability values agree better with pore filling models. Kneafsey et al. measured gas 

permeability with a core holder for dry, moist, frozen, and hydrate-bearing sediments 

composed of sand and sand/silt mixtures 39. They reported that permeability reduced in 

an order of dry sediments, moist sediments, frozen sediments, and that increase in hydrate 

saturation resulted in decrease in the permeability of hydrate-bearing sediments. In their 

water flood experiments, it was observed that water flood was not possible for the sand 

and sand/silt sediments with the highest hydrate saturation due to extremely low 

permeability. Delli and Grozic conducted a series of water relative permeability 

measurements using a triaxial cell 47. They formed CO2 hydrate of saturations up to 45% 

in Ottawa sand. Their results indicated a gradual reduction in the permeability as hydrate 

saturation increased, suggesting that hydrate grows in the pore bodies. They developed a 

hybrid model using a weighted combination of the Kozeny grain-coating and pore-filling 

models 48. They compared their hybrid model alongside existing theoretical permeability 

models with the experimental results. Their hybrid model gave closer values to the 

experimental permeability. Li et al. measured the absolute and water effective 

permeability of methane hydrate-bearing quartz sand cores with hydrate saturations 

ranging from 0-31% pore volume at a constant pore pressure of 15 MPa 49. They used 

three different grain size ranges of quartz sand of 200-300, 300-450, and 450-600 µm, 

respectively. Their calculated absolute permeability was significantly higher in the quartz 

sand with the high grain size. Also, the water effective permeability reduced as the 

methane hydrate saturation increased. In the hydrate-bearing cores, the measured 

permeability characteristics for hydrate saturations lower than 10% and higher than 10% 
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differs. Permeability reduction due to increase in hydrate saturation was very significant 

for the hydrate-bearing sand packs with less than 10% hydrate and became much smaller 

for those with hydrate saturation above 10%.  

Permeability measurement techniques for hydrate bearing sediments have evolved from 

steady-state gas or water flow to the use of nuclear magnetic resonance (NMR) and X-

Ray computed tomography (CT). Kneafsey et al. performed gas permeability 

measurements on partially saturated sand packs under confining stress using CT scanning 

39. It was observed gas permeation processes are spatially dependent. They reported 

decreasing effective permeability as the pore spaces in the samples became increasingly 

occupied by gas hydrate. Recently, percolation characteristics of gas hydrate-bearing 

sediments were comprehensively studied via combining pore network models (PNM) 

with micro-CT imaging 50–53. They extracted the pore network models from the processed 

3D micro-CT images taken from laboratory-formed methane hydrate sediments, 

performed numerical simulations and investigated the effect of hydrate saturation, 

wettability, interfacial tension, and particle size on the permeability. These studies 

confirmed that obtaining a realistic structure of hydrate-bearing sediments from micro-

CT imaging into pore network model substantially improves the accuracy of the 

simulations. Chen et al. also used micro-CT for monitoring hydrate growth in a sandpack 

under the excess gas condition 54. They also performed Lattice Boltzmann Method (LBM) 

for pore-scale determination of gas relative permeability as a function of hydrate 

saturation. Kleinberg et al. used NMR to study hydrate formation, hydrate growth, and 

its effect on the relative permeability of water 37. They reported that at substantial hydrate 

saturation, NMR relaxation time measurements showed that hydrate preferentially 

replaced water in the largest pores rather than coating grain surfaces. The relative 

permeability to water reduced significantly. The extent of the reduction agreed with 

hydrate formation in pore bodies rather than on grain surfaces.  

A few studies on permeability of hydrate-bearing sediments were reported for clayey 

sediments. Liu et al. investigated the dependence of gas permeability on methane hydrate-

bearing kaolin in the presence of different saturations of hydrate under effective axial 

stress of 1 MPa and 3 MPa 55. Ice-seeding method was used to form hydrate. They 

observed that with increasing hydrate saturation, gas permeability decreases when the 

hydrate saturation was less than 4.23% and increases when hydrate saturation was 

between 4.23% and 40.46%. The initial decrease in permeability was attributed to hydrate 

blockage of flow channels. They further stated that clay particles form aggregate 

structures during hydrate formation. The inter-aggregate spaces provide more conduits 



 

116 

for gas flow, hence the increased permeability at high hydrate saturations. There was a 

critical hydrate saturation at which the effect of blockage and clay particle aggregation 

offset each other. At this point, the permeability to gas of the hydrate-bearing sediment 

equals to that of non-hydrate-bearing clayey sediments. Permeability measurement 

experiments were conducted with montmorillonite 55 and the observed results were 

similar to that observed with kaolin by Liu et al. 55.  

Although great efforts were made to measure permeability of a variety of gas hydrate-

bearing sediments, there is a paucity of information of the mechanisms behind the 

observed permeation behaviour aforementioned. Moreover, it is noted that the 

experiments reported in literature were all conducted at constant differential pressures. 

However, under in-situ conditions in the presence of confining pressure, fluid flow may 

not be achieved until the viscous force overcomes capillary sealing. The capillary sealing 

can be measured in terms of breakthrough pressure 56 which is the excess pressure of the 

non-wetting fluid phase at which the wetting phase is displaced enough to create a 

continuous flow path for the non-wetting phase. 

In this work, we experimentally explored the characteristics of gas permeation through 

three distinctive types of sedimentary cores under varying differential pressure, including 

silica sand packs, sand-clay cores, and a consolidated sandstone core sample. It was aimed 

at having a deep insight into the permeation-control mechanisms and when these 

mechanisms become a dominant factor for the gas flow through different sediments in 

the absence and presence of gas hydrates. The first two types of core samples would 

simulate unconsolidated hydrate-free and hydrate-bearing sediments. Addition of clay 

would also give us more insights regarding the influence of mineralogy and grain size 

distribution on the gas permeation characteristics. The effect of degree of consolidation 

and pore size distribution on the gas flow and permeability could also be investigated 

from the experiments carried on the consolidated sandstone core sample. 
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7.2 Experimental Section 

7.2.1 Materials  

Research-grade methane with certified purity of 99.995 vol. % was supplied by BOC 

Limited. Deionized water was produced by an integral water purification system (ELGA 

DV 25). Experiments were conducted on three different types of core samples: (i) 100 wt. 

% silica sand (from Fife, Scotland), (ii) 95 wt.% silica sand + 5 wt.% montmorillonite 

clay (from Sardinia, Italy), and (iii) a consolidated sandstone core sample (from Elgin, 

Scotland). The silica sand has a density of 2.64 g/cm3, particle sizes ranging from 1.2 µm 

to 600 µm, and a mean diameter of 256.5 µm. The montmorillonite clay has a density of 

2.7 g/cm3, particle sizes ranging from 0.1 to 150 µm, and a mean diameter of 2.1 µm. The 

consolidated sandstone core sample has a grain density of 2.55 g/cm3, pore sizes ranging 

from 0.1 to 300 µm, and a mean pore size of 66.8 µm. 

 

7.2.2 Experimental apparatus 

Figure 7.1 shows a schematic representation of the apparatus used for measuring gas 

permeability. The core holder is made up of a cylindrical high-pressure stainless-steel 

vessel (maximum working pressure: 34.5 MPa) with 4 and 10.8 cm inner and outer 

diameters, respectively and a total length of 34 cm. For each end, there is a threaded 

stainless-steel endcap, having a 1/8 in. diameter hole to serve as a connection for fluid 

inlet/outlet. The threads allow for the injected gas to be distributed to its entire inflow 

face and collected from all parts of its outflow face. A Viton rubber sleeve with inner 

diameter of 4 cm and length of 19.5 cm is also fitted inside the vessel in order to 

appropriately hold the core samples and make a gas-tight seal on the cylindrical walls of 

the sample when applying a confining pressure. When placed in the core holder, the 

sample is connected to the both endcaps. Moreover, there are two ports provided on the 

body of the core holder, one midway through the length of the vessel to apply desired 

radial confining pressure and the other, near one end of the vessel to exert axial confining 

pressure, if needed.  

A copper coil is wound around the core holder and connected to a cryostat (Grant LTC) 

for the cooling fluid circulation. The core holder is then completely immersed in a water 

bath which is insulated to minimize the heat exchange with the environment. A Quizix 

pump (SP-5200 Pump System) is also connected to the pressure port at the middle of the 

cell through valve V7 to inject confining fluid (water) into the confining fluid chamber in 

order to maintain a constant confining pressure.  
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For a typical permeability measurement experiment, methane is injected from the source 

cell into the core sample through the inlet valve V1 and leaves the sample through the 

outlet valve V3. It should be noted that methane is pre-cooled to the temperature of the 

system by passing through a 2-meter length of 1/8 in. pipe coil immersed in the water 

bath before entering the core sample. A back-pressure regulator connected to the exit line 

maintains the pore pressure of the sample at the set point during permeability 

measurement. The gas exiting the back-pressure regulator flows into a gas meter to 

measure the flow rate at reference conditions of temperature and pressure under which 

the gas flow rate is measured, and then is vented to atmosphere. Two Quartzdyne pressure 

transducers (QS30K−B, Quartzdyne Inc., USA) with an accuracy of ±0.005 MPa are used 

to precisely measure the inlet and outlet pressures, respectively. A calibrated platinum-

resistance thermometer (Pt100, supplied by TC Ltd.) with an accuracy of better than ± 

0.1 K is also attached to the body of the vessel to measure the system temperature. Data 

from the pressure transducers, the thermometer, and the Quizix pump are acquired by a 

data acquisition system (DAS) and recorded on a PC with a LabVIEW software interface. 

 
Figure 7.1 Schematic diagram of the experimental setup for permeability measurement: The blue lines represent 
cables for electrical communications while the black lines represent conduits for the fluid flow. 
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7.3 Experimental procedure 

7.3.1 Hydrate-free core samples 

The sediment minerals were firstly dried in an oven at 343 K over 24 hours; then, a given 

quantity of which (100 wt. % silica sand or 95 wt. % silica sand + 5 wt. % 

montmorillonite) was thoroughly mixed and wetted with 14.3 wt. % of deionized water 

to obtain a homogeneous mixture. It should be noted that this is the procedure we follow 

to make our synthetic test specimens and the micro-textures of the sediment grains were 

visually examined in our previous works using ESEM to make sure that particles are well 

mixed 45. The sample was then loaded into the sleeve in layers, and the desired packing 

was achieved using a cylindrical pestle rod. The core sample was placed into the vessel 

and the endcaps were positioned to hold the core sample in place and the vessel was 

immersed in the water bath and vacuumed.  

Both the back-pressure regulator and the pressure regulator on the methane source cell 

were set to 3.45 MPa while the inlet and outlet valves (V1 and V3, respectively) were 

fully closed to disconnect the core sample from the gas source. Thereafter, the confining 

pressure was incrementally applied via the Quizix pump while allowing the gas injection 

to the core sample (by opening the inlet valve V1) until the pore pressure of the system 

reached 3.45 MPa and the confining pressure was 6.9 MPa. Throughout the experiments, 

the confining pressure was maintained at 3.45 MPa higher than the pore pressure of the 

system to ensure an appropriate sealing around the core sample and prevent bypassing of 

the gas. The inlet and outlet valves were then fully opened to allow for the gas flow. When 

steady-state conditions (constant flow rate and inlet/outlet pressures) were achieved, the 

gas flow rate measured at reference pressure (Pr) and temperature (Tr) together with inlet 

and outlet pressures were recorded for the calculation of the gas permeability according 

to Darcy’s equation (See Eq.(6)). The permeability measurement was then repeated at 

different differential pressures by increasing the inlet pressure in steps. It should be noted 

that throughout the experiments, the inlet pressure was set sufficiently small to (i) permit 

use of the Darcy’s equation for calculation of the gas permeability and (ii) keep water 

immobile to have only a single phase (gas) flow in the system. After each experiment, 

three samples were taken from the top, middle, and bottom of silica sand and silica sand-

montmorillonite clay core samples and their water content was measured in order to 

ensure that water was homogeneously distributed and kept immobile during the test. 
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7.3.2 Hydrate-bearing core samples 

The sediment core samples were prepared, packed and loaded to the high-pressure core 

holder following the similar procedure described in Section 2.3.1. Permeability of 

hydrate-bearing sediments to gas was measured for a series of methane hydrate saturation. 

For a typical methane hydrate saturation, while the outlet valve V3 was shut and the 

confining pressure kept at 3.45 MPa higher than the pore pressure using the Quizix pump, 

methane was injected into the core sample according to the desired pressure for hydrate 

formation. The system temperature was then set to 293 K and allowed to equilibrate over 

24 hours. When the equilibrium was achieved, the system temperature was set to 273.7 

K to initiate the methane hydrate formation. As the pore pressure decreased gradually due 

to the gas consumption for the hydrate formation, the confining pressure was also adjusted 

accordingly to maintain the 3.45 MPa pressure difference. This continued until the 

pressure change became insignificant signifying the completion of the hydrate formation. 

Upon the completion of the hydrate formation, the back-pressure regulator was set to 3.45 

MPa to maintain the constant pore pressure. For pore pressure in excess of 3.45 MPa after 

the hydrate formation, the excess gas was vented, and for pore pressure less than 3.45 

MPa, gas was injected from the methane source cell. This ensured that the pore pressure 

was well above the methane hydrate equilibrium phase boundary at 273.7 K at which no 

hydrate dissociation occurred. Afterwards, the inlet pressure was set to 3.45 MPa with the 

aid of the regulator on the methane source cell. The inlet and outlet valves were then 

closed to allow the system to attain pressure equilibrium. After the equilibrium was 

attained, both valves were fully opened for the gas flow through the core sample. When 

the steady state conditions were achieved, the gas flow rate was measured at Pr and Tr. 

The inlet and outlet pressures were also recorded for the calculation of the gas 

permeability according to Darcy’s equation. Then, the inlet pressure was increased to 

measure the core sample permeability to gas at different differential pressures. The 

differential pressure exerted on the samples were also small enough to allow for use of 

Darcy’s equation while keeping water phase in the system immobile and more 

importantly preventing hydrate formation/dissociation during the experiments. 

7.4 Calculation of the saturations and permeability 

The saturations of gas hydrate, water, and gas was calculated based on the real gas 

equation of state:  

𝑃𝑉 = 𝑍𝑛𝑅𝑇 (1) 
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where P, T, and V denote the pore pressure, system temperature, and gas volume, 

respectively. Z and n are the compressibility factor and the number of moles of methane 

gas, respectively. R is the gas constant.  

The porosity of specimens was determined by gravimetric method:  

𝜙 = 1 −
𝑀𝑠

𝑉𝑏𝜌𝑠
 (2) 

where  is the porosity, Ms is the mass of the dry specimen, s is the average grain density 

of the sediment (i.e. a sum of the product of the weight fraction and the density of each 

mineral component), and Vb is the bulk volume of the specimen. After completion of the 

methane hydrate formation, the saturation of the methane hydrate, water, and gas were 

calculated using below equations: 

𝑆ℎ =
𝑉ℎ
𝑉𝑝
=

(
𝑚𝐶𝐻4

𝑀𝑊𝐶𝐻4
−
𝑃𝑉
𝑍𝑅𝑇) (𝑀𝑊𝐶𝐻4 +𝑀𝑊𝑤𝛾)

𝑉𝑝𝜌ℎ
 

(3) 

𝑆𝑤 =
𝑉𝑤
𝑉𝑝
=

𝑉𝑤0 − (
𝑚𝐶𝐻4

𝑀𝑊𝐶𝐻4
−
𝑃𝑉
𝑍𝑅𝑇)

𝛾𝑀𝑊𝑤
𝜌𝑤

 

𝑉𝑝
 

(4) 

𝑆𝑔 = 1 − 𝑆ℎ − 𝑆𝑤 (5) 

in which Sh, Sw, and Sg represent hydrate saturation, water saturation, and gas saturation, 

respectively. Vh and Vp are the methane hydrate volume and pore volume, respectively. 

MWCH4 and MWw are the molecular weight of methane and water, respectively (MWCH4 

= 16.04 g/mol and MWw = 18.01 g/mol) and mCH4 is the mass of the injected methane.  

is the hydration number and h is the bulk density of the methane hydrate (  6.0 and h 

 0.92 g/cm3) 3. Vw and Vw0 represent the water volume after and prior to the hydrate 

formation, respectively and w is the density of water, 1.0 g/cm3. 

The gas permeability was calculated using Darcy’s equation 57: 

𝑘𝑔 =
2𝜇𝑃𝑟𝑞𝑟𝑍𝑚

𝑍𝑟𝐺𝑓(𝑃𝑖
2 − 𝑃𝑜2)

 (6) 

where kg is the permeability of the core sample to gas and Pi, Po, and Pr, stand for inlet 

pressure, outlet pressure, and the reference pressure at which the flow rate qr was 

measured, respectively. Zr and Zm are the methane compressibility factor at reference and 

mean pore pressures, respectively. μ is the gas viscosity and Gf is the geometric factor 

which for axial flow could be expressed by:  

𝐺𝑓 =
𝜋𝐷2

4𝐿
 (7) 

in which L and D are the core length and diameter, respectively. 
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The permeability of a porous medium to gas depends on the mean free path of the flowing 

gas due to gas slippage pointed out by Klinkenberg. As presented by Klinkenberg, gas 

permeability measured at several different mean pore pressures could be extrapolated to 

infinite mean pore pressure using Eq.(8) to find the Klinkenberg permeability, k∞, which 

is equal to the permeability of the medium obtained by a non-reactive fluid 57: 

𝑘𝑔 = 𝑘∞ (1 +
𝑏

𝑃𝑚
) (8) 

where b is the gas slippage factor and Pm is the mean pore pressure expressed by: 

𝑃𝑚 =
𝑃𝑖 + 𝑃𝑜
2

 (9) 

According to Eq.(8), it is expected for gas permeability to be linearly proportional with 

the reciprocal of the mean pore pressure 58. It should be noted that the difference between 

the permeability measured by gas becomes higher than that measured by a non-reactive 

fluid when the medium permeability decreases. Further discussion regarding the gas 

slippage and Klinkenberg effect can be found elsewhere 57. 

7.5 Results and Discussion 

As mentioned before, two types of core samples composed of 100 wt. % silica sand and 

95 wt. % silica sand + 5 wt. % montmorillonite clay were used to simulate unconsolidated 

hydrate-free and hydrate-bearing sediments. Addition of 5 wt. % montmorillonite was to 

enable us to investigate the effect of sediment mineralogy on gas flow. The third series 

of experiments was conducted on a consolidated sandstone core sample to study the effect 

of the degree of consolidation and pore size distribution on gas flow and permeability. 

Table 7.1 summarizes the properties and the initial parameters of the core samples before 

the permeability measurements. 
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Table 7.1 Properties and parameters of the sediment core samples 

Sedimentary Mineral 
Core 

Sample 

Initial Porosity 

(%) 

Saturation (vol. %) 

Sh Sg Sw 

100 wt. % Silica sand 

1 40.0 0 32.1 67.9 

2 40.3 17.6 42.9 39.5 

3 40.3 22.7 42.5 34.8 

4 40.6 40.3 41.8 17.9 

5 40.3 59.7 39.6 0.7 

95 wt. % Silica sand  

+ 5 wt. % Montmorillonite 

6 36.2 0 33.6 66.4 

7 36.2 22.9 30.1 47.0 

8 34.5 28.1 23.8 48.1 

9 36.2 35.0 27.5 37.5 

Consolidated sandstone 

10 18.2 0 45.0 55.0 

11 18.2 15.0 45.0 40.0 

12 18.2 44.0 45.0 11.0 

 

7.5.1 Permeability of silica sand core samples 

The sand packs were 155 mm in length and 38.1 mm in diameter. Gas permeability was 

measured at five different methane hydrate saturations (Sh): 0, 17.6, 22.7, 40.3, and 59.7. 

The measured permeability values are shown in Figure 7.2.  
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(A) 

 

(B) 

Figure 7.2 Gas permeability of sand packs against the inlet pressure: (A) hydrate-free sand pack, (B) hydrate-bearing 
sand pack at different saturations of methane hydrate. As shown, the gas permeability behaviour is mainly 
dominated by the breakthrough capillary pressure 
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Figure 7.3 Gas permeability of sand packs at 22.7 vol. % methane hydrates saturation taken firstly toward more inlet 
pressure and then in a reverse manner. Gas permeability trends have an acceptable match with each other 
confirming no hydrate formation/dissociation and water production during the experiments 

 

In Figure 7.2-(A), the gas permeability for both hydrate-free and hydrate-bearing samples 

increases with the inlet pressure and accordingly mean pore pressure given that the outlet 

pressure of the system was maintained at 3.4 MPa, apparently opposite of what would be 

expected according to Klinkenberg effect (See Eq.(8)). On one hand, the silica sand has 

coarse grains (average size of 256.5 m), leading to large intergranular pore spaces in its 

packs hence the reduced restriction to flow. On the other hand, Klinkenberg effect is 

expected to be less influential on the gas permeability in high-permeable media. 

Therefore, the measured gas permeability is weakly affected by Klinkenberg effect. 

Instead, owing to the dominance of viscous forces over the capillary forces on pathways 

previously filled with water, particularly those critical narrow ones, more contribution to 

the gas flow occurs as the inlet pressure hence the differential pressure increase.  

As observed in Figure 7.2-(B), since methane hydrate forms in the pores, preferably in 

the large ones, the restrictions to the fluid flow gradually increases, causing reduction in 

the permeability of the medium, which its severity strongly depends on the pore-scale 

growth habits of hydrates. This observation is also corroborated by the differential 

pressure at gas breakthrough which was 0.151, 0.154 and 0.172 MPa for 17.6, 22.7 and 

40.3 % hydrate saturations, respectively; then, at 59.7 %, the differential pressure at gas 

breakthrough was 0.253 MPa confirming the strong impact of the pore-scale habits of 

methane hydrate on the permeability of the host sediment. In fact, pore-scale habits 
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altered from the pore-filling to the cementation at hydrate saturations higher than 50 %, 

having two main consequences: 

1. When more hydrates form in the pore spaces, the size of the remaining pores 

available for the fluid flow becomes smaller, resulting in a higher capillary sealing 

hence higher breakthrough pressure to initiate the gas flow. Therefore, one can 

conclude that the breakthrough capillary pressure plays a dominant role in the 

permeability of the coarse sand packs. 

2. At higher hydrates saturations hence lower water saturations, the sand grains 

become cemented and consolidated by the hydrates, creating more pore-throats 

and making channels critically contributing to the gas flow narrower. Therefore, 

it would result in Klinkenberg effect to be more influential. This is confirmed by 

changes in the slopes of gas permeability values versus the inlet pressure at 

different hydrate saturations. 

It should be noted that the permeability measurement for 22.7 % methane hydrate 

saturation was conducted first with increasing the inlet pressure and then in a reverse 

manner with decreasing the inlet pressure. It can be seen from Figure 7.3 that the 

permeability profile in both cases follows identical patterns. This repeatability evidently 

supports our assumption that the pore water in the core sample remained immobile 

throughout the experiments and its re-distribution does not have measurable effect on the 

gas permeability, given that a typical gas velocity is less than 5 cm/s. Furthermore, it 

confirms that the inlet pressure was sufficiently set near HSZ of methane hydrate so that 

there was no hydrate formation/dissociation, thus the hydrate saturation did not change 

during permeability measurement. 

 

7.5.2 Permeability of silica sand-montmorillonite clay core samples 

In order to investigate the effect of the grain mineralogy and pore size on the gas 

permeation, 5 wt. % montmorillonite clay was added to the silica sand. The core sample 

dimensions were the same as those of the silica sand core samples.  Gas permeability was 

measured at four different methane hydrate saturations of 0, 22.9, 28.1, and 35.0 and the 

results are indicated in Figure 7.4. As can be seen, the medium permeability to the gas is 

considerably impacted due to the presence of the clay.  

As shown in Figure 7.4-(A), the fine grain particles of the clay (with mean grain size of 

2.1 m) could fill in the large pore spaces and form fine pore-dominated sediments. As a 

consequence, the gas permeation behaviour through the sand-clay core sample is 
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significantly different from those obtained for the silica sand core sample (See Figure 7.2-

(A)). The silica sand has a large particle size hence large intergranular and interconnected 

pore spaces due to higher resistance to compaction. Thus, the restriction to the gas flow 

is relatively small and Klinkenberg effect is not influential. However, for the case of the 

sand-clay sample, fine clay particles play an important role in reducing the pore-throat 

sizes hence highlighting Klinkenberg effect. This can be simply justified according to the 

fact that the montmorillonite clay particles in the large pores of the silica sand form fine 

channels for the gas flow, which become more significant, given that montmorillonite 

clay could swell greatly after absorbing water because montmorillonite is a strong 

absorbent of water 59. In such fine pores, the gas slippage is expected to occur, and the 

behaviour of the gas permeability becomes mainly dominated by Klinkenberg effect 

rather than breakthrough capillary pressure. Therefore, it can be seen here that the gas 

permeability of the sediments decreases as the inlet pressure increases. 

Figure 7.4-(B) shows that the presence of methane hydrate significantly changed the gas 

permeation behaviour in the sand-clay core samples. First of all, the permeability of the 

hydrate-free sand-clay core sample is up to two orders of magnitude higher than those 

with methane hydrate. This is simply understood because gas hydrates prefer to form in 

large pore spaces 60,61, therefore, tend to substantially reduce the pore size, resulting in 

severe restrictions for the fluid flow 62.  

Next, it is interesting to observe that the higher saturations of methane hydrate led to 

higher gas permeability for the hydrate-bearing sand-clay core samples, which is 

apparently in contrast with most of the other works reported in literature. Similar 

observation was also reported by Wu et al. 55. For the three tests with a certain saturation 

of hydrate, after most of the limited large pores were blocked by hydrate crystals, 

furthermore hydrate crystals could act as coarse grains pushing apart the sediment grains 

hence enlarging the sediment pores 9, a phenomenon known as hydrate-forced heave. This 

phenomenon led to the increase in the sediment porosity and as a consequence, gas 

permeability as the hydrate saturation increased 63 by altering the pore structures of the 

sediments, similar to the clay in soils 64. Once the hydrate saturation becomes above a 

critical value, agglomeration could be dominant over pore clogging. The hydrate crystals 

could aggregate fine clay particles and form inter-aggregation pores (macro pores) that 

are considerably larger than the inter-particle pores (micro pores) 65. If the above 

assumptions are true, it could be anticipated that there should be a critical hydrate 

saturation for a specific porous medium according to its grain types and size distribution. 
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When the hydrate saturation is smaller than it, hydrate formation will significantly reduce 

the permeability by clogging pores; once the hydrate saturation becomes higher than that, 

hydrate-forced heave or aggregating will dominate the effect on permeability. This 

anticipation could also be validated through comparing the gas permeability behaviour of 

the hydrate-bearing sand-clay core samples with those of silica sand samples (See Figure 

7.2-(B)). However, further investigation is required in this regard.  

The third particularity is the non-monotonous change of the gas permeability against the 

inlet pressure. The gas permeability increased initially, then gradually decreased after 

reaching a maximum value as the inlet pressure increased. This observation may be 

attributed to two underlying processes. The first possible reason could be hydrate-forced 

heave, as discussed before; the growth of hydrate crystals may slightly push apart 

sediment grains, enlarging channels for the gas flow, in which the capillary sealing plays 

an important role in the permeability. At the beginning, increase in the inlet pressure 

broke through more enlarged capillary pores, therefore, leading to increase in the gas 

permeability. As can also be seen in Figure 7.4-(B), the breakthrough capillary pressure 

is lower for the sand-clay core sample with higher methane hydrate saturation. This is 

agreeable with the previous discussion that higher saturation of methane hydrate resulted 

in severe effect of hydrate-forced heave on the pores of the sand-clay core samples, whilst 

the presence of methane hydrate resulted in contrary effect on the breakthrough capillary 

pressure of the sand cores. Moreover, the capillary breakthrough process created more 

change in the permeability for the core sample with more methane hydrate, further 

supporting the hydrate-forced heave assumption. The maximum values are 0.27, 0.62, 

and 1.79 mD for 22.9, 28.1, and 35.0 % hydrate saturations, respectively. Beyond the 

maximum point, a majority of the large pores that had been created by hydrate-forced 

heave were already broken through; therefore, the gas flow is no longer capillary 

dominated but the viscous dominated. Thus, gas slippage occurred and Klinkenberg effect 

became significant, leading to gradual decrease in the measured permeability as the inlet 

pressure increased further. 
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(A) 

 

(B) 

Figure 7.4 Gas permeability of sand-clay core sample against the inlet pressure: (A) hydrate-free sample, (B) hydrate-
bearing sample at different saturations of methane hydrate 

 

7.5.3 Permeability of consolidated sandstone core sample 

Permeability of a consolidated sandstone core sample to gas was also measured to 

investigate how the presence of gas hydrates affect the gas permeation characteristics 

through well-consolidated porous media where the mineralogical grains are immobile 

compared with two previous cases studies. The sandstone core sample was made in 

dimensions similar to the unconsolidated cores to be able to fit in the same rubber sleeve, 

155 mm in length and 38.1 mm in diameter.  
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Figure 7.5 shows the measured gas permeability of the sandstone core sample for both 

hydrate-free and hydrate-bearing cases. As observed in Figure 7.5-(A), the gas 

permeability increases with increasing the inlet pressure, similar to that observed for the 

unconsolidated silica sand core sample in Figure 7.2-(A). This means the pores of the 

sandstone core sample were large enough that the capillary breakthrough dominated the 

gas slippage phenomenon. However, the orders of magnitude of the measured 

permeability are different, which can be simply understood by having a look at the 

porosity values, given the permeability and porosity of a medium are generally 

proportional to each other.  

As indicated in Figure 7.5-(B), the presence of methane hydrate resulted in the gas 

permeability to be severely reduced. Moreover, since the sandstone core sample was well-

consolidated, no hydrate-forced heave occurred. Therefore, in contrast to the observations 

for the sand-clay samples, the higher the hydrate saturation, the lower the porous medium 

permeability to methane. It can also be seen that the presence of methane hydrate altered 

the response of the gas permeability to the pressure change, i.e. the permeability 

decreased with increasing the inlet pressure, then approaching a relative constant value 

as the inlet pressure continuously increased. This could be attributed to the fact that the 

methane hydrate crystals preferably occupied the large pores, either fully blocking the 

large pores or partially clogging them and forming fine throat channels. As observed in 

Figure 7.5-(B), much higher inlet pressure was required to be able to break through the 

capillary pressure in the hydrate-bearing cases than that in the absence of hydrate, 

evidently supporting the assumption that formation of methane hydrate transformed the 

large pores into fine channels for the gas flow where the collision of methane gas 

molecules with the pore walls could result in the gas slippage to occur and consequently 

Klinkenberg effect to be dominant.  

The gas permeability measurement for the 15.0 % hydrates saturation was carried out first 

with increasing the inlet pressure and then in a reverse manner to check the repeatability 

of the experimental results. As brought in Figure 7.6, the measurements were repeatable, 

confirming that the re-distribution of the pore water had no significant influence on the 

permeability under the experimental conditions.  
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(A) 

 

(B) 

  Figure 7.5 Gas permeability of consolidated core sample against the inlet pressure: (A) hydrate-free sample, (B) 
hydrate-bearing sample at different saturations of methane hydrate 
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Figure 7.6 Gas permeability of consolidated core sample at 15.0 vol. % methane hydrates saturation taken firstly 
toward more inlet pressure and then in a reverse manner 
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Chapter 8- Gas Hydrates in Permafrost: Distinctive Effect of Gas 

Hydrates and Ice on the Geomechanical Properties of Simulated 

Hydrate-Bearing Permafrost Sediments 

 

8.1 Introduction 

Very large volumes of methane hydrate have been found in permafrost regions in the 

Arctic, for example in the West Siberian basin1–3, the Mackenzie Delta of Canadian 

Arctic4,5, and the Northern Alaska 6,7.  It is estimated that about 5102 to 1.2106 Tcf of 

methane hydrates are buried in the permafrost regions in the Arctic8. Burning methane 

gas produced from methane hydrate releases up to 5 times less carbon dioxide compared 

to burning coal9. Therefore, gas hydrate is considered to be a potential low-carbon energy 

resource for the near future 5,10–13. 

 

Gas hydrate is a type of ice-like crystalline solid with physical properties similar to those 

of ice. Gas hydrate can decompose and release the gas molecules bonded in the hydrate 

lattice if either the temperature or pressure is outside the hydrate stability zone (HSZ)14. 

Based on this principle, several methods have been developed to produce methane or 

natural gas from gas hydrate deposits, such as depressurization, thermal stimulation, 

inhibitor injection 12and carbon dioxide (CO2) replacement15. In practice, the CO2 

replacement method recovers methane using CO2-CH4 (methane) molecule exchange by 

injection of CO2-N2 (nitrogen) mixtures or flue gas into gas hydrate deposits16–19. Drilling 

through permafrost layers could cause wellbore instability20. Gas hydrates in permafrost 

are extremely sensitive to thermal influences due to global warming, seasonal change, 

geothermal fluxes, and human activities. Rising temperatures could result in hydrate 

decomposition hence changes in the mechanical and thermal properties of frozen hydrate-

bearing sediments, creating serious geologic hazards that are responsible for methane gas 

blowout21,22, sliding of seafloor and permafrost-under-laid continental slopes23,24. 

 

In past decades, extensive experimental investigations have been carried out to investigate 

how gas hydrates influence the geomechanical strength of sediments hence the slope 

stability of both onshore and offshore permafrost. Winter at al.25 determined the 

mechanical strength and geophysical properties of gas hydrate-bearing sediment samples 

that were taken from the JAPEX/JNOC/GSC Mallik 2L-38 gas hydrate research well 

using a purpose-built gas hydrate and sediment test laboratory instrument. For simplicity, 
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some workers examined the mechanical properties of sediments containing 

tetrahydrofuran (THF) hydrate instead of methane or natural gas hydrates26–28. 

Experimental results generated using triaxial testing systems as well as direct shear 

apparatuses showed the mechanical properties and deformation behavior of gas hydrate-

bearing sediments29–33. Small-strain mechanical properties of hydrate-bearing sediments 

such as sand, silt, and clay were investigated using resonant column apparatus34 and 

bender-element devices35. In general, the studies showed that the presence of hydrates 

leads to higher stiffness, shear strength and smaller pre-failure dilation. Three physical 

contact models proposed by Dvorkin et al.36 have been widely applied to describe the 

effect of hydrates, including pore filling, load bearing, and cementation. Moreover, apart 

from the mineralogical composition of sediments, initial distribution of water in pores, 

for example, dissolved water, partially saturated water or water from melting ice grains 

is known to be one of the key factors altering gas hydrate behaviour in sediments27,37,38. 

 

In permafrost both ice and gas hydrates may exist together. The crystal structure of ice 

(i.e., Ih) and clathrate gas hydrate consists of water molecules that are hydrogen-bonded 

in solid lattices. Water is frozen to form ice by rearrangement of water molecules into 

hexagonal structures at subzero temperature, whilst at low temperature and elevated 

pressure conditions water molecules form a network of cage-like structures (clathrate 

lattices) by enclosing suitably sized ‘guest’ molecules such as methane, ethane, propane 

and CO2. Hydrate particles can float in pore water, bear load between sediment grains or 

cement sediment grains, in comparison, ice crystals always tend to stick to sediment 

grains. The coexistence of ice and gas hydrate plays a substantial role in the geological 

structure hence stabilization of both onshore and offshore permafrost. Although the 

mechanical and rheological properties of frozen soils have been thoroughly 

investigated39–41, little work on gas hydrate-bearing frozen sediments has been reported 

in literature, therefore, there is lack of fundamental knowledge of unique characteristics 

of the ice-hydrate-bearing sediments compared to solely frozen soils or hydrate-bearing 

unfrozen sediments. 

 

In recent years, mechanical properties have been investigated using a triaxial system for 

synthetic sediments containing both ice and hydrates of carbon dioxide or methane 

hydrate, and in simulated hydrate decomposition scenarios42,43 investigated the 

mechanical behaviours of so-called permafrost-associated methane hydrate-bearing 

sediments under different recovering techniques. All these triaxial tests used mixtures of 
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hydrate particles, ice powders, and clay (kaolinite) grains. As a result, their specimens 

were compacted packs of the three solid particles, lacking cohesion and cementation of 

ice and hydrate to the sediment grains, leading to the determined deviatoric stress and 

shear strength being significantly lower than other measurements44. In this work, a new 

experimental method was developed to synthesize gas hydrate-bearing frozen sediments. 

Following the established experimental procedures, the effect of gas hydrate and ice on 

the geomechanical properties of simulated permafrost sediments was compared, by 

triaxial compression tests on frozen and unfrozen sediments in the absence and presence 

of methane hydrate using a purpose-built triaxial testing system. The aim was to gain a 

better understanding of how water freezing and hydrate bearing differently influence the 

geomechanical properties of hydrate-bearing permafrost.  

 

8.2 Method 

Triaxial shearing was carried out to determine the shearing strength and deformation 

behavior of artificial sediments at different conditions: at 273.4 K (unfrozen hydrate-

free), at 263.1 K (frozen hydrate-free), at 273.4 K with about 25 vol% methane hydrate 

(unfrozen hydrate-bearing), and at 263.1 K with about 25 vol% methane hydrate (frozen 

hydrate-bearing). At each condition three similar specimens were sheared under three 

different effective confining pressures, respectively, i.e., 0.5, 1.0, and 1.5 MPa in order to 

determine cohesion and internal friction angle. During loading the pore pressure was 

maintained at 5.0 MPa to simulate permeable geological formations under a lithostatic 

pressure of about several hundred meters underneath ground or seafloor where permafrost 

is present. 
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Figure 8.1 Schematic of the Tri-Scan 250 triaxial testing system1-cell body, 2-top cap, 3-porous disk, 4-rubber 
membrane, 5-specimen, 6-radial displacement transducer, 7- base pedestal, 8-cooling coil, 9-PRT probe, 10-
confining fluid, 11-ISCO pump-A (cell pressure controller), 12-ISCO pump-B (back pressure or pore pressure 
controller), 13-pore pressure transducer, 14-volve, 15-blanced ram assembly, 16-load cell, 17-axial LVDT, 18-air 
bleed bolt 

 

8.2.1 Triaxial testing system 

A triaxial testing system (Tri-Scan 250 from VJ Tech Ltd) was used in this work. It can 

work at temperatures from -253 to 323 K and pressures up to 40 MPa to simulate the 

geological and thermodynamic conditions in sediments containing gas hydrates. The 

triaxial system consists of a high-pressure cell, a load frame (250 kN), a dual-ISCO pump 

pressure controller (D260), both axial and radial displacement transducers (not installed 

in this work), a multi-channel data acquisition module. Triaxial tests are controlled by a 

commercial testing software (Clisp Studio). A cooling coil is installed around the base 

pedestal and is connected to a cryostat (Julabo FP50) to achieve the required temperature. 

The system temperature is measured by a platinum resistance temperature (PRT) probe 

that is mounted beside the test specimen. The pore water pressure (PWP) is measured by 

a VJ Tech pressure transducer and the back pressure (BP) and confining pressure are 

measured individually by the dual ISCO pump pressure transducers.  The load and axial 
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shearing rate are measured by a load cell of the Tri-Scan 250 and a linear variable 

differential transmitter (LVDT), respectively. A built-in balanced ram is used to 

compensate the cell pressure on the ram. Figure 8.1 is a schematic diagram of the triaxial 

testing system. 

 

8.2.2  Specimens 

Synthetic sediments composed of 75 wt% silica sand, 20 wt% silt and 5 wt% bentonite clay were used to 

simulate typical loamy sand in permafrost. The silica sand was from Fife, Scotland and the silt was made 

by grinding the silica sand. The grain density of the sand was 2.64 g/cm3. The bentonite clay was originally 

from Jembel, Turkmenistan and its grain density was 2.7 g/cm3. Table 8.1 shows the mineralogical 

composition of the sand and clay. Figure 8.2 shows the particle size distribution of the sand, silt, clay and 

the synthetic sediment. A Malvern laser diffraction particle size analyzer (MS1000) was used to analyze 

the particle size of the sand and silt, while the particle size of the bentonite clay was determined by analysis 

of ESEM (environmental scanning electron microscope, PHILIPS XL30) images of the dry bentonite clay. 

The mean size and specific area are 257 m and 0.059 m2/cm3 for the sand, 8.9 m and 2.3 m2/cm3 for the 

silt, 34.6 m and 0.71 m2/cm3 for the clay, respectively. The micro textures of the sediment grains were 

visually examined using the same ESEM. Figure 8.3 shows the ESEM images of the sand, silt, clay and the 

sediment of 75% sand + 20% silt + 5% bentonite. The sand grains are round granular particles and some of 

them have micro fractures, the silt grains become angular fine particles, the clay grains consist of loose and 

micro “plate-shaped” particles. The sediment is a mixture of the sand, silt and clay, showing complex 

characteristics under the ESEM. The test specimens were made of the synthetic sediment partially saturated 

with a water content of around 15.5 wt% to dry sediments and manually compacted in a rubber membrane 

sleeve of about 50 mm in diameter and 100 mm in length. Manual compaction resulted in a porosity of 

around 32%. 

 
Table 8.1 Mineralogical composition of the silica sand/silt and clay 

Silica sand 
Component Quartz Microcline Calcite Kaolinite 

Ratio (wt%) 97 3 trace trace 

Bentonite 
clay 

Component Montmorillonite Andesine Biotite Calcite 

Ratio (wt%) 93.4 2.9 2.9 0.8 
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Figure 8.2 Particle size distribution of the silica sand, artificial silt, and bentonite clay 

 
 

 
Figures 3 ESEM images of the sediment grains: (a) sand; (b) silt; (c) bentonite clay; (d) synthetic sediment. 

 

8.2.3 Procedures 

A wet specimen was installed and vacuum was applied to remove air present in the pores 

of the specimen.  An effective confining pressure of 0.5 MPa was applied by injecting 

aqueous monoethylene glycol (MEG) solution using an ISCO pump (Pump-A in Figure 

8.1). Then the specimen was consolidated under a load of 0.5 MPa for 1 to 2 hours until 
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the axial creep strain rate of the specimen became smaller than 5.610-8 1/S (i.e., axial 

creep less than 0.01 mm in half an hour). Methane was injected into the pre-consolidated 

specimen until the pore pressure reached 15 MPa at room temperature, while the 

confining pressure was increased simultaneously to maintain a constant effective 

confining pressure of around 0.5 MPa. The methane-pressurized specimen was directly 

cooled down to a target temperature just above 273.1 K to form hydrate. During cooling 

and hydrate formation, the confining pressure was adjusted to maintain the confining 

pressure around 0.5 MPa above the pore pressure. After completion of hydrate formation 

which was indicated by a constant pore pressure, the effective confining pressure was 

adjusted to the desired value, for example, 0.5, or 1.0, or 1.5 MPa, and the cell temperature 

was set to the shearing temperature, 273.4 K for unfrozen specimens and 263.1 K for 

frozen specimens. After freezing, the pore pressure was gradually reduced to, and 

maintained at 5 MPa by connecting to a piston vessel in which the pressure was controlled 

by another ISCO pump (Pump-B in Figure 8.1). The system was left at the desired 

temperature, pore pressure, and confining pressure over night to allow the system to settle 

at the shearing conditions.  

 

The porosity () of the specimen was determined based on the known grain density of 

sediments and the dimensions of specimens: 

                                                                                                                                              

(1) 

where M is the mass of the dry specimen, s is the average grain density of the sediment 

(i.e., a sum of the product of the weight ratio and the density of each mineral component), 

Vt = 𝜋R2H is the bulk volume of the specimen, where R and H are the radius and height 

of the specimen, respectively. Methane hydrate saturation (Sh) was calculated using 

Equation 2: 

                                                                              (2) 

where Vh and Vp are the methane hydrate volume and pore volume, respectively. Mg and 

Mw are the molecular weight of methane and water, respectively. MCH4 is the mass of the 

injected methane. P, T, and V represent the pore pressure, temperature, and gas volume. 

Z is the compressibility factor of methane gas and R is gas constant.  is hydration number 

and h is the bulk density of gas hydrate. For methane hydrate, Mg = 16, Mw = 18,   6.0, 

h  0.92 g/cm3. After hydrate formation the water saturation (Sw) and gas saturation (Sg) 

were calculated: 
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                                                                                        (3) 

And 

 

                                                                                                                                 (4) 

 

where Vw and Vw0 represent the water volume after and before hydrate formation, 

respectively; w is the density of water, i.e., 1 g/cm3. In this work it was assumed water 

was completely frozen at 263.1 K, therefore, ice saturation was calculated using the water 

saturation divided by the ice density (approximately 0.92 g/cm3). 

 

8.3 Results and Discussion 

It has been reported that frozen hydrate-bearing sediments appear to have a much lower 

permeability compared to unfrozen ones in the absence of gas hydrate45,46. Consequently, 

the shearing rate was set at 0.1%/min mainly to prevent any excess pressure in the pores 

during compression, giving enough time to allow pore pressure changes to equalise 

throughout the specimen47. Furthermore, a strain rate of 0.1%/min was commonly applied 

to shear sediment specimens containing gas hydrates by other workers30,31,42,43. Table 8.2 

shows the initial parameters of the specimens before shearing. It should be noted that the 

unfrozen water content at 263.1 K was estimated less than 3% in the specimens based on 

Istomin et al.48, therefore, this was neglected in the calculated ice saturation in Table 8.2.  
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Table 8.2 Initial physical parameters of specimens before shearing 

 

8.3.1 Shear characteristics 

Unfrozen hydrate-free Figure 8.4 shows the logged evolution of the deviator stress with 

the axial strain. In Test 1 at 273.4 K in the absence of methane hydrate, the unfrozen 

hydrate-free specimen behaved like typical soils under 0.5 MPa of effective confining 

pressure. When loading started, the deviator stress almost vertically increased to 0.7, 0.5, 

0.7 MPa under a confining pressure of 0.5, 1.0, and 1.5 MPa, respectively, and then the 

sand-silt-bentonite clay grains were compacted so that the deviator stress gradually 

increased. Similar stress-strain behavior was also observed by other workers49,50. The 

maximum deviator stress resulted in a collapse of the compacted sediment grains, leading 

to relatively open structure like micro fractures and the grains were forced to move 

downward into the void spaces. The grain compaction and downward movement were 

relatively slow processes, which is corresponding to the slow and long strain softening 

process after the peak strength was reached. Under the higher effective confining pressure 

of 1.0 and 1.5 MPa, the specimens were further compacted thus appearing as dense soils. 

By comparison with the specimen under 0.5 MPa of confining pressure, the deviator stress 

increased relatively steeply and fell off once the maximum deviator stress was reached, 

which could be attributed to the fact that the sediment grains along the shearing plane 

Initial specimen parameters Tests 

Unfrozen and hydrate-free Test 1-0.5 Test 1-1.0 Test 1-1.5 

Water ratio (wt%) (vol%) 15.2 (81.2) 15.3 (85.5) 15.3 (90.2) 

Hydrate saturation (vol%) 0.0 0.0 0.0 

Gas saturation (vol%) 18.8 (N2) 14.5 (N2) 9.8 (N2) 

Water saturation (vol%) 81.2 85.5 90.2 

Frozen and hydrate-free Test 2-0.5 Test 2-1.0 Test 2-1.5 

Water ratio (wt%) (vol%) 15.5 (86.7) 15.5 (84.9) 15.5 (83.0) 

Hydrate saturation (vol%) 0.0 0.0 0.0 

Gas saturation (vol%) 13.3 (N2) 15.1 (N2) 17.0 (N2) 

Ice saturation (vol%) 86.7 84.9 83.0 

Unfrozen and hydrate-bearing Test 3-0.5 Test 3-1.0 Test 3-1.5 

Water ratio (wt%) (vol%) 15.5 (86.3) 15.5 (86.4) 15.5 (86.7) 

Hydrate saturation (vol%) 25.5 24.3 27.9 

Gas saturation (vol%) 8.6 8.8 7.7 

Water saturation (vol%) 65.9 66.9 64.4 

Frozen and hydrate-bearing Test 4-0.5 Test 4-1.0 Test 4-1.5 

Water ratio (wt%) (vol%) 15.6 (85.4) 15.5 (85.2) 15.5 (86.8) 

Hydrate saturation (vol%) 21.1 22.4 23.6 

Gas saturation (vol%) 10.4 10.4 8.5 

Ice saturation (vol%) 68.5 67.2 67.9 
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rode over each other. It should be noted that two events happened to the specimen under 

1.0 MPa of confining pressure (the blue round points in Test 1).  The discontinuity just 

before the peak stress in the deviator stress-axial strain curve was due to a brief pause of 

the shearing process to solve a mechanical problem. Next, the sharp drop in the deviator 

stress resulted from breakage of the rubber membrane. 

 

Frozen hydrate-free    For the hydrate-free specimens frozen at 263.1 K (Test 2), the 

initial cohesiveness increased to 2.0 MPa for the three effective confining pressures. The 

deviator stress vertically rose to about 2.0 MPa at the beginning of shearing. This suggests 

that the ice cemented the sediment grains against the initially applied loading. Gradual 

strain hardening started following that, which is similar to that observed in the unfrozen 

hydrate-free sediments in Test 1. By contrast, with the unfrozen specimens at 273.6 K, 

sharp strain softening occurred once the failure point was reached. At the end of shearing 

(at an axial strain of 13.5%, 26.0%, and 28.2% under 0.5, 1.0, and 1.5 MPa, respectively), 

somewhat brittle characteristic of the specimens frozen at 263.1 K was observed. As 

shown in Table 8.2, ice filled about 85% of the pore volume after freezing. We interpret 

the brittle-like failure resulting from the breakage of crystalline ice structures in the 

specimens. 

 

Unfrozen hydrate-bearing  In Test 3 with the unfrozen specimens containing about 22 

vol% of methane hydrate at 273.4 K, the gradual compression started at about 1 MPa, a 

little higher than those of the unfrozen hydrate-free specimens in Test 1 and half of the 

frozen hydrate-free specimens in Test 2. The deviator stress steeply rose to higher than 1 

MPa during the initial compression, which was similar to that observed in the hydrate-

free specimens frozen at 263.1 K.  This could be evidence that methane hydrate did 

cement the sediment grains to some extent. Then the deviator stress linearly increased as 

the axial strain increased. After the deviator stress reached a peak, strain softening started. 

No brittle failure points appeared. These characteristics are in contrast to those observed 

for the unfrozen hydrate-free sediments at 273.4 K and the frozen hydrate-free sediments 

at 263.1 K. The result may suggest that the presence of about 22% methane hydrate not 

only strengthened the sediment but also made the unfrozen sediment more ductile 

compared to the brittle-like failure of the frozen sediments in the absence of methane 

hydrate. After the peak stress the deviator stress fluctuated in a small range, which could 

be an indication that hydrate crystals became detached from the sediment grains or 

resisted grains riding over each other27. It should be noted that the difference in the gas 
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saturation (Table 8.2) might also be a factor contributing to the strengthening effect 

observed in Test 2 (freezing) and Test 3 (hydrate bearing), although the ice saturation in 

Test 2 is much higher than that of methane hydrate in Test 3.  

 

Frozen and hydrate-bearing  In comparison with the Tests 1-3, the specimens with 

methane hydrate of 21.1 to 23.6% and frozen at 263.1 K showed that the gradual 

compression did not start until the deviator stress reached 2 MPa, which is similar to those 

measured in Test 2. This suggests that ice enhanced cohesiveness more than these 

saturations of methane hydrate did. Apart from the highest peak shear stress, brittle-like 

failure occurred in the frozen hydrate-bearing specimens. Given that brittle-like failure 

was also observed for the frozen hydrate-free specimens in Test 2, the presence of a low 

saturation of methane hydrate did not alter the brittle-like failure of the frozen 

specimens41. Furthermore, the stress-strain curves of the frozen hydrate-bearing 

sediments look smoother than the others. This could be related to the fact that the 

specimens had the lowest void after methane hydrate formation and freezing. This 

indicates that the high porosity filling of ice and hydrate led to smaller void spaces for the 

sediment grains to move downwards during compression.  
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Figure 8.4 Shear characteristics of unfrozen and frozen sediments in the absence and presence of methane hydrate. 
(a) Test 1: hydrate-free at 273.4 K, (b) Test 2: hydrate-free and frozen at 263.1 K, (c) Test 3 with methane hydrate at 
273.4 K, and (d) Test 4 with methane hydrate frozen at 263.1 K. In the legend the numbers “0.5, 1.0, 1.5” denote the 
effective confining pressures in MPa. 

 

8.3.2 Deformation behavior 

Volume strain was measured to reflect the deformation behavior of the sediments during 

shearing. The ISCO Pump-B was connected to a piston vessel that was full of methane 

(not shown in Figure 8.1). The outlet of the methane gas vessel was connected to the PWP 

port and the backpressure port of the triaxial cell. Changes in the specimen pore volume 

can be measured by the ISCO Pump-B set at the desired pore pressure. Given that the 

sediment grains are incompressible under the experimental pressure, the changes in the 

bulk volume of a specimen should be equal to the changes in the pore volume of the 

specimen. Expansion of a specimen in volume is called dilation, corresponding to a 

negative volume strain and compression in volume means a positive volume strain. Figure 

8.5 illustrates the determined cumulative volume strain versus axial strain. 
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Unfrozen hydrate-free  In Test 1, under 0.5 MPa of confining pressure, the initial volume 

strain of zero indicates the unfrozen hydrate-free specimen experienced a little lateral 

expansion, which was balanced by the axial compression at a rate of 0.1 mm/min.  Then 

continuous dilatation occurred while axial compression proceeded. Given that the pore 

pressure was maintained at 5 MPa, it could be expected that fine fractures or voids were 

formed due to the sediment grains riding over each other, leading to lateral expansion. 

When the confining pressure was at 1.0 MPa, the measured volumetric strain was zero 

until the membrane was broken at 13.5% of axial strain. (The membrane breakage led to 

a vertical rise of the volumetric strain-axial strain curve). This suggests that the specimen 

had been experiencing a literal dilatation that was consistently equal to the axial 

compression.  Under 1.5 MPa of confining pressure, the specimen showed larger 

compression and then the specimen volume remained constant after a quick compression 

at about 2% of axial strain, i.e., it laterally dilated at a rate at which it was axially 

compressed. Quick dilatation occurred at about 12% of axial strain where the peak 

deviator stress was reached (Figure 8.4). The higher the confining pressure, the smaller 

the dilatation, because the confining stress tends to hold the sediment grains together by 

increasing the inter-particle forces such as internal friction force and interlock force 

against the lateral expansion. 

 

Frozen hydrate-free  For the hydrate-free sediments, freezing at 263.1 Ksignificantly 

reduced the dilatation of the specimens during shearing. This is attributed to the fact that 

ice crystals cemented the sediment grains and filled more void spaces than the original 

water did. The specimens quickly collapsed once the failure stress was reached, which is 

indicated by the sharp falling of the volumetric strain-axial strain curves. 

 

Unfrozen hydrate-bearing  At 273.4 K, the specimens whose void spaces were filled with 

about 22 vol% methane hydrate slightly dilated in radial direction while compressed in 

its length. Continuous large dilatation did not start until the failure deviator stress was 

reached. After the failure points, large dilatation gradually occurred and no sudden 

dilatation was observed throughout shearing.  By comparison with the unfrozen hydrate-

free sediments in Test 1 and the frozen hydrate-free sediments in Test 2, it could be said 

that the presence of about 22 vol% methane hydrate enhanced the shear strength as much 

as the sediments frozen at 263.1 Kand made the unfrozen hydrate-bearing sediments less 

brittle than those hydrate-free sediments frozen at 263.1 K. However, the low saturation 
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of methane hydrate could not hinder lateral expansion as freezing at 263.1 Kdid. Increase 

in confining pressure led to significant reduction in dilatation. 

 

Frozen hydrate-bearing  In Test 4 the specimens were formed with an average saturation 

of about 22 vol% and frozen at 263.1 K. The presence of both methane hydrate and ice 

further limited lateral expansion and delayed the occurrence of quick dilatation compared 

to the frozen and hydrate-free specimens in Test 2 and the unfrozen hydrate-bearing 

specimens in Test 3. 

 

Similar characteristics of volumetric strain were observed for frozen soils by Zhang et 

al.51. However, some particulars of the observed deformation behavior are different from 

other frozen soils52. This could be attributed to the fact that there is no literature reporting 

triaxial compression experiments that are really comparable with this work: specific 

synthetic loamy sand sediments sheared at constant pore pressure and in the presence of 

water, gas, ice, and methane hydrate in pores. 
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Figure 8.5 Deformation behavior of unfrozen and frozen sediments in the absence and presence of methane hydrate. 
(a) Test 1: hydrate-free at 273.4 K, (b) Test 2: hydrate-free and frozen at 263.1 K, (c) Test 3 with methane hydrate at 
273.4 K, and (d) Test 4 with methane hydrate frozen at 263.1 K. 

 

8.3.3 Determined mechanical properties 

Mechanical properties were determined and shown in Table 8.3, including shear strength 

, stiffness (scant Young’s modulus E50), cohesion C and angle of internal friction , (Pec 

denotes effective confining pressure). The scant Young’s modulus was determined 

tangentially from the start to the middle of the linear section of the stress versus strain 

curves in Figure 8.4. The cohesion and friction angle were determined according to Mohr-

Coulomb equation in terms of effective stress53. As a typical example, Figure 8.6 

represents the Mohr-Coulomb circles for determination of the cohesion and friction angle 

of the frozen hydrate-free sediments in Test 2. 
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Table 8.3 The determined shear strength, stiffness, cohesion, and friction angle 

Test Pec (MPa)  (MPa) E50 (MPa) C (MPa)  () 
 0.5 2.6 80   

Test 1 1.0 5.4 95 0.1 38.0 
 1.5 7.0 106   

 0.5 7.9 110   

Test 2 1.0 9.2 119 1.9 39.5 
 1.5 10.8 107   

 0.5 7.7 117   

Test 3 1.0 9.5 86 1.2 29.2 
 1.5 12.3 201   

 0.5 12.3 112   

Test 4 1.0 13.6 122 3.0 31.5 
 1.5 15.3 117   

 

 

 
 
Figure 8.6 Mohr-Coulomb circle of Test 2 with specimens frozen at 263.1 K in the absence of hydrate 

 

Figure 8.7 illustrates the effect of hydrate bearing and freezing on shear strength. Under 

the same confining pressure, the hydrate-free sediments frozen at 263.1 K (Test 2) were 

mechanically stronger than the unfrozen hydrate-free sediments at 273.4 K(Test 1); the 

unfrozen sediments with around 22 vol% methane hydrate (Test 3) were at least as strong 

as the frozen hydrate-free sediments with an average ice saturation of around 85 vol%. 

The presence of methane hydrate in about 22 vol% of the pore spaces led to a shear 

strength similar to that by ice filling 85 vol% of the pore spaces. Only based on the 

existing mechanisms such pore filling, load bearing and grain cementation, it cannot be 

fully understood why such a low saturation of methane hydrate resulted in a mechanical 

strength similar to freezing at 263.1 K, even if hydrate crystals tend to cement the 

sediment grains in partially water-saturated sediments37. In Test 4 the specimens which 

were formed with about 22 vol% methane hydrate and frozen at 263.1 K show the highest 
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shear strength compared to the other three groups of specimens. Moreover, the presence 

of about 22 vol% methane hydrate led to similar enhancement of the shear strength for 

both unfrozen and frozen specimens. Finally, it can also be seen that the shear strength 

increases as the confining pressure rises. 

 

 
Figure 8.7 The determined shear strength shows the effect of hydrate bearing and freezing on shear strength. 

 

In Table 8.3 the measured cohesion and angle of internal friction of the unfrozen and 

hydrate-free specimens in Test 1 is very small. This is because the specimens were of 

normally consolidated sand-silt-clay packs53. The presence of methane hydrate and 

freezing significantly increased the cohesion of the sediments by hydrate and ice 

cementing. However, it is interesting to see that hydrate formation in the specimens 

resulted in reduction in the internal friction, whilst freezing did not. This means that the 

presence of 22 vol% of methane hydrate appeared to be weakening the inter friction and 

interlocking between the grains, causing the large dilatation observed in the unfrozen 

hydrate-bearing sediments in Test 3 (Figure 8.5). To the best of our knowledge, no such 

experimental observations have been reported. One hypothesis could be due to particle 

assemblages. Methane hydrate crystals might locally bond together the fine clay and silt 

particles as well as sand particles, forming particle lumps that were wrapped with hydrate 

crusts. The hydrate-wrapped particle lumps behaved as loose sand particles so that the 

friction angle reduced to the typical range of loose sand53. The measured scant Young’s 

modulus in Table 8.3 shows that the presence of hydrate and ice measurably increased 

the stiffness of the specimens. However, it seems that hydrate-bearing did not create much 

change in the stiffness of frozen sediments. 
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3.4 Effect of gas hydrate saturation 

One series of triaxial experiments were conducted to investigate the effect of hydrate 

saturation on the geomechanical properties of simulated permafrost sediments. The same 

synthetic sediments were used to make the specimens. The specimens were formed with 

different saturations of methane hydrate and frozen at 270.1 K. Shearing was performed 

at the same conditions: temperature 270.1 K, pore pressure 5.0 MPa, effective confining 

pressure 1.0 MPa, and shearing rate 0.1 mm/min. Table 8.4 shows the saturation of 

methane hydrate, ice and gas before shearing. 

 
Table 8.4 Saturation of methane hydrate, ice, and gas 

Initial specimen Test 5 Test 6 Test 7 Test 8 Test 9 

Hydrae saturation (vol%) 0.0 16.7 27.4 33.2 51.7 

Gas saturation (vol%) 12.1 9.2 9.0 15.7 17.6 

Ice saturation (vol%) 87.9 74.1 63.6 51.1 30.7 

 

 
 
Figure 8.8 Effect of different saturations of methane hydrate on the shear strength and stiffness of frozen sediments 

 

Figure 8.8 shows that the determined shear/peak strength and stiffness linearly increase 

as the hydrate saturation increases. Similar linear relationships between shear strength 

and stiffness versus hydrate saturation were also reported for unfrozen silica sand 

containing methane hydrate29,30. The determined shear strength is largely higher than 

those reported by Liu et al.42, Song et al.54, and Li et al.43. As mentioned in the 

Introduction, this is because different methods were used to make the simulated 

permafrost sediments. It should be noted that from Specimens 5 to 9, the shear strength 

gradually increased with the increase in methane hydrate saturation even if the ice 
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saturation in the specimens decreased. This result suggests that gas hydrate plays a 

dominant role in the geomechanical properties of the simulated permafrost sediments. 

 

8.4  Physical model of hydrate reinforcement of sediments 

The existing models of gas hydrate particle association, i.e., pore filling, load bearing and 

cementation, are insufficient to fully interpret why the presence of only around 22 vol% 

methane hydrate at 273.4 K(Test 3 in Figure 8.4) resulted in a shear strength as strong as 

around 85 vol% of water frozen at 263.1 K(Test 2 in Figure 8.4), and made the unfrozen 

hydrate-bearing specimens more ductile compared to those with the frozen hydrate-free 

ones. One of the possible explanations is that the intrinsic strength of methane hydrate is 

20 to 30 times stronger than that of ice at a temperature near the freezing point55. 

Moreover, water films between hydrate crusts or crystals and grain surfaces56,57, unfrozen 

water58, and pressure melting59,60 in the sediments further weakens the interparticle 

contacts by reducing the internal friction force and interlocking interaction. However, 

these factors fail to explain the unexpectedly high effect of a low hydrate saturation on 

the mechanical properties of sediments in comparison with freezing at 263.1 K. 

 

 
Figure 8.9 Schematic of the hypothetical hydrate networks or frame structures. (a) Ice wraps sediment grains with 
point-contact, (b) Hydrate networks extend across adjacent grains. 

 

In partially water-saturated sediments, as shown Figure 8.9a, it is likely that water 

attached to the surface of the sediment grains in addition to some of the water absorbed 

by the clay37. Ice formed from the water partially filling sediment pores cements the grains 

mostly at the grain-grain contacts or very limited areas adjacent to grain contact points. 

On the other hand, this type of water distribution makes it possible to connect the 

remaining pore spaces and form channels. The injected methane gas fills these channels 

 

Grains Gas Ice Hydrate 

(a) (b) 
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and appears as gas bubbles that are surrounded by water. Methane hydrate always starts 

to form at the interface between water and methane gas, transforming the gas bubbles into 

either gas-filled or solid methane hydrate crystalline bars. These hydrate bars can grow 

locally or extend across adjacent grains through a mass transfer process and finally create 

mini or macro hydrate networks or hydrate frame structures throughout the specimens. In 

addition to the existing position models aforementioned, these hydrate-associated 

structures substantially enhance the shear strength of the specimens and make them 

significantly more ductile, just like reinforcing concrete using steel bars. Figure 8.9b 

illustrates the schematic modes of the gas hydrate networks or frame structures. As a 

result, it is presumed that, apart from the existing models of hydrate location in pores 

including pore filling, load bearing, and cementation, the patterns or morphology of 

hydrate crystals should be considered to understand the effect of hydrate bearing on the 

mechanical properties of sediments.  

 

It is plausible to anticipate the effect of micro hydrate frame structures may substantially 

depend on initial water content and distribution in sediments before hydrate and ice 

formation. The typical water saturation of about 86.5 vol% to pore volume (15.5 wt% to 

dry sediments, Table 8.2) was used in this work, which leads to the strong effect of the 

micro hydrate frame structures. Observations of gas hydrate formation using synchrotron 

X-ray microscopy technique and magnetic resonance imaging technique suggested that 

gas hydrate crusts tend to form and wrap sediment grains in the presence of a very low 

water content, whilst it is likely that hydrates start to form at gas-water interfaces, grow 

into the water body and suspend in the water56,57,61. Consequently, changes in initial water 

saturation may alter the structure of the micro hydrate network in permafrost sediments. 

More experiments have been planned to further investigate how initial water saturation 

affects geomechanical properties of hydrate-bearing permafrost sediments.  
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Chapter 9 - Conclusions and Recommendation for Further Research 

 

 

 

 Industrial scale implementation of CO2 capture and geological storage is demanding 

economically viable technologies. We have conducted a series of work to investigate the 

proposed gas hydrate-based technologies as alternative options to make CCS 

economically feasible. It is believed that enhancing the technologies at a conceptual 

process level is crucial to help evolve the realistic viability of the proposed methods and 

identifying the critical influencing parameters that must be considered for  field 

applications in future. 

 

In Chapter 2, a new highly accurate methodology was applied for determination of flue 

gas (i.e. CO2 and N2) solubility in water and brine. Three types of CO2-N2 mixtures 

were tested to simulate coal-fired flue gas, gas-fired flue gas, and syngas, respectively. 

The solubility was measured for pure water and aqueous NaCl solutions of three different 

salinities from 273.25 to 303.05 K and pressures up to 22 MPa. 

The solubility of the simulated flue gases increases as the pressure increases or the 

temperature decreases, or as the mole fraction of the gas component in the vapor phase 

increases (see Figure 9.1). It was also observed that influenced by the salting-out effect, 

the solubility of CO2 and N2 decreases with increase in the concentration of NaCl in the 

aqueous phase. 

A thermodynamic model was used to predict the solubility values by adjusting the binary 

interaction parameters. Three different equations of state including CPA-SRK72, VPT 

and PC-SAFT were employed to determine the fugacity values. It was shown that VPT 

equation is more accurate than the other equations of state at lower temperatures, 

particularly when the simulated gas-fired flue gas is injected into water or when the 

concentration of NaCl is low. The statistical-based equations of state i.e. CPA-SRK72 

and PC-SAFT become more reliable and accurate for CO2-rich flue gas/syngas or high 

saline solutions. 
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Figure 9.1 Table of content art for chapter 2 

 

The results of this study could be effectively used to enrich the open literature in terms of 

the solubility of CO2 in the presence of the other main components of the flue gas like 

N2, which provides a comprehensive solubility database for the CCS schemes in saline 

aquifers to modify their methodology in order to use the flue gas rather than pure CO2. 

Lastly, the obtained experimental results together with adjusted modeling parameters are 

useful data in application of hydrate-based methods for CO2 separation, capture and 

storage.  

In Chapter 3 and Chapter 4, through our experiments and analysis, we have identified 

the optimum conditions and key parameters for improving the overall economic 

feasibility of the CS at MH reservoirs (Chapter 3), and investigated kinetics of the 

proposed method in realistic conditions (Chapter 4). By taking results of these chapters 

into account, we suggest a simple field trial plan for both CCS and recover methane by 

continuous injection of flue gas into a gas hydrate deposit, in which reservoir pressure 

can be controlled and adjusted to near the optimum pressure according to the reservoir 

temperature and MH saturation reduction. This can be implemented through different 

scenarios, for example, one injection well and one production well, or one injection well 

and multiple production wells, or one well for both injection and production through a 

puff & huff process. In this regard, for reaching our goal of economic and sustainable CS 

and energy recovery, concerted collaborative effort among researchers from different 

fields will be required to facilitate flue gas process and transfer through pipelines from 

the power plants, to determine the optimum well locations and injection/production rate, 
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to understand more about the geological impact of the current method, and also to 

recognize the possible side effect that may happen to the environment. 

 

In Chapter 5, we proposed an innovative approach for geological CCS by direct injection 

of flue gas into water/ice-bearing sediments in the absence of initial methane gas hydrates 

in place, integrating CO2 capture and storage into one simple process, and consequently 

reducing the cost of CCS significantly by comparison with conventional gas hydrate-

based CCS methods. The presence of N2 in the feed gas facilitates the movement of the 

gas and reduces the corrosion of facilities in comparison with supercritical CO2. The 

proposed method shows very high efficiency, with greater than 92% stable CO2 capture 

under certain conditions, meeting the technical requirements of typical industrial-scale 

geological CO2 storage operations reported in literature. These results indicate that 

injection of a binary CO2-N2 composition is a promising approach to further push CO2 

into the clathrate phase. Kinetics of the proposed process was experimentally investigated 

under simulated natural conditions and on real-time scales. This is the first study to 

analyze the binary gas hydrate formation kinetics in both frozen and unfrozen mesoporous 

media under realistic conditions. The results also demonstrate the first experimental 

evidence backed by thermodynamic modeling results for the formation of sII clathrates 

by CO2-N2 mixed gas with high CO2 content. Moreover, considering the a sudden rise 

in the environmental temperature, we found that the presence of N2 in the system provides 

a considerably wider safety net for the stability of CO2 in the clathrate phase. 

Accordingly, this CCS method could reduce the risk of leakage for stored CO2 into 

nature, making it highly attractive for large-scale CCS. Finally, effect of the presence of 

different salts, and effect of impurities in the injected gas on both hydrate formation and 

dissociation, and effect of the application of this method on life cycle in the injection 

environment could be investigated following this work. 

 

Taking all of the results presented in Chapter 6 into account, it is clear that, for systems 

containing gas mixtures, reaching constant pressure can’t be considered independently as 

a sign of thermodynamic equilibrium and further changes in the composition of different 

phases can occur at the final or stable pressure. This study substantiates the crucial role 

of the hydrate formation kinetics to achieve a high efficiency of CO2 separation and 

storage. The observed compositional changes in both gas phase and hydrate phase for flue 

gas-water systems could occur in other gas mixture systems, typically water-natural gas 

systems, which should be closely examined if the kinetics of hydrate formation is 
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important. Although the presented work revealed some kinetic properties of flue gas 

hydrate formation, it is clear that more fundamental experiments are required for a better 

understanding of the observed phenomenon. These experiments could be coupled with 

different spectroscopy techniques such as NMR to be able to measure the composition of 

the hydrate phase during hydrate formation/dissociation. Moreover, effect of gas to water 

ratio, pressure, temperature, and different compositions on both hydrate formation and 

dissociation also needs to be investigated following this work.   

In Chapter 7, gas permeability was measured under varying differential pressure for three 

different types of sedimentary core samples to investigate their gas permeation 

characteristics both in the presence and in the absence of natural gas hydrates. The 

experimental results showed that the observed phenomena regarding the gas permeation 

at different gas hydrate-bearing sediments could be dominated by different mechanisms 

including capillary breakthrough, pore/grain size distribution, hydrate clogging, hydrate-

forced heave or agglomeration, and Klinkenberg Effect. Results show that, for the highly 

porous and permeable silica sand core samples, the gas permeability increases with 

increasing the inlet pressure (and accordingly differential pressure) at both hydrate-free 

and hydrate-bearing cases, due to dominance of the capillary breakthrough mechanism 

over the gas slippage. For the sand-clay core samples containing 5 wt% montmorillonite, 

due to the presence of fine clay particles swelled by water in large pores, the pathways 

available for the gas flow was reduced and the gas permeability of the porous medium 

was dominated by Klinkenberg Effect. For the consolidated sandstone core sample, the 

gas permeation characteristics were considerably altered. For hydrate-free case, the 

breakthrough capillary pressure dominated the gas permeation so that the gas 

permeability increased with the inlet pressure, similar to that of unconsolidated silica sand 

packs. However, hydrate formation clogged the original large pores thus resulted in the 

gas slippage to be influential, resulting in Klinkenberg Effect to be dominant. Following 

this work, more systematic experiments to cover wide range of sediments, water 

permeability, development of permeability models to be able to describe the migration 

mechanism alternation could be conducted.  

In Chapter 8, the shear characteristics and deformation behavior of four types of artificial 

sediments were investigated at different conditions, including unfrozen hydrate-free, 

frozen hydrate-free, unfrozen hydrate-bearing, and frozen hydrate-bearing sediments. 

Results show that ice and gas hydrates distinctively affect the shearing characteristics and 

deformation behavior of the specimens, though they are both water-based crystalline 

solids.  
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Both methane hydrate and ice significantly enhanced the shear strength of sediments. 

Under the same confining pressure the presence of 25 vol% methane hydrate in the 

unfrozen sediments led to a shear strength as strong as those of the frozen hydrate-free 

specimens in which 86 vol% of the pore spaces were occupied by ice at 263.1 K. 

Coexistence of both gas hydrate and ice resulted in the highest shear strength. The 

sediments that were initially saturated with about 85 vol% of water frozen at 263.1 K 

experienced brittle-like failure. In contrast, those sediments containing about 25 vol% 

methane hydrate showed large dilatation but no quick failure occurred. 

Methane hydrate plays a dominant role in the geomechanical properties of the simulated 

permafrost sediments compared to ice. It was found that the existing hydrate position 

models seem insufficient to interpret the large strengthening in the shear strength and the 

ductile deformation for the low saturation of methane hydrate. As a result, it was 

hypothesized that formation of hydrate networks or frame structures may play a 

substantial role in the observed reinforcement of both unfrozen and frozen sediments. 

Finally, effect of water content, and mineral type on geomechanical properties of gas 

hydrate bearing sediments together with experimental measurement of geophysical 

properties of these sediments could be investigated following this work. 
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Appendix A for Chapter 2  

Verification of the Methodology 

The methodology followed previously by the apparatus used in this study proved it to be 

appropriate to measure the vapor-liquid equilibria in a wide range of operating conditions 

and different fluids with reasonable accuracy [1]. To test the reliability of the proposed 

method, we measured the solubility of pure CO2 in water, which is known to cause 

complexities to the experimental conditions such as equipment corrosion, and compared 

the results with the available literature data  

The equilibrium mole fractions of CO2 in the aqueous phase measured in the temperatures 

ranging from 278.25 to 308.25 K and pressures up to 6 MPa are presented in Table S1 

and plotted in Figure S1 compared to the experimental data reported in the open literature. 

A reasonable agreement between our measurements and the data presented in the open 

literature is observed which confirms the reliability of the experimental approach used in 

this study.  
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Table S1 Comparison of experimental data for CO2-water binary system (This work vs. literature) 

Pressure (MPa) 
xCO2 (Mole Fraction) 

Relative Deviation (%) Reference 
This Work Literature Data 

T = 274.05 K 

0.25 0.0035 0.0032 9.38 [2] 

0.51 0.0069 0.0061 13.11 [2] 

0.71 0.0095 -  - - 

1.32 0.0153 0.0160 4.38 [2] 

1.84 0.0191 -  - - 

2.01 0.0203 -  - - 

T = 278.25 K 

0.13 0.0010 0.0011 9.09 [3] 

0.50 0.0061 0.0059 3.39 [4] 

0.76 0.0087 0.0085 2.35 [4] 

1.02 0.0109 0.0111 1.80 [4] 

1.13 0.0121 0.0120 0.83 [2] 

1.45 0.0148 0.0150 1.33 [2] 

1.98 0.0186 0.0181 2.76 [3] 

T = 288.25 K 

0.09 0.0008 0.0010 20.00 [3] 

0.29 0.0029 0.0026 11.37 [2] 

0.54 0.0052 0.0049 6.10 [2] 

1.01 0.0090 0.0087 3.45 [4] 

1.59 0.0126 0.0128 1.41 [2] 

1.95 0.0149 0.0143 4.20 [4] 

2.75 0.0194 0.0188 3.19 [4] 

3.72 0.0239 0.0234 2.14 [4] 

T = 293.15 K 

0.15 0.0009 0.0007 28.57 [3] 

0.32 0.0023 -  - - 

0.48 0.0036 -  - - 

1.12 0.0071  - - - 

1.42 0.0093  - - - 

2.95 0.0155 0.0142 9.15 [3] 

4.10 0.0191 0.0193 1.04 [3] 

5.10 0.0213 0.0200 6.50 [3] 

T = 308.25 K 

0.24 0.0008  -   - 

0.59 0.0029 0.0028 3.57 [4] 

1.04 0.0058  - - - 

1.39 0.0078  - - - 

1.90 0.0105 0.0121 13.22 [4] 

4.00 0.0164 0.0156 5.13 [4] 

5.95 0.0200 0.0203 1.48 [4] 
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Figure S1 P-xCO2 diagram of CO2-water binary system (This work vs. literature)  
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Uncertainty measurement 

 

Temperature uncertainty 

Uncertainty of temperature measurement was calculated using Eq.(S1): 

 𝑈𝑐(𝑇) = √𝑢𝑆𝑦𝑠𝑡𝑒𝑚
2 + 𝑢𝐶𝑎𝑙𝑖𝑏𝑟𝑎𝑡𝑖𝑜𝑛

2 + 𝑢𝑅𝑒𝑝𝑒𝑎𝑡𝑎𝑏𝑖𝑙𝑖𝑡𝑦
2  (S1) 

where the system and repeatability uncertainties are 0.1 K. Eq.(S2) was also used to 

convert the actual measured temperature by PRT to calibrated temperature in the vessel: 

 𝑇𝐶𝑎𝑙 = 0.9724𝑇 + 0.8664 (S2) 

By taking the derivative of the Eq.(S2), one can obtain the expression for calculating 

uCalibration: 

 𝑢𝐶𝑎𝑙𝑖𝑏𝑎𝑡𝑖𝑜𝑛 = |
𝑑𝑇𝐶𝑎𝑙
𝑑𝑇

| 𝛿𝑇 (S3) 

in which 𝛿𝑇 is 0.1 K. Using Eq.(S1), Uc(T) is calculated equal to 0.172 K for all points. 

Pressure uncertainty 

Eq.(S4) was used to calculate the pressure uncertainty: 

 𝑈𝑐(𝑃) = √𝑢𝑆𝑦𝑠𝑡𝑒𝑚
2 + 𝑢𝐶𝑎𝑙𝑖𝑏𝑟𝑎𝑡𝑖𝑜𝑛

2 + 𝑢𝑅𝑒𝑝𝑒𝑎𝑡𝑎𝑏𝑖𝑙𝑖𝑡𝑦
2  (S4) 

For the pressure range we dealt with in this study, a pressure transducer with uRepeatability 

equal to 0.005 MPa was used to measure the pressure of the system. Eq.(S5) was also 

applied to convert the actual measured pressure by the transducer to calibrated pressure 

of the vessel: 

 𝑃𝐶𝑎𝑙 = 10
−5𝑃2 + 𝑃 − 0.0006 (S5) 

Therefore, the expression for uCalibration is obtained by taking derivative of the Eq.(S5): 

 𝑢𝐶𝑎𝑙𝑖𝑏𝑟𝑎𝑡𝑖𝑜𝑛 = |
𝑑𝑃𝐶𝑎𝑙
𝑑𝑃

| 𝛿𝑃 (S6) 

where 𝛿𝑃 is 0.005 MPa. 

The pressure of the system was not disturbed during sampling owing to use of the 

capillary sampler. In other words, the capillary sampler allowed for a few microliter 

samples to be taken, avoiding any noticeable pressure change due to sampling. Therefore, 

uSystem for these measurements was considered equal to zero. Assuming maximum value 

for uncertainty of calibration over the pressure range, Uc(P) was found to be 0.007 MPa 

for all the measured points. 

Uncertainty of solubility measurement 

Eq.(S7) expresses the uncertainty of the solubility measurements: 
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 𝑈𝑐(𝑥𝑖) = √𝑢𝑀𝑒𝑎𝑠𝑢𝑟𝑒𝑚𝑒𝑛𝑡
2 + 𝑢𝑅𝑒𝑝𝑒𝑎𝑡𝑎𝑏𝑖𝑙𝑖𝑡𝑦

2  (S7) 

where i is either CO2 or N2. The average standard deviation of the test was considered as 

uRepeatability and reported as 0.000021.  

It should be noted that only the uncertainty of measurements for CO2 solubility is 

presented here and the procedure for N2 is similar. We simplified the main expression for 

the solubility calculation presented in Figure 1.2 in form of Eq.(S8) to calculate the 

uncertainty of the solubility measurements:  

 𝑥𝐶𝑂2 =
𝐴

𝐴 + 𝐵 + 𝑛𝐿
 (S8) 

where A and B are defied as: 

 
𝐴 = 𝑛𝐶𝑂2

𝐼𝑛𝑗𝑒𝑐𝑡𝑒𝑑
− 𝑛𝐶𝑂2

𝑉𝑎𝑝𝑜𝑟
 

 
(S9) 

 
𝐵 = 𝑛𝑁2

𝐼𝑛𝑗𝑒𝑐𝑡𝑒𝑑
− 𝑛𝑁2

𝑉𝑎𝑝𝑜𝑟 

 
(S10) 

We split A function into two expressions for ease of calculations: 

 𝐴 = 𝐴1 − 𝐴2 (S11) 

where: 

 𝐴1 = 𝐴11 − 𝐴12 (S12) 

 𝐴2 = 𝐴21 − 𝐴22 (S13) 

and: 

 𝐴11 =
𝑦𝐶𝑂2,𝑆𝑜𝑢𝑟𝑐𝑒𝑃1,𝑆𝑜𝑢𝑟𝑐𝑒𝑉𝑆𝑜𝑢𝑟𝑐𝑒

𝑧1,𝑆𝑜𝑢𝑟𝑐𝑒𝑅𝑇1,𝑆𝑜𝑢𝑟𝑐𝑒
 (S14) 

   

 
𝐴12 =

𝑦𝐶𝑂2,𝑆𝑜𝑢𝑟𝑐𝑒𝑃2,𝑆𝑜𝑢𝑟𝑐𝑒𝑉𝑆𝑜𝑢𝑟𝑐𝑒

𝑧2,𝑆𝑜𝑢𝑟𝑐𝑒𝑅𝑇2,𝑆𝑜𝑢𝑟𝑐𝑒
 

(S15) 

   

 
𝐴21 =

𝑦𝐶𝑂2,𝑉𝑒𝑠𝑠𝑒𝑙𝑃𝑉𝑒𝑠𝑠𝑒𝑙𝑉𝑉𝑉𝑒𝑠𝑠𝑒𝑙
𝑧𝑉𝑒𝑠𝑠𝑒𝑙𝑅𝑇𝑉𝑒𝑠𝑠𝑒𝑙

 
(S16) 

   

 
𝐴22 =

𝑦𝐶𝑂2,𝑉𝑒𝑠𝑠𝑒𝑙𝑃𝑉𝑒𝑠𝑠𝑒𝑙𝑚𝐿

𝑧𝑉𝑒𝑠𝑠𝑒𝑙𝑅𝑇𝑉𝑒𝑠𝑠𝑒𝑙𝜌𝐿
 

(S17) 

 

The uncertainty of the measurement can be found using Eq.(S18): 
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𝑢𝑀𝑒𝑎𝑠𝑢𝑟𝑒𝑚𝑒𝑛𝑡 = 𝑑𝑥𝐶𝑂2

= 𝑥𝐶𝑂2√
(𝐵 + 𝑛𝐿)

2Δ𝐴2

𝐴2(𝐴 + 𝐵 + 𝑛𝐿)2
+

Δ𝐵2 + Δ𝑛𝐿
2

(𝐴 + 𝐵 + 𝑛𝐿)2
 

(S18) 

The uncertainty of function A is obtained as: 

 Δ𝐴 = √Δ𝐴1
2 + Δ𝐴2

2 (S19) 

where: 

 Δ𝐴1 = √Δ𝐴11
2 + Δ𝐴12

2  (S20) 

   

 
Δ𝐴2 = √Δ𝐴21

2 + Δ𝐴22
2  

(S21) 

and: 

 
Δ𝐴11
𝐴11

= √(
Δ𝑦𝐶𝑂2,𝑆𝑜𝑢𝑟𝑐𝑒

𝑦𝐶𝑂2,𝑆𝑜𝑢𝑟𝑐𝑒
)

2

+ (
Δ𝑃1,𝑆𝑜𝑢𝑟𝑐𝑒
𝑃1,𝑆𝑜𝑢𝑟𝑐𝑒

)

2

+ (
Δ𝑧1,𝑆𝑜𝑢𝑟𝑐𝑒
𝑧1,𝑆𝑜𝑢𝑟𝑐𝑒

)

2

+ (
Δ𝑇1,𝑆𝑜𝑢𝑟𝑐𝑒
𝑇1,𝑆𝑜𝑢𝑟𝑐𝑒

)

2

 (S22) 

   

 
Δ𝐴12
𝐴12

= √(
Δ𝑦𝐶𝑂2,𝑆𝑜𝑢𝑟𝑐𝑒

𝑦𝐶𝑂2,𝑆𝑜𝑢𝑟𝑐𝑒
)

2

+ (
Δ𝑃2,𝑆𝑜𝑢𝑟𝑐𝑒
𝑃2,𝑆𝑜𝑢𝑟𝑐𝑒

)

2

+ (
Δ𝑧2,𝑆𝑜𝑢𝑟𝑐𝑒
𝑧2,𝑆𝑜𝑢𝑟𝑐𝑒

)

2

+ (
Δ𝑇2,𝑆𝑜𝑢𝑟𝑐𝑒
𝑇2,𝑆𝑜𝑢𝑟𝑐𝑒

)

2

 
(S23) 

   

 
Δ𝐴21
𝐴21

= √(
Δ𝑦𝐶𝑂2,𝑉𝑒𝑠𝑠𝑒𝑙

𝑦𝐶𝑂2,𝑉𝑒𝑠𝑠𝑒𝑙
)

2

+ (
Δ𝑃𝑉𝑒𝑠𝑠𝑒𝑙
𝑃𝑉𝑒𝑠𝑠𝑒𝑙

)
2

+ (
Δ𝑧𝑉𝑒𝑠𝑠𝑒𝑙
𝑧𝑉𝑒𝑠𝑠𝑒𝑙

)
2

+ (
Δ𝑇𝑉𝑒𝑠𝑠𝑒𝑙
𝑇𝑉𝑒𝑠𝑠𝑒𝑙

)
2

 
(S24) 

   

 Δ𝐴22
𝐴22

= √(
Δ𝑦𝐶𝑂2,𝑉𝑒𝑠𝑠𝑒𝑙

𝑦𝐶𝑂2,𝑉𝑒𝑠𝑠𝑒𝑙
)

2

+ (
Δ𝑃𝑉𝑒𝑠𝑠𝑒𝑙
𝑃𝑉𝑒𝑠𝑠𝑒𝑙

)
2

+ (
Δ𝑧𝑉𝑒𝑠𝑠𝑒𝑙
𝑧𝑉𝑒𝑠𝑠𝑒𝑙

)
2

+ (
Δ𝑇𝑉𝑒𝑠𝑠𝑒𝑙
𝑇𝑉𝑒𝑠𝑠𝑒𝑙

)
2

+ (
Δ𝑚𝐿

𝑚𝐿
)
2

+ (
Δ𝜌𝐿
𝜌𝐿
)
2

 

 

(S25) 

The formulation for function B is the same except CO2 is replaced by N2. Furthermore, 

the uncertainty of the moles of liquid phase can be found as: 

 Δ𝑛𝐿 =
Δ𝑚𝐿

𝑀𝐿
 (S26) 

Table S2 presents the uncertainties of all the parameters involved in Eq.(22-26): 
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Table S2 VLE Uncertainties of physical properties measured/calculated for the solubility measurements 

No. Parameter Uncertainty 

1 𝑦𝐶𝑂2  Δ𝑦
𝐶𝑂2

= 0.0001 

2 𝑃 Δ𝑃 = 0.005 𝑀𝑃𝑎 

3 𝑧 Δ𝑧 = 0.05 [5] 

4 𝑇 Δ𝑇 = 0.1 𝐾 

5 𝑚𝐿 Δ𝑚𝐿 = 0.01 𝑔 

6 𝜌𝐿 Δ𝜌
𝐿
= 0.001𝜌

𝐿
 

 

Finally, the expanded uncertainty of the measurement with 95% level of confidence (k = 

2) can be calculated using the Eq. (S27): 

 𝑈(𝑥𝑖) = 2𝑈𝑐(𝑥𝑖) 
(S27) 
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Experimental equilibrium compositions of the liquid and vapor phases for 

CO2+N2+Water ternary systems 

 
Table S3 VLE data for injected gas type 1 

Temperature 

(K) 

Pressure 

(MPa) 

Experimental Data (Mole Fraction) 

Aqueous Phase 
Expanded Uncertainty 

(k = 2) 
Vapor Phase 

CO2 N2 CO2 N2 CO2 N2 
Standard 

Deviation 

273.25 1.51 0.0012 0.0002 0.00014 0.00003 0.0664 0.9336 0.00016 

273.25 3.30 0.0025 0.0005 0.00028 0.00006 0.0714 0.9286 0.00012 

273.25 5.08 0.0036 0.0008 0.00042 0.00010 0.0758 0.9242 0.00022 

273.25 6.92 0.0046 0.0010 0.00052 0.00011 0.0806 0.9194 0.00022 

273.25 8.63 0.0055 0.0012 0.00072 0.00014 0.0845 0.9155 0.00014 

273.25 10.46 0.0062 0.0014 0.00078 0.00016 0.0883 0.9117 0.00013 

283.15 1.93 0.0013 0.0003 0.00014 0.00004 0.0770 0.9230 0.00027 

283.15 5.55 0.0034 0.0007 0.00044 0.00008 0.0851 0.9149 0.00014 

283.15 9.35 0.0048 0.0011 0.00057 0.00012 0.0933 0.9067 0.00024 

283.15 13.30 0.0059 0.0014 0.00068 0.00016 0.1005 0.8995 0.00011 

283.15 16.96 0.0066 0.0017 0.00084 0.00022 0.1051 0.8949 0.00014 

283.15 20.78 0.0071 0.0020 0.00091 0.00024 0.1093 0.8907 0.00010 

303.05 1.98 0.0008 0.0002 0.00010 0.00003 0.0958 0.9042 0.00017 

303.05 5.63 0.0022 0.0005 0.00027 0.00006 0.1018 0.8982 0.00028 

303.05 9.35 0.0031 0.0008 0.00038 0.00010 0.1069 0.8931 0.00015 

303.05 13.17 0.0039 0.0011 0.00047 0.00013 0.1119 0.8881 0.00028 

303.05 16.97 0.0045 0.0013 0.00055 0.00015 0.1158 0.8842 0.00013 

303.05 20.75 0.0048 0.0015 0.00055 0.00018 0.1184 0.8816 0.00030 
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Table S4 VLE data for injected gas type 2 

Temperature 

(K) 

Pressure 

(MPa) 

Experimental Data (Mole Fraction) 

Aqueous Phase 
Expanded 

Uncertainty (k = 2) 
Vapor Phase 

CO2 N2 CO2 N2 CO2 N2 
Standard 

Deviation 

273.25 2.03 0.0004 0.0004 0.00006 0.00004 0.0164 0.9836 0.00022 

273.25 5.77 0.0010 0.0009 0.00013 0.00011 0.0184 0.9816 0.00018 

273.25 9.58 0.0015 0.0014 0.00018 0.00016 0.0206 0.9794 0.00027 

273.25 13.55 0.0018 0.0019 0.00022 0.00021 0.0229 0.9771 0.00007 

273.25 17.26 0.0020 0.0023 0.00024 0.00027 0.0241 0.9759 0.00028 

273.25 21.27 0.0023 0.0027 0.00028 0.00031 0.0253 0.9747 0.00029 

283.15 2.05 0.0003 0.0003 0.00004 0.00004 0.0200 0.9800 0.00003 

283.15 5.74 0.0008 0.0008 0.00010 0.00010 0.0215 0.9785 0.00022 

283.15 9.84 0.0012 0.0012 0.00015 0.00014 0.0237 0.9763 0.00017 

283.15 13.58 0.0014 0.0016 0.00018 0.00020 0.0252 0.9748 0.00023 

283.15 18.06 0.0017 0.0020 0.00021 0.00023 0.0262 0.9738 0.00002 

283.15 21.50 0.0018 0.0023 0.00024 0.00028 0.0272 0.9728 0.00023 

303.05 2.10 0.0003 0.0003 0.00004 0.00004 0.0200 0.9800 0.00003 

303.05 5.78 0.0008 0.0008 0.00009 0.00009 0.0215 0.9785 0.00012 

303.05 9.80 0.0012 0.0012 0.00015 0.00014 0.0237 0.9763 0.00007 

303.05 13.45 0.0014 0.0016 0.00016 0.00019 0.0252 0.9748 0.00004 

303.05 17.30 0.0017 0.0020 0.00020 0.00026 0.0262 0.9738 0.00022 

303.05 21.74 0.0018 0.0023 0.00020 0.00026 0.0272 0.9728 0.00002 

 

Table S5 VLE data for injected gas type 3 

Temperature 

(K) 

Pressure 

(MPa) 

Experimental Data (Mole Fraction) 

Aqueous Phase 
Expanded 

Uncertainty (k = 2) 
Vapor Phase 

CO2 N2 CO2 N2 CO2 N2 
Standard 

Deviation 

273.25 1.73 0.0039 0.0002 0.00044 0.00003 0.2105 0.7895 0.00009 

273.25 5.31 0.0105 0.0007 0.00134 0.00008 0.2495 0.7505 0.00001 

283.15 1.68 0.0030 0.0002 0.00034 0.00003 0.2460 0.7540 0.00017 

283.15 6.07 0.0090 0.0006 0.00117 0.00007 0.2738 0.7262 0.00008 

283.15 9.34 0.0122 0.0009 0.00156 0.00011 0.2915 0.7085 0.00013 

283.15 13.09 0.0136 0.0013 0.00166 0.00015 0.3139 0.6861 0.00000 

283.15 17.06 0.0146 0.0016 0.00182 0.00018 0.3302 0.6698 0.00020 

283.15 20.85 0.0151 0.0019 0.00174 0.00021 0.3428 0.6572 0.00021 

303.05 1.92 0.0024 0.0001 0.00028 0.00001 0.2808 0.7192 0.00024 

303.05 5.59 0.0064 0.0004 0.00079 0.00005 0.2965 0.7035 0.00004 

303.05 9.06 0.0091 0.0006 0.00110 0.00007 0.3109 0.6891 0.00026 

303.05 13.30 0.0112 0.0008 0.00140 0.00010 0.3268 0.6732 0.00017 

303.05 17.03 0.0120 0.0010 0.00148 0.00012 0.3375 0.6625 0.00011 

303.05 20.99 0.0125 0.0012 0.00147 0.00015 0.3462 0.6538 0.00022 
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Figure S2 Experimentally determined equilibrium mole fraction of CO2 in the liquid phase for N2+CO2+water systems 

  
Figure S3 Experimentally determined equilibrium mole fraction of N2 in the liquid phase for N2+CO2+water systems 
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Figure S4 Experimentally determined equilibrium mole fraction of CO2 in the vapor phase for N2+CO2+water systems 

 
Figure S5 Experimentally determined equilibrium mole fraction of N2 in the vapor phase for N2+CO2+water systems 
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Experimental equilibrium compositions of the liquid and vapor phases for 

CO2+N2+Brine ternary systems 

 

Table S6 VLE data for NaCl concentration of 5 wt. % 

Temperature 

(K) 

Pressure 

(MPa) 

Experimental Data (Mole Fraction) 

Aqueous Phase 
Expanded 

Uncertainty (k = 2) 
Vapor Phase 

CO2 N2 CO2 N2 CO2 N2 
Standard 

Deviation 

273.25 1.96 0.0013 0.0002 0.00017 0.00003 0.0734 0.9266 0.00025 

273.25 5.52 0.0033 0.0006 0.00040 0.00007 0.0824 0.9176 0.00024 

273.25 9.31 0.0048 0.0009 0.00057 0.00012 0.0917 0.9083 0.00000 

273.25 13.43 0.0059 0.0013 0.00069 0.00015 0.1001 0.8999 0.00018 

273.25 17.08 0.0066 0.0015 0.00076 0.00019 0.1063 0.8937 0.00025 

273.25 21.10 0.0068 0.0018 0.00083 0.00021 0.1120 0.8880 0.00009 

283.15 1.97 0.0010 0.0002 0.00012 0.00003 0.0860 0.9140 0.00010 

283.15 5.66 0.0026 0.0005 0.00032 0.00005 0.0948 0.9052 0.00012 

283.15 9.42 0.0037 0.0008 0.00045 0.00009 0.1027 0.8973 0.00011 

283.15 13.38 0.0045 0.0011 0.00056 0.00014 0.1090 0.8910 0.00010 

283.15 16.98 0.0050 0.0014 0.00058 0.00016 0.1134 0.8866 0.00027 

283.15 20.89 0.0053 0.0016 0.00063 0.00019 0.1175 0.8825 0.00013 

303.05 2.08 0.0009 0.0002 0.00011 0.00003 0.1006 0.8994 0.00019 

303.05 5.65 0.0019 0.0004 0.00023 0.00004 0.1063 0.8937 0.00030 

303.05 9.49 0.0030 0.0007 0.00038 0.00009 0.1124 0.8876 0.00015 

303.05 13.33 0.0036 0.0009 0.00041 0.00011 0.1172 0.8828 0.00030 

303.05 17.32 0.0042 0.0011 0.00051 0.00012 0.1206 0.8794 0.00006 

303.05 20.93 0.0045 0.0013 0.00053 0.00016 0.1230 0.8770 0.00020 
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Table S7 VLE data for NaCl concentration of 10 wt. % 

Temperature 

(K) 

Pressure 

(MPa) 

Experimental Data (Mole Fraction) 

Aqueous Phase 
Expanded 

Uncertainty (k = 2) 
Vapor Phase 

CO2 N2 CO2 N2 CO2 N2 
Standard 

Deviation 

273.25 2.00 0.0013 0.0002 0.00015 0.00003 0.0847 0.9153 0.00023 

273.25 5.59 0.0033 0.0004 0.00041 0.00005 0.0924 0.9076 0.00015 

273.25 9.42 0.0047 0.0006 0.00062 0.00007 0.1005 0.8995 0.00030 

273.25 13.26 0.0056 0.0008 0.00069 0.00009 0.1076 0.8924 0.00000 

273.25 17.12 0.0061 0.0010 0.00075 0.00013 0.1131 0.8869 0.00013 

273.25 21.08 0.0065 0.0012 0.00074 0.00015 0.1167 0.8833 0.00015 

283.15 2.02 0.0010 0.0001 0.00011 0.00001 0.0943 0.9057 0.00004 

283.15 5.72 0.0025 0.0004 0.00029 0.00004 0.1016 0.8984 0.00004 

283.15 9.49 0.0035 0.0006 0.00044 0.00007 0.1088 0.8912 0.00007 

283.15 13.49 0.0044 0.0008 0.00053 0.00010 0.1155 0.8845 0.00028 

283.15 17.09 0.0049 0.0009 0.00056 0.00010 0.1196 0.8804 0.00018 

283.15 20.93 0.0051 0.0011 0.00059 0.00013 0.1229 0.8771 0.00022 

303.05 1.98 0.0006 0.0001 0.00007 0.00001 0.1085 0.8915 0.00021 

303.05 5.64 0.0017 0.0003 0.00021 0.00004 0.1136 0.8864 0.00019 

303.05 9.51 0.0024 0.0005 0.00031 0.00006 0.1187 0.8813 0.00027 

303.05 13.44 0.0030 0.0006 0.00036 0.00007 0.1222 0.8778 0.00004 

303.05 17.20 0.0034 0.0008 0.00042 0.00009 0.1249 0.8751 0.00022 

303.05 21.11 0.0036 0.0009 0.00043 0.00011 0.1271 0.8729 0.00021 

 

Table S8 VLE data for NaCl concentration of 15 wt. % 

Temperature 

(K) 

Pressure 

(MPa) 

Experimental Data (Mole Fraction) 

Aqueous Phase 
Expanded 

Uncertainty (k = 2) 
Vapor Phase 

CO2 N2 CO2 N2 CO2 N2 
Standard 

Deviation 

273.25 1.99 0.0010 0.0001 0.00011 0.00001 0.0943 0.9057 0.00006 

273.25 5.76 0.0026 0.0003 0.00031 0.00004 0.1017 0.8983 0.00012 

273.25 9.50 0.0035 0.0004 0.00040 0.00006 0.1085 0.8915 0.00025 

273.25 13.36 0.0042 0.0006 0.00052 0.00007 0.1142 0.8858 0.00001 

273.25 17.66 0.0047 0.0007 0.00056 0.00008 0.1196 0.8804 0.00020 

273.25 21.56 0.0049 0.0008 0.00061 0.00010 0.1235 0.8765 0.00009 

283.15 1.98 0.0008 0.0001 0.00010 0.00001 0.1019 0.8981 0.00030 

283.15 5.74 0.0020 0.0003 0.00023 0.00004 0.1084 0.8916 0.00026 

283.15 9.58 0.0028 0.0004 0.00034 0.00004 0.1135 0.8865 0.00015 

283.15 13.41 0.0034 0.0006 0.00040 0.00007 0.1178 0.8822 0.00029 

283.15 17.24 0.0039 0.0007 0.00050 0.00009 0.1221 0.8779 0.00017 

283.15 21.60 0.0040 0.0008 0.00047 0.00010 0.1258 0.8742 0.00016 

303.05 2.07 0.0006 0.0001 0.00007 0.00001 0.1151 0.8849 0.00001 

303.05 5.81 0.0015 0.0002 0.00018 0.00003 0.1185 0.8815 0.00015 

303.05 9.59 0.0022 0.0004 0.00025 0.00006 0.1210 0.8790 0.00018 

303.05 13.43 0.0028 0.0005 0.00033 0.00007 0.1231 0.8769 0.00027 

303.05 17.20 0.0031 0.0006 0.00037 0.00007 0.1253 0.8747 0.00020 

303.05 21.28 0.0032 0.0008 0.00039 0.00009 0.1274 0.8726 0.00009 
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Figure S6 Experimentally determined equilibrium mole fraction of CO2 in the liquid phase for N2+CO2+brine systems 

 
Figure S7 Experimentally determined equilibrium mole fraction of N2 in the liquid phase for N2+CO2+brine systems 
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Figure S8 Experimentally determined equilibrium mole fraction of CO2 in the vapor phase for N2+CO2+brine systems 

 
Figure S9 Experimentally determined equilibrium mole fraction of N2 in the vapor phase for N2+CO2+brine systems 
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Predicted equilibrium compositions of the liquid and vapor phases for 

CO2+N2+Water ternary systems 

Predictions of CPA-SRK72 

Table S9 VLE data for injected gas type 1 predicted by CPA-SRK72 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

Temperature 

(K) 

Pressure 

(MPa) 

Predictions Made by CPA-SRK72 

(Mole Fraction) 
Relative Deviation (%) 

Aqueous Phase Vapor Phase 
Aqueous 

Phase 

Vapor 

Phase 

CO2 N2 CO2 N2 CO2 N2 CO2 N2 

273.25 1.51 0.0011 0.0003 0.0722 0.9193 7.67 2.24 8.73 1.53 

273.25 3.30 0.0023 0.0005 0.0763 0.9163 7.71 4.47 6.88 1.33 

273.25 5.08 0.0033 0.0008 0.0803 0.9125 8.98 6.50 5.87 1.26 

273.25 6.92 0.0043 0.0011 0.0840 0.9088 8.28 8.14 4.32 1.15 

273.25 8.63 0.0050 0.0013 0.0873 0.9056 7.75 8.65 3.31 1.08 

273.25 10.46 0.0058 0.0015 0.0904 0.9024 6.85 8.60 2.46 1.02 

283.15 1.93 0.0012 0.0003 0.0844 0.9099 8.60 2.78 9.68 1.42 

283.15 5.55 0.0031 0.0007 0.0916 0.9037 9.51 1.27 7.59 1.22 

283.15 9.35 0.0045 0.0011 0.0981 0.8980 6.82 3.54 5.15 0.96 

283.15 13.30 0.0055 0.0015 0.1046 0.8933 7.01 5.02 4.16 0.70 

283.15 16.96 0.0061 0.0019 0.1092 0.8896 7.94 6.44 3.95 0.59 

283.15 20.78 0.0065 0.0022 0.1136 0.8862 8.58 6.96 3.93 0.50 

303.05 1.98 0.0008 0.0002 0.0970 0.9007 1.83 6.02 1.26 0.39 

303.05 5.63 0.0021 0.0005 0.1021 0.8969 6.29 4.33 0.32 0.14 

303.05 9.35 0.0032 0.0008 0.1065 0.8929 0.97 0.81 0.38 0.03 

303.05 13.17 0.0040 0.0011 0.1100 0.8894 2.98 2.42 1.69 0.15 

303.05 16.97 0.0047 0.0013 0.1132 0.8863 5.23 5.31 2.26 0.24 

303.05 20.75 0.0052 0.0016 0.1156 0.8839 8.71 7.83 2.33 0.26 
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Table S10 VLE data for injected gas type 2 predicted by CPA-SRK72 

Temperature 

(K) 

Pressure 

(MPa) 

Predictions Made by CPA-SRK72 

(Mole Fraction) 
Relative Deviation (%) 

Aqueous Phase Vapor Phase 
Aqueous 

Phase 
Vapor Phase 

CO2 N2 CO2 N2 CO2 N2 CO2 N2 

273.25 2.03 0.0004 0.0004 0.0178 0.9798 4.43 2.60 8.82 0.38 

273.25 5.77 0.0009 0.0010 0.0201 0.9783 4.69 4.04 8.92 0.33 

273.25 9.58 0.0013 0.0015 0.0225 0.9764 7.91 5.14 8.93 0.30 

273.25 13.55 0.0017 0.0020 0.0244 0.9748 7.19 5.07 6.55 0.23 

273.25 17.26 0.0019 0.0025 0.0260 0.9736 7.39 4.91 8.07 0.24 

273.25 21.27 0.0020 0.0029 0.0274 0.9725 9.54 6.63 8.28 0.22 

283.15 2.05 0.0003 0.0003 0.0215 0.9778 7.45 2.05 7.55 0.22 

283.15 5.74 0.0007 0.0008 0.0234 0.9763 9.17 1.24 8.88 0.22 

283.15 9.84 0.0011 0.0012 0.0250 0.9748 7.59 0.37 5.23 0.15 

283.15 13.58 0.0013 0.0016 0.0262 0.9736 6.76 0.04 4.09 0.12 

283.15 18.06 0.0016 0.0020 0.0275 0.9724 9.00 0.41 5.03 0.15 

283.15 21.50 0.0017 0.0023 0.0282 0.9717 6.55 0.51 3.66 0.12 

303.05 2.10 0.0003 0.0003 0.0215 0.9778 7.45 2.05 7.55 0.22 

303.05 5.78 0.0007 0.0008 0.0234 0.9763 9.17 1.24 8.88 0.22 

303.05 9.80 0.0011 0.0012 0.0250 0.9748 7.59 0.37 5.23 0.15 

303.05 13.45 0.0013 0.0016 0.0262 0.9736 6.76 0.04 4.09 0.12 

303.05 17.30 0.0016 0.0020 0.0273 0.9726 9.81 0.25 4.27 0.13 

303.05 21.74 0.0017 0.0023 0.0282 0.9717 6.55 0.51 3.66 0.12 

 
Table S11 VLE data for injected gas type 3 predicted by CPA-SRK72 

Temperature 

(K) 

Pressure 

(MPa) 

Predictions Made by CPA-SRK72 

(Mole Fraction) 
Relative Deviation (%) 

Aqueous Phase Vapor Phase 
Aqueous 

Phase 

Vapor 

Phase 

CO2 N2 CO2 N2 CO2 N2 CO2 N2 

273.25 1.73 0.0037 0.0002 0.2218 0.7618 5.87 2.46 5.33 3.50 

273.25 5.31 0.0100 0.0007 0.2585 0.7354 5.26 4.22 3.57 2.01 

283.15 1.68 0.0028 0.0002 0.2569 0.7423 5.19 0.93 4.42 1.55 

283.15 6.07 0.0088 0.0006 0.2798 0.7199 2.61 2.81 2.21 0.87 

283.15 9.34 0.0120 0.0010 0.2977 0.7020 1.57 3.23 2.11 0.91 

283.15 13.09 0.0144 0.0013 0.3151 0.6847 5.64 0.17 0.37 0.20 

283.15 17.06 0.0158 0.0016 0.3295 0.6702 8.15 1.20 0.21 0.07 

283.15 20.85 0.0164 0.0019 0.3390 0.6607 9.14 1.79 1.11 0.54 

303.05 1.92 0.0023 0.0001 0.2848 0.7127 2.61 4.12 1.44 0.90 

303.05 5.59 0.0061 0.0004 0.3027 0.6963 4.37 2.08 2.11 1.03 

303.05 9.06 0.0089 0.0006 0.3134 0.6858 3.10 3.90 0.80 0.47 

303.05 13.30 0.0113 0.0009 0.3260 0.6733 1.17 6.39 0.26 0.02 

303.05 17.03 0.0126 0.0011 0.3345 0.6648 4.62 8.07 0.90 0.36 

303.05 20.99 0.0134 0.0013 0.3414 0.6579 7.20 9.31 1.40 0.64 
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Predictions of VPT 

Table S12 VLE data for injected gas type 1 predicted by VPT 

Temperature 

(K) 

Pressure 

(MPa) 

Predictions Made by VPT  

(Mole Fraction) 
Relative Deviation (%) 

Aqueous Phase Vapor Phase 
Aqueous 

Phase 

Vapor 

Phase 

CO2 N2 CO2 N2 CO2 N2 CO2 N2 

273.25 1.51 0.0012 0.0002 0.0663 0.9332 1.65 0.11 0.17 0.03 

273.25 3.30 0.0025 0.0005 0.0704 0.9294 1.65 0.29 1.46 0.09 

273.25 5.08 0.0037 0.0008 0.0749 0.9250 1.62 0.44 1.25 0.09 

273.25 6.92 0.0047 0.0010 0.0794 0.9205 2.04 0.80 1.45 0.11 

273.25 8.63 0.0056 0.0012 0.0833 0.9166 2.22 1.02 1.41 0.12 

273.25 10.46 0.0063 0.0014 0.0871 0.9128 2.36 1.23 1.33 0.12 

283.15 1.93 0.0013 0.0003 0.0790 0.9203 2.46 0.58 2.67 0.30 

283.15 5.55 0.0033 0.0007 0.0872 0.9125 2.80 0.27 2.43 0.26 

283.15 9.35 0.0048 0.0011 0.0933 0.9065 0.44 0.11 0.04 0.03 

283.15 13.30 0.0060 0.0014 0.0998 0.9000 1.98 0.39 0.63 0.05 

283.15 16.96 0.0067 0.0017 0.1048 0.8951 1.75 0.17 0.30 0.02 

283.15 20.78 0.0073 0.0020 0.1088 0.8910 2.83 0.51 0.45 0.04 

303.05 1.98 0.0009 0.0002 0.0925 0.9052 6.55 1.65 3.43 0.11 

303.05 5.63 0.0022 0.0005 0.0989 0.9001 0.09 1.73 2.81 0.21 

303.05 9.35 0.0033 0.0008 0.1044 0.8950 6.00 4.04 2.35 0.21 

303.05 13.17 0.0042 0.0011 0.1088 0.8907 6.37 6.41 2.80 0.29 

303.05 16.97 0.0048 0.0014 0.1126 0.8869 5.79 8.55 2.77 0.31 

303.05 20.75 0.0052 0.0016 0.1155 0.8841 9.24 10.64 2.43 0.28 
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Table S13 VLE data for injected gas type 2 predicted by VPT 

Temperature 

(K) 

Pressure 

(MPa) 

Predictions Made by VPT  

(Mole Fraction) 
Relative Deviation (%) 

Aqueous Phase Vapor Phase 
Aqueous 

Phase 

Vapor 

Phase 

CO2 N2 CO2 N2 CO2 N2 CO2 N2 

273.25 2.03 0.0004 0.0004 0.0163 0.9834 0.88 0.15 0.69 0.02 

273.25 5.77 0.0010 0.0009 0.0182 0.9817 1.55 0.10 1.22 0.01 

273.25 9.58 0.0015 0.0014 0.0203 0.9796 2.26 0.34 1.46 0.02 

273.25 13.55 0.0019 0.0019 0.0221 0.9778 5.30 1.41 3.16 0.07 

273.25 17.26 0.0021 0.0023 0.0236 0.9763 6.33 2.19 2.01 0.04 

273.25 21.27 0.0024 0.0027 0.0248 0.9751 4.72 1.14 1.79 0.04 

283.15 2.05 0.0003 0.0003 0.0188 0.9806 7.09 0.55 6.18 0.06 

283.15 5.74 0.0008 0.0008 0.0209 0.9788 3.84 0.17 2.69 0.03 

283.15 9.84 0.0013 0.0012 0.0228 0.9771 7.11 0.20 4.11 0.08 

283.15 13.58 0.0015 0.0016 0.0242 0.9756 7.96 0.02 3.84 0.08 

283.15 18.06 0.0018 0.0020 0.0257 0.9742 5.16 0.09 1.75 0.03 

283.15 21.50 0.0020 0.0023 0.0266 0.9733 7.85 0.23 2.35 0.05 

303.05 2.10 0.0003 0.0003 0.0188 0.9806 7.09 0.55 6.18 0.06 

303.05 5.78 0.0008 0.0008 0.0209 0.9788 3.84 0.17 2.69 0.03 

303.05 9.80 0.0013 0.0012 0.0228 0.9771 7.11 0.20 4.11 0.08 

303.05 13.45 0.0015 0.0016 0.0242 0.9756 7.96 0.02 3.84 0.08 

303.05 17.30 0.0018 0.0020 0.0255 0.9744 3.42 0.25 2.51 0.05 

303.05 21.74 0.0020 0.0023 0.0266 0.9733 7.85 0.23 2.35 0.05 

 
Table S14 VLE data for injected gas type 3 predicted by VPT 

Temperature 

(K) 

Pressure 

(MPa) 

Predictions Made by VPT  

(Mole Fraction) 
Relative Deviation (%) 

Aqueous Phase Vapor Phase 
Aqueous 

Phase 

Vapor 

Phase 

CO2 N2 CO2 N2 CO2 N2 CO2 N2 

273.25 1.73 0.0041 0.0002 0.2004 0.7992 4.59 0.87 4.83 1.24 

273.25 5.31 0.0111 0.0007 0.2375 0.7623 5.32 2.35 4.81 1.58 

283.15 1.68 0.0032 0.0002 0.2289 0.7703 9.66 1.31 6.97 2.17 

283.15 6.07 0.0099 0.0006 0.2615 0.7382 9.59 5.32 4.51 1.66 

283.15 9.34 0.0129 0.0009 0.2847 0.7151 5.59 5.61 2.36 0.94 

283.15 13.09 0.0148 0.0012 0.3060 0.6938 8.50 7.44 2.52 1.12 

283.15 17.06 0.0158 0.0015 0.3229 0.6769 8.49 9.15 2.22 1.06 

283.15 20.85 0.0164 0.0018 0.3337 0.6661 8.51 9.33 2.66 1.36 

303.05 1.92 0.0025 0.0002 0.2738 0.7238 5.67 2.91 2.50 0.64 

303.05 5.59 0.0065 0.0004 0.2968 0.7022 0.92 0.38 0.10 0.19 

303.05 9.06 0.0091 0.0006 0.3106 0.6886 0.31 1.96 0.10 0.07 

303.05 13.30 0.0113 0.0009 0.3257 0.6737 1.37 3.93 0.35 0.07 

303.05 17.03 0.0125 0.0011 0.3354 0.6640 3.93 4.98 0.63 0.22 

303.05 20.99 0.0133 0.0012 0.3430 0.6563 6.97 5.92 0.92 0.39 
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Predictions of PC-SAFT 

 
Table S15 VLE data for injected gas type 1 predicted by PC-SAFT 

Temperature 

(K) 

Pressure 

(MPa) 

Predictions Made by PC-SAFT (Mole 

Fraction) 
Relative Deviation (%) 

Aqueous Phase Vapor Phase 
Aqueous 

Phase 

Vapor 

Phase 

CO2 N2 CO2 N2 CO2 N2 CO2 N2 

273.25 1.51 0.0012 0.0002 0.0711 0.9285 4.45 12.17 6.97 0.54 

273.25 3.30 0.0024 0.0005 0.0748 0.9250 4.42 12.93 4.76 0.39 

273.25 5.08 0.0035 0.0007 0.0791 0.9207 4.52 11.95 4.31 0.37 

273.25 6.92 0.0044 0.0009 0.0835 0.9164 4.33 11.51 3.61 0.33 

273.25 8.63 0.0052 0.0011 0.0873 0.9126 4.49 12.50 3.35 0.32 

273.25 10.46 0.0059 0.0012 0.0911 0.9088 4.83 13.51 3.25 0.33 

283.15 1.93 0.0012 0.0002 0.0825 0.9168 7.62 12.44 7.11 0.67 

283.15 5.55 0.0031 0.0006 0.0903 0.9094 8.18 9.67 6.06 0.59 

283.15 9.35 0.0045 0.0010 0.0964 0.9034 5.80 7.38 3.37 0.37 

283.15 13.30 0.0055 0.0013 0.1031 0.8967 5.59 7.84 2.63 0.31 

283.15 16.96 0.0062 0.0016 0.1082 0.8917 7.03 8.50 2.95 0.36 

283.15 20.78 0.0066 0.0018 0.1123 0.8875 7.17 10.19 2.72 0.35 

303.05 1.98 0.0008 0.0002 0.0957 0.9020 0.07 12.43 0.09 0.24 

303.05 5.63 0.0021 0.0005 0.1021 0.8969 6.91 11.90 0.33 0.14 

303.05 9.35 0.0031 0.0007 0.1077 0.8917 2.62 10.90 0.74 0.16 

303.05 13.17 0.0038 0.0009 0.1123 0.8872 3.82 10.93 0.33 0.10 

303.05 16.97 0.0043 0.0011 0.1163 0.8833 4.82 11.82 0.39 0.10 

303.05 20.75 0.0046 0.0013 0.1193 0.8803 2.57 11.90 0.75 0.15 
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Table S16 VLE data for injected gas type 2 predicted by PC-SAFT 

Temperature 

(K) 

Pressure 

(MPa) 

Predictions Made by PC-SAFT (Mole 

Fraction) 
Relative Deviation (%) 

Aqueous Phase Vapor Phase 
Aqueous 

Phase 

Vapor 

Phase 

CO2 N2 CO2 N2 CO2 N2 CO2 N2 

273.25 2.03 0.0004 0.0003 0.0175 0.9821 5.41 11.84 7.09 0.15 

273.25 5.77 0.0009 0.0008 0.0196 0.9803 5.75 12.40 6.10 0.13 

273.25 9.58 0.0014 0.0013 0.0218 0.9781 6.62 9.59 5.60 0.13 

273.25 13.55 0.0017 0.0018 0.0237 0.9762 5.63 9.33 3.72 0.10 

273.25 17.26 0.0019 0.0021 0.0252 0.9747 6.30 10.32 4.85 0.13 

273.25 21.27 0.0020 0.0024 0.0265 0.9734 9.28 11.28 4.92 0.13 

283.15 2.05 0.0003 0.0003 0.0198 0.9796 1.23 13.35 1.37 0.04 

283.15 5.74 0.0008 0.0007 0.0219 0.9778 2.95 10.78 2.14 0.07 

283.15 9.84 0.0012 0.0011 0.0239 0.9759 1.52 11.05 0.77 0.04 

283.15 13.58 0.0014 0.0014 0.0255 0.9744 2.50 11.69 1.18 0.05 

283.15 18.06 0.0016 0.0018 0.0271 0.9728 6.97 11.80 3.44 0.11 

283.15 21.50 0.0017 0.0020 0.0280 0.9719 5.89 13.40 2.79 0.09 

303.05 2.10 0.0003 0.0003 0.0198 0.9796 1.23 13.35 1.37 0.04 

303.05 5.78 0.0008 0.0007 0.0219 0.9778 2.95 10.78 2.14 0.07 

303.05 9.80 0.0012 0.0011 0.0239 0.9759 1.52 9.84 0.77 0.04 

303.05 13.45 0.0014 0.0015 0.0255 0.9744 2.50 9.83 1.18 0.05 

303.05 17.30 0.0016 0.0018 0.0268 0.9731 6.97 8.90 2.29 0.08 

303.05 21.74 0.0018 0.0021 0.0280 0.9719 3.14 10.82 2.79 0.09 

 

 
Table S17 VLE data for injected gas type 3 predicted by PC-SAFT 

Temperature 

(K) 

Pressure 

(MPa) 

Predictions Made by PC-SAFT (Mole 

Fraction) 
Relative Deviation (%) 

Aqueous Phase Vapor Phase 
Aqueous 

Phase 

Vapor 

Phase 

CO2 N2 CO2 N2 CO2 N2 CO2 N2 

273.25 1.73 0.0039 0.0002 0.2113 0.7883 0.52 11.06 0.38 0.15 

273.25 5.31 0.0109 0.0006 0.2415 0.7584 3.50 7.33 3.23 1.05 

283.15 1.68 0.0031 0.0002 0.2367 0.7625 4.89 11.54 3.79 1.13 

283.15 6.07 0.0097 0.0006 0.2638 0.7359 7.30 9.74 3.66 1.34 

283.15 9.34 0.0127 0.0008 0.2852 0.7146 4.34 8.35 2.17 0.86 

283.15 13.09 0.0146 0.0011 0.3062 0.6936 7.34 11.46 2.46 1.10 

283.15 17.06 0.0158 0.0014 0.3233 0.6765 8.13 12.40 2.10 1.00 

283.15 20.85 0.0163 0.0017 0.3341 0.6657 8.34 13.25 2.53 1.28 

303.05 1.92 0.0024 0.0001 0.2810 0.7166 0.33 13.46 0.06 0.36 

303.05 5.59 0.0062 0.0004 0.3015 0.6975 4.00 13.25 1.70 0.86 

303.05 9.06 0.0087 0.0006 0.3145 0.6848 5.09 9.75 1.16 0.63 

303.05 13.30 0.0107 0.0008 0.3293 0.6701 4.25 7.32 0.76 0.46 

303.05 17.03 0.0117 0.0009 0.3390 0.6604 2.83 7.79 0.45 0.32 

303.05 20.99 0.0123 0.0011 0.3466 0.6528 0.95 8.45 0.10 0.15 
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Predicted equilibrium compositions of the liquid and vapor phases for 

CO2+N2+Brine ternary systems 

Predictions of CPA-SRK72 

 
Table S18 VLE data for NaCl concentration of 5 wt. % predicted by CPA-SRK72 

Temperature 

(K) 

Pressure 

(MPa) 

Predictions Made by CPA-SRK72 

(Mole Fraction) 
Relative Deviation (%) 

Aqueous Phase Vapor Phase 
Aqueous 

Phase 

Vapor 

Phase 

CO2 N2 CO2 N2 CO2 N2 CO2 N2 

273.25 1.96 0.0012 0.0002 0.0784 0.9162 7.20 1.96 6.78 1.11 

273.25 5.52 0.0031 0.0006 0.0873 0.9086 5.10 5.08 5.84 0.98 

273.25 9.31 0.0046 0.0010 0.0956 0.9013 4.74 6.61 4.28 0.77 

273.25 13.43 0.0056 0.0014 0.1035 0.8944 4.84 7.24 3.38 0.61 

273.25 17.08 0.0062 0.0016 0.1093 0.8896 5.56 8.33 2.79 0.45 

273.25 21.10 0.0066 0.0019 0.1153 0.8846 3.86 8.20 2.94 0.38 

283.15 1.97 0.0010 0.0002 0.0906 0.9087 6.51 1.40 5.40 0.58 

283.15 5.66 0.0025 0.0005 0.0978 0.9019 4.56 0.09 3.12 0.36 

283.15 9.42 0.0036 0.0008 0.1038 0.8960 1.39 0.41 1.01 0.14 

283.15 13.38 0.0045 0.0011 0.1092 0.8906 0.82 1.04 0.18 0.04 

283.15 16.98 0.0051 0.0014 0.1131 0.8867 1.55 0.12 0.26 0.01 

283.15 20.89 0.0055 0.0016 0.1166 0.8833 4.57 2.35 0.79 0.09 

303.05 2.08 0.0008 0.0002 0.1063 0.8916 6.43 5.36 5.70 0.87 

303.05 5.65 0.0019 0.0004 0.1106 0.8885 0.76 8.39 4.01 0.58 

303.05 9.49 0.0029 0.0007 0.1149 0.8844 1.54 8.14 2.22 0.35 

303.05 13.33 0.0037 0.0009 0.1182 0.8813 1.65 5.72 0.83 0.17 

303.05 17.32 0.0043 0.0011 0.1211 0.8785 2.98 5.25 0.34 0.10 

303.05 20.93 0.0047 0.0012 0.1230 0.8766 4.56 5.86 0.04 0.05 
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Table S19 VLE data for NaCl concentration of 10 wt. % predicted by CPA-SRK72 

Temperature 

(K) 

Pressure 

(MPa) 

Predictions Made by CPA-SRK72 

(Mole Fraction) 
Relative Deviation (%) 

Aqueous Phase Vapor Phase 
Aqueous 

Phase 

Vapor 

Phase 

CO2 N2 CO2 N2 CO2 N2 CO2 N2 

273.25 2.00 0.0012 0.0002 0.0930 0.9037 6.86 3.79 9.80 1.26 

273.25 5.59 0.0031 0.0004 0.1013 0.8966 7.51 6.51 9.62 1.22 

273.25 9.42 0.0044 0.0007 0.1082 0.8907 6.91 8.58 7.73 0.99 

273.25 13.26 0.0052 0.0009 0.1143 0.8852 5.93 9.51 6.20 0.80 

273.25 17.12 0.0057 0.0011 0.1189 0.8810 6.11 9.89 5.17 0.67 

273.25 21.08 0.0060 0.0013 0.1222 0.8778 7.31 8.91 4.66 0.63 

283.15 2.02 0.0009 0.0001 0.1000 0.8994 9.80 1.90 6.03 0.70 

283.15 5.72 0.0023 0.0004 0.1067 0.8931 6.12 0.23 4.94 0.59 

283.15 9.49 0.0033 0.0006 0.1123 0.8875 6.47 0.81 3.18 0.41 

283.15 13.49 0.0040 0.0008 0.1173 0.8825 9.15 0.96 1.53 0.22 

283.15 17.09 0.0044 0.0010 0.1206 0.8792 9.31 2.28 0.87 0.14 

283.15 20.93 0.0047 0.0011 0.1235 0.8764 7.55 4.41 0.52 0.09 

303.05 1.98 0.0006 0.0001 0.1086 0.8892 5.31 0.62 0.06 0.25 

303.05 5.64 0.0017 0.0003 0.1139 0.8852 0.78 3.66 0.25 0.13 

303.05 9.51 0.0025 0.0005 0.1176 0.8815 4.52 2.42 0.96 0.02 

303.05 13.44 0.0031 0.0007 0.1209 0.8786 5.43 5.92 1.02 0.08 

303.05 17.20 0.0036 0.0008 0.1231 0.8764 5.15 6.92 1.43 0.15 

303.05 21.11 0.0039 0.0010 0.1251 0.8745 7.74 7.98 1.58 0.18 
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Table S20 VLE data for NaCl concentration of 15 wt. % predicted by CPA-SRK72 

Temperature 

(K) 

Pressure 

(MPa) 

Predictions Made by CPA-SRK72 

(Mole Fraction) 
Relative Deviation (%) 

Aqueous Phase Vapor Phase 
Aqueous 

Phase 

Vapor 

Phase 

CO2 N2 CO2 N2 CO2 N2 CO2 N2 

273.25 1.99 0.0009 0.0001 0.0994 0.9003 8.70 0.84 5.33 0.59 

273.25 5.76 0.0024 0.0003 0.1067 0.8932 6.25 2.20 4.92 0.57 

273.25 9.50 0.0033 0.0005 0.1127 0.8872 4.93 2.23 3.88 0.48 

273.25 13.36 0.0040 0.0006 0.1180 0.8819 5.19 1.76 3.38 0.45 

273.25 17.66 0.0044 0.0007 0.1224 0.8775 7.36 3.35 2.37 0.33 

273.25 21.56 0.0046 0.0009 0.1255 0.8744 5.64 2.75 1.63 0.24 

283.15 1.98 0.0007 0.0001 0.1033 0.8961 2.35 0.61 1.30 0.22 

283.15 5.74 0.0019 0.0003 0.1105 0.8892 3.94 0.27 1.99 0.27 

283.15 9.58 0.0027 0.0004 0.1158 0.8840 3.39 0.05 2.02 0.28 

283.15 13.41 0.0033 0.0006 0.1201 0.8797 3.44 0.08 1.94 0.28 

283.15 17.24 0.0037 0.0007 0.1234 0.8765 4.34 0.38 1.02 0.16 

283.15 21.60 0.0040 0.0008 0.1262 0.8736 1.57 0.20 0.37 0.07 

303.05 2.07 0.0006 0.0001 0.1142 0.8838 3.13 2.37 0.84 0.12 

303.05 5.81 0.0015 0.0002 0.1175 0.8817 4.08 1.71 0.86 0.02 

303.05 9.59 0.0021 0.0004 0.1207 0.8787 3.58 5.21 0.22 0.04 

303.05 13.43 0.0027 0.0005 0.1235 0.8760 5.62 4.88 0.28 0.10 

303.05 17.20 0.0030 0.0006 0.1256 0.8740 1.35 3.40 0.23 0.08 

303.05 21.28 0.0034 0.0007 0.1274 0.8722 4.81 1.28 0.00 0.05 
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Predictions of VPT 

 

Table S21 VLE data for NaCl concentration of 5 wt. % predicted by VPT 

Temperature 

(K) 

Pressure 

(MPa) 

Predictions Made by VPT  

(Mole Fraction) 
Relative Deviation (%) 

Aqueous Phase Vapor Phase 
Aqueous 

Phase 

Vapor 

Phase 

CO2 N2 CO2 N2 CO2 N2 CO2 N2 

273.25 1.96 0.0013 0.0002 0.0710 0.93 4.69 0.65 3.29 0.22 

273.25 5.52 0.0034 0.0006 0.0803 0.92 3.45 1.13 2.59 0.22 

273.25 9.31 0.0050 0.0009 0.0890 0.91 4.90 2.36 2.87 0.28 

273.25 13.43 0.0061 0.0012 0.0972 0.90 4.63 3.68 2.88 0.31 

273.25 17.08 0.0068 0.0015 0.1029 0.90 3.06 3.82 3.21 0.37 

273.25 21.10 0.0072 0.0017 0.1088 0.89 6.14 4.72 2.84 0.35 

283.15 1.97 0.0011 0.0002 0.0814 0.92 7.51 1.03 5.34 0.43 

283.15 5.66 0.0027 0.0005 0.0900 0.91 5.36 0.12 5.03 0.50 

283.15 9.42 0.0039 0.0008 0.0973 0.90 6.75 1.73 5.27 0.58 

283.15 13.38 0.0048 0.0011 0.1038 0.90 7.41 4.48 4.75 0.56 

283.15 16.98 0.0053 0.0013 0.1085 0.89 6.44 4.38 4.35 0.54 

283.15 20.89 0.0057 0.0015 0.1125 0.89 8.15 2.51 4.22 0.55 

303.05 2.08 0.0009 0.0002 0.1029 0.90 1.23 3.89 2.29 0.49 

303.05 5.65 0.0021 0.0004 0.1083 0.89 7.03 4.73 1.83 0.32 

303.05 9.49 0.0031 0.0007 0.1136 0.89 2.70 6.12 0.99 0.20 

303.05 13.33 0.0038 0.0009 0.1175 0.88 4.18 4.71 0.23 0.09 

303.05 17.32 0.0043 0.0011 0.1209 0.88 3.91 1.35 0.17 0.07 

303.05 20.93 0.0047 0.0013 0.1231 0.88 4.22 1.01 0.05 0.05 

 

 

 

 

 

 
 

 

 
 

 
 

 

 
 

 

 
 

 

 
 

 

 

 

 

 
 

 

 
 

 

 
 

 

 
 



 

193 

Table S22 VLE data for NaCl concentration of 10 wt. % predicted by VPT 

Temperature 

(K) 

Pressure 

(MPa) 

Predictions Made by VPT  

(Mole Fraction) 
Relative Deviation (%) 

Aqueous Phase Vapor Phase 
Aqueous 

Phase 

Vapor 

Phase 

CO2 N2 CO2 N2 CO2 N2 CO2 N2 

273.25 2.00 0.0013 0.0002 0.0844 0.9153 0.69 0.00 0.36 0.00 

273.25 5.59 0.0032 0.0004 0.0935 0.9064 1.70 0.73 1.19 0.14 

273.25 9.42 0.0047 0.0006 0.1009 0.8990 0.52 0.49 0.40 0.06 

273.25 13.26 0.0056 0.0008 0.1075 0.8924 0.67 0.01 0.09 0.00 

273.25 17.12 0.0062 0.0010 0.1127 0.8873 1.76 0.54 0.37 0.04 

273.25 21.08 0.0066 0.0012 0.1166 0.8834 1.24 0.12 0.13 0.01 

283.15 2.02 0.0010 0.0001 0.0916 0.9078 5.34 0.63 2.89 0.23 

283.15 5.72 0.0026 0.0004 0.0998 0.9000 4.33 0.07 1.83 0.18 

283.15 9.49 0.0037 0.0006 0.1066 0.8932 5.98 0.44 2.00 0.22 

283.15 13.49 0.0046 0.0008 0.1127 0.8871 4.33 1.32 2.46 0.30 

283.15 17.09 0.0051 0.0009 0.1167 0.8832 3.73 0.53 2.43 0.31 

283.15 20.93 0.0054 0.0011 0.1201 0.8798 5.44 1.35 2.28 0.30 

303.05 1.98 0.0007 0.0001 0.1053 0.8925 9.26 9.91 2.97 0.12 

303.05 5.64 0.0018 0.0003 0.1117 0.8874 7.45 3.10 1.68 0.12 

303.05 9.51 0.0026 0.0005 0.1162 0.8832 9.34 4.61 2.11 0.22 

303.05 13.44 0.0032 0.0007 0.1202 0.8793 8.55 8.71 1.63 0.17 

303.05 17.20 0.0037 0.0008 0.1228 0.8768 6.75 6.11 1.69 0.19 

303.05 21.11 0.0039 0.0010 0.1251 0.8745 9.94 6.88 1.60 0.19 
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Table S23 VLE data for NaCl concentration of 15 wt. % predicted by VPT 

Temperature 

(K) 

Pressure 

(MPa) 

Predictions Made by VPT  

(Mole Fraction) 
Relative Deviation (%) 

Aqueous Phase Vapor Phase 
Aqueous 

Phase 

Vapor 

Phase 

CO2 N2 CO2 N2 CO2 N2 CO2 N2 

273.25 1.99 0.0011 0.0001 0.0870 0.9130 4.07 1.14 7.75 0.81 

273.25 5.76 0.0028 0.0003 0.0958 0.9041 7.52 2.44 5.74 0.64 

273.25 9.50 0.0038 0.0004 0.1033 0.8966 8.34 4.04 4.72 0.56 

273.25 13.36 0.0046 0.0006 0.1100 0.8899 9.69 5.46 3.63 0.46 

273.25 17.66 0.0051 0.0007 0.1155 0.8844 8.70 4.58 3.40 0.45 

273.25 21.56 0.0053 0.0008 0.1193 0.8806 9.93 5.29 3.34 0.46 

283.15 1.98 0.0008 0.0001 0.0940 0.9054 9.78 2.32 7.84 0.82 

283.15 5.74 0.0021 0.0003 0.1029 0.8969 8.24 0.77 5.07 0.59 

283.15 9.58 0.0031 0.0004 0.1094 0.8904 8.48 0.15 3.58 0.44 

283.15 13.41 0.0037 0.0006 0.1147 0.8851 7.88 0.83 2.60 0.33 

283.15 17.24 0.0041 0.0007 0.1188 0.8811 6.10 0.86 2.75 0.37 

283.15 21.60 0.0043 0.0008 0.1222 0.8776 7.11 1.10 2.81 0.39 

303.05 2.07 0.0006 0.0001 0.1105 0.8875 7.44 5.99 4.02 0.30 

303.05 5.81 0.0016 0.0003 0.1148 0.8844 4.69 5.72 3.13 0.33 

303.05 9.59 0.0023 0.0004 0.1188 0.8806 3.48 1.35 1.81 0.18 

303.05 13.43 0.0028 0.0005 0.1221 0.8774 0.21 1.37 0.80 0.06 

303.05 17.20 0.0032 0.0007 0.1247 0.8749 3.01 2.82 0.50 0.02 

303.05 21.28 0.0035 0.0008 0.1268 0.8729 8.16 5.13 0.46 0.02 
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Predictions of PC-SAFT 

 
Table S24 VLE data for NaCl concentration of 5 wt. % predicted by PC-SAFT 

Temperature 

(K) 

Pressure 

(MPa) 

Predictions Made by PC-SAFT (Mole 

Fraction) 
Relative Deviation (%) 

Aqueous Phase Vapor Phase 
Aqueous 

Phase 

Vapor 

Phase 

CO2 N2 CO2 N2 CO2 N2 CO2 N2 

273.25 1.96 0.0013 0.0002 0.0745 0.9252 0.21 13.76 1.38 0.15 

273.25 5.52 0.0032 0.0005 0.0834 0.9165 1.57 11.08 1.11 0.11 

273.25 9.31 0.0047 0.0008 0.0920 0.9079 0.89 11.69 0.40 0.05 

273.25 13.43 0.0058 0.0011 0.1004 0.8996 0.90 11.34 0.28 0.04 

273.25 17.08 0.0064 0.0013 0.1062 0.8937 2.35 11.97 0.12 0.00 

273.25 21.10 0.0068 0.0016 0.1120 0.8879 0.49 12.07 0.04 0.01 

283.15 1.97 0.0011 0.0002 0.0837 0.9156 3.32 11.30 2.60 0.17 

283.15 5.66 0.0027 0.0005 0.0922 0.9075 4.62 12.85 2.77 0.26 

283.15 9.42 0.0039 0.0007 0.0996 0.9003 6.62 11.37 3.10 0.33 

283.15 13.38 0.0048 0.0010 0.1063 0.8935 6.94 12.22 2.49 0.29 

283.15 16.98 0.0053 0.0012 0.1111 0.8887 5.84 11.54 2.02 0.24 

283.15 20.89 0.0057 0.0014 0.1153 0.8846 7.21 10.29 1.88 0.23 

303.05 2.08 0.0008 0.0002 0.1052 0.8927 4.53 10.60 4.60 0.75 

303.05 5.65 0.0019 0.0004 0.1106 0.8886 0.19 11.31 3.99 0.57 

303.05 9.49 0.0029 0.0006 0.1159 0.8835 1.84 12.09 3.11 0.46 

303.05 13.33 0.0036 0.0008 0.1200 0.8795 0.08 12.19 2.40 0.38 

303.05 17.32 0.0041 0.0010 0.1235 0.8760 1.90 10.76 2.37 0.38 

303.05 20.93 0.0044 0.0012 0.1258 0.8738 1.88 10.04 2.26 0.37 
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Table S25 VLE data for NaCl concentration of 10 wt. % predicted by PC-SAFT 

Temperature 

(K) 

Pressure 

(MPa) 

Predictions Made by PC-SAFT (Mole 

Fraction) 
Relative Deviation (%) 

Aqueous Phase Vapor Phase 
Aqueous 

Phase 

Vapor 

Phase 

CO2 N2 CO2 N2 CO2 N2 CO2 N2 

273.25 2.00 0.0013 0.0001 0.0876 0.9121 4.52 10.74 3.34 0.34 

273.25 5.59 0.0031 0.0004 0.0962 0.9037 6.94 8.87 4.12 0.43 

273.25 9.42 0.0044 0.0006 0.1036 0.8963 6.65 6.33 3.07 0.35 

273.25 13.26 0.0052 0.0008 0.1103 0.8896 6.87 6.67 2.50 0.31 

273.25 17.12 0.0056 0.0009 0.1155 0.8844 7.30 8.44 2.17 0.29 

273.25 21.08 0.0059 0.0010 0.1194 0.8805 8.97 11.40 2.32 0.32 

283.15 2.02 0.0010 0.0001 0.0936 0.9057 1.02 10.41 0.69 0.00 

283.15 5.72 0.0025 0.0003 0.1017 0.8981 0.25 10.35 0.02 0.03 

283.15 9.49 0.0035 0.0005 0.1086 0.8912 0.32 10.61 0.20 0.00 

283.15 13.49 0.0042 0.0007 0.1148 0.8850 2.81 10.78 0.61 0.06 

283.15 17.09 0.0046 0.0008 0.1189 0.8809 4.77 12.39 0.53 0.06 

283.15 20.93 0.0049 0.0009 0.1224 0.8775 4.54 12.50 0.38 0.04 

303.05 1.98 0.0007 0.0001 0.1075 0.8903 7.63 14.84 0.94 0.13 

303.05 5.64 0.0017 0.0003 0.1139 0.8853 0.30 12.89 0.22 0.12 

303.05 9.51 0.0024 0.0004 0.1185 0.8810 0.67 10.03 0.19 0.04 

303.05 13.44 0.0029 0.0006 0.1226 0.8769 1.94 6.56 0.35 0.10 

303.05 17.20 0.0033 0.0007 0.1253 0.8743 5.28 9.03 0.35 0.10 

303.05 21.11 0.0035 0.0008 0.1277 0.8719 2.78 9.27 0.45 0.11 
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Table S26 VLE data for NaCl concentration of 15 wt. % predicted by PC-SAFT 

Temperature 

(K) 

Pressure 

(MPa) 

Predictions Made by PC-SAFT (Mole 

Fraction) 
Relative Deviation (%) 

Aqueous Phase Vapor Phase 
Aqueous 

Phase 

Vapor 

Phase 

CO2 N2 CO2 N2 CO2 N2 CO2 N2 

273.25 1.99 0.0011 0.0001 0.0913 0.9084 5.35 11.07 3.23 0.30 

273.25 5.76 0.0027 0.0003 0.0999 0.8999 3.46 11.36 1.68 0.18 

273.25 9.50 0.0037 0.0004 0.1073 0.8926 5.26 10.14 1.04 0.12 

273.25 13.36 0.0043 0.0005 0.1140 0.8859 4.01 11.75 0.15 0.01 

273.25 17.66 0.0047 0.0006 0.1194 0.8805 0.34 11.41 0.15 0.01 

273.25 21.56 0.0049 0.0007 0.1231 0.8769 1.27 12.60 0.32 0.04 

283.15 1.98 0.0008 0.0001 0.0972 0.9022 9.98 10.22 4.66 0.46 

283.15 5.74 0.0021 0.0002 0.1058 0.8939 7.23 11.82 2.33 0.26 

283.15 9.58 0.0030 0.0004 0.1124 0.8874 6.05 11.50 0.97 0.10 

283.15 13.41 0.0036 0.0005 0.1178 0.8821 3.78 11.73 0.02 0.01 

283.15 17.24 0.0039 0.0006 0.1219 0.8780 0.77 12.75 0.23 0.02 

283.15 21.60 0.0041 0.0007 0.1253 0.8746 1.78 12.71 0.39 0.04 

303.05 2.07 0.0006 0.0001 0.1132 0.8848 5.54 11.03 1.67 0.01 

303.05 5.81 0.0014 0.0002 0.1175 0.8817 4.54 10.90 0.86 0.02 

303.05 9.59 0.0021 0.0004 0.1216 0.8779 7.15 10.25 0.46 0.13 

303.05 13.43 0.0025 0.0005 0.1250 0.8746 9.99 11.62 1.49 0.26 

303.05 17.20 0.0028 0.0006 0.1275 0.8721 8.16 10.96 1.80 0.31 

303.05 21.28 0.0030 0.0007 0.1297 0.8700 6.49 10.85 1.82 0.31 
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GC measurements 

A gas chromatograph (Varian 3600, Agilent Technologies) was employed for 

compositional analysis of the samples collected from the measurement vessel by the 

capillary sampler. The carrier gas for all the measurements was research-grade Helium 

(purity 99.9995 vol. % supplied by BOC Ltd) and the detector type was Thermal 

Conductivity Detector (TCD) which measures the variations in the thermal conductivity 

of the effluent gas from the GC column (Packed Column supplied by Restek) and 

compares it against that of the carrier gas (Helium) reference flow. For each point, the 

CG column temperature was set at 323 K for 10 minutes during which three samples 

taken by the sampler were injected; then, the temperature ramped up to 378 K for 1 minute 

at the rate of 323 K/min in order to vaporize the content of the column.  

The CG was calibrated to achieve an accurate quantification of the proportion of each 

component of the sample at any instant. Known volumes of pure compounds (N2, CO2) 

were injected into the GC in order to find their signature chromatograms, retention times, 

and peak area. Thereafter, to obtain the calibration correlations, the moles of each 

compound at different volumes (in mole/m3) were plotted versus their corresponding peak 

areas. Table S27 summarizes the correlation types and coefficients: 

 

Table S27 Calibration correlation type and coefficients of GC for N2 and CO2 

Compound Correlation Type Correlation Coefficients R2 

CO2 
Linear, 𝑦 = 𝑎𝑥 

𝑎 = 2.8199 × 10−11 0.9997 

N2 𝑎 = 3.006 × 10−11 0.9992 

 

 

The calibration equations were then used for estimation of the relative amount of their 

corresponding components in the vapor phase. When summed together, the proportion of 

each individual component in the vapor phase could be estimated. 
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Appendix B for Chapter 3 

 
 

Figure 1 Variation in the system composition change during the stepwise depressurization. (a)-(f) for Experiments 1-6. System 
composition is made up of all gases in the water, hydrate and gas phases, were calculated using mass balance and measurement of 
the removed gas at end of each depressurization stage. 
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 Appendix C for Chapter 5  

Sand Characterization 

 

Table S1 Mineralogical composition of 8 samples from Fife sand analysed using X-ray diffraction: As can be seen it is 
mainly consist of four types of minerals; quartz, microcline, calcite, and kaolinite. 

Sample Quartz /% Microcline /% Calcite /% Kaolinite /% 

1 100 Trace 0 0 

2 97 3 0 0 

3 97 3 0 Trace 

4 97 3 0 Trace 

5 97 3 Trace Trace 

6 97 3 0 Trace 

7 97 3 Trace Trace 

8 97 3 0 Trace 

 

 
Table S2 Particle size distribution for the silica sand determined by using a Malvern Mastersizer (MS1000) which 
measures the particle size distribution based on the principle of laser scattering. 

Siz

e/ 

µm 

Ratio/mas

s% 

Siz

e/ 

µm 

Ratio/mas

s% 

Size/µ

m 

Ratio

/ 

mass

% 

Size/µ

m 

Ratio/mas

s% 

Size/µ

m 

Ratio/mas

s% 

600 0.9 166 3.0 46.2 0.3 12.8 0.1 3.55 0.0 

544 1.2 151 2.1 41.8 0.2 11.6 0.1 3.22 0.0 

493 1.9 137 1.5 37.9 0.2 10.5 0.1 2.92 0.0 

446 3.3 124 1.3 34.3 0.2 9.52 0.0 2.64 0.0 

404 5.2 112 1.0 31.1 0.1 8.63 0.0 2.39 0.0 

366 7.6 102 0.8 28.2 0.1 7.82 0.0 2.17 0.0 

332 10.2 

92.

1 0.7 25.5 0.1 7.08 0.0 1.97 0.1 

301 12.0 

83.

4 0.6 23.1 0.1 6.42 0.0 1.78 0.1 

273 12.6 

75.

6 0.5 21 0.1 4.82 0.0 1.61 0.1 

247 11.3 

68.

5 0.5 19 0.1 5.27 0.0 1.46 0.1 

224 8.2 

62.

1 0.4 17.2 0.1 4.77 0.0 1.32 0.1 

203 5.7 

56.

2 0.4 15.6 0.1 4.33 0.0 1.2 0.1 

184 4.1 

50.

9 0.3 14.1 0.1 3.92 0.0   

Mass medium = 256.54 µm Specific surface area = 0.0236 m2/g 
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Figure S1 Particle size distributions of the sand determined by using the Malvern Mastersize.  

 

 
 
Figure S2 ESEM micrographs of the sands obtained by using a FEI Quanta 650 FEG SEM, with a back scattered 
electron (BSE) imaging detector. 
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Table S3 Density, Young's modulus, and Poisson's ratio of Fife silica sand. 

Density  r = 2.64 
 

g/cm3 

Young' modulus E = 19.98 - 24.86 
 

GPa 

Poisson's ratio g = 0.12-0.17 
  

 

More Detailed Results 

 

 
Figure S3 Detailed Pressure Changes after flue gas injection (a)-(i) for Exp1-9. 
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Figure S4 Detailed Changes in CO2 and N2 concentration in the gas phase after flue gas injection (a)-(i) for Exp1-9.  
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Figure S5 Detailed changes in CO2 and N2 concentration in the gas phase versus pressure after flue gas injection (a)-
(i) for Exp1-9. 
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Figure S6 Quantities of CO2 moles in the gas phase and Hydrate + Water phases versus time after flue gas injection 
(a)-(i) for Exp1-9. Thermodynamic behaviour of the fluid system at different pressures, temperatures and 
compositions were modelled using CPA equation of state for the non-solid phase, with the Peng-Robinson equation 
of state as the non-association part, and a modified van der Waals and Platteeuw method for the solid phase. 
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Figure S7 Quantities of CO2 moles in the gas phase and Hydrate + Water phases versus pressure after flue gas 
injection (a)-(i) for Exp1-9. 

 

 

  

Table S4 Detailed quantities of parameters determined for C-values calculation. 

Exp. No 1 2 3 4 5 6 7 8 9 

Injected Gas(mol) 1.0198 0.9974 0.9761 1.0009 0.9476 0.9111 1.2574 1.1974 1.3137 

Injected CO2(mol) 0.1489 0.1456 0.1425 0.1461 0.1383 0.1330 0.1836 0.1748 0.1918 

Final CO2 in Gas(mol) 0.0232 0.0112 0.0198 0.0297 0.0550 0.0902 0.0223 0.0524 0.1099 

Final CO2 in 
Hydrate+Water(mol) 

0.1256 0.1344 0.1227 0.1164 0.0834 0.0428 0.1612 0.1224 0.0819 

C-Value (%) 84.39 92.30 86.08 79.67 60.26 32.16 87.83 70.01 42.69 
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 Appendix D for Chapter 6 

 
 
Figure S1 Detailed pressure-time profile after the onset of flue gas hydrate formation. Zero time corresponds to the 
moment the pressure just reached stable state; Final time corresponds to duration of the experiments from the 
beginning of hydrate formation; Stable Composition Time corresponds to the time when the gas composition just 
reached stable.   
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Figure S2 Detailed CO2 concentration in the gas phase versus time profile after the onset of flue gas hydrate 
formation. Zero time corresponds to the moment the pressure just reached stable state; Final time corresponds to 
duration of the experiments from the beginning of hydrate formation; Stable Composition Time corresponds to the 
time when the gas composition just reached stable.   
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Figure S3 Time to reach the different stages during experiments. This figure shows the dependence of the CO2 
capture kinetics on the system temperature. High experimental temperature will lead to short reaction time to 
complete the CO2 capture process.    
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Figure S4 Evolution of CO2 concentration after reaching stable pressures. It can be seen that, after the system 
pressure became stable, there is still change in CO2 concentration. 

 

  

 
Table S1 Summary of the determined experimental results  

Temperature 
(K) 

Zero 
Time 
(hr) 

Stable 
composition 

Time (hr) 

Zero to Stable 
composition 

Time (hr) 

Stable 
Pressure 

(MPa) 

 CO2 at 
Zero Time 
(mole%) 

CO2 at 
Final 
Time 

(mole%) 

273.35 78.84 271.17 192.33 10.98±0.0
5 

09.60 7.13 

275.35 48.10 175.43 127.33 12.93±0.0
5 

09.94 8.18 

277.05 30.03 138.03 108.00 15.35±0.0
5 

10.37 8.56 

 

 


