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ABSTRACT 

 
High residual oil saturation to waterflooding in carbonates is often exacerbated by the 

complex nature of carbonate reservoirs (structural heterogeneities and mixed to oil-wet 

conditions). Miscible or low IFT gas injection scenarios after waterflooding or 

conventional gas injection can potentially produce a significant part of this residual oil. 

Enhanced oil recovery schemes that control gas mobility, including water alternating gas 

(WAG) and simultaneous water and gas (SWAG) injection (including WAG and SWAG), 

are often considered among viable options for oil recovery under challenging flow 

conditions of carbonate reservoirs. Several mechanisms (phase trapping, relative 

permeability hysteresis and oil mobilisation by gas trapping) contributing to oil recovery 

by these injection methods have already been reported and implemented in commercial 

simulators. Most of these observations are based on the experimental data from 

corefloods in water-wet and more recently mixed-wet sandstone cores. The differences 

in surface chemistry (hence wettability) and pore structure of sandstones and carbonates 

cast doubt on the validity of assuming similar mechanisms and recovery trends observed 

in sandstone rocks.  

The purpose of this study was to provide a better understanding of recovery mechanisms 

involved in WAG and SWAG injection in carbonates. As the nature of carbonates’ 

lithology and their hydrophobic tendencies are diverse, a reservoir core with minimum 

heterogeneities (non-fractured tight limestone) was selected for this study.  

The experimental work included characterisation of both rock and fluid systems as well 

as coreflood experiments. The core wettability was restored by ageing the core in crude 

oil for several weeks under reservoir temperature. To characterise the wettability of the 

core after ageing, static contact angle measurements, GSE imaging and capillary pressure 

measurements were performed on aged thin sections of the rock. The core sample aged 

with its respective reservoir crude oil showed affinity toward oil-wetness.  

For this rock/fluid system, coreflood tests were performed with different gas injection 

scenarios to study the effect of relevant parameters like saturation path history, IFT, initial 

water saturation and gravity segregation on WAG performance and recovery 

mechanisms. The production data were then analysed to obtain recovery trends, phase 

trapping behaviour and relative permeability hysteresis in term of injectivity loss or gain. 

These observations were then compared with those of immiscible gas injection scenarios 



reported in the literature for sandstone rocks to provide a better understanding of recovery 

mechanisms relevant to carbonates. 

Although saturation path history affected the amount of trapped gas in the immiscible 

WAG injection experiments, only small amounts of gas were trapped, regardless of the 

order of gas and water injection. Unlike WAG injection in sandstone rocks, in which 

three-phase residual oil saturation reduction by gas trapping is a dominant recovery 

mechanism, no correlation between trapped gas saturation and oil recovery was observed 

in the corefloods performed in the selected carbonates. During immiscible WAG 

corefloods, the trapped gas saturations were significantly lower (less than 10%) than 

reported values in both water-wet and mixed-wet sandstones. The sequence of gas and 

water injection significantly affected the oil recovery, and WAG after secondary 

waterflood generally performed better in terms of faster oil recoveries. The water 

shielding effect was weak during miscible WAG injection. Water or gas injectivity loss 

were both negligible, especially during miscible WAG and SWAG injection.  

At immiscible conditions, gravity-stable gas injection recovered less oil than 

waterflooding. WAG injection after waterflooding only marginally improved oil 

recovery. Subsequent alternate water injection periods did not recover any additional oil. 

Injection alternation with gas only helped to change the established gas flow paths in 

previous water injection periods.  SWAG injection improved the gas sweep efficiency 

significantly, however, the recovery factor at the end of the experiment was lower than 

for waterflooding. Miscibility significantly improved the performance of WAG injection. 

Similarly to WAG under immiscible conditions, trapped gas did not contribute 

significantly to additional oil recovery in water injection periods thereafter. Regardless 

of miscibility, this is attributed to the fluid distribution in a hydrophobic porous medium, 

where water and gas are competing to occupy similar pore space away from the pore 

surface in larger pores. So the trapping of gas by water does not necessarily mobilise the 

oil layers on the pore surfaces. 

The observed differences in residual oil mobilisation, injectivity loss and oil recovery 

trends in carbonate rocks with those of sandstone reservoirs emphasises the importance 

of developing relevant three-phase models specific to oil-wet carbonate reservoirs. The 

results provide rarely available experimental data that can help to improve the available 

models for simulating and predicting the performance of WAG injection in oil-wet 

carbonates. 
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 INTRODUCTION 

 

 

 

 

A significant portion of proven oil reserves is located in carbonate reservoirs. It is 

commonly estimated that carbonate reservoirs contain around 50–60% of the world’s 

“conventional” hydrocarbons (Burchette, 2012). In their annual World Energy Outlook 

report, the International Energy Agency estimated that more than 60% of the world’s oil 

and 40% of the world’s gas reserves are held in carbonates (IEA, 2006). BP have 

estimated that many of these large carbonate reservoirs, especially in the Middle East are 

likely to have a reserves-to-production ratio (R/P ratio) of well beyond 60 years (Dudley, 

2017). Some of these older carbonate reservoirs have been producing oil for tens of years 

and approaching their maturity. Thus, there is a clear economic incentive for research on 

enhanced oil recovery methods in carbonates, as well as ensuring world energy security.  

Additionally, global warming by industrial greenhouse gas emissions has raised serious 

concerns. This has united the global community (194 states and the European Union) to 

sign the Paris Agreement (United Nations, 2015) to mitigate greenhouse gas emissions. 

The United States Environmental Protection Agency, EPA (2014b), has identified carbon 

dioxide (CO2) and methane (making up more than 90% of global greenhouse emissions - 

Figure 1-1) as two of the most potent anthropogenic greenhouse gases in trapping 

radiation heat. Carbon Capture and Storage (CCS) has been widely accepted as an 

effective way of reducing carbon dioxide (CO2) emission, by reinjection of the produced 

CO2 into aquifers, mature reservoirs and for enhanced oil recovery purposes. Reinjection 

of produced natural gas instead of flaring can also help reduce the carbon footprint of the 

oil industry. Additional oil production can financially encourage reservoir operators to 

implement these methods to minimize greenhouse gas emissions.  

Carbonate reservoirs with oil recoveries as low as 10% (Montaron, 2005) meet both of 

the above criteria. Firstly, they have a significant amount of remaining oil which when 

produced can justify the cost of carbon capture projects. Secondly, because most of these 

reservoirs are already fully developed, there is a significant amount of data available 
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about the geometry of the reservoir including the integrity of the cap rock which can 

immobilize the gas safely for years. Additionally, accurate estimations of the pore volume 

of the reservoir are available for mature reservoirs which can be used to reduce the 

uncertainties involved in estimating how much gas the layers can accommodate. In oil 

reservoirs, higher trapped gas saturations are usually accompanied by higher oil 

recoveries. So, gas reinjection (especially CO2 and hydrocarbons) scenarios in carbonate 

reservoirs achieves two aims with one effort. This can even make CO2 storage projects 

profitable. 

 

Figure 1-1: Global greenhouse gas emissions based on global emissions from 2010 

(EPA, 2014a). 

One approach to access more oil under the conditions of carbonate reservoirs is reducing 

the interfacial tension between the displacing fluid (gas) and the oil, to improve 

displacement efficiency and also increase the amount of net gas utilized to recover oil in 

carbon capture applications. The gas/oil interfacial tensions (particularly for CO2 and 

hydrocarbons) are significantly lower than water/oil IFT. This lower IFT can significantly 

reduce the residual oil saturation to gas in the swept area.  

While gas injection into both aquifers and mature reservoirs has been known to be 

executed successfully, the benefits of gas injection are limited by poor volumetric sweep 

efficiency, especially in heterogeneous porous media. In most reservoir conditions, 

because of low gas viscosity (high mobility), early breakthrough times have reduced the 
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maximum gas saturation (and trapped gas potential) in the porous media and 

consequentially oil recovery in oil reservoirs (Figure 1-2). This undermines both the 

environmental and financial objectives of such projects.  

The cheapest and most abundantly available fluid to control gas mobility during injection 

is water. Based on the solubility of injection gas in water, several EOR processes have 

been developed to decrease gas mobility. These include carbonated water injection 

(CWI), water-alternating-gas (WAG) and simultaneous water and gas injection (SWAG). 

While CO2 trapping by dissolution (depending on reservoir pressure) in high salinity 

reservoir brines can be limited, CO2 WAG and SWAG can potentially trap significant 

amounts of gas and reduce the residual oil saturation compared to either secondary 

waterflooding or gas injection. 

 

Figure 1-2: Comparison of the gas-driven miscible process with conventional injection 

programs (Caudle and Dyes, 1958). 

While the study of three-phase flow in water-wet media (mostly sandstones) is relatively 

well established, in more complex wettability conditions or carbonates less reliable data 

is available. Therefore, most of the three-phase relative permeability and trapping models 

are based on the trends and flow mechanisms observed in water-wet systems.  

Unlike more homogeneous siliciclastic rocks, the nature of carbonates complicates oil 

recovery and gas trapping in these reservoirs. Generally, the depositional process of 

carbonate sediments and their diagenesis leads to formation of tight heterogeneous rocks. 

Furthermore, the surface chemistry of calcite as one of the main minerals of carbonates 

increases its potential to become oil-wet and complicates the three-phase flow paths and 

trapping. In the absence of strong water imbibition in an oil-wet porous medium, the 

performance of waterflooding in carbonate reservoirs is usually poor (recoveries below 
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35% of IOIP) (Montaron, 2008) . In some reservoirs, due to heterogeneity, recoveries as 

low as 10% have also been reported (Montaron, 2005). This high percentage of remaining 

oil in these reservoirs, as residual oil to water or bypassed oil, has a high potential to be 

recovered by enhanced oil recovery (EOR) methods. 

Despite the challenges of EOR in carbonates, gas injection methods (continuous gas 

injection and WAG) have been applied more successfully than other EOR methods 

(Figure 1-3) to increase the oil production rates and prolong the lifetime of these 

reservoirs.  

However, these successful applications have been accompanied by operational problems 

like injectivity loss, early gas breakthrough (Christensen et al., 2001) and lower actual oil 

recoveries than predicted by simulation. Apart from reducing uncertainties involved with 

reservoir geometry (barriers, faults etc.), and heterogeneity, improving understanding of 

the characteristics of three-phase flow in hydrophobic carbonates can significantly reduce 

the risks hindering successful implementation of different gas injection scenarios in these 

reservoirs.  

 

Figure 1-3: EOR field projects by lithology, based on a total 1,507 international projects 

(Manrique et al., 2010) 

This thesis is directed as a part of the JIP project that is running at “Centre for Enhanced 

Oil Recovery and CO2 Solutions of Heriot-Watt University”. The broad objective of this 

project is to investigate the effect of pertinent parameters on the performance of different 
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gas-based EOR processes in carbonates, as well as developing modified or new 

methodologies to predict the three-phase flow under reservoir conditions (Figure 1-4).   

 

Figure 1-4: The work flow of this JIP at Heriot-Watt University.  

The focus of the work performed and presented in this thesis is particularly about 

characterising three-phase flow in a carbonate rock with affinity to oil-wetness. This was 

done using a wide range of laboratory facilities and accurately designed coreflood 

experiments performed under two-phase and three-phase flow conditions, including water 

injection, gas injection, WAG and SWAG injections. To be able to further investigate the 

effect of hysteresis on three-phase flow, cyclic injection scenarios (cyclic alternation 

between water and gas injection) were performed in immiscible and miscible conditions. 

These results, when relevant, were compared with those available in the literature for 

WAG in sandstone rocks. Significant differences in trapping and recovery trends were 

observed when compared to the reported reksults obtained for sandstones in the literature. 

The results of the performed coreflood experiments (both two-phase and 

three-phase) were employed to assess performance of current WAG simulation 

approaches (Al-Nuaimi et al., 2016), and the effect of IFT on gas injection in non-water-

wet carbonates, as well as reliable modelling of these EOR methods at field scale. 
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1.1 Thesis Outline 

The core floods conducted for this study were performed in a selected reservoir carbonate 

core. To better represent the reservoir conditions, a stock tank crude oil produced from 

the same carbonate reservoir was used to make live oil used as the hydrocarbon phase. 

This reservoir crude oil was used for wettability restoration of the core. Except for one of 

the corefloods (near-miscible CO2 injection), the reservoir conditions of 133.3°C and 

4815psia (33.198 MPa) were selected for the experiments. The selected injected gases 

were lean gas, dry CO2 and pre-equilibrated CO2, to respectively represent immiscible, 

multiple contact miscible and near-miscible gas injection scenarios.  

The experimental results are divided into two sets of experiments:  

1) Coreflood experiments: The core floods for this study were designed to investigate the 

effect of saturation history and IFT on the performance of each injection scenario to 

recover oil and control gas mobility. In total nine corefloods were performed. The first 

four corefloods were performed at immiscible conditions (Experiments 1-4). To minimize 

the effect of mass transfer on phase trapping and recovery, all the phases were pre-

equilibrated before each test. The results of these corefloods are reported in Chapter 4. 

To study the effect of gravity segregation on secondary gas injection and WAG (after 

secondary gas injection) at immiscible condition, experiment 4 was performed with lean 

gas in a vertical direction. To study the effect of miscibility as well as IFT on the 

mentioned parameters, the next four corefloods were performed at miscible conditions 

with dry CO2 as injection gas (Experiments 5-7). Experiment 8 was performed to study 

the effect of initial water saturation on performance of miscible WAG injection. The 

results of these corefloods are presented in Chapter 5. All the other experiments were 

performed in a horizontal direction using the same rock and live oil and live brine (with 

methane).  

To obtain drainage CO2/oil relative permeability curves and to investigate the impact of 

phase behaviour and mass transfer on CO2 injection, pre-equilibrated CO2 injection in a 

core saturated with crude oil pre-equilibrated with CO2 was performed (Experiment 9). 

Table 1-1 summarizes all the corefloods which are reported in Chapter 4 and Chapter 5. 

2) Fluid and rock characterisation experiments: Fluid and rock characterisation test results 

are reported in Chapter 3 and include a set of experiments performed to design the 

composition of live oil and gas for the near-miscible CO2 injection coreflood experiment 
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(Table 1-2). A set of slim tube measurements (Experiment 9.a) were performed to 

determine Minimum Miscibility Pressure (MMP) of dry CO2 and live oil. The measured 

MMP was then used to establish the pressure of the near-miscible CO2 coreflood. To 

ensure the existence of two gas and oil phases, at a pressure close to but below MMP, 

CO2 and live oil were contacted and the oil formation volume factor (Bo), Gas-Oil Ratio 

(GOR) and condensate dropout ratios were measured. 

In Chapter 2, pore scale mechanisms of three-phase flow relevant to gas injection 

scenarios and the effect of wettability and the spreading coefficient on these mechanisms 

was reviewed. These include results from high pressure micromodel studies visualizing 

flow at pore scale (Sohrabi et al., 2008). The insights gained from these experiments were 

especially beneficial in interpreting the macro scale mechanisms of WAG and SWAG 

injection in low IFT gas injection. In this chapter, a broad review of non-wetting phase 

trapping, two and three-phase relative permeability, effect of trapped gas saturation on 

three-phase residual oil saturation and IFT effect on relative permeability with focus on 

non-water-wet systems is presented.     

Chapter 3 describes the experimental setups and procedures, as well as characterisation 

of the fluid and rock used in this study. The first part of this chapter includes a description 

of the coreflood rig, viscosity measurement rig and contact angle measurement rig and 

their respective important components. The core physical properties and the mineralogy 

of the carbonate rock type used for this study are presented in the second part of this 

chapter. In third part of this chapter, the results of fluid characterization tests are reported. 

These results include viscosity and density measurements. The results of interfacial 

tension measurements between water/oil, oil/gas and gas/brine pairs are then reported, 

followed by the results of MMP measurement by slim tube experiments. In the next part 

of this chapter, the wettability of the aged core sample is studied by measuring the contact 

angle of live brine and oil on carbonate thin sections. The conclusions drawn from this 

test were verified at pore scale by Gaseous Secondary Electron (GSE) imaging and 

spontaneous and forced imbibition capillary pressure measurements. The rest of the 

chapter describes the experimental procedures in detail.   

In Chapter 4, the results of different immiscible gas injection scenarios (including 

continuous gas injection, WAG and SWAG) are presented, and the effect of saturation 

path history (imbibition and drainage) on oil recovery, gas trapping and injectivity are 

discussed. Based on the current understanding of pore scale mechanisms involved in 
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three-phase flow, the effect of trapped gas saturation on residual oil saturation at 

immiscible conditions in a hydrophobic porous medium is explained. In addition, a simple 

but effective modification in the analysis of the effect of trapped gas on three-phase 

residual oil is proposed. Eventually, the effect of gravity segregation on these injection 

scenarios and its effect is discussed.  

Chapter 5 reports the results of different injection scenarios for non-water-wet carbonates 

at near miscible and miscible conditions. These included water injection, gas injection, 

WAG injection as well as SWAG injection scenarios at miscible conditions (experiments 

5, 6 and 7) and continuous gas injection at near-miscible conditions (Experiment 9). The 

effect of saturation path history on oil recovery performance, gas trapping and injectivity 

is then discussed and the effect of mobile initial water saturation on recovery performance 

of miscible gas injection, as well as phase trapping (Experiment 8). This is followed by a 

discussion of the effect of trapped gas saturation on injectivity. As pre-equilibration of 

gas and oil phases at miscible conditions is not physically feasible, compositional effects 

during miscible coreflood experiments are considered, to better explain effect of mass 

transfer on miscible WAG performance. Finally, the effect of IFT on gas injection is 

described by comparison of the immiscible, near-miscible and miscible gas injection 

experiments.       

Chapter 6 summarises the results and conclusions of this thesis. This is followed by 

recommendations drawn from the work presented in this thesis.  

Appendix A summarises simulation and history matching procedure of experiments 2 

(immiscible gas injection) and 9 (near-miscible gas injection). The effect of IFT on gas 

and oil relative permeability (measured by in-house optimization software (3RPSIM) is 

then presented. 
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Table 1-1: Summary of the coreflood experiments 

Test No. 
Injection 

Gas 

Injection 

Scenario 
Miscibility 

Injection 

Direction 

1-1 Synthetic Water Waterflood NA Horizontal 

1-2 
Pre-equilibrated 

Lean Gas 

Tertiary Gas 

Injection 
Immiscible Horizontal 

1-3 
Pre-equilibrated 

Lean Gas 
WAG Immiscible Horizontal 

2-1 
Pre-equilibrated 

Lean Gas 

Secondary Gas 

Injection 
Immiscible Horizontal 

2-2 
Pre-equilibrated 

Lean Gas 

WAG following 

GI 
Immiscible Horizontal 

3 
Pre-equilibrated 

Lean Gas 
SWAG R

SWAG
=1 Immiscible Horizontal 

4-1 
Pre-equilibrated 

Lean Gas 

Extended Gas 

Injection 
Immiscible Vertical 

4-2 
Pre-equilibrated 

Lean Gas 

WAG following 

GI 
Immiscible Vertical 

5-1 Water Waterflood NA Horizontal 

5-2 CO2 
Tertiary Gas 

Injection 
Miscible Horizontal 

5-3 CO2 
WAG following 

GI 
Miscible Horizontal 

6-1 CO2 
Tertiary Gas 

Injection 
Miscible Horizontal 

6-2 CO2 
WAG following 

GI 
Miscible Horizontal 

7 CO2 
SWAG 

R
SWAG

=1 Miscible Horizontal 

8-1 CO2 
Secondary Gas 

Injection 
Miscible Vertical 

8-2 CO2 
WAG following 

GI 
Miscible Vertical 

9 
Pre-equilibrated 

CO2/Oil 

Extended Gas 

Injection 
Near-miscible Horizontal 

 

Table 1-2: Summary of the experiments for establishing near miscible core flood pressure 

Test 

No. 
Description Objective Miscibility 

9.a 
Slim tube tests for 

MMP measurement 

To establish  

Near miscible CO2 injection 

Pressure  

Immiscible 

to Fully 

Miscible 

9.b 
Bo / GOR 

measurements 

To ensure existence of two-phase 

(gas/oil) close to MMP 

Near 

Miscible 
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2.1 Introduction 

Carbonate reservoirs contain the greater share of remaining global oil reserves (Roehl and 

Choquette, 1985, IEA, 2006). However, in these reservoirs, the nature of carbonate rocks 

complicates both oil recovery and CO2 storage.  Thus, research on the mechanisms of 

fluid flow involved in enhanced oil recovery and CO2 storage from these reservoirs is 

essential for the oil industry, particularly as it is now committed to provide a reliable, 

economical energy source while reducing its carbon footprint.  

The depositional process of carbonate sediments and their diagenesis naturally leads to 

the formation of tight heterogeneous rocks. The surface chemistry of calcite, as one of the 

main minerals of carbonates, increases its potential to become oil-wet (Hirasaki and 

Zhang, 2004), and evaluation of the wettability of several carbonate reservoir cores (both 

dolomite and limestones) has shown that most carbonate rocks are preferentially to 

strongly oil-wet (Treiber and Owens, 1972, Chilingar and Yen, 1983). Poor sweep 

efficiency in heterogeneous (especially in fractured) carbonates, combined with the 

absence of imbibition in oil-wet rocks, impairs the ability of waterflood to efficiently 

reduce oil saturation (Wardlaw, 1996).  

Two approaches that would enhance accessing more oil under the conditions of typical 

carbonate reservoirs are in-situ wettability alteration and reducing the interfacial tension 

between the displacing fluid and the oil to improve displacement efficiency. The gas/oil 

interfacial tensions (particularly for CO2 and rich hydrocarbons) are much lower than 

water/oil IFT in typical reservoir conditions. This lower IFT can significantly reduce the 

residual oil to gas injection in the swept areas (Egermann et al., 2006). However, the 

performance of the low IFT gas injection is also a function of pore size distribution and 

wettability. It has been claimed that the development of a zero-interfacial tension zone is 

not necessary for systems which are water-wet or where the smaller pore throats are filled 

with water, such as mixed-wet systems (Thomas et al., 1994). However, in oil-wet 

systems or where a substantial amount of oil is associated with the smallest pore throats 
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(tight mixed-wet systems), the oil in these pores can only be accessible to the injected gas 

when zero IFT is approached (Thomas et al., 1995).  

After developing miscibility, the displacing phase could ideally reduce the residual oil in 

swept regions to close to zero (Green and Willhite, 1998), approaching perfect 

microscopic displacement efficiency (Em). However, at the macroscopic scale, several 

factors affect volumetric sweep efficiency, thus reducing the overall oil recovery factor. 

Given the typical viscosity and density of solvents, viscous fingering caused by an 

unfavourable mobility ratio, gravity segregation and reservoir heterogeneity are common 

complications in gas injection scenarios. 

The mobility ratio between injected gas and the displaced oil bank in gas-displacement 

processes, eq. (2-1), is typically very unfavourable (M>>1), because of the relatively low 

viscosity of the injected phase (Green and Willhite, 1998). The resulting viscous fingering 

can significantly reduce the horizontal displacement efficiency (EH). Gravity segregation, 

which is usually controlled by the ratio of viscous to gravitational forces, eq. (2-2), 

significantly decreases the vertical sweep efficiency (EV).  

where µ𝑜 is oil viscosity, 𝑣 is Darcy velocity, 𝑘𝑟𝑔𝑧
 is vertical relative permeability of 

displacing fluid, g is the acceleration constant due to gravity, Δ𝜌 is density difference 

between the displacing and displaced phase, L is the distance between injection and 

production wells and h is the height of the displacement zone. These factors, along with 

microscopic displacement efficiency, determine the overall recovery factor, eq. (2-3). 

Heterogeneity at reservoir scale (e.g. fractures and high permeability layers) also further 

complicates oil recovery by gas injection.  

At typical reservoir conditions, the mobility of gas is at least one order of magnitude 

higher than that of the oil phase. To reduce gas mobility during injection, one of the 

cheapest and most abundantly available options is reducing gas mobility by different 

water injection schemes. Several different factors govern the choice of a proper gas based 

𝑀 =

𝑘𝑟𝑔
µ𝑔

⁄

𝑘𝑟𝑜
µ𝑜

⁄
 

(2-1) 

 

𝑅𝑣/𝑔 = (
µ𝑜𝑣

𝑘𝑟𝑔𝑧
𝑔𝛥𝜌

) (
𝐿

ℎ
) 

(2-2) 

 

𝑅𝑓 = 𝐸𝐻. 𝐸𝑉 . 𝐸𝑚 (2-3) 
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EOR method. Based on the solubility of injection gas in water and the volume of available 

gas, several EOR processes have been developed to decrease gas mobility and yet 

maintain the higher microscopic efficiency of gas injection. They include carbonated 

water injection (CWI), water-alternating-gas (WAG) and simultaneous water and gas 

injection (SWAG).  

The specific characteristics of each reservoir (e.g. pressure, rock type, injectivity), the 

economy of the project (e.g. gas availability, price, compression costs) and environmental 

regulations (e.g. enforced flaring restrictions, CO2 emission taxes) determine the optimal 

injection scenario. For example, in an offshore reservoir where exporting the produced 

gas is not an option and local regulations may restrict or completely prohibit flaring, 

produced gas reinjection in a well-designed immiscible WAG can enhance oil recovery 

and significantly benefit the economy of the project. Another example is where, because 

of properties of the reservoir (low dip or heterogeneity), gravity-stable gas injection is not 

an option or gas volumes are not abundant, Carbonated water injection (CWI) can be an 

attractive EOR option to help avoid gravity segregation (Riazi et al., 2010). Ideally, when 

significant amounts of miscible gas are available, WAG injection can be applied to reduce 

both fingering and to some extent gravity segregation by reducing the gas relative 

permeability. This is achieved by introducing a third phase behind the highly mobile front.  

Each of these injection schemes controls gas mobility and recovers oil by different 

mechanisms. CWI significantly increases the sweep efficiency compared to gas injection, 

by the elimination of the gas phase while swelling oil and reducing its viscosity by 

delivering dissolved CO2 in the aqueous phase to oil. When injectivity issues are not 

substantial, simultaneous water and gas injection (SWAG) injection can enhance oil 

recovery by reducing gas relative permeability compared to two-phase gas relative 

permeability (Caudle and Dyes, 1958).  

During WAG injection, the mobility of the gas is controlled by reducing gas relative 

permeability behind the front. Other mechanisms for potentially improving oil recovery 

by WAG injection include gas trapping, water relative permeability reduction, relative 

permeability hysteresis and three-phase residual oil reduction with non-wetting phase 

trapping. Although significant progress has been made on the study of both two and three-

phase flow in water-wet (Oak et al., 1990, Kalaydjian et al., Skauge et al., 1994, Naylor 

et al., 1996, Nordtvedt et al., Sahni et al., 1998) and more recently mixed-wet sandstones 

(Skauge and Aarra, 1993, Baker, 1995, Vizika and Lombard, 1996, Jerauld, 1997a, 



Chapter 2: Literature Review 

13 

Jerauld, 1997b, Jerauld and Rathmell, 1997, Dicarlo et al., 2000a, DiCarlo et al., 2000b, 

Element et al., 2003, Fatemi and Sohrabi, 2012, Fatemi and Sohrabi, 2013c), fewer 

comprehensive studies have been done on three-phase flow behaviour in more oil-wet 

systems (Kralik et al., 2000, Baker, 1995) particularly in carbonates (Schneider and 

Owens, 1976, Egermann et al., 2006, Egermann et al., 2013).  

 

2.2 Pore scale Mechanisms involved in Three-phase Flow 

The fluid flow phenomena observed at core scale and reservoir scale are governed by the 

pore scale flow mechanisms. These mechanisms are directly related to rock and fluid 

properties such as pore size distribution, wettability, spreading and interfacial tension 

between flowing phases. These properties control the macroscale properties such as 

relative permeability, capillary pressure and residual saturations (specifically oil). 

Wettability, defined as “the tendency of one fluid to spread on or adhere to a solid surface 

in the presence of other immiscible fluids” (Craig, 1971), is a measure of the preference 

that the rock has for either the oil or water (Anderson, 1986). It is now well established 

that this preference controls how pores are occupied by the wetting phase and the non-

wetting phase, as well as the phase displacement processes (Morrow, 1990, Jadhunandan 

and Morrow, 1995).  Wettability at macroscale (core) is a collective property of the 

wetting preference of all the pores and their distribution in the rock. So naturally infinite 

wettability states exist. However, to help categorise the fluid flow behaviour of different 

rock/fluid systems, a systematic classification is necessary. Most of the older literature 

based on waterflood studies of sand-packs, classifies wettability states into: (strongly) 

water-wet, (strongly) oil-wet, and neutrally-wet (intermediate-wet) (Treiber and Owens, 

1972). Later, fractional wettability, also known as heterogeneous wettability was 

proposed by Brown and Fatt (1956). In a fractionally-wet rock, crude oil components are 

strongly adsorbed in certain areas of the rock, so a portion of the rock is strongly oil-wet, 

while the rest is strongly water-wet (Anderson, 1986). Later, Salathiel (1973) introduced 

the term mixed wettability for a special type of fractional wettability in which the oil-wet 

surfaces form continuous paths through the larger pores. “In some rocks, the oil-wetted 

surfaces are distributed in such a way that oil can move along them readily, permitting 

drainage to very low residual oil saturations”. 
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More recently, Dixit et al. (2000) divided intermediate wetting into three sub-classes: 

fractionally-wet (FW), where oil- and water-wet sites are random with respect to pore 

size, and mixed-wet, defined by water- and oil-wet pores that are sorted by pore size. 

There are two classes of mixed-wet state. MWL (mixed-wet large) is defined by oil-wet 

large pores, while MWS (mixed-wet small) refers to the case where the smaller pores are 

oil wet (Skauge and Ottesen, 2002).  

 

Figure 2-1: Wettability types showing the distribution of the fraction (α) of oil-wet pores: 

(a) FWD fractionally-wet, (b) MWL mixed-wet with the largest pores oil-wet, and (c) 

MWS mixed-wet with the smallest pores oil-wet. (Dixit et al., 2000) 

While wettability as a surface phenomenon has been defined by contact angle 

measurements, such data is rarely available at pore scale. Thus, empirical wettability 

measurements for reservoir cores are most widely used. These methods include: Amott 

(Amott, 1959), United States Bureau of Mines (USBM) (Donaldson et al., 1969) and 

combined Amott/USBM methods (Sharma and Wunderlich, 1987), which are based on 

displacement studies. Since the Amott-Harvey Index (IAH) reflects spontaneous 

imbibition, whereas the USBM index is derived from forced capillary pressure curves, 

there is no evident relationship between these two measurements.  In fact, by analytical 

calculations and network simulations, Dixit et al. (2000) showed that IAH and IUSBM need 

not be identical. In addition, based on the calculated indices and the relationship between 

them, they suggested explanations for some of the trends that appear in experimental data 

when both IUSBM and IAH have been reported in the literature for tests with comparable 

fluids and solids (Sharma and Wunderlich, 1987, Torsæter, 1988, Hirasaki et al., 1990, 

Yan et al., 1993, Longeron et al., 1995). 

While pore-scale mechanisms of three-phase flow have been better investigated, fewer 

studies have focused on these mechanisms in EOR scenarios involving cyclic flow of 

injected fluids (e.g. WAG). In a series of micromodel visualizations of WAG injection, 

Sohrabi and colleagues (Sohrabi et al., 2000, Sohrabi et al., 2001, Sohrabi et al., 2004)  

studied the effect of wettability on the pore-scale mechanisms of three-phase flow in their 
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micromodel visualizations of WAG injection. They observed filament corner flow and 

thickening of water layers on pore bodies surrounding the oil in water-wet media. In a 

strongly oil-wet micromodel they reported a change of water flow mechanism into oil 

pores from filament corner flow to piston-like flow. This changed the waterflood residual 

oil distribution from uniformly distributed trapped oil filaments occupying the middle of 

pores to random patches of by-passed oil and areas where water completely displaced the 

oil. During water injection periods of WAG cycles, gas was trapped mainly by snap-off 

in the water-wet micromodel, rather than by by-passing as in the oil-wet one. In both 

experiments, during the WAG injection, the gas that is injected alternately with water will 

create a different path in each cycle rather than going through the same pores. 

During two-phase flow in porous media, wettability is the key property which determines 

the fluid distribution and flow paths of the wetting and non-wetting phases. The existence 

of a third phase further complicates flow regimes and phase distribution in pore spaces. 

The flow pattern and pore occupancy of the intermediate-wet phase with respect to 

wetting and most non-wetting phases is determined by wettability, as well as the 

spreading property of flowing fluids and the solid surface. Following Harkins (1952) and 

then Adamson (1960), the spreading coefficient (S) is defined as: 

where γ denotes the surface tension of the interfaces of the water-oil-gas fluid pairs. When 

the spreading coefficient is positive, oil spreading over water is predicted to occur, 

whereas if S is computed to be negative, the oil does not spread over the water. 

The study of the effect of spreading on oil recovery was motivated by very high oil 

recovery efficiencies during gravity drainage of strongly water-wet unconsolidated and 

consolidated porous media (Kantzas et al., 1988).  Spontaneous spreading of oil at the 

water-gas interface was reported to be limited to the case of water-wet rock samples and 

positive spreading coefficients (Chatzis et al., 1988). Oren and Pinczewski investigated 

the recovery of waterflood residual oil by immiscible gas flooding in 2D micromodels 

and reported the highest oil recovery for the oil-wet displacements by gas injection, where 

the oil formed thick wetting films. They reported lower oil recovery for the positive 

spreading system under strongly water-wet conditions, where the oil formed thin 

continuous spreading films. Recovery was reported to be lowest for the negative 

spreading system under strongly water-wet conditions, where no oil films were formed 

(Oren and Pinczewski, 1994).  

𝑆 = 𝛾𝑤𝑔 − (𝛾𝑤𝑜 + 𝛾𝑜𝑔) (2-4) 
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In strongly water-wet media, the presence or absence of spreading oil layers in gas-filled 

pores plays an important role in improving oil recovery. In oil-wet and weakly water-wet 

media, it is the presence or absence of oil-wetting films surrounding the water and gas 

phases, depending on the degree of wettability that may enhance recovery. This affects 

the detailed mechanism of which phase displaces which, and in what size of pore (van 

Dijke and Sorbie, 2002). 

 

2.3 Review of Three-phase Flow Macro-Scale Observations Relevant to WAG 

Injection 

The combined pore-scale flow mechanisms generate the macro scale properties of three-

phase flow at larger scales. Improved recovery by WAG injection has been mainly 

attributed to reduced three-phase gas relative permeability, phase relative permeability 

hysteresis and the reduction of tertiary residual oil by non-wetting phase trapping. The 

study of these macro scale properties is vital to the optimum design of EOR schemes like 

WAG and SWAG at field scale. Furthermore, this understanding is crucial to 

understanding and preventing potential operational problems in field applications. Other 

than EOR processes, this understanding is also important to enable efficient CO2 storage 

in depleted reservoirs, as well as clean-up of non-aqueous phase liquid (NAPL) 

contaminating water tables.  

 

2.3.1 Review of Non-wetting Phase Trapping in Two and Three-Phase Flow 

It has long been known that when the non-wetting phase is displaced by the wetting phase 

during imbibition, a portion of the non-wetting phase is trapped in the layers of the 

wetting phase (Holmgren and Morse, 1951, Dyes, 1954, Kyte et al., 1956). Phase trapping 

can affect residual oil saturation and three-phase relative permeabilities; therefore, the 

trend of phase trapping plays a crucial role in the performance of gas injection scenarios 

as well as CO2 sequestration efforts (Skauge, 1996, Suzanne et al., 2003, Spiteri et al., 

2005, Mansoori et al., 2009).  

Crowell et. al. (1966) showed the dependence of trapped gas saturation on initial gas 

saturation. Keelan and Pugh (1975) studied gas trapping in carbonates after gas 

displacement by wetting-phase imbibition in different carbonate rock types. They 

concluded that the amount of trapped gas varied with initial gas in place and that the 
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amount of trapped gas was a function of rock type, and an increased variation in pore 

sizes resulted in increased trapped gas. They suggested that because of the complexity of 

carbonate pore geometry, measurements of trapped-gas saturation on each specific 

formation are required. It has been shown that trapped gas saturation to water is function 

of porosity for both consolidated and unconsolidated sandstone (Delclaud, 1991). Several 

authors have shown that as porosity decreases (larger pore-throat aspect ratios), residual 

gas saturation increases (Katz et al., 1966, McKay, 1974, Delclaud, 1991, Jerauld, 1997a). 

This functionality was subsequently later confirmed in heterogeneous sandstones as well 

elsewhere (Suzanne et al., 2001, Hamon et al., 2001, Suzanne et al., 2003). These studies 

showed that residual gas saturations are controlled by the amount of micro-porosity as 

well as the initial gas saturation.  

As obtaining trapping data, especially in reservoir conditions, is an expensive and tedious 

task, several trapping models have been proposed for non-wetting phases to introduce 

trapping into numerical models (Land, 1968, Carlson, 1981, Aissaoui, 1983, Kleppe et 

al., 1997, Suzanne et al., 2003). Most of these models are based on the experimental 

results of gas trapping by water injection in strongly water-wet systems. The most famous 

trapping model, which is still widely used in commercial simulators is Land (1968) 

model. This model was based on two-phase experimental data in water-wet sandstones. 

The model correlates the trapped gas saturation to initial gas saturation, where the 

parameter C is considered a function of rock type. The formulation is as below: 

𝑆𝑔𝑡
∗ =

𝑆𝑔𝑖
∗

1 + 𝐶 ∗ 𝑆𝑔𝑖
∗  (2-5) 

where 

𝐶 =
1

𝑆𝑔𝑡
∗𝑚𝑎𝑥 

− 1  (2-6) 

To calculate Land trapping parameter, two-phase gas/water displacement data is usually 

used. To use three-phase trapping data to study the suitability of this model and other 

adaptations of the model, the saturation data is normalized.  

𝑆∗ =
𝑆

1 − 𝑆𝑤𝑐
=

𝑆

Sg
𝑚𝑎𝑥 (2-7) 
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In eq. (2-7), Swc is connate water saturation and Sgmax is maximum gas saturation, which, 

in two-phase gas/water displacements starting with water, is initial gas saturation Sgi.  

Because of the difference in trapping mechanisms involved in water-wet and more oil-

wet systems, generally, Land’s model cannot predict the trapped phase saturation in 

systems with oil-wet tendencies. For example, it is known (Suicmez et al., 2008) that the 

snap-off mechanism is more prevalent in a water-wet system, where an increase in water 

saturation increases the thickness of water layers on the pore walls until this layer 

collapses (usually at these pore throats) and traps oil as discontinuous blobs. As the 

wettability of a system approaches more oil-wet conditions, this mechanism becomes 

weaker to the point where no oil or gas trapping can take place at pore scale, as the oil is 

wetting the surface of most pores instead of water. Thus, the limitation of Land’s model 

to predict gas trapping in non-water-wet rocks has been shown in several experimental 

studies (Jerauld, 1997b, Jerauld and Rathmell, 1997, Kralik et al., 2000, MacAllister et 

al., 1993, Mansoori et al., 2009).  

Two of the comprehensive studies that improved Land model for trapping in non-water 

wet porous media are those of Jerauld (Jerauld, 1997a, Jerauld, 1997b). He showed that 

trapped gas saturations are also a function of wettability and developed a trapping model 

for both oil and gas. They matched their extensive set of collected experimental data with 

their model to assess the accuracy of their model. 

In a comprehensive study of phase trapping in water-wet and mixed-wet sandstone, 

Fatemi and Sohrabi (2013b) compared phase trapping in two and three-phase flow. While 

they observed similar trends to the predictions of Land’s model two-phase trapped gas 

saturations in water-wet sandstone, the trapping trends for the same core with a mixed 

wettability were highly overestimated by Land’s model. They observed that in presence 

of the residual oil saturation, three-phase trapped gas values were similar to two phase 

trapped gas saturations. These were similar to the results reported by Maloney and Zornes 

(2003) and Kralik et al. (2000) on an extensive set of data, in preserved (naturally oil-

wet) reservoir sandstone cores and Skauge and Ottesen (2002) in mixed-wet North Sea 

core samples reported that trapped gas measured in three-phase flow on preserved cores 

at reservoir conditions is less than those measured in two-phase flow. However, the results 

of the study by Kralik et al. (2000) showed that, for miscible flood, while trapped gas 

saturation (Sgt) does depend strongly on maximum gas (Sgmax), the residual oil (Sorm) did 
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not change the amount of trapped gas saturation, within the range of experimental 

uncertainty. 

 

2.3.2 Review of Experimental Measurements of Two- and Three-Phase Relative 

Permeability 

While reduced gas mobility is one of advantages of a WAG injection scheme, phase 

trapping and relative permeability reduction of mobile phases can cause injectivity loss 

during water injection periods. This can potentially be a major operational concern which 

could hinder the successful field application of several WAG and SWAG injection 

projects. While the cause for reduced injectivity could be a change in relative permeability 

owing to three-phase flow, wellbore heating or precipitates (hydrates and asphaltenes) 

formed in the near well zone  could also contribute to injectivity loss (Christensen et al., 

2001). In this study, the focus is on the effect of three-phase flow on the mobility of 

phases. The relative permeability of fluids is generally known to be a function of phase 

saturation, saturation history, IFT and wettability, as well as spreading, in three-phase 

flow conditions.  

Several investigations have studied the impact of wettability and spreading on three-phase 

flow. The study of the impact of spreading on three-phase gas/oil relative permeabilities 

(Kalaydjian et al., 1993) in homogeneous water-wet sandstones has shown that in 

drainage, oil relative permeability is lower for S < 0 (non-spreading conditions) than for 

S > 0 (spreading conditions), which is due to a loss of hydraulic continuity. Gas relative 

permeability during drainage, due to a gas blocking, is lower for S < 0 than for S > 0, for 

low oil saturations. Studies investigating the effect of spreading on relative permeabilities 

in fractionally-wet porous media (Vizika and Lombard, 1996), have shown that in oil-wet 

porous media, S value does not affect the process efficiency. In contrast to the results of 

some micromodel studies (Oren and Pinczewski, 1994),  the lowest oil recoveries were 

obtained in oil-wet porous media, even though the oil remained continuous. This inferior 

performance was explained by strong capillary retention. These observations were 

confirmed by direct visualization through cryo-SEM (Vizika et al., 1998).  

DiCarlo et al. (2000b) studied the effect of wettability on three-phase relative 

permeability in sandpacks. They used CT scanning to measure directly oil, water and gas 

relative permeabilities during three-phase gravity drainage. Their study showed that for 

oil-wet media, the oil relative permeability behaves similarly to the water relative 
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permeability in water-wet systems. In oil-wet media, where water has a large negative 

spreading coefficient, water layers do not form in the pore space. This explains their 

observation that the water relative permeability krw for an oil-wet medium is similar to kro 

for a non-spreading oil flowing in a water-wet medium. They reported smaller gas relative 

permeabilities in oil-wet media in comparison to water-wet media. Similar trends have 

been reported elsewhere (Vizika and Lombard, 1996). This is consistent with the 

competition of gas and water phases for the largest pores in oil-wet media. 

The measurement of three-phase relative permeability is even more time-consuming and 

expensive than two-phase relative permeability measurements. Thus, in the earlier 

literature, there was a motivation for measurement and comparison of two and three-phase 

relative permeabilities in different conditions. In these studies, the effect of free gas 

saturation of water and oil relative permeabilities was investigated. In water-wet rocks, 

only a slight decrease of three-phase water relative permeability (krw) in presence of gas 

was reported while the oil relative permeability (kro) decreased significantly (Holmgren 

and Morse, 1951). However, it was found that for oil-wet systems the presence of trapped 

gas reduced only the krw when the water saturation was increasing. This is because of 

interference between the water and gas, which are both non-wetting phases. Trapped gas 

saturation in the oil-wet carbonate cores used for the study (Schneider and Owens, 1970) 

did not affect kro. However, in oil-wet sandstones a slight decrease in kro was observed. 

For water-wet sandstone, lower krw and kro values were obtained in higher trapped gas 

saturations. Schneider and Owen argued that the view that water relative permeability is 

dependent solely on its own saturation was based on experimental data in unconsolidated 

sandstones. They concluded that in cores with uniform porosity, rock type had less 

influence on flow relationships than the rock wetting preference (Schneider and Owens, 

1970). 

 A reduction of three-phase krw compared to two-phase krw drainage saturation path in 

water-wet Berea sandstone was reported by Sarem (1966), while Oak (1990) reported 

similar two-phase and three-phase krw in water-wet Berea sandstone. He observed similar 

trends for krw in intermediate-wet sandstone (Oak, 1991). To establish the wettability, he 

followed the method proposed by Takach et al. (1989) but the degree of oil-wetness was 

not reported. Ma and Youngren (1994) found that for Kuparuk sandstone with mixed 

wettability and a tendency toward oil-wetness, oil relative permeabilities remained the 

same, regardless of the presence or absence of trapped gas, and appeared to be only a 
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function of oil saturation. However, water relative permeabilities were significantly lower 

with trapped gas present, indicating their dependence on both gas and water saturations. 

Building on the comprehensive two and three-phase relative permeability data set of Oak 

(1990) in water-wet (Oak, 1990) and intermediate-wet Berea sandstone (Oak, 1991). 

Baker (1995) studied three-phase relative permeabilities in naturally oil-wet Tensleep 

sandstone and concluded that in the wetting phase (e.g. oil in an oil-wet system), kr 

depends most strongly on the saturation of that phase and observed that the separation of 

primary and secondary relative permeability curves is usually minimal for a wetting 

phase. For a non-wetting phase (e.g. a gas in water-wet and some oil-wet systems), kr 

depends strongly on the saturation and the saturation history of that phase. Relative 

permeability of an intermediate-wetting phase (oil, in the water-wet tests; water, in the 

oil-wet tests) may show hysteresis; there may also be a significant dependence on the 

saturation of the other phases.  

It has been known for many years that relative permeabilities are not solely a function of 

saturation. The saturation history (defined as hysteresis) also affects the fluid path-ways, 

hence changing the relative permeabilities. Hysteresis has been observed experimentally 

in both two- and three-phase displacements. 

Geffen et al. (1951) and Osoba et al. (1951) called attention to the importance of direction 

of saturation change on two-phase relative permeabilities.  Caudle et al. (1951, p.150) 

also reported “a form of hysteresis when the oil saturation in the core is increased after 

originally being reduced to connate water and residual oil with a gas drive”. The 

measurements of relative permeabilities obtained in these studies started from endpoint 

saturations (i.e., irreducible water and residual oil saturations for water/oil systems). 

Later, Land (1971) and Colonna et al. (1972) measured relative permeabilities of two-

phase flow displacements, changing saturation directions in several intermediate 

saturations. Braun and Holland (1995) performed similar measurements for a water-wet 

outcrop sample and a mixed-wet reservoir core. They reported oil relative permeability 

hysteresis in both wettability conditions.  

Skauge et al. (1994) and Eleri et al. (1995) found three-phase hysteresis during WAG 

injection (Skauge and Larsen, 1994, Eleri et al.). Both studies concluded that Water 

relative permeability (krw) hysteresis was more significant, especially when comparing 

krw of secondary waterflood with tertiary gas injection. More pronounced krw hysteresis 

was observed in more oil-wet cores. The most significant hysteresis was observed for 
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most non-wetting phase (Gas).  Because a layer of wetting phase (commonly water) is 

continuous through porous media, its relative permeability is generally thought to be 

independent or weakly affected by saturation history. However, two-phase flow studies 

have shown that, as wettability approaches an intermediate-wet state, more hysteresis is 

observed in the wetting phase relative permeability (Wei and Lile, 1993, Braun and 

Holland, 1995). With a steady-state method coupled with tracer analyses Wang (1988) 

reported water trapping even for a preserved mixed-wet core. This behaviour was also 

reported for three-phase flow in oil-wet systems (Dicarlo et al., 2000a, DiCarlo et al., 

2000b). Water was non-spreading on the wetting oil layer and significant water trapping 

was reported. For this oil-wet porous media, gas/water contact angles of over 100° were 

measured, indicating that water was more non-wetting than gas. The gas relative 

permeability in both studies, was found to be a function of both gas and oil saturations. 

Fatemi et al. (2013) reported unsteady-state three-phase relative permeability results for 

WAG in both water-wet and mixed-wet systems (Fatemi and Sohrabi, 2013a). For both 

systems, they observed irreversible hysteresis in gas relative permeability loops. For the 

water phase the most significant hysteresis was observed from secondary to tertiary flow 

in mixed-wet wettability conditions. 

 

2.3.3 Effect of Trapped Gas Saturation on Three-phase Residual Oil Saturation 

In water-wet systems, the gas and oil phase move in the centre of the pores while water 

occupies smaller pores and moves on the walls. This competition between oil and gas 

phases to occupy the same pore spaces favours reduction of oil residual saturation by 

trapped gas saturation during waterflooding. Both Holmgren and Morse (1951) and Kyte 

et al. (1956) reported experimental data that showed the presence of a gas phase 

significantly lowered residual oil saturations to water compared to those obtained in the 

absence of gas in water-wet cores. This is in agreement with results of waterflood 

following gas release after pressure depletion in water-wet cores (Kortekaas and van 

Poelgeest, 1991).  

Skauge and Aarra (1993) found that regardless of wettability, residual oil saturation to 

WAG is significantly lower than both residual oil to waterflood (Sorw) and gas injection 

(Sorg). Furthermore, from their experiments in a strongly water-wet Clashach sandstone, 

Eleri et al. (1995) found that Sorw = Sor3ph + Sgt . While for water-wet systems there is 

generally good agreement that residual oil saturation is correlated linearly with trapped 
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gas saturation, values ranging from 0.5 to 1.0 have been reported for the fraction (a) of 

trapped gas saturation which reduces Sor3ph (Skauge, 1996).  

𝑆𝑜𝑟
3𝑝ℎ

 =  𝑆𝑜𝑟𝑤  −  𝑎. 𝑆𝑔𝑡 (2-8) 

In more oil-wet systems, the existence of this linear relation is more controversial. For a 

mixed-wet core of Kuparuk sandstone with a moderate tendency to oil-wetness, Ma and 

Youngren (1994) reported a decrease in residual oil saturation with an increase in trapped 

gas saturation. However, the dependency was much smaller than those reported for 

strongly water-wet sandstones by Eleri et al. (1995). These results are in contradiction 

with experiments in oil-wet Dri-filmed Alundum cores reported by Kyte et al. (1956), 

which showed no relationship between trapped gas saturation and residual oil saturations. 

For reservoir condition floods on preserved sandstone cores showing oil-wet behaviour, 

Kralik et al. (2000) found that residual oil saturation to waterflooding was minimally 

affected by the presence of trapped gas. Based on these results it was claimed that, unlike 

MWAG, IWAG is ineffective at increasing oil recovery. These results were in agreement 

with empirical relationships provided by Fayers (1989) indicating that Sor3ph = Sorw2ph. In 

a comprehensive study of oil and gas trapping in three-phase flow, Fatemi and Sohrabi 

(2013b) reported the effect of saturation history, wettability and irreducible water 

saturation on a value. They reported a values close to 1 for gas trapping in water-wet 

sandstones. The results of residual oil saturation to trapped gas saturation for the mixed-

wet sandstone showed a values ranging from 0.33-0.85. It appears that, as the wettability 

approaches more oil-wet states, depending on the pore geometry and pore size 

distribution of the rock, there is a threshold at which gas trapping does not contribute to 

waterflood residual oil mobilization. 

 

2.3.4 Effect of IFT on Relative Permeability 

During immiscible gas injection in strongly oil-wet systems or water-wet systems with 

spreading oil layers, although the bypassed oil maintains its connectivity, high capillary 

pressure in gas/oil interfaces prevents entry of gas into pores with bypassed oil. Miscible 

gas injection can ideally recover all the contacted oil. To achieve this, injection pressures 

above the minimum miscibility pressure (MMP) must be maintained. However, it has 

been reported that many of the miscible gas injection scenarios are actually near miscible 

(Awan et al., 2008). Loss of injectivity or failure of pressure maintenance may even cause 
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the process to fluctuate between miscible and immiscible (Christensen et al., 2001). In 

these cases, the targeted oil does not reach full miscibility with the injected gas and will 

flow as two separate phases, with gas at low IFT. While understanding the effect of IFT 

on fluid flow under multiple contact miscibility is of specific interest to this study, similar 

flow trends have been observed in studies investigating surfactant waterflooding, near 

wellbore flow of condensates as well as oil recovery by gravity drainage during gas cap 

expansion. A review of these studies in both pore scale and core scale would thus help 

explain the observed trends in this work. 

Micromodel studies on the effect of IFT on flow mechanisms have helped to understand 

how IFT affects the pore scale flow mechanisms. Sohrabi et al. (2007) and (2008) have 

reported their observations during near miscible gas injection in high pressure 

micromodels. They showed, the importance of IFT on bypassed oil recovery by the 

coupled flow of oil and gas in the same pore at near-miscible conditions. However, high 

IFT in immiscible gas injection would slow the simultaneous flow of gas and oil in the 

mainstream, whereas, in miscible gas injection, bypassed oil is recovered due to 

molecular diffusion and dispersion, which have mechanisms different from pore scale 

displacement mechanisms.  

The importance of IFT and strong dependency of residual saturation and relative 

permeability on the parameter have been shown by several two-phase (Mungan, 1966, 

Wagner and Leach, 1966, Lefebvre du Prey, 1973, Bardon and Longeron, 1980, 

Amaefule and Handy, 1982, Fulcher Jr et al., 1985, Asar and Handy, 1988, Henderson et 

al., 1998, Harbert, 1983, Delclaud et al., 1987, Schechter and Haynes, 1992, Schechter et 

al., 1994, Chen et al., 1995, Henderson et al., 1997, Chen et al., 1999, Blom et al., 2000, 

Al-Wahaibi et al., 2006) and three-phase (Delshad et al., 1987, Dria et al., 1993, Cinar 

and Orr, 2005, Cinar et al., 2007, Fatemi and Sohrabi, 2015) coreflood investigations. 

The effect of IFT on two-phase flow characteristics has been observed in several fluid 

systems. To study the effect of IFT on surfactant waterflooding, coreflood experiments 

have generally been conducted with surfactant/water/oil fluids (Wagner and Leach, 1966, 

Lefebvre du Prey, 1973, Amaefule and Handy, 1982, Fulcher Jr et al., 1985). 

Hydrocarbon fluid systems have mainly been employed to represent enriched gas 

injection (Bardon and Longeron, 1980), and near wellbore flow of gas/oil fluids in 

condensate gas reservoirs (Asar and Handy, 1988, Haniff and Ali, 1990, Kalaydjian et 

al., 1996, Henderson et al., 1997, Henderson et al., 1998, Chen et al., 1999) as well as oil 

recovery by gravity drainage (Delclaud et al., 1987). To study the effect of IFT in each of 
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the mentioned cases, other analogue liquid/liquid fluid pairs have also been used (Harbert, 

1983, Schechter and Haynes, 1992, Schechter et al., 1994, Blom et al., 1997, Blom et al., 

2000). 

Although surfactant adsorption on the rock surface casts some uncertainty on results of 

investigations employing surfactants as the IFT controlling agent, similar trends are 

observed in most of these investigations. With few exceptions (Delclaud et al., 1987), 

there is agreement that with a decrease of IFT, both wetting and non-wetting phase 

relative permeabilities increase (reduction in curvature) and residual saturations are 

reduced. Relative permeability hysteresis was also found to decrease significantly with 

lower IFT values.  

An investigation conducted by Delclaud et al. (1987) was one of the few studies that 

reported  no change in either gas or oil relative permeabilities with IFT. Their observation 

was for gas/oil interfacial tensions in the range 0.6-30 mN/m. However, the lower IFT 

limit in their corefloods was above that used in those studies which observed significant 

dependency of relative permeability to IFT. Moreover, capillary numbers could not be 

calculated from the data presented in their publication.  

While there is agreement on the dependency of relative permeability on IFT values, the 

level of sensitivity of wetting or non-wetting phase relative permeability to IFT is 

disputed. The studies can be divided into three groups based on different observed 

sensitivities: a) the IFT changes affected both wetting and non-wetting phase relative 

permeabilities similarly (Wagner and Leach, 1966, Lefebvre du Prey, 1973, Bardon and 

Longeron, 1980, Haniff and Ali, 1990, Schechter and Haynes, 1992, Schechter et al., 

1994, Kalaydjian et al., 1996). b) the non-wetting phase relative permeability was more 

sensitive to IFT change (Harbert, 1983, Fulcher Jr et al., 1985, Henderson et al., 1997, 

Blom et al., 2000, Cinar and Orr, 2005, Al-Wahaibi et al., 2006). c) the wetting phase 

relative permeability showed more significant change with IFT (Amaefule and Handy, 

1982, Asar and Handy, 1988, Chen et al., 1999). These differences in observed trends can 

be explained by the differences in wettability conditions of the cores of each study. 

In some investigations (Wagner and Leach, 1966, Bardon and Longeron, 1980, Amaefule 

and Handy, 1982, Haniff and Ali, 1990) critical IFTs were reported below which relative 

permeabilities changed more rapidly. Depending on the capillary numbers (not always 

reported) relevant to each of these investigations, different critical IFT values were found. 

For IFTs below 0.04mN.m-1, Bardon and Longeron (1980) observed higher relative 
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permeabilities for both gas and oil phase. Amaefule and Handy (1982) measured water/oil 

relative permeabilities for a range of IFTs (0.001-34 dyne/cm) for surfactant flooding and 

found a rapid increase of relative permeabilities with IFT below 0.1 dyne/cm. In similar 

studies critical IFT values of 2 (Fulcher Jr et al., 1985) and 0.05 dyne/cm (Haniff and Ali, 

1990) have also been reported. 

While there are abundant two-phase coreflood experimental data regarding the effect of 

IFT, fewer results are available for effect of IFT on three-phase relative permeabilities. 

Delshad et al. (1987) investigated the effect of low IFT on three-phase steady-state 

relative permeabilities. They employed a brine/oil/surfactant/alcohol mixture which 

formed micro-emulsions. The IFTs of oil/brine were high while those of micro-

emulsion/brine and microemulsion/oil were low. They concluded that low IFT relative 

permeabilities are a function of their own saturations only. Dria et al. (1993) performed 

steady-state CO2, oil and brine core floods in a water-wet grainstone dolomite in reservoir 

conditions. They compared the relative permeabilities with those of higher IFT low-

pressure N2 and air injection and observed significant differences. They found 

comparable gas and oil relative permeabilities in low IFT conditions and concluded that 

the gas-phase wettability approaches that of the oil phase. Using brine, oil and gas 

analogue fluids, Cinar et al. (2007) performed corefloods to demonstrate the effects of 

interfacial tension variation and wettability of a porous medium on three-phase relative 

permeabilities. The three-phase relative permeabilities were measured where the IFT 

between a pair of fluids analogous to gas/oil varied from 0.005 to 2 dyne/cm. As with 

observations in two-phase displacements, they reported that at a given saturation of 

analogue gas and oil pair, their relative permeabilities increase as their respective IFT 

decrease. The relative permeability of the analogue water phase was not affected by this 

decrease for water-wet porous systems, but for oil-wet porous systems, it decreased, 

especially at low phase saturations. 

 

2.4 Oil Recovery by Gas Injection Schemes in Carbonates  

Water-Alternating-Gas (WAG) injection is a well-established EOR technique 

to improve oil recovery by taking advantage of lower residual oil saturations to gas and 

improved sweep efficiency of water injection and gas injection. However, because of the 

complex nature of carbonate pores and higher heterogeneity in carbonate reservoirs, its 

application has been affected by early breakthroughs and low recovery. So with few 
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exceptions (Kurbanov, 1981, Hermansen et al., 1997), the efforts for oil recovery by gas 

injection schemes in carbonates has been focused on miscible gas injections (Christensen 

et al., 2001). While field applications of WAG and SWAG in carbonates are abundant 

(Christensen et al., 2001, Manrique et al., 2007, Kalam et al., 2011, Rawahi et al., 2012, 

Berge et al., 2002), core-scale study and studies aimed at understanding the governing 

recovery mechanisms are scarce. A few of the more important efforts are reviewed here. 

Egermann et al. (2006) performed secondary, tertiary gas injection and SWAG in 

composite carbonate cores. Rich gas was injected below MMP. They reported final oil 

recoveries as high as 90%, regardless of the injection history. Negligible water blocking 

was observed during tertiary gas injection. This was explained by the oil-wet nature of 

the core. The SWAG injection was shown to effectively increase the rate of oil production 

by better control of gas mobility.  

Kalam et al. (2011) performed miscible WAG and tertiary gas injection in composite oil-

wet carbonate reservoir cores. They studied the effect of injection gas as well as injection 

history. They observed higher recoveries for tertiary miscible hydrocarbon (HC) injection 

than HC WAG injection. They also concluded that the tertiary CO2 injection was superior 

compared to tertiary HC gas injection and HC-WAG, although both gases were injected 

in miscible conditions.  

Duchenne et al. (2014) presented results obtained from three CO2-water cyclic injections 

performed at reservoir conditions on mixed-wet carbonate cores. They injected several 

PVs of CO2 and brine, starting with CO2, to measure end-point gas and water relative 

permeabilities. They observed significant hysteresis in both gas and water relative 

permeabilities. Both gas and water end point relative permeabilities decreased with 

further injection cycles. Both CO2 WAGs with small slug size (0.2PV) achieved faster 

recovery. However only WAG starting with brine showed additional recovery (5%) over 

continuous secondary CO2 injection (85%).   

 

Miscible WAG injection (CO2, Rich Gas etc.) can theoretically achieve 100% 

microscopic displacement efficiencies. However, gas availability, cost, reservoir 

pressure, lack of gas processing capacities and environmental constraints (especially in 

offshore platforms) can be limiting factors imposing the design of near-miscible (pressure 

loss during multiple contact miscible injection e.g. CO2 injection) or immiscible WAG 

injection (Lean Gas e.g. natural gas). Therefore it is important to study the performance 
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of WAG and SWAG injection scenarios in both multiple contact miscible and immiscible 

conditions. Shyeh-Yung (1991) reported that Sor to tertiary CO2 flood (Sorm) decreases 

linearly as pressure increases. They observed no abrupt loss of recovery below the MMP, 

as has been suggested by slim-tube test results. 
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 EXPERIMENTAL SETUPS AND FLUID/ROCK SYSTEMS 

 

 

 

In this chapter, the specifications of the main experimental rigs are explained, and a brief 

description of their essential components is given. Then the fluids and rock sample used 

for the study are described in detail and the results of the tests for characterising them are 

then presented.   

 

3.1 Unsteady-State Coreflood Rig 

All of the corefloods for this study were performed in unsteady state conditions. For this 

purpose, a high temperature, high pressure coreflood rig was commissioned. Figure 3-1 

and Figure 3-2 respectively show the actual photo and schematic diagram of this rig. The 

rig consisted of the following components:  

High Temperature Oven: all the components including the core holder, pressure 

transducers, fluid cells and back pressure regulator (BPR) were housed inside a 

temperature-controlled air bath. The oven kept the temperature stable during the 

experiments (±0.1 °C). The oven was also used to age thin sections for contact angle 

measurements at high temperature. 

Pressure Transducers: two accurate (±0.001 psi) Quartzdyne pressure transducers 

installed at the inlet and outlet of the core were used to measure the pressure drop along 

it. 

Data Acquisition: the output data from pressure transducers, gas meter and CO2 analyser 

were viewed and logged by LabView® software in real time. The software plotted and 

stored the inlet and outlet pressure, average pressure, pressure drop and air temperature 

inside the oven versus time during the coreflood experiments.  
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Fluid Cells: the rig had three vertical storage cells containing the injection fluids e.g. 

brine, dead crude oil, live oil and gas phase.  

Injection Pumps: the high pressure (10,000psi) syringe pumps were equipped with 

controllers connected to the computer which could set the injection mode to constant rate 

or constant pressure. Each of the three pairs of pumps could inject sample fluids 

separately or simultaneously from fluid cells through the cores in constant rate or constant 

pressure modes. All the corefloods were performed with constant injection rate. The 

fourth pair of pumps performed in constant pressure mode to maintain stable pressure at 

an outlet (connected to nitrogen cell providing pressure to BPR dome). The core 

overburden was also controlled with a pair of pumps at high temperature. 

Effluent Collection: during the experiment, the effluent from the BPR was separated into 

gas and liquid phases in a dual outlet separator where the liquid phase was collected in a 

graduated cylinder and the produced gas flowed through a CO2 analyser (depending on 

the injection gas) and then a wet-test gas meter. Both liquid and gas were collected at 

atmospheric pressure and laboratory temperature. 

 

Figure 3-1: The high-pressure, high-temperature coreflood rig. 
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Figure 3-2: A simplified schematic diagram of the high-pressure high-temperature rig. 

 

3.2 Viscosity Rig 

To measure the viscosity of fluids, a high-pressure, high-temperature capillary-tube 

viscometer rig was used. To obtain the viscosity with this technique, the pressure drop 

needed to force the fluid through a capillary tube is measured. The Hagen–Poiseuille Law 

is then used to measure viscosity. This equation relates pressure drop to flowrate, 

viscosity and resistivity of the conduit to flow. The method is simple and accurate 

compared to other viscosity measurement methods and can be easily adapted to measure 

live fluids under high pressure and temperature.  

∆P =
128𝜇𝐿𝑄

𝜋𝑑4
 (3-1) 

where: ∆P is the pressure drop along the capillary tube, L is the length of the tube, μ is 

the dynamic viscosity, Q is the volumetric flow rate and d is the capillary diameter.  

Figure 3-3 shows a schematic of the viscometer rig. The main components of the rig were 

as follows: 
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High Temperature Oven: except for the injection pumps, the rest of the components 

including the capillary tube, pressure transducers, fluid cells and back pressure regulator 

(BPR) were housed in a temperature-controlled air bath (convection oven). 

Capillary Tube: the main component of the rig was a 15ft long capillary tube coil to 

ensure laminar flow (an assumption of Hagen–Poiseuille equation).  

Pressure Transducers: two accurate (±0.001 psi) Quartz pressure transducers were used 

to measure the pressure drop along the capillary tube. One of them was installed exactly 

at the inlet and the other immediately after the outlet of the capillary tube to ensure no 

error in measurements was caused by resistivity of other lines to flow. 

Data Acquisition: the output data from pressure transducers and temperature probes were 

viewed and logged by LabView® software in real time. The software plotted and stored 

the inlet and outlet pressure, average pressure, pressure drop and air temperature inside 

oven versus time during the viscosity measurements.  

Back Pressure Regulator (BPR): a BPR was used to maintain the outlet pressure at a 

specific pressure. The main component of the rig was a 15ft long capillary tube coil to 

ensure laminar flow (an assumption of Hagen–Poiseuille equation). Compressed nitrogen 

in a cell connected to a pump provided stable pressure at the outlet of the capillary tube 

Fluid Cells: three vertical high-pressure cells contained the fluids.  

Injection Pumps: the high-pressure (10,000psi) syringe pumps were equipped with 

controllers connected to the computer which could set the injection mode to constant rate 

or constant pressure. Each of the three pairs of pumps could inject sample fluids from 

fluid cells through the capillary tube in constant rate mode. The fourth pair of pumps 

performed in constant pressure mode to maintain stable pressure at the outlet. 

Effluent Collection: during the experiment, the effluent from the BPR was separated into 

gas and liquid phase in a glass separator, where the liquid phase was collected in a 

graduated cylinder and the produced gas flowed through wet-test gas meter. Both liquid 

and gas were collected at atmospheric pressure and laboratory temperature. 
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To ensure reliable and accurate results, before the measurements the rig needed to be 

calibrated with Viscosity Standards to cover the range of measured viscosities. Two 

standards (D5 and D10 acquired from Paragon Scientific Ltd.) were used to cover low 

and high viscosities at two temperatures (20 and 60 °C).  

 

Figure 3-3: A schematic of the rig for viscosity measurement of dead and live fluids. 

 

3.3 Contact Angle Measurement Rig – Elevated Conditions 

To measure the oil/water contact angle and interfacial tension at reservoir conditions, a 

customized high pressure high temperature (HPHT) rig was procured. Figure 3-4 and 

Figure 3-5 respectively show the actual photo and schematic diagram of this rig. All the 

wetted parts of the rig (lines, optical chamber and needle) were made with Hastelloy C-

276 to withstand high salinity brine and corrosive carbonic acid during the measurements. 

To obtain the contact angle of live oil and live brine with thin sections of reservoir cores, 

the captive bubble (sessile bubble) method was used. Instead of placing a drop on the 

solid, as in the case of the sessile drop, a bubble of lower (than live brine) density live oil 

was injected beneath the thin section, the surface of which was located in the live brine. 

The rig was also used to measure interfacial tensions between gas and live oil samples 

employing the pendant drop technique. The main components of this rig were as follows: 

High Temperature High Pressure Optical Chamber: a heated 30cc optical chamber with 

two windows to allow drop shape analysis was the main component of the rig. The 

chamber held the high pressure embedding phase (live brine or gas) and the drop (live oil 
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in gas) or bubble phase (live oil in brine) and a needle which introduced the latter into the 

chamber. The pressure and temperature limits of the chamber in its current configuration 

were 7,500psi and 150°C. Figure 3-6 (a) and Figure 3-6 b) respectively show an actual 

photo and DSA software image from the chamber. 

 

Figure 3-4: The drop shape analysis, including light source, camera and HPHT optical 

chamber mounted on vibration-free table used for measuring contact angle and IFT at 

high pressure and temperature in this study. 

 

 

Figure 3-5: A schematic of the main components of the HPHT contact angle rig. 
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Pressure Transducer and Thermometer: an accurate (±0.001 psi) Quartz pressure 

transducer and (±0.01 °C) thermometer measured pressure and temperature inside the 

optical chamber. The data was monitored by LabView® software. 

DSA (Drop Shape Analyser): DSA is a software-controlled instrument which utilizes a 

uniform light source and camera on a standalone bracket to perform high resolution 

imaging. The acquired images sent to the desktop PC are then analysed by the software 

to measure contact angle, surface free energy and interfacial tension. The software also 

controlled the light source.  

Fluid Cells: A heated high-pressure cell (rocking cell) contained the drop phase fluid that 

was introduced through the needle. Depending on the position of the needle, excess fluid 

during the injection of the drop phase was retracted from either the top or bottom of the 

chamber into a high-pressure cell to control pressure.   

Injection Pumps: The high pressure (10,000psi) syringe pumps were equipped with 

controllers connected to the computer, which could set the injection mode to constant rate 

or constant pressure. The first pair of pumps injected sample fluids from fluid cells 

through the needle in constant rate mode. The second pair of pumps retracted excess fluid 

during drop injection in constant pressure mode to maintain stable pressure inside the 

chamber. 

as  asdasdsad 

a)  
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b)  

Figure 3-6: a) Actual photo from live oil bubble beneath the thin section surface. b) The 

image in DSA software. 

 

3.4 Mineralogy of Carbonate Rock Samples 

In coreflood experiments, a tight limestone core was used as the porous medium. The 

rock sample was cored from its reservoir whole-cores (4 inch) provided by the project 

sponsors to best represent the chosen reservoir. Thin sections from the same whole-core 

were cut to be analysed with Energy-Dispersive X-ray (EDX) spectroscopy to identify 

the mineral content of the rock sample. Images of the thin section obtained by an 

environmental scanning electron microscope (ESEM) showed the pore structure of each 

rock type. After microscopic imaging of the clean thin sections, they were aged in their 

respective reservoir crude oil. The wettability of the thin sections before and after aging 

was qualitatively measured with images of water condensation by gaseous secondary 

electron (GSE) detection and contact angle measurements.  

The rock type was limestone from a carbonate reservoir. The following tests were 

performed to better show the mineralogy of this rock type: 

XRD: X-Ray Diffraction Analysis (XRD) investigates crystalline material structure, 

including atomic arrangement, crystallite size, and imperfections. The results depicted in  

Table 3-1 and Figure 3-7 show that the main phase (mineral) in this rock type is calcite 

with a trace of diopside (CaMgSi2O6), a mineral formed in metamorphosed carbonates. It 

is more common in rocks that are formed in water-free settings.   

Brine 

(Embedding Phase) 

Oil 

(Drop Phase) 
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EDX and SEM: While XRD technique provides the volumetric average percentage of 

different minerals in a finely ground homogenized sample, Energy-Dispersive X-ray 

spectroscopy (EDX) elemental analysis can identify the presence of elements (Ca, C, O, 

etc.) only in a tear drop shaped volume of 10μm in depth. These results do not represent 

the volumetric percentage of different minerals. Thus, for better understanding of the rock 

mineralogy, this method is usually coupled with Scanning Electron Microscopy (SEM) 

to give the mineralogy of the present phases (minerals) at different pick points where 

microscope focuses.  

Figure 3-8 show a survey of the surface of the rock in three different photos of 100 times 

magnification at micro-scale. The black spots are the pore spaces, the main element 

(grey), as suggested by EDX and XRD, is calcite. There are very small bright spots 

identified as Pyrite (FeS2). Figure 3-9 shows the main matrix crystals of calcite with a 

size smaller than 1μm. The main type of minerals in the sample were crystals such as 

these. Figure 3-10 depicts larger crystals of calcite (~40μm). To reduce the error of EDX, 

elemental analysis for calcite was performed on this crystal with a width larger than 

10microns. However, the depth of the crystal is uncertain and can introduce elements 

other than (Ca, C and O).  Figure 3-11 shows the mineralogy results (by EDX) for the 

crystal illustrated in Figure 3-10 which shows clean calcite content.  

 

Table 3-1: Weight concentration of different minerals in rock sample B by XRD 

Sample ID Phases Identified Concentration wt % 

Sample 3 

 

CaCO3 – Calcium Carbonate/Calcite 

Hexagonal R-3c 

PDF# 00-005-0586 

 

CaMgSi2O6 – Diopside 

Monoclinic C2/c 

PDF# 04-013-2114 

 

 

98.3 ± 0.4 

 

 

 

1.7 ± 0.1  

 

 

 



Chapter 3: Experimental Setups and Fluid/Rock Systems 

38 

 
Figure 3-7: Quantitative analysis and phase identification of rock type A 
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Figure 3-8: SEM survey of rock type A surface (100 times magnified) 
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Figure 3-9: Main matrix crystals of calcite (3000 times magnified) 

 

Figure 3-10: Larger Calcite crystals (1600 times magnified) 



Chapter 3: Experimental Setups and Fluid/Rock Systems 

41 

 

Figure 3-11: Mineralogy of the rock section shown in Figure 3-10. 

 

 

Figure 3-12: Pyrite crystal in sample (3000 times magnified) 
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Figure 3-13: Mineralogy of the rock section shown in Figure 3-12. 

Table 3-2: Elemental Analysis of Figure 3-12 by EDX 

Element Weight% Mol Mol % 

C 23.90 1.992 43.986 

O 16.49 1.031 22.762 

S 27.68 0.863 19.068 

Ca 9.89 0.247 5.461 

Fe 22.04 0.395 8.723 

Totals 100.00 4.528 100.000 

 

Figure 3-12 magnifies the bright spots in Figure 3-8 by 3000 times. The elemental 

analysis of the same spot (Table 3-2) shows a mole % ratio of 2 for sulphur/iron, which 

is representative of pyrite (FeS2). Generally, other than the small (note the scale in Figure 

3-8) scattered bright spots identified as FeS2 (pyrite), the mineralogy was uniformly 

CaCO3 (calcite); there were also traces of magnesium present. 

 

3.5 Core Sample: Tight Limestone 

The core was drilled from a reservoir whole core run. The core was first thoroughly 

cleaned by injecting plentiful amounts of solvents, toluene and methanol at test 

temperature (133.3°C), followed by nitrogen gas to dry out. The core was then placed in 
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an oven to ensure that it was completely dried. The dry weight of the core was then 

measured, as well as its dimensions. To monitor any possible rock dissolution or salt 

deposition in the core, these measurements (weight, porosity and abs. permeability) were 

repeated after each coreflood experiment.  The core was then loaded into the core-holder 

and pore volume of the core was measured with a helium porosity measurement. 

Subsequently, the core was fully saturated with brine and the porosity measured with 

helium was confirmed. An absolute permeability measurement test was then performed 

on the core sample. Table 3-3 show the measured physical properties of the core.  

 

Figure 3-18: Core before cleaning. 

Table 3-3: Physical properties of the core sample A. 

Physical Property  Value Physical Property  Value  

Length /cm 22.30 Porosity 0.289 

Diameter /cm 5.07 Absolute Permeability 16.2 

Weight /g 932.2 to Formation brine/mD 

Core Pore Volume/ 

cm3 

129.96   

Carbonate Substrates 

The carbonate substrates were trimmed as small thin sections (about 2 mm thick). These 

thin sections were originally cut off a core with 1-inch diameter plug drilled out of the 

whole core stack. The surfaces of the required samples were polished and smoothed using 

a Dremel rotary polisher. Then the samples were rubbed against silicon carbide dust 

(F220, F400, F600 and F1200 respectively) on a smooth surface to minimize surface 

roughness of the rock substrates. The substrates were then washed thoroughly by soaking 

in methanol or toluene/methanol solvents at 60°C for 4 hours, after which they were dried 

out in an oven at 100°C.  
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3.6 Fluid Characterization 

For most of the tests, three live phases (brine, oil and gas) were used. The synthetic brine 

was prepared based on the composition (in ppm of each ion) of the injected brine in 

conditions specific to the reservoir. The hydrocarbon phase was a stock tank crude oil 

from the reservoir that was eventually recombined with the gas phase to make the live 

oil. The injected gas phase during the coreflood experiments was selected to represent 

immiscible, miscible and near-miscible conditions.  

 

3.6.1 Aqueous phase 

Table 3-4 show the ionic composition of the brine. The numbers were then recalculated 

into grams of different salts to be dissolved in fresh distilled water based on their 

molecular numbers. The brine was high salinity (>220,000ppm). The viscosity of each 

brine was measured with ViscoLab4000 (Cambridge Viscometer) in a range of 

temperatures from low temperatures to below boiling point temperature of the brine in 

atmospheric conditions. The density of the same brine was measured with a Mettler 

Toledo D40 densitometer.  Table 3-5 shows the measured viscosity and density of 

injection brine at different temperatures. Live brine was made by saturating brine with 

injection gas to minimize mass transfer between gas and water phase. The exception to 

this was the miscible WAG injection corefloods, in which saturating the brine with CO2 

would result in acidic pH (H2CO3, carbonic acid). This could result in significant 

dissolution of the calcite minerals, changing the pore structure and physical properties of 

the core.  

Table 3-4: Ionic composition of synthetic brine 

 Brine-A 

Cations Concentration (mg/L) 

Na+ 67,200 

Ca2+ 18,230 

Mg2+ 3,628 

Anions Concentration (mg/L) 

Cl- 150,270 

SO4
2- 365 
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Table 3-5: Synthetic injection brine, viscosity and density at ambient pressure 

 Brine-A 

Temperature Viscosity Density 

/°F    /°C /cp /g.ml-1 

68 20 1.658 1.167 

272.1 133.3 0.390* 1.076 

*Live brine viscosity measured under test pressure (4800psi) with capillary viscometer 

rig.  

 

3.6.2 Dead Crude Oil 

The crude oil sample in this study was provided by the project sponsors. No asphaltene 

was observed at the outlet or any permeability reduction caused by asphaltene 

precipitation during corefloods. 

3.6.3 Recombined Oil 

The crude oil was saturated with methane gas to yield live Oil-A1. To ensure similar 

equilibrium composition between gas/oil phases, a constant ratio of gas (methane) and 

Oil-A was used to make live oil and after the equilibration, the gas cap was used as 

injection gas.  

For all the corefloods, live Oil-A1 was used as hydrocarbon phase in Core-A. The 

exception was a gas injection in which crude Oil-A was equilibrated with CO2 below 

MMP to produce live Oil-A2 and the contacted CO2 was used as injection gas (Gas-A2). 

 

3.6.4 Gas 

The injection gases for the corefloods were: methane pre-equilibrated with Oil-A at 

immiscible conditions, pure CO2 at miscible conditions and CO2 pre-equilibrated with 

crude oil. At test conditions, the reported properties for pure CO2  and pre-equilibrated 

gases (measured) were as below: 
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Table 3-6: Properties of Injected Gas  

Gas 
Gas 

Type 

Temperature 

°C 

Pressure 

psig 

Density 

g/cm3 

Viscosity 

cP 

Bg 

cc/Scc 

A1 Pure CO2 133.3 4800 0.5810 0.0471 3.162 E-3 

A2 
CO2 Equilibrated 

with Oil-A 
133.3 4220 0.5975 0.055* 3.030 E-3 

A3 

Methane 

Equilibrated with 

Oil-A 

133.3 4800 0.1648 0.022* 3.147 E-3 

* Measured by capillary viscometer 

 

3.7 Quantifying Core Heterogeneity 

To qualitatively study the level of heterogeneity of the core in which the experiments 

were performed, a lithium tracer test has been performed.   

 

Figure 3-14: Concentration ratio of lithium in effluent brine to base tracer during lithium 

tracer test  

Figure 3-14 shows the concentration ratio of lithium in effluent brine to base tracer during 

a lithium tracer test. The blue part of the curve shows the concentration of the lithium in 

the effluent to base brine while tracer brine with a concentration of C0 is injected. After 

2 PV of injection, the tracer injection was stopped and base brine with no lithium was 

injected. The blue curve inflection point was around 1PV and the curve was S-shaped. 

Similarly, the red curve depicting desorption part of the test showed an inflection around 

3PV and an S-shape around its inflection point. Some non-Fickian transport patterns 
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(‘‘anomalous’’ early arrival and late time tails in breakthrough curves (Levy and 

Berkowitz, 2003)) were distinguished, representing the existence of some level of 

heterogeneity, however, these were weak enough to conclude that the core was relatively 

“homogeneous”. 

3.8 Core Preparation 

The process of immobile water establishment (Swi) in the laboratory involves a series of 

fluid injections and displacements. This procedure is more difficult in tight carbonate 

rocks, since the established Swi by coreflood displacements is usually high. Initially the 

core was saturated with formation brine. A heavy mineral oil (Paragon Scientific, S600 

viscosity standard), with a viscosity of approximately 1945 mPa.s (cp) at room 

temperature (20° C), was then injected into the brine-saturated core with 2000psi pressure 

gradient across the core.  After water establishment, this oil was displaced with a series 

of lighter mineral oils (Sigma Aldrich, Heavy and Light Mineral oils). The mineral oils 

were then washed out with kerosene which showed less asphaltene issues with oil upon 

contact, and crude oil was then injected into the core. To ensure that oil had completely 

displaced kerosene, the viscosity of the effluent was measured and compared with that of 

the injected crude oil. 

3.9 Aging Procedure 

Once the core was saturated with kerosene (in the presence of immobile water saturation) 

and the temperature of the core was increased to the test temperature (133.3 °C). At this 

stage, dead crude oil was injected into the core to displace the kerosene at high 

temperature. After this step, core pressure was increased to the test pressure (4800 psi). 

The core was then aged at this condition for three weeks, during which the pressure drop 

across the core was monitored and became stable at the end of the aging period. Live oil 

was then injected into the core to displace the dead oil. To ensure repeatability of 

wettability restoration, the endpoint relative permeability to live oil was measured 

(0.53±0.01) at the end of aging for each coreflood. No significant difference in endpoint 

relative permeability was observed. 

The outcome of the wettability alteration process by ageing the core in a crude oil depends 

on many factors, including the composition of the oil and brine, oil acid and base 

numbers, brine pH, temperature, duration of the ageing and the initial water saturation. 

Areas of rock surface not overlain by bulk water are subject to wettability alteration by 

adsorption of polar compounds from the crude oil, while areas containing bulk water will 
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retain their original wettability. Thus, the same procedure (the same temperature, brine, 

crude oil and ageing period) was followed after establishing similar irreducible water 

saturation. 

3.10 Density and Effect of Temperature 

As the density of injected fluids plays a dominant role in gravity segregation and accurate 

measurement is essential for IFT measurement, it is extremely important to measure the 

parameter accurately instead of relying on thermodynamic models that are not 

experimentally verified. In these tests, the density of both dead crude oil at atmospheric 

pressure and live oil and gas densities were measured at test conditions. The atmospheric 

density measurements were performed by “DM40” a four-digit accuracy density meter 

from Mettler Toledo. The device measures the density using the oscillating U-tube 

method to measure the density of fluids. The sample is introduced into a U-shaped tube, 

which is electronically excited to oscillate at its characteristic frequency. The 

characteristic frequency changes depending on the density of the sample. The density of 

the sample is determined via determination of the characteristic frequency and an 

appropriate adjustment (AntonPaar, 2015). The main advantage of this method is the 

small volume of the fluid sample required (less than 2cm3) to perform the measurement. 

The live oil and gas density measurements were performed with a “DMA HPA” density 

meter by Anton Parr. A similar method is used in this density meter but it can also operate 

at higher pressure and temperature. The atmospheric densities of the dead brines are 

shown in Table 3-5. Table 3-6 show the densities of injected gases at test conditions.  

3.11 Wettability of the Selected Carbonate Porous Medium 

In this section, to investigate the wettability of the studied rock/brine/oil system a set of 

experiments was conducted. To minimize the artefacts of each wettability measurement 

method, a range of experiments from pore scale to core scale were performed. The 

experiments were electron microscopy, contact angle measurement, spontaneous 

imbibition and forced capillary pressure measurements. Here, each of these experiments 

are described and the results are presented.  

3.11.1 Sample Preparation 

Each of the performed experiments required specific sample preparation. To ensure that 

the selected rock samples for these experiments are representative of the core used in 

coreflood investigations, all the rock samples were cut from cores drilled in the same 



Chapter 3: Experimental Setups and Fluid/Rock Systems 

49 

reservoir core (4 inch.). The drilled core was then cleaned in similar fashion to the main 

core. 

Part of this core was then cut for capillary pressure measurements. The rest of the core 

was cut into thin sections for contact angle measurements. In addition, small samples 

(roughly 2mm*2mm) were cut for electron microscopy imaging. 

3.11.2 Contact Angle Measurements by Drop Shape Analysis 

To study the effectiveness of ageing to restore the wettability of the porous media to a 

condition close to native wettability conditions of the preserved reservoir cores, contact 

angle measurements (captive bubble) on smoothed thin sections of the rock before and 

after ageing with crude oil were performed.  

To minimize the effect of surface roughness on measured contact angles, each thin section 

was smoothed through contact with a series of coarse to fine silicon carbide powders. The 

smoothed samples were then cleaned with solvents and dried. To equilibrate the surface 

forces of the samples, they were aged in formation brine for 24 hours in room conditions.  

This unaged sample was then positioned horizontally inside the viewing chamber of the 

contact angle measurement rig. The chamber was then filled with brine, as the embedding 

phase, and the pressure and temperature were raised to reservoir conditions (133°C and 

4800psi). The dead brine was then displaced with more than three times the chamber 

volume (i.e. 30cm3) of live brine. To obtain the contact angle of live oil and live brine, a 

live oil bubble (about 5 µl) was formed by low-rate injection (1 cm3/hr) through a needle.  

To measure interfacial tension between the oil/brine phases, the images of the bubble 

were analysed immediately before being detached from the needle. This was performed 

by fitting the Young-Laplace equation to the droplet profile using the DSA software 

(Song and Springer, 1996). Then, instead of placing a drop on the solid as in the case of 

the sessile drop, a bubble of lower (than live brine) density live oil was injected beneath 

the thin section, the surface of which was located in the live brine. After equilibration of 

the drop (live oil) and the embedding phase (live brine), the contact angle was then 

measured by drop-shape analysis. Figure 3-15-a shows the contact angle of live oil and 

brine on an unaged thin section. The measured static contact angle (live oil/injection 

brine) before ageing was 24°, which showed the strong water-wetness of the cleaned 
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limestone sample. The same test was repeated on similarly prepared thin-sections and the 

measured contact angles (24°±1°) confirmed the water wetness of the surface before 

aging.  

The second set of contact angle measurements were performed on aged thin sections. The 

same samples were cleaned and equilibrated with brine in a similar approach. Then they 

were aged in contact with oil at reservoir conditions (133°C and 4800psi) for 3 weeks in 

a high-pressure vessel in an oven. After the aging period, the pressure and temperature 

were reduced gradually over 24 hours to avoid disturbing the surface forces on the 

samples. The samples were carefully removed from the vessel. The excess oil on the 

sample surface was cleaned with cyclohexane to maintain the active components on the 

sample surface. The thin section was then placed in the viewing chamber. After setting 

up the reservoir conditions, an oil bubble was formed on the surface of the sample. Similar 

to the contact angle measurements on the unaged sample, the contact angle was monitored 

for approximately 24 hours to ensure the stability of the formed contact angle. Once the 

measured values approached a constant value, the static contact angle was then recorded 

as 95° (Figure 3-15-b). In atmospheric conditions, the water advancing contact angles 

were measured (by retracting oil bubble) in the range of 110º-130º. Systems with water-

advancing contact angles above 150º are generally called oil-wet and between 110º and 

150º weakly oil-wet. Thus, based on the results of contact measurement, the wettability 

was altered to a more oil-wet (weakly oil-wet) condition. 

It has been reported that the surface roughness will generally diminish the apparent 

contact angle for water-wet rock and increase it for oil-wet rock (Anderson, 1986). 

However, a less adverse effect has been reported for contact angles closer to 90°. 

Although the thin-section surfaces were smoothed, surface roughness exists at the 

microscopic scale and the contact angle measurements on thin sections are susceptible to 

surface roughness. So the measured values can only be used in a qualitative capacity and 

results from other experimental methods are required to assess the wettability of the 

selected set of rock/brine/oil. 
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Figure 3-15: Live Oil/Live Brine contact angle measurement a) unaged and b) aged thin-

section. 

 

3.11.3 Gaseous Secondary Electron (GSE) Imaging  

Since the surface roughness can affect the apparent contact angles at macroscopic scale, 

it is necessary to investigate the contact angles at microscopic scale with the aid of 

electron microscopy imaging. While there are several methods of electron microscopy 

imaging, only Gaseous Secondary Electron (GSE) detection method can provide high 

resolution images in low pressures above absolute vacuum. The advantage of this electron 

microscopic imaging method is that at specific pressures very close to absolute vacuum 

it can still provide high-resolution images without scattering the electron beam. At these 

conditions, humidity in the low-pressure air can be condensed and the water drops are 

introduced to the surface of the crystals at microscopic scales. The contact angles and 

distribution of the condensed water on pore surfaces can qualitatively show the initial 

wettability of a rock sample after cleaning or chemical treatment (in this case after aging).  

The small samples cut for these measurements were cleaned thoroughly and dried. The 

samples were then introduced into the microscope chamber (Quanta FEG 650 Suite). 

Figure 3-16-a shows the surface of a dry calcite crystal magnified 350 times. The mineral 

was confirmed to be calcite by EDX during the test. The scale on the lower right side of 

the picture shows the scale of the image. Figure 3-16-b shows the water droplets on the 

surface of an unaged sample which has been magnified 1000 times. The image clearly 

shows that the drop has wetted the surface but has not spread to cover the surface of the 

crystal.  
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Figure 3-16: GSE electron microscopy of an a) unaged calcite crystal before (350 times 

magnified), b) after water condensation (1000 times magnified) and c) aged calcite crystal 

after (800 times magnified) water condensation. 

After imaging the unaged sample, another sample was placed inside the microscope 

chamber. Similar to thin-sections for contact angle measurement and the main core used 
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in core floods, this sample was aged for three weeks at reservoir conditions. This aged 

sample was then placed inside the microscope chamber and the pressure and temperature 

of the air inside were manipulated to condense the water droplet on the pore surface. 

Figure 3-16-c shows a more oil-wet state, as even small water droplets (less than 5μm in 

length) on the surface of the sample do not coalesce to form larger drops and show 

obviously larger contact angles with the surface. This shows a significant change toward 

less water-wetness. 

3.11.4 Spontaneous and Forced Imbibition  

To investigate the wettability of the studied carbonate system at core scale, three 1in. 

cores were cut from the same whole core run of the main limestone core. As with the 

main 2in. core, these cores were cleaned with solvents then dried in an oven. The cores 

were then wrapped and placed in a core holder. The helium core porosities were then 

measured. Later the cores were saturated with formation brine and absolute permeability 

to brine was measured separately. An irreducible water saturation of 10.5 ± 0.5% was 

established by injecting a series of heavy mineral oils. Similar to the main core, the cores 

were aged with crude oil at reservoir conditions for three weeks. The cores were then 

removed from the core holder and placed in a spontaneous imbibition cell and the oil 

recovery by any potential water imbibition was monitored for 21 days. No such oil 

recovery was observed, which confirms no hydrophilic tendencies in the aged core. 

After this period, one of the cores was placed in an imbibition cup and was placed in a 

centrifuge device (CoreLab ACES 100 Centrifuge). The test started at the lowest possible 

rotational speed (1000rpm) to ensure detection of a potential threshold pressure. For each 

RPM the oil produced gathered at the top of the imbibition cells and was recorded. Each 

step was continued for at least 4 hours to ensure equilibrium across the core. The rotation 

speed was only increased when no further oil recovery was observed.  

Figure 3-17 shows a schematic of the Pc measurement by the centrifuge. Along the radius 

of rotation, a profile of centrifugal force (as Pc) is exerted to the core. This provides a 

saturation profile along the rotation radius. However, in the absence of in-situ saturation 

monitoring devices, only the average saturation of the brine and oil can be calculated from 

material balance. At outflow face (r1) the Pc is assumed to be zero and the maximum Pc 

is measured at r2, furthest away from the rotation axis. So the saturation needs to be 

corrected to represent this measured Pc. There are several methods for correcting the 
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saturations involved in the centrifuge method (Hassler and Brunner, 1945, Slobod et al., 

1951, Hermansen et al., 1991, Hoffman, 1963, Rajan, 1986). Most of these methods are 

proposed for drainage direction. However, Forbes (1994) proposed a simple model for 

both imbibition and drainage directions. The comparison of different models showed a 

smoother and more reliable correction by Forbes’ method.    

Figure 3-18 plots the measured and corrected (by Forbes’ method) capillary pressure for 

deaerated brine and dead oil versus water saturation. No oil production was observed at 

1000rpm. This translates into a threshold pressure of 3.3psi above which water is forced 

into the core. The curve confirms oil-wetness of the core. This curve then needs to be 

corrected to represent the Pc between live brine and live oil phases. To perform this 

correction, J-function can be applied to the measured Pc for deaerated brine and dead oil 

in lab conditions to obtain Pcow at reservoir conditions. Figure 3-19 shows the imbibition 

Pc results before and after correcting for measurement conditions. The capillary pressure 

measurement results agree with the observations of contact angle measurement test and 

electron microscopy. 

 

Figure 3-17: Schematic of the centrifuge capillary pressure measurement and Pc and 

saturation profiles for imbibition measurements. 
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𝐽(𝑆𝑤) =
𝑝𝑐(𝑆𝑤)√𝑘/𝜙

𝛾 cos 𝜃 
 (3-2) 

 

Figure 3-18: Imbibition capillary pressure (dead brine/dead oil) measured by centrifuge 

along with the corrected value. 

 

 
Figure 3-19: Imbibition capillary pressure (live brine/live oil) measured by centrifuge 

along with the corrected value.  

 

Table 3-7: Required properties for J-Function application 

Room Conditions (1in. core) Reservoir Conditions (2in. core) 

k (mD) 32.4 k (mD) 16.25 

φ 0.3410 φ 0.2997 

IFTwo (mN/m) 28.5 IFTwo (mN/m) 36.2 

Asssuming θwo_live = θwo_dead 
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3.12 IFT Measurements 

The interfacial tension values between live crude oil samples, brine and gas were 

measured using the pendant drop technique and the results are summarized in Table 3-8. 

The results show high IFT for the oil sample and brine. For immiscible corefloods (Gas 

A1) the IFT of oil and gas was considerably higher than the near-miscible Gas-A2. All 

immiscible gas injection scenarios were performed in non-spreading conditions (S < 0 ). 

Table 3-8: Interfacial tensions measured by pendant drop method 

Fluids 

Interfacial Tension 

Dyne/cm 

Oil-A1/Brine-A 36.2 

 Brine-A/Gas-A3 31.9 

Oil-A1/Gas-A1 NA (Miscible) 

Oil-A2/Gas-A2 0.5 

Oil-A1/Gas-A3 3.3 

3.13 Slim-tube Measurements for MMP Estimation  

To ensure the miscibility of CO2 and live oil at reservoir conditions, five slim-tube tests 

were performed to measure the MMP of CO2 with live oil. There are different approaches 

to measuring MMP from oil recovery trends in slim-tube experiments.  considered the 

plateau of breakthrough oil recovery versus injection pressure as the MMP. 

 

Figure 3-20: MMP measurement method: oil recovered from CO2 flood into slim-tube 

versus pressure (Holm and Josendal, 1974). 



Chapter 3: Experimental Setups and Fluid/Rock Systems 

57 

Later, Graue and Zana (1981) assumed miscibility occurred at the reservoir pressure that 

resulted in a recovery of 90% of the IOIP at 1.2 PV injected. Yellig and Metcalfe (1980) 

defined miscible displacements as having final recoveries at 1.2 PV of CO2 injected, equal 

to or very near the maximum final recovery obtained in a series of tests. In their definition 

of miscibility, they also considered visual observation of transition zones (gradual colour 

fading of the produced fluid with no sharp interface) from oil to CO2. Generally, this 

definition has been the one employed widely by the industry and in this study the MMP 

has been measured and reported in a similar procedure. 

 

Figure 3-21: MMP measurement method: oil recovered from CO2 flood into slim-tube 

versus pressure (Graue and Zana, 1981). 

Flock and Nouar (1984) investigated whether determination of the minimum miscibility 

pressure is the only function of the thermodynamic conditions (nature of fluids and 

temperature) for conventional tests carried out in flat slim-tube coils. They checked the 

effect of tube length and injection rate on the displacement efficiency at various pressures 

covering immiscible and multiple-contact miscible displacements. They concluded that a 

minimum coil length of 40ft is required. They also concluded that injection rate is not 

critical as long as the system is sufficiently long and recommended moderately higher 

injection rates to better differentiate immiscible and miscible displacements.  

The properties of the slim-tube sand pack used in the present study are listed in Table 3-9. 
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Table 3-9: Physical properties of slim-tube sand pack used in this study. 

Length 

/ft 

Diameter 

/cm 

Permeability 

/Darcy 

Pore 

Volume 

/cm3 

Porosity 

60 0.3175 5.7 49.52 34.2% 

Figure 3-22 shows the oil recovery after 1.2PV of gas injection from slim-tube 

displacements. The interception of the linear fits for miscible and immiscible 

displacements show an MMP estimation of 4260psi. To ensure miscibility, the effluent 

of each displacement was observed through a glass viewing window at the outlet (Figure 

3-23). During immiscible displacements, an obvious interface between the phases was 

recognizable but at higher pressure this interface disappears and during miscible gas 

injections the produced oil phase colour gradually fades to clear gas production. The 

results are also confirmed by monitoring the GOR.  

 

Figure 3-22: Oil Recovery after 1.2PV of gas injection into slim-tube versus pressure. 

These tests also helped to select the pressure for the near miscible coreflood (experiment 

9) in which IFT is as low as practically possible. At this pressure, two separate gas and 

oil phases would exist considering estimated pressure build-up during gas injection at 

inlet. This test is designed to study the displacement of very low IFT CO2 injection while 

minimizing mass transfer effects by pre-contacting the oil and CO2 phases.   
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Figure 3-23: Typical photos captured during immiscible (top) and miscible (bottom) slim-

tube displacements at 0.7PV. 

3.14 Rates of Injection and Direction of Flow 

In coreflood experiments, the injection rates were designed to have pore velocity of less 

than 3 ft/day. All the fluids including gas, brine, and all oil samples were injected in a 

horizontally oriented core, except for one of the core floods, in which the effect of gravity 

was studied on corefloods.  

3.15 Dimensionless Numbers and Rates of Injection 

Both phase-trapping and mobilization of fluids in porous media are governed by viscous, 

capillary and gravity forces. For example, increasing the ratio of viscous to capillary 

forces can affect the measured relative permeabilities, the most significant parameter 

affecting multi-phase flow. Thus, appreciating the magnitude of these forces is essential 

to better understanding of the mechanism involved in recovery by multi-phase flow 

(Green and Willhite, 1998). 

To better represent the flow, two dimensionless parameters are calculated. The capillary 

number (Nca) and Bond number (Bo). Capillary number represents the relative effect of 

viscous forces versus surface tension acting across an interface between two immiscible 

liquids (Dullien, 1992, Sahimi, 2011). While several dimensionless numbers have been 
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proposed by different authors (Brownell and Katz, 1947, Moore and Slobod, 1956, Taber, 

1969), the version used by Chatzis and Morrow (1984) was chosen for this study: 

𝑁𝐶𝑎 =
𝑣𝜇𝐷

σ 
 (3-3) 

where, μD is the displacing phase viscosity, v is the pore velocity, and σ is the IFT between 

the displacing and displaced fluid phases. 

The Bond number (Bo) is a dimensionless number expressing the ratio of gravitational 

forces to capillary forces, as: 

𝐵𝑜 =
Δ𝜌𝑔𝑘

σ 
 (3-4) 

where Δρ is the density difference between two fluids, g is the gravity acceleration, k is 

the permeability of the porous medium and similar to NCa, and σ is the IFT between the 

displacing and displaced fluid phases. Chatzis and Morrow (1984) compared several 

coreflood experimental data and showed that for capillary numbers below 10-5 the fluid 

flow in porous media is capillary dominated. While there is no consensus on the number, 

gravity drainage would be negligible for the non-wetting phase at Bond numbers below 

0.1 (Hove et al., 1995). Generally, for tight cores, the value would be well below 0.1. 

Table 3-10 presents the rock and fluid data used for calculation of dimensionless numbers 

for fluids injected into the core. The data have been measured in the lab or provided by 

the sponsor company.  The corresponding dimensionless numbers for different coreflood 

experiments are then calculated in Table 3-11.  The results show that a stable and 

capillary-dominated flow in all coreflood experiments could be expected, with the 

calculated capillary and bond number being significantly less than 1.0 E-5. The next 

chapter will investigate whether this speculation is correct for horizontal immiscible gas 

injection, as there is significant density difference between injected gas and live oil.  
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Table 3-10: The rock and fluid data used in calculation of dimensionless numbers. 

Porous 

Media 

Waterflooding 

(T=133.3C, 

P=4800psig) 

Immiscible 

Gas Injection 

Near-Miscible 

Gas Injection 

(T=133.3C, 

P=4800psig) 

(T=133.3C, 

P=4220psig) 

k=16.25mD 𝜎𝑜𝑤 =36.2 dyne/cm 𝜎𝑔𝑜 =3.3 dyne/cm 𝜎𝑔𝑜 =0.6 dyne/cm 

Pore Velocity 𝜇𝑤 =0.390 cp 𝜇𝑔 =0.022 cp 𝜇𝑔 =0.055 cp 

=2.7ft/day 𝜌𝑤 =1.076 g/cm3 𝜌𝑔 =0.165 g/cm3 𝜌𝑔 =0.598 g/cm3 

 𝜌𝑜 = 0.686 g/cm3 𝜌𝑜 = 0.686 g/cm3 𝜌𝑜 = 0.775 g/cm3 

 

 

 Table 3-11: Dimensionless numbers of coreflood experiments in Core-A. 

Waterflooding 

(T=133.3C, 

P=4800psig) 

Immiscible 

Gas Injection 

Near-Miscible 

Gas Injection 

(T=133.3C, 

P=4800psig) 

(T=133.3C, 

P=4220psig) 

𝑁𝐶𝑎 =1.03 E-7 𝑁𝐶𝑎 =6.35 E-8 𝑁𝐶𝑎 = 8.73 E-7 

𝐵𝑜 = 2.88 E-10 𝐵𝑜 = 4.22 E-9 𝐵𝑜 = 7.89 E-9 
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 INVESTIGATION OF MULTIPHASE FLOW DURING 

IMMISCIBLE GAS INJECTION STRATEGIES 

 

 

 

4.1 Introduction 

Gas injection and different injection scenarios (e.g. WAG and SWAG) to control gas 

mobility are recovery techniques widely applied to oil reservoirs to enhance oil recovery, 

minimize flaring and reduce the carbon footprint. WAG and SWAG injection laboratory 

data for oil-wet carbonates are scarce. This type of data is relevant to reliable simulation 

of these EOR methods in carbonate reservoirs. Most of the available trapping and relative 

permeability models are designed based on data from coreflood in water-wet and more 

recently mixed-wet sandstone rocks. Therefore, the use of these models will introduce 

significant uncertainty to oil recovery, breakthrough time and potential injectivity issues. 

To minimize the uncertainty, it is key to assess these models against reliable experimental 

data in reservoir conditions. The availability of such data could help in developing new 

models and methodologies to simulate WAG and SWAG injection in carbonates. 

This chapter presents the results of a comprehensive set of immiscible coreflood 

experiments in a selected “homogeneous” carbonate. The objective of the first three sets 

of corefloods was to investigate effect of injection strategy on multiphase flow in a 

carbonate porous medium with oil-wet tendencies. The first part of this chapter presents 

the details of these coreflood experiments. The objective of performing the fourth set of 

corefloods in the vertical direction was to study the effect of gravity on secondary 

immiscible gas injection as well as the following WAG injection. The second part of the 

chapter presents the results of this coreflood. These are then compared with those of 

horizontal gas and WAG injection. The observed trapping behaviour in these corefloods 

is then compared with those reported in published literature for mixed-wet sandstones to 

emphasize the differences. The phase trapping results and their effect on producing 

residual oil are then discussed. The last part of the chapter examines the potential 

injectivity loss during each gas injection scenario. In this study, a carbonate reservoir core 
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was selected to represent a non-fractured carbonate system. To uncouple mass transfer 

effects from multi-phase flow data, all the fluid phases used in the immiscible gas 

injection scenarios were pre-equilibrated. The detailed properties of the core and the 

injected fluids were specified in Chapter 3. 

4.2 Immiscible WAG after Secondary Waterflood (Experiment 1) 

The first immiscible coreflood was performed in horizontal direction. The WAG was 

conducted in five cycles after conventional waterflooding. During the displacements, the 

outlet core pressure (at BPR) and the overburden pressure were held constant at 4800 psig 

and 5400 psig respectively. 

4.2.1 Secondary Waterflood Injection 

The experiment commenced by water injection into the core with initial water and oil 

saturations of Swim = 10.7% and Soi = 89.3%. The water injection period was performed 

for 1.56 PV. To ensure the measured residual oil saturation to water was not affected by 

end effects, the water injection rates were increased in steps (Figure 4-1). The increase in 

differential pressure (DP) with injection rate was not linear. This was accompanied by oil 

production. After the first bump flood, the pressure drop reduced significantly at the same 

injection rate, which signifies the capillary end effect in the core. The injection was then 

continued for one PV with no oil production. Finally, the injection rate was increased in 

the second bump flood. No further oil production was observed. The injection rate was 

then decreased in steps. During the second bumpflood, no oil was produced, 

demonstrating the insignificance of capillary end effect. The pressure drop stabilised at 

6.9 psi.  

 

 Figure 4-1: Pressure drop and oil recovery (Experiment 1: Secondary water injection). 
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Figure 4-2 shows the recovered oil during the secondary waterflooding at reservoir 

conditions. From the start of the water injection, the only produced phase is oil until 0.42 

PV injections, at which water breakthrough occurred. At breakthrough 45.4% of the oil 

was recovered. The oil production (at lower rates) continued after water breakthrough and 

oil recovery increased to 61.2% at 2PV of water injection. This type of recovery trend is 

explained by the presence of continuous oil layers in oil-wet systems, which help to 

produce the bypassed oil by film flow after breakthrough. In addition, the suppression of 

the snap-off mechanism reduces the amount of trapped oil to water. The observed 

recovery was in agreement with recoveries from oil-wet data reported by (Jadhunandan 

and Morrow, 1995). 

 

Figure 4-2: Oil recovery (%IOIP) vs PV of water injected (Experiment 1: Secondary 

water injection). 

Figure 4-3 shows the dissolved gas production in standard cubic centimetres when the 

produced oil pressure drops to atmospheric pressure. After cessation of oil production, no 

further gas production was observed.  The oil and water saturations at the end of this 

water injection period, as calculated from material balance, were 34.3% and 65.7% 

respectively (Figure 4-4). 
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Figure 4-3: Gas production vs PV of water injected (Experiment 1: Secondary water 

injection). 

 

 

Figure 4-4: Average water and oil vs PV of water injected (Experiment 1: Secondary 

water injection). 

4.2.2 Tertiary Immiscible Gas Injection 

Following the the secondary waterflooding, immiscible gas was injected in tertiary mode. 

Before the injection, the initial saturations of oil, water and gas in the core were Sorw = 

34.3% and Sw = 65.7% respectively. Gas injection through the core was carried out for 

more than 2 PV when the GOR was above 5000 scc/scc. The subsequent injection periods 

were conducted with the same injection rate. 

Figure 4-5 and Figure 4-6 show the pressure drop across the core along with oil recovery 

(%IOIP) and produced brine as a function of the injected gas pore volume, respectively. 

At the start of the gas injection, initially, only brine was being produced at the outlet with 
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no oil. At 0.16PV an oil bank was produced, after which no significant oil production was 

observed. Oil production started at 0.15 PV before gas breakthrough. 

Water production continued (at lower rates) until 0.65 PV gas injection, after which water 

production became negligible. Figure 4-7 shows the average values of oil, gas and water 

saturations during this period of the test. The additional oil recovery in this period of 

injection was 1.3% of IOIP. 

 

Figure 4-5: Oil Recovery and pressure drop across the core vs PV gas injected 

(Experiment 1: Tertiary immiscible gas injection). 

 

 

 

Figure 4-6: Water production vs PV gas injected (Experiment 1: Tertiary immiscible gas 

injection). 
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Figure 4-7: Average water, oil and gas saturation vs PV gas injected (Experiment 1: 

Tertiary immiscible gas injection). 

 

4.2.3 Immiscible WAG after Secondary Waterflood (Experiment 1: 2nd Water 

Injection) 

The 2nd water injection started immediately after the 1st gas injection, at which time the 

saturations of oil, water and gas in the core were Sorg = 33.1%, Swrg = 47.2% and Sg = 

19.7%, respectively. Water injection was continued for 1.0 PV. Figure 4-8 and Figure 4-9 

show the pressure drop across the core along with oil recovery (%IOIP) and standard gas 

production as a function of the of injected water pore volume, respectively. 

The pressure drop increased, showing significant injectivity loss. This will be discussed 

in more detail in the next sections. With the start of water injection, gas production started. 

After around 0.17 PV of water injection, when water breakthrough occurred, there was a 

sudden reduction in gas production rates. However, the gas production continued almost 

until the end water injection. It must be noted that some condensate was produced with 

the produced gas. This was the part of the oil that had evaporated into the gas cap during 

gas-oil recombination.  

Figure 4-10 shows average values of oil, gas and water saturations during this period of 

the water injection. The trapped gas saturation at end of the injection was 3.6%. The 

maximum water saturation decreased from 65.7% at the end of first (two-phase) water 

injection to 63.2%.  
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Figure 4-8: Oil recovery and pressure drop across the core vs PV of water injected 

(Experiment 1: 2nd water injection). 

 

Figure 4-9: Gas production vs PV of water injected (Experiment 1: 2nd Water Injection). 

 

Figure 4-10: Average water, oil and gas saturation vs PV water injected (Experiment 1: 

2nd water injection). 



Chapter 4: Investigation of Multiphase Flow During Immiscible Gas Injection Strategies 

69 

4.2.4 Immiscible WAG after Secondary Waterflood (Experiment 1: 2nd Gas Injection) 

The test continued with another period of gas injection after the 2nd water injection, at 

which time the saturations of oil, water and gas in the core were Sorw = 33.1%, Swi = 63.2% 

and Sgrw = 3.6%, respectively. Gas injection was continued for more than 1.5 PV when 

the water and oil production rates were practically zero (GOR > 5,000 Scc/Scc). Figure 

4-11 and Figure 4-12, respectively, show the pressure drop across the core along with oil 

recovery (%IOIP) and produced brine, all as a function of the pore volume of injected gas 

into the core. With the start of the gas injection, initially, only brine was being produced. 

Then a small bank of oil was produced and this was followed by a gas breakthrough. 

Production of the brine continued for more than 1 PV after gas breakthrough. The gas 

saturation at the end of injection periods increased from 19.7% in first gas injection period 

to 21.4% in the second gas injection. 

 

Figure 4-11: Oil Recovery and pressure drop across the core vs PV gas injected 

(Experiment 1: 2nd gas injection). 
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Figure 4-12: Water production vs PV gas injected (Experiment 1: 2nd gas injection). 

 

 

Figure 4-13: Average water, oil and gas saturation vs PV gas injected (Experiment 1: 2nd 

gas injection). 

 

4.2.5 Immiscible WAG after Secondary Waterflood (Experiment 1: 3rd water 

injection) 

The 3rd water injection started immediately after the 2nd gas injection, at which time the 

saturations of oil, water and gas in the core were Sorg = 31.5%, Swrg = 47.1% and Sg = 

21.4%, respectively. Water injection was continued for 1.0 PV. Figure 4-14 and Figure 

4-15 show the pressure drop across the core along with oil recovery (%IOIP) and standard 

gas production as a function of the injected water pore volume, respectively. 

The pressure drop did not show a significant difference from the 2nd water injection. With 

the start of water injection, gas production started. After around 0.15 PV of water 
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injection, when water breakthrough occurred, there was a sharp reduction in gas 

production rates. The gas production continued almost until the end water injection. As 

in the 2nd water injection, some condensate was produced with the produced gas. The 

produced oil only added up to 0.3cc. 

Figure 4-16 shows average values of water, oil and gas saturations during this period of 

the water injection. The trapped gas saturation at end of the injection increased to 5.8% 

from that of the 2nd water injection. At the end of this injection period, the maximum 

water saturation decreased only 0.1% over that of the 2nd water injection period (Sw
2nd = 

63.2%).  

 

Figure 4-14: Oil Recovery and pressure drop across the core vs PV of water injected 

(Experiment 1: 3rd water injection). 

 

Figure 4-15: Gas production vs PV of water injected (Experiment 1: 3rd water injection). 
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Figure 4-16: Average Water, Oil and Gas saturation vs PV water injected (Experiment 1: 

3rd water injection). 

 

4.2.6 Immiscible WAG after Secondary Waterflood (Experiment 1: 3rd Gas Injection) 

The test continued with another period of gas injection after the 3rd water injection, at 

which time the saturation of oil, water and gas in the core were Sorw = 31.1%, Swi = 63.1% 

and Sgrw = 5.8%, respectively. Gas injection was continued for 1.5 PV when the water and 

oil production rates were practically zero.  

 

Figure 4-17: Oil Recovery and pressure drop across the core vs PV gas injected 

(Experiment 1: 3rd gas injection). 

 

Figure 4-17 and Figure 4-18, show the pressure drop across the core along with oil 

recovery (%IOIP) and produced brine as a function of the pore volume of injected gas 

into the core, respectively. With the start of the gas injection, initially, only brine was 
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produced. Then a small bank of oil was produced and this was followed by a gas 

breakthrough. The oil production stopped at 1 PV. Production of the brine continued for 

more than 1 PV after gas breakthrough. Figure 4-19 shows the average saturation of each 

phase. The gas saturation at the end of injection periods increased from 21.4% in second 

gas injection period to 25.4% in the third gas injection. 

 

Figure 4-18: Water production vs PV gas injected (Experiment 1: 3rd gas injection). 

 

 

Figure 4-19: Average water, oil and gas saturation vs PV gas injected (Experiment 1: 3rd 

gas injection). 
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4.2.7 Immiscible WAG after Secondary Waterflood (Experiment 1: 4th Water 

Injection) 

The 4th water injection was performed immediately after the 3rd gas injection, at which 

time the saturations of oil, water and gas in the core were Sorg = 30.4%, Swrg = 44.1% and 

Sg = 25.4%, respectively. Water injection was continued for 1.0 PV. Figure 4-20 and 

Figure 4-21 show the pressure drop across the core with oil recovery (%IOIP) and 

standard gas production as a function of the pore volume of injected water, respectively. 

 

Figure 4-20: Oil recovery and pressure drop across the core vs PV of water injected 

(Experiment 1: 4th Water Injection). 

As in previous water injections, the pressure drop did not show any significant difference 

from the 2nd water injection. With the start of water injection, gas production commenced. 

The water breakthrough was around 0.15 PV of water injection. This reduced gas 

production rates. However, gas production rates continued almost until the end of water 

injection. Similarly to the 2nd and 3rd water injection periods, some condensate was 

produced with the produced gas. No additional oil recovery was observed. 

Figure 4-22 shows average values of water, oil and gas saturations during this period of 

the water injection. The trapped gas saturation at end of the injection increased to 8.1%. 

At the end of this injection period, the maximum water saturation decreased 2% from that 

in the 3rd water injection period (Sw
3rd = 63.5%).  
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Figure 4-21: Gas production vs PV of water injected (Experiment 1: 4th water injection). 

 

 

Figure 4-22: Average water, oil and gas saturation vs PV water injected (Experiment 1: 

4th water injection). 

 

4.2.8 Immiscible WAG after Secondary Waterflood (Experiment 1: 4th Gas Injection) 

The test continued with another period of gas injection after the 4th water injection, at 

which time the saturations of oil, water and gas in the core were Sorw = 30.4%, Swi = 61.5% 

and Sgrw = 8.1%, respectively. Gas injection was continued for 1.5 PV when the water and 

oil production rates were practically zero.  
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Figure 4-23: Oil recovery and pressure drop across the core vs PV gas injected 

(Experiment 1: 4th gas injection). 

Figure 4-23 and Figure 4-24 show the pressure drop across the core with oil recovery 

(%IOIP) and produced brine as a function of the pore volume of injected gas into the core, 

respectively. Similarly to previous gas injection periods, a (small) bank of oil was 

produced just before gas breakthrough. The oil production stopped at 1 PV. Production 

of the brine continued until the end of gas injection. Figure 4-25 shows the average 

saturation of each phase. The gas saturation at the end of the injection periods increased 

from 25.4% in the third gas injection period to 26.7% in the fourth gas injection. 

 

Figure 4-24: Water production vs PV gas injected (Experiment 1: 4th gas injection). 
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Figure 4-25: Average water, oil and gas saturation vs PV gas injected (Experiment 1: 4th 

gas injection). 

 

4.2.9 Immiscible WAG after Secondary Waterflood (Experiment 1: 5th Water 

Injection) 

At the start of the 5th water injection, the saturations of oil, water and gas in the core were 

Sorg = 29.9%, Swrg = 43.5% and Sg = 26.7%, respectively. Water injection was continued 

for 1.1 PV. Figure 4-26 and Figure 4-27 show the pressure drop across the core with oil 

recovery (%IOIP) and standard gas production as a function of the pore volume of 

injected water in the core, respectively. 

As in the previous water injections (2nd, 3rd and 4th water injections), the pressure drop 

did not show any significant difference from the previous experiments. With the start of 

water injection, gas production started. The water breakthrough was around 0.15 PV of 

water injection. This reduced gas production rates. However, gas production continued 

almost until the end of water injection. Some condensate was produced with the produced 

gas. No additional oil production was observed. 

Figure 4-28 shows average values of water, oil and gas saturations during this period of 

the water injection. The trapped gas saturation at end of the injection increased to 9.2%. 

At the end of this injection period, the maximum water saturation decreased by 0.5% from 

the 4th water injection period (Sw
4th = 61.5%).  
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Figure 4-26: Oil recovery and pressure drop across the core vs PV of water injected 

(Experiment 1: 5th water injection). 

 

 

Figure 4-27: Gas production vs PV of water injected (Experiment 1: 5th water injection). 
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Figure 4-28: Average water, oil and gas saturation vs PV water injected (Experiment 1; 

5th water injection). 

 

4.2.10 Immiscible WAG after Secondary Waterflood (Experiment 1: 5th Gas Injection) 

The last period of gas injection was performed after the 5th water injection, at which time 

the saturations of oil, water and gas in the core were Sorw = 29.9%, Swi = 61.0% and Sgrw 

= 9.2%, respectively. Gas injection was carried out for 1.6 PV when the water and oil 

production rates were practically zero. Figure 4-29 and Figure 4-30 show the pressure 

drop across the core with oil recovery (%IOIP) and produced brine as a function of the 

pore volume of injected gas, respectively. At 0.2PV a small bank of oil was produced 

before gas breakthrough. The oil production ceased at 1 PV. The fluctuations observed in 

oil production are the result of the breakdown of emulsified produced oil in the test tubes. 

Production of the brine continued until the end of gas injection. Figure 4-31 shows the 

average saturation of each phase. The gas saturation at the end of the injection periods 

increased from 26.7% in the third gas injection period to 27.8% in the fourth gas injection. 
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Figure 4-29: Oil recovery and pressure drop across the core vs PV gas injected 

(Experiment 1: 5th gas injection). 

 

Figure 4-30: Water production vs PV gas injected (Experiment 1: 5th gas injection). 

 

Figure 4-31: Average water, oil and gas saturation vs PV gas injected (Experiment 1: 5th 

gas injection). 
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4.2.11 Phase Saturations (Experiment 1) 

Figure 4-32 shows oil, water and gas average saturations inside the core during 

experiment 1. As the alternation of water and gas injection continued, the remaining water 

saturation (at the end of gas injections) decreased. Swrg decreased from 47.7% at the end 

of the 1st gas injection to 43.0% after the 5th gas injection. During WAG injection, trapped 

gas saturation gradually increased from 3.6% after the 2nd water injection to 9.2% after 

the 5th water injection.  

Figure 4-33 shows oil recovery (IOIP%) as a function of PV brine and gas injected into 

the core during the WAG test. Secondary waterflooding produced 61.2% of the initial oil 

in place. The ultimate oil recovery (IOIP%) after the next 13 PV of the WAG injection 

(alternating injection of the gas and water) was 67.5% of the IOIP. 

Figure 4-34 shows that 16% of the residual oil after waterflooding (Sorw) was recovered 

during the alternating injection of gas and water.  The oil was produced mainly during 

gas injection periods. However, the alternate water injections managed to create new 

paths for gas flow to recover more oil.  

Figure 4-35 shows the fraction of the pore volume occupied by three phases during 

different stages of the WAG injection, which shows that as the WAG injection continues 

and oil occupancy decreases, the gas occupancy band becomes larger. However, this is 

not significant. During the injected fluid alternations, water and gas are mainly displacing 

each other. This results in poor performance of this WAG injection. 

Figure 4-36 shows the ternary diagram of the saturation path during this WAG injection. 

The dashed green circle shows the three-phase region. The gas injection periods are 

shown as dashed red lines. Given the high oil recovery during secondary waterflooding, 

the saturation path covered only a small three phase region. This indicates similar 

saturation paths. This insignificant hysteresis effect explains the poor WAG performance.  
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(a)  

(b)  

Figure 4-32: Average saturations of a) oil, b) water and gas vs PV fluids injected 

(Experiment 1: Immiscible WAG after secondary waterflood). 
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Figure 4-33: Oil recovery (%IOIP) vs PV fluids injected (Experiment 1: Immiscible 

WAG after secondary waterflood). 

 

  

Figure 4-34: Oil recovery (% of the residual oil saturation) vs PV fluids injected 

(Experiment 1: Immiscible WAG after secondary waterflood). 
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Figure 4-35: Pore occupancy of oil, water and gas at different stages of the WAG injection 

(Experiment 1: Immiscible WAG after secondary waterflood). 

 

 

Figure 4-36: Ternary diagram of average saturation path during WAG (Experiment 1: 

immiscible WAG after secondary waterflood). 
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4.3 Immiscible WAG after Secondary Gas Injection (Experiment 2) 

The second set of immiscible corefloods were performed after secondary immiscible gas 

injection in a horizontal direction. As in experiment 1, during the immiscible 

(Experiments 1-4) and miscible corefloods (Experiments 5-7), the outlet core pressure (at 

BPR) and the overburden pressure were held constant at 4800 psig and 5400 psig 

respectively. The objective of this coreflood was to study the effect of injection history 

on the WAG injection scenario.  

4.3.1 Secondary Immiscible Gas Injection 

Coreflood 2 started by gas injection into the core with initial water and oil saturations of 

Swim = 11.4% and Soi = 88.6%. The secondary gas injection period was continued for 2 

PV.  

 

Figure 4-37: Oil recovery (%IOIP) and pressure drop (psi) vs PV of gas injected 

(Experiment 2: Immiscible secondary gas injection). 

 

Figure 4-37 shows the recovered oil along with the pressure drop across the core during 

the first (secondary) gas injection at reservoir conditions. From the start of the gas 

injection, the only produced phase was oil until 0.18 PV injection, at which gas 

breakthrough occurred. At breakthrough, 19.4% IOIP was recovered. The oil production 

continued after gas breakthrough and oil recovery increased to 34.2% at 2PV of gas 

injection. It must be noted that some condensate was produced with the produced gas. 

This was the part of the oil that evaporated into the gas cap during gas and oil pre-

equilibration. However, the condensate production was measured and the produced oil 

volume was corrected. No mobility of irreducible water through evaporation into the 

injected gas phase was observed.  
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At breakthrough, a sharp drop was observed and at the end of the injection period the 

pressure drop slope was relatively small. However, while the oil production reduced after 

gas breakthrough injection, after 2PV, an oil production plateau was not observed. The 

main objective of this coreflood was to study WAG injection after 2-phase gas injection. 

Therefore, the injection fluid was changed to water at this point.   

 

The water, oil and gas saturations at the end of this injection period, as calculated from 

material balance, were 11.4%, 58.3% and 30.3% respectively (Figure 4-38). The high 

remaining oil saturation after 2PV of gas injection caused by an early breakthrough could 

be the result of gravity segregation as well as fingering. To investigate how gravity effects 

can affect the observed recovery and trapping trends, a similar coreflood in the vertical 

direction (gravity stable) was performed. 

 

Figure 4-38: Average water, oil and gas saturations vs PV of gas (Experiment 2: 

Secondary gas injection). 

4.3.2 Immiscible WAG after Secondary Gas Injection (Experiment 2: 1st Water 

Injection) 

The coreflood test was then continued with a water injection after the secondary gas 

injection, at which time the saturations of water, oil and gas in the core were Swir = 11.4%, 

So = 57.7% and Sg = 30.9%, respectively. Water injection was continued for 2.0 PV when 

the oil production dropped to zero.  

Figure 4-39 and Figure 4-40 show the pressure drop across the core with oil recovery 

(%IOIP) and standard gas production as a function of the pore volume of injected water, 

respectively. With the start of the water injection, initially, gas was being produced at the 
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outlet, accompanied by small volumes of oil. At 0.18PV a large oil bank (8% IOIP) was 

produced. This was followed by water breakthrough at 0.25 PV. The oil and the dissolved 

gas production continued even after the water BT until 1.5 PV of injection. At this point, 

the oil and gas production ceased. The additional oil recovery at the end of this injection 

period was 17.4% IOIP. Compared to gas injection, the pressure drop increased, showing 

significant injectivity loss. This will be discussed in more detail in the next sections. 

The injection was continued to 2PV to ensure correct gas trapping values. When the oil 

bank started to produce, the slope of gas production significantly decreased and this was 

followed by another reduction in the fractional flow of gas as water production started 

(0.25PV) - Figure 4-40. 

Figure 4-41 shows the average values of oil, gas and water saturations during this period 

of the test. The gas saturation dropped to 9.0%, which was higher than trapped gas values 

in most water injection periods of WAG after waterflood. 

 

Figure 4-39: Oil recovery (%IOIP) and pressure drop across the core (psi) vs PV water 

injected (Experiment 2: 1st water injection). 
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Figure 4-40: Gas production (Scc) vs PV water injected (Experiment 2: 1st water 

injection). 

 

 

Figure 4-41: Average water, oil and gas saturation vs PV water injected (Experiment 2: 

1st water injection). 

 

4.3.3 Immiscible WAG after Secondary Gas Injection (Experiment 2: 2nd Gas 

Injection) 

The 2nd gas injection was started immediately after the 1st water injection, at which time 

the saturations of oil, water and gas in the core were Sorw = 42.3%, Sw = 48.7% and Sgrw = 

9.0%, respectively. Gas injection was continued for 2.0 PV. Figure 4-42 and Figure 4-43 

show the pressure drop across the core with oil recovery (as %IOIP) and produced brine 

as a function of the pore volume of injected gas in the core, respectively. 
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With the onset of gas injection, brine production started. After around 0.10 PV of gas 

injection, the oil production started. The gas breakthrough happened soon at 0.16 PV. At 

this point the water production rates decreased significantly. The water production 

continued almost until the end of water injection, although water production rates 

decreased even further after 0.7 PV.  

Figure 4-44 shows average values of oil, gas and water saturations during this period of 

the gas injection. The maximum gas saturation at end of the injection reached 30.5%. The 

water saturation decreased from 48.7% at the end of first water injection to 31.2%. The 

three phase saturations almost reached a plateau at the end of the injection period. 

 

Figure 4-42: Oil recovery and pressure drop across the core (psi) vs PV of gas injected 

(Experiment 2: 2nd gas injection). 

 

 

Figure 4-43: Water production (PV) vs PV of gas injected (Experiment 2: 2nd gas 

injection). 
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Figure 4-44: Average water, oil and gas saturation vs PV of gas injected (Experiment 2; 

2nd gas injection). 

4.3.4 Immiscible WAG after Secondary Gas Injection (Experiment 2: 2nd Water 

Injection) 

The test continued with another period of water injection after the 2nd gas injection, at 

which time the saturations of oil, water and gas in the core were Sorg = 38.4%, Swrg = 

31.2% and Sgi = 30.5%, respectively. Water injection through the core was carried out for 

2.0 PV. Figure 4-45 and Figure 4-46 show the pressure drop across the core with oil 

recovery (%IOIP) and standard gas production as a function of the pore volume of 

injected water, respectively. At the start of the water injection, only gas was produced. 

Production of the gas reduced significantly after 0.16PV, at which point water 

breakthrough happened. The gas saturation at the end of injection periods decreased from 

30.5% in the second gas injection period to 9.5% at the end of water injection - Figure 

4-47. 
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Figure 4-45: Oil recovery and Pressure drop across the core (psi) vs PV water injected 

(Experiment 4: 2nd water injection). 

 

Figure 4-46: Gas production (Scc) vs PV water injected (Experiment 4: 2nd water 

injection). 

 

Figure 4-47: Average water, oil and gas saturation vs PV water injected (Experiment 4: 

2nd water injection). 
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4.3.5 Immiscible WAG after Secondary Gas Injection (Experiment 2: 3rd Gas 

Injection) 

The 3rd gas injection started immediately after the 2nd water injection, at which time the 

saturations of oil, water and gas in the core were So = 38.4%, Swi = 52.2% and Sgrw = 9.5%, 

respectively. Gas injection was continued for 2.0 PV. Figure 4-48 and Figure 4-49 show 

the pressure drop across the core with oil recovery (%IOIP) and produced brine as a 

function of the pore volume of injected gas in the core, respectively. 

With the start of gas injection, water production resumed. After around 0.08 PV of gas 

injection, before the gas breakthrough, oil started to be produced. This continued for the 

whole injection period. The breakthrough of injected gas was at 0.15 PV. The water 

production rate reduced significantly at 0.15PV, where gas started to be produced. Water 

production stopped at about 1.5 PV of gas injection.  

Figure 4-50 shows average values of water, oil and gas saturations during this period of 

the water injection. The maximum gas saturation at end of the injection reached to 29.3%. 

At the end of this injection period, the water saturation decreased to 33.9%.  

Because there was no additional oil recovery after the 2nd water injection and already 10 

PV had been injected, the test was stopped after the 3rd gas injection. 

 

 

Figure 4-48: Oil recovery and pressure drop across the core vs PV of gas injected 

(Experiment 2: 3rd gas injection). 
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Figure 4-49: Water production vs PV of gas injected (Experiment 2: 3rd gas injection). 

 

 

Figure 4-50: Average water, oil and gas saturation vs PV of gas injected (Experiment 2; 

3rd gas injection). 

 

4.3.6 Phase Saturations (Experiment 2) 

Figure 4-51 shows oil, water and gas average saturations inside the core during the 

complete WAG injection. Unlike WAG injection after secondary waterflood, for which 

initial water saturation was high and decreased in further injection periods, in this set of 

corefloods, as the alternation of water and gas injection continued, remaining water 

saturations (at the end of gas injections) and maximum water saturations increased. Swrg 

increased from 31.2% at the end of the 2nd gas injection to 33.9% after the 3rd gas 

injection. This water saturation trend is different from that observed in experiment 1. This 

may be explained by the fact that in this study, the average saturations calculated by 

material balance are reported and gravity segregation may exist in this experiment. The 
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saturation trends will be discussed in further detail when these results are compared with 

those of vertical WAG injection following secondary gas injection. While maximum gas 

saturation showed a slight decrease from 30.9% in the 1st gas injection to 30.5% in the 

2nd gas injection, the trapped gas saturation increased slightly from 9% in the 1st water 

injection to 9.5% in the 2nd water injection.   

(a)  

(b)  

Figure 4-51: Average saturations of oil (a), water and gas b) vs PV fluids injected 

(Experiment 2; Immiscible WAG after secondary gas injection). 

Figure 4-52 shows oil recovery (in terms of percentage of the IOIP) as a function of PV 

brine and gas injected into the core during the WAG test. Secondary gas injection 

produced 34.2% of the initial oil in place. The ultimate oil recovery (fraction of IOIP) 

after 10 PV of the WAG injection (alternating injection of the gas and water) was 57.8% 

of the IOIP.  
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Figure 4-53 shows that 26.7% of the remaining oil after gas injection was recovered in 

the 1st water injection.  After 8PV of WAG injection, ultimately 36.3% of the remaining 

oil after gas injection was recovered. 

 

 

Figure 4-52: Oil recovery (%IOIP) vs PV fluids injected (Experiment 2: Immiscible 

WAG after secondary gas injection). 

 

  

Figure 4-53: Oil recovery (% of the remaining oil saturation) vs PV fluids injected 

(Experiment 2: Immiscible WAG after secondary gas injection). 
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Figure 4-54 shows the fraction of the pore volume occupied by the three phases during 

different stages of the WAG injection, and it can be seen that, as the WAG injection 

continues and oil occupancy decreases, the water occupancy band becomes slightly larger 

and the gas occupancy band is almost constant. However, similarly to the case of WAG 

after secondary waterflood, water and gas phases are mainly displacing each other. 

 

      

Figure 4-54: Pore occupancy of oil, water and gas at different stages of the WAG injection 

(Experiment 2: Immiscible WAG after secondary gas injection). 

Figure 4-55 shows the ternary diagram of the saturation path during this WAG injection. 

The dashed green circle shows the three-phase region. The saturation path during first 

water injection after secondary gas injection has covered a relatively large area of three 

phase region. However, no significant change of saturation path during 2nd water and 3rd 

gas injection is observed, resulting in poor oil recovery from later injection cycles. The 

three phase gas injection periods are shown as dashed red lines.  



Chapter 4: Investigation of Multiphase Flow During Immiscible Gas Injection Strategies 

97 

 

Figure 4-55: Ternary diagram of saturation path during WAG injection (Experiment 2: 

Immiscible WAG after secondary gas injection). 

 

4.4 Immiscible SWAG Injection (Experiment 3) 

The coreflood 3 started by co-injection of gas and water (SWAG ratio of one) into the 

core with initial water and oil saturations of Swim = 12.0% and Soi = 88.0%. The coreflood 

was performed with equal water and gas injection rates (SWAG ratio of one) and 

continued for 6 PV. Similar to immiscible WAG injections, the coreflood was performed 

at 4800psig. 

Figure 4-56 shows the recovered oil in reservoir conditions during simultaneous water 

and gas injection, along with pressure drop at reservoir conditions. The gas breakthrough 

(BT) happened at 0.31 PV of injection, which was followed by water BT at 0.34. The 

breakthrough recoveries for gas and water are marked as green and black points 

respectively on Figure 4-56. 

The breakthrough of gas was significantly delayed from 0.18 PV of injection in two-phase 

gas injection in coreflood 3 (immiscible WAG after secondary gas injection) to 0.31PV 

in SWAG. This controlled mobility of the gas led to 14% more oil recovery at 

breakthrough than gas injection breakthrough recovery of 19.4% IOIP. At water 
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breakthrough, a sharp drop was observed and at the end of the injection period, the 

pressure drop was almost constant.  

The rate of oil production did not significantly decrease after water breakthrough until 

0.5PV of injection, at which 45.0% of IOIP was already recovered. At about 2.5 PV of 

SWAG injection (52% IOIP recovery), continuous oil production stopped and only an 

intermittent flow of oil was observed and recorded in the test tubes. It must be noted that 

some condensate was produced with the produced gas. This was the part of the oil that 

had evaporated into the gas cap during gas oil recombination. However, the condensate 

production was measured and the produced oil volume was corrected. 

 

Figure 4-56: Oil recovery (%IOIP) and pressure Drop (psi) vs PV of injected fluids 

(Experiment 3: Immiscible SWAG). 

 

 

Figure 4-57: Water production (PV) vs PV of injected fluids (Experiment 3: Immiscible 

SWAG). 
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Comparison of Figure 4-57 and Figure 4-58 shows delayed water breakthrough compared 

to that of gas. 

 

Figure 4-58: Gas production (Scc) vs PV of gas injected (Experiment 3: Immiscible 

SWAG). 

Figure 4-58 shows the total gas production (dissolved in oil and produced) in standard 

cubic centimetres when the produced oil pressure drops to atmospheric pressure. As 

shown in the figure, the gas produced before gas breakthrough (when the slope increases) 

is the gas dissolved in oil. At 0.31PV the slope of gas production increases significantly, 

indicating gas breakthrough.  

The water, oil and gas saturations for this coreflood are plotted in Figure 4-59. At the end 

of this injection period, as calculated from material balance, gas, oil and water saturations 

were 12.0%, 39.8% and 48.2% respectively. At the gas breakthrough, the increasing trend 

of gas saturation stopped. The gas saturation was then almost constant until 2.5PV, during 

which period oil was produced continuously. Further injection of fluids increased water 

saturation. As the SWAG injection was carried out horizontally and gravity segregation 

was present, this shows that, as the gas and water saturation profile across the core was 

established, more gas was being pushed out in the oil-wet porous medium, resulting in 

higher water saturations. However, this increase stopped when water saturation reached 

about 50% (establishing a saturation profile along and across the core). 
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Figure 4-59: Average water, oil and gas saturations vs PV of injected fluids (Experiment 

3: Immiscible SWAG). 

Figure 4-60 shows the ternary diagram of the saturation path during SWAG injection. 

The dashed green circle shows the three-phase region. The linear part of the figure shows 

the changes in average saturation before breakthrough. After water breakthrough a 

significant amount of gas is produced as no strong gas trapping mechanisms are present 

in the porous media because of hydrophobic tendencies of the pore surfaces. 

 

Figure 4-60: Ternary diagram of saturation path during SWAG injection (Experiment 3: 

Immiscible SWAG). 
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4.5 Vertical Immiscible WAG after Secondary Gas Injection (Experiment 4) 

The fourth immiscible WAG injection was conducted after secondary immiscible gas 

injection in a vertical direction (gas injected from the top to bottom). The objective of this 

coreflood was to study the effect of gravity on the observed recovery, trapped gas and 

injectivity trends of secondary gas injection and the subsequent WAG injection.  

4.5.1 Vertical Secondary Immiscible Gas Injection 

Coreflood 4 started by gas injection into the core with initial water and oil saturations of 

Swir = 9.7% and Soi = 90.3%. Figure 4-61 shows the recovered oil during the first 

(secondary) gas injection in reservoir conditions. From the start of the gas injection, the 

only produced phase was oil until 0.33 PV injection, in which gas breakthrough occurred. 

At breakthrough, 34.1% IOIP was recovered. The oil production continued after gas 

breakthrough for 3PV and oil recovery increased to 45.0%. The secondary gas injection 

was continued for 3.3PV. It should be noted that some condensate was produced with the 

produced gas. This condensate was oil evaporated into the gas cap during the pre-

equilibration of lean gas and oil. However, this condensate production was measured and 

the produced oil volume was corrected to ensure only displaced oil was plotted in figures 

below. No irreducible water mobility through evaporation into the injected gas phase was 

observed. 

After reaching the plateau of oil recovery, the injection rate was doubled. Figure 4-61 

focuses on oil recovery during injection rate increases.  No oil recovery was observed 

with this increase in rate and DP. The rate was then increased in steps. During each step 

further oil recovery was observed. After reaching an oil recovery plateau for each rate, 

the rate was increased. After about 0.5PV of highest rate injection, an oil recovery plateau 

of 47.3% was reached. At this point the rates were reduced in reverse order and the DP 

in each injection rate step was measured. This was to check for the effect of Pc on gas 

relative permeabilities, where no significant change in phase saturation was observed. 
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Figure 4-61: Oil recovery (%IOIP) and DP vs PV of gas injected (Experiment 4: Vertical 

secondary gas injection). 

A sharp drop was observed at breakthrough while at the end of injection period the 

pressure drop slope was almost zero. 

The water, oil and gas saturations at the end of this injection period, as calculated from 

material balance, were 9.7%, 47.6% and 42.7% respectively (Figure 4-62). The remaining 

oil saturation was 10.1% less than that of horizontal gas injection. 

 

Figure 4-62: Average water, oil and gas saturation vs PV of gas (Experiment 4: Vertical 

secondary gas injection). 

 

4.5.2 Vertical Immiscible WAG after Secondary Gas Injection (Experiment 4: 1st 

Water Injection) 

The coreflood tests were continued with a water injection after the secondary gas 

injection, at which time the saturations of water, oil and gas in the core were Swir = 9.7%, 
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So = 47.6% and Sg = 42.7% respectively. Water injection was continued for 2.0 PV when 

oil production reached a plateau.  

Figure 4-63 and Figure 4-64 show the pressure drop across the core with oil recovery 

(%IOIP) and standard gas production as a function of the pore volume of injected water, 

respectively. With the start of the water injection, only gas was being produced at the 

outlet, accompanied by small volumes of oil. At 0.26PV a large bank of oil started to be 

produced. This was followed by water breakthrough at 0.34PV, at which the oil 

production rate decreased significantly. The oil and the dissolved gas production 

continued even after the water BT until 1.65 PV of injection. At this point, the oil 

production ceased. The additional oil recovery at the end of this injection period was 

16.4% IOIP. The pressure drop increased, showing significant injectivity loss. This will 

be discussed in more detail in the next sections. 

 

Figure 4-63: Oil recovery and pressure drop across the core (psi) vs PV water injected 

(Experiment 4: 1st water injection). 
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Figure 4-64: Gas production (Scc) vs PV water injected (Experiment 4: 1st water                                                                                                              

injection). 

The injection was continued for 2PV to ensure correct gas trapping values. When the oil 

bank started to produce, the slope of gas production slightly decreased and this was 

followed by another significant reduction in the fractional flow of gas as water started to 

be produced (0.34PV), as shown in Figure 4-64. 

Figure 4-65 shows the average values of oil, gas and water saturations during this period 

of the test. The trapped gas saturation observed in this period was significantly lower than 

the trapped gas saturation observed in the horizontal WAG injection coreflood. 

 

Figure 4-65: Average water, oil and gas saturation vs PV water injected (Experiment 4: 

1st water injection). 
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4.5.3 Vertical Immiscible WAG after Secondary Gas Injection (Experiment 4: 2nd 

Gas Injection) 

The 2nd gas injection was started immediately after the 1st water injection, at which time 

the saturations of oil, water and gas in the core were Sorw = 32.6%, Sw = 61.8% and Sgrw = 

5.6%, respectively. Gas injection was continued for 1.6 PV. Figure 4-66 and Figure 4-67 

show the pressure drop across the core with oil recovery (as %IOIP) and produced brine 

as a function of the pore volume of injected gas, respectively. 

With the start of gas injection, brine production started. After around 0.135 PV of gas 

injection, the oil started to be produced. The gas breakthrough happened shortly 

afterwards at 0.182 PV. At this point, the water production rates decreased significantly. 

The water production continued until 1.27PV of injection, at which it reached a plateau.  

Figure 4-68 shows average values of oil, gas and water saturations during this period of 

the water injection. The maximum gas saturation at end of the injection reached 30.0%. 

The water saturation decreased from 61.8% at the end of first water injection to 40.1%. 

The three phase saturations almost reached a plateau at the end of the injection period. 

 

Figure 4-66: Oil recovery and pressure drop across the core (psi) vs PV of gas injected 

(Experiment 4: 2nd gas injection). 
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Figure 4-67: Water production (PV) vs PV of gas injected (Experiment 4; 2nd gas 

injection). 

 

 

Figure 4-68: Average Water, Oil and Gas saturation vs PV of Gas injected (Experiment 

4: 2nd gas injection). 

 

4.5.4 Vertical Immiscible WAG after Secondary Gas Injection (Experiment 4: 2nd 

Water Injection) 

The test continued with another period of water injection after the 2nd gas injection, at 

which time the saturations of oil, water and gas in the core were Sorg = 30.1%, Swrg = 

40.1% and Sgi = 29.9%, respectively. Water injection was continued for 1.0 PV. Figure 

4-69 and Figure 4-70 show the pressure drop across the core with oil recovery (%IOIP) 

and standard gas production as a function of the pore volume of injected water, 

respectively. With the start of the water injection, only gas was produced. Production of 

the gas reduced significantly at 0.17PV, at which water breakthrough occurred. The gas 
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saturation at the end of the injection periods decreased from 29.9% in the second gas 

injection period to 7.6% at the end of water injection - Figure 4-71. 

 

Figure 4-69: Oil recovery and pressure drop across the core (psi) vs PV water injected 

(Experiment 4: 2nd water injection). 

 

 

Figure 4-70: Gas production (Scc) vs PV water injected (Experiment 4: 2nd water 

injection). 
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Figure 4-71: Average water, oil and gas saturation vs PV water injected (Experiment 4: 

2nd water injection). 

 

4.5.5 Vertical Immiscible WAG after Secondary Gas Injection (Experiment 4: 3rd 

Gas Injection) 

The 3rd gas injection started immediately after the 2nd water injection, at which time the 

saturations of oil, water and gas in the core were So = 30.1%, Swi = 62.4% and Sgrw = 7.6%, 

respectively. Gas injection was continued for 1.0 PV. Figure 4-72 and Figure 4-73 show 

the pressure drop across the core with oil recovery (%IOIP) and produced brine as a 

function of the pore volume of injected gas, respectively. 

With the start of gas injection, water production resumed. After around 0.1 PV of gas 

injection, before the gas breakthrough, oil started to be produced. This continued for 

0.7PV of gas injection. The gas breakthrough occurred at 0.17 PV. The water production 

rate then reduced significantly. Water production continued to the end of gas injection.  

Figure 4-74 shows average values of water, oil and gas saturations during this period of 

the water injection. The maximum gas saturation at end of the injection reached 30.1%. 

At the end of this injection period, the water saturation decreased to 40.7%.  
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Figure 4-72: Oil recovery and pressure drop across the core vs PV of gas injected 

(Experiment 4: 3rd gas injection). 

 

 

Figure 4-73: Water production vs PV of gas injected (Experiment 4: 3rd gas injection). 
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Figure 4-74: Average water, oil and gas saturation vs PV of gas injected (Experiment 4; 

3rd gas injection). 

 

4.5.6 Vertical Immiscible WAG after Secondary Gas Injection (Experiment 4: 3rd 

Water Injection) 

The test continued for a short period of water injection after the 3rd gas injection, at which 

time the saturations of oil, water and gas in the core were Sorg = 29.2%, Swrg = 40.7% and 

Sgi = 30.1%, respectively. Water injection was continued only for 0.45 PV once no oil 

production was observed and DP was stable. Figure 4-75 and Figure 4-76 show the 

pressure drop across the core with oil recovery (%IOIP) and standard gas production as a 

function of the pore volume of injected water, respectively. At the start of the water 

injection, only gas was produced. Production of the gas reduced significantly at 0.18, at 

which point water breakthrough occurred. The gas saturation at the end of injection 

periods decreased from 30.1% in the second gas injection period to 9.1% at the end of 

water injection - Figure 4-77. 

Because there was no additional oil recovery after the 3rd water injection, the test was 

stopped. 
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Figure 4-75: Oil recovery and pressure drop across the core (psi) vs PV water injected 

(Experiment 4: 3rd water injection). 

 

Figure 4-76: Gas production (Scc) vs PV water injected (Experiment 4: 3rd water 

injection). 

 

Figure 4-77: Average water, oil and gas saturation vs PV water injected (Experiment 4: 

3rd water injection). 
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4.5.7 Phase Saturations (Experiment 4) 

Figure 4-78 shows oil, water and gas average saturations inside the core during the 

complete WAG injection. As the alternation of water and gas injection continued, 

maximum and remaining water saturation (at the end of gas injections) were almost 

constant. While maximum trapped gas saturation showed a slight increase from 5.6% in 

the 1st water injection to 9.1% in the 3rd water injection.  The comparison of initial 

(maximum) gas saturation and trapped gas saturations in the 1st cycle with that in the 2nd 

and 3rd cycles shows a much lower Land trapping parameter (higher trapping) during 

three-phase gas injections.  

(a)  

(b)  

Figure 4-78: Average saturations of (a) oil, (b) water and gas vs PV fluids injected 

(Experiment 4: Vertical immiscible WAG after secondary gas injection). 
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Figure 4-79 shows oil recovery (in terms of percentage of the IOIP) as a function of PVs 

of brine and gas injected into the core during the WAG test. Secondary gas injection 

produced 47.3% of the initial oil in place. The ultimate oil recovery (fraction of IOIP) 

after 10.5 PV of the WAG injection (alternating injection of the gas and water) was 67.5% 

of the IOIP. 

Figure 4-80 shows that 31.1% of the residual oil after gas injection was recovered in the 

1st water injection.  After 6PV of WAG injection, 38.3% of remaining oil after gas 

injection was ultimately recovered. 

Figure 4-81 shows the fraction of the pore volume occupied by the three phases during 

different stages of the WAG injection, which shows that, as the WAG injection continues 

and oil occupancy decreases, water band is almost constant, while gas occupancy slightly 

increased during water injection periods. This did not result in any oil recovery by gas 

trapping during the water injection periods. Each gas injection was continued until no oil 

was recovered. However, alternating to water injection helped the following gas injection 

periods to produce more oil. Thus, except for the first one, in which gas trapping played 

a significant role in oil recovery, generally, water injection periods only helped to 

redistribute gas flow paths. 

 

Figure 4-79: Oil recovery (%IOIP) vs PV fluids injected (Experiment 4: Vertical 

immiscible WAG after secondary gas injection). 
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Figure 4-80: Oil recovery (% of the residual oil saturation) vs PV fluids injected 

(Experiment 4: Vertical immiscible WAG after secondary gas injection). 

 

      

Figure 4-81: Pore occupancy of oil, water and gas at different stages of the WAG injection 

(Experiment 4: Vertical immiscible WAG after secondary gas injection). 
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Figure 4-82: Ternary diagram of saturation path during WAG injection (Experiment 4: 

Vertical immiscible WAG after secondary gas injection).  

Figure 4-82 shows the ternary diagram of the saturation path during this WAG injection. 

The dashed green circle shows the three-phase region. The saturation path covered a 

relatively large area of the three phase region, the major part of which was during the first 

water injection. The three-phase gas injection periods are shown as dashed red lines.  

4.6 Effect of Gravity on Secondary Immiscible Gas Injection 

To study the effect of gravity segregation on immiscible secondary gas injection, the 

injection scenario was performed in both horizontal and vertical (gravity stable) 

directions (Corefloods 2, and 4). Injection of gas continued until oil production was 

almost zero (GOR above 5000scc/scc).  

Figure 4-83 compares the oil recovery profile of horizontal and vertical immiscible gas 

injection scenarios. The gas breakthrough was significantly delayed by gravity stable gas 

flow (Figure 4-84). After 2PV, the rate of oil production (the slope of the figure) was 

significantly lower for vertical gas injection. Both gas injections were performed with 

similar injection rates. Oil production from vertical gas injection reached a plateau after 

3PV of injection. At this point, to ensure a more reliable residual oil-to-gas saturation, the 

gas injection rate was increased in four steps. This increased the viscous to capillary force 
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ratio and restarted the oil production. After about 1.5PV extra gas injection another 

plateau was reached, then the rates were reduced to measure the stable DP after bumping. 

At similar injected gas volumes (2PV), vertical gas injection produced 10.4% more oil. 

Bumping the rate only produced 3.3% more oil.  

Figure 4-84 shows the produced gas (PV) of secondary immiscible gas injection in the 

horizontal and vertical directions.  Figure 4-85 shows the DP of secondary immiscible 

gas injection in the horizontal and vertical directions.  A similar DP profile was observed 

for both corefloods. However, because of the faster breakthrough, the DP of horizontal 

gas injection dropped below that of vertical gas injection for a short period. 

 

Figure 4-83:  Comparison of the oil recovery profile (%IOIP) for horizontal and vertical 

immiscible secondary gas injection scenarios (Experiments 2 and 4). 
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Figure 4-84: Comparison of the produced gas (PV) for horizontal and vertical immiscible 

secondary gas injection scenarios (Experiments 2 and 4). 

 

 

Figure 4-85: Comparison of the DP for horizontal and vertical immiscible secondary gas 

injection scenarios (Experiments 2 and 4). 

 

4.7 Effect of Gravity on Immiscible WAG Injection 

Secondary gas injection was followed by immiscible WAG in a vertical direction 

(Corefloods 2 and 4). The recovery of gravity stable WAG was then compared with that 

for a horizontal waterflood. Injection of each WAG slug continued until oil production 

was almost zero. Figure 4-86 compares the oil recovery profile of horizontal and vertical 

immiscible WAG injection scenarios. Ultimate oil recovery of vertical WAG injection 
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was about 9.7%, which was higher than that of the horizontal WAG coreflood. Because 

of gravity effects, the ultimate oil recovery of horizontal WAG after secondary gas 

injection was lower than that of horizontal waterflood. However, this was not the case for 

gravity stable vertical WAG injection. After the first water injection following vertical 

secondary gas injection more oil was recovered than in the case of the horizontal 

waterflood.  

 

Figure 4-86: Comparison of the oil recovery profile (%IOIP) for horizontal and vertical 

immiscible WAG injection scenarios, as well as horizontal waterflood (Experiments 1, 2 

and 4). 

 

 

Figure 4-87: Comparison of the DP for horizontal and vertical immiscible WAG injection 

scenarios after secondary gas injection (Experiments 2 and 4). 
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Figure 4-87 shows the DP of immiscible WAG injection in the horizontal and vertical 

directions.  While similar DP profiles were observed during gas injection periods, higher 

DPs were observed during the water injection periods of vertical WAG injection.  

a)  

b)  

Figure 4-88: Comparison of a) the gas and b) water average saturations for horizontal and 

vertical immiscible WAG injection scenarios after secondary gas injection (Experiments 

2 and 4). 

Figure 4-88 shows the average gas and water saturations of immiscible WAG injection 

in the horizontal and vertical directions.  Higher water saturation explains the higher 

pressure drop during water injection periods of vertical immiscible WAG injection. 

Except for two phase secondary gas injection periods and the following water injections, 
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maximum and trapped gas saturations were similar in both corefloods, showing 

insignificant gravity effects on three-phase gas trapping. This could be explained by the 

significantly lower three-phase relative permeabilities for the gas phase, hindering 

segregation in presence of a third (water) phase. During horizontal coreflood, the 

maximum water saturations increased in further water injection periods. This is explained 

by the gravity underride of water. During the earlier water injection period, average water 

saturation was not established throughout the core. During further water injection periods, 

water saturation approached that of the vertical injection period.  

 

4.8 Effect of Gravity on Phase Trapping during Immiscible WAG Injection after 

Secondary Gas Injection 

To study the effect of gravity on phase trapping, the trapped gas saturations of the WAG 

experiments 2 (horizontal) and 4 (vertical) were compared as a function of their own 

initial saturations in Figure 4-89. Because of the scale of the experiment (core size), it was 

assumed that vertical and horizontal permeabilities are similar. 

As discussed earlier, the saturation trends of these two tests showed no significant 

difference in the trapping of gas phase during the three-phase flow part (WAG) of each 

coreflood. For trapped gas saturations, Land’s model highly underestimated the trapped 

gas saturations. Land’s parameter was calculated by using initial gas saturation from two-

phase gas injection. 

While the amount of gas trapped during the water injection period following two-phase 

gas injection for tests performed in horizontal and vertical directions were different, the 

amount of trapping observed during the remainder of both tests (gas trapping in presence 

of three mobile phases) was similar. This confirms that when three mobile phases are 

present (significantly lower relative permeabilities), there is no significant difference in 

the performance of horizontal and vertical flow in this system. However, it is very 

important to note that this is only true for core lengths below segregation length. 

Segregation length is the length where injected phases segregate to the top (for gas phase) 

or bottom (for water phase) of the reservoir layer (horizontal core). This length is a 

function of several parameters, including vertical permeability (in the reservoir), the 

density difference between displacing and displaced phases and injection rate. There are 

several models (Stone, 1982, Jenkins, 1984, Rossen et al., 2010) which predict the length 

for gravity segregation. As shown in the equation below (Rossen et al., 2010), the oil 
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density does not play a role in the length at which the two phases segregate. In equation 

below, 𝐿𝑔(cm) represents the length at which segregation happens, Q (cm3/hr) is the 

volumetric injection rate, 𝑘𝑧(mD) is the vertical permeability, (𝜌𝑤 − 𝜌𝑔) (g/cm3) are the 

differences in gas and water phase densities, g is standard gravity, W (cm) is the width of 

the porous system (in simulation the width of the square representing the cross section 

area of the core.) and 𝜆𝑟𝑡
𝑚  (1/(Pa.s)) is the total relative mobility (relative permeability to 

viscosity) in the mixed zone. 

𝐿𝑔 =
𝑄

𝑘𝑧(𝜌𝑤 − 𝜌𝑔)𝑔𝑊𝜆𝑟𝑡
𝑚

 (4-1) 

For this system, the gravity segregation length predicted by this model for two-phase 

injection is about 12cm, which is about half the length of the core. This could explain 

why no significant change in performance was observed during the three-phase parts of 

the test, in which total relative mobility is significantly reduced. 

 

Figure 4-89 Comparison of the three-phase trapped gas saturations along with Land’s 

trapping model during horizontal and vertical immiscible WAG after secondary gas 

injection. 

4.9 Effect of Injection Strategy on Oil Recovery by Immiscible Gas Injection  

To study the effect of injection history on immiscible gas injection scenarios in oil-wet 

carbonates, WAG after waterflooding, WAG after secondary gas injection and 

simultaneous water and gas (Qw/Qg=1) injection were performed.  Injection of each WAG 

slug and SWAG continued until oil production was almost zero.  
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Figure 4-90 compares the oil recovery profile of different gas injection scenarios. The 

vertical dashed lines represent the separate injection of each slug. After 10 PV of alternate 

water and gas injection, WAG after secondary gas injection reduced the residual oil 

saturation to 29.2%. The residual oil to WAG after waterflood was 29%. Within the 

experimental margin of error, it was concluded that there was the same residual oil 

saturation regardless of the saturation path. SWAG injection showed delayed gas 

breakthrough and faster recovery rates than secondary gas injection. However, this was 

not enough to surpass that of WF injection. As discussed above, the continuous oil 

recovery by SWAG stopped after 3PV and only intermittent oil flow was observed. WAG 

after secondary immiscible gas injection surpassed the recovery of SWAG during first 

tertiary water injection period. The performance of SWAG, however, was poorer than 

both immiscible WAG injection scenarios. However, extended SWAG injection could 

potentially reduce oil residual oil saturation to similar values to those in WAG injection. 

It is important to notice that in the presence of gravity effects, even after 8 PV of WAG 

injection after secondary gas injection (Figure 4-86), residual oil saturation for horizontal 

WAG was lower than Sorw. These results are more applicable to WAG injection in thicker 

reservoir layers with high vertical mobility, where significant gravity segregation is 

present. The results of vertical WAG injection are more applicable to gravity-stable WAG 

injection (e.g. WAG injection in dipping or low vertical permeability reservoir layers).  

 

Figure 4-90:  Comparison of the oil recovery profile (%IOIP) for different immiscible gas 

injection scenarios. 
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It is important to notice that, except for the first water injection after secondary gas 

injection, in which the remaining oil saturation was high, no oil was produced during 

water injection periods. The alternation only increased gas injection recoveries by 

redistributing gas flow paths in the core. The effect of gas trapping on observed recovery 

trends will be discussed in next sections.  

 

4.10 Phase Trapping during Immiscible Gas Injection Scenarios 

As discussed in Chapter 2, phase trapping can affect residual oil saturation and three-

phase relative permeabilities, the trend of phase trapping plays a crucial role in the 

performance of gas injection scenarios. Several trapping models have been developed for 

non-wetting phases (mostly gas in two phase water-wet systems and sometimes for oil as 

an intermediate wetting phase) to introduce trapping into numerical models.  

However, as explained in Chapter 2 (section 2.3.1), the most famous trapping model 

which is widely used in commercial simulators is Land (1968) model. This model is based 

on two-phase experimental data in water-wet sandstones. Generally, Land’s model cannot 

predict the trapped phase saturation in systems with oil-wet tendencies. At these 

conditions trapping mechanism shifts to more capillary trapping and bypassing of pores 

by water rather than oil- snap-off. These differences dictate the study of trapping in more 

oil-wet carbonates. Land’s model suggests a relationship between initial gas saturations 

and trapped gas saturations equations (2-5), (2-6) and (2-7).  

Figure 4-91 compares trapped gas and trapped oil saturations as a function of their own 

initial saturations obtained from the water injection periods of the WAG experiments 1 

(top) and 4 (bottom). Both experiments show smaller trapped gas saturations than trapped 

oil saturations. This difference has already been observed in mixed-wet sandstones 

(Figure 4-92) by Fatemi and Sohrabi (2013b). This can be explained by the fact that, as 

the wettability approaches a more oil-wet state, the snap-off mechanism gets weaker to 

the point where it is no longer relevant. The main mechanism of gas trapping in the mixed-

wet system would then be through bypassing, which is less effective in trapping gas.   

 

Figure 4-93 compares trapped gas saturations with Land’s model (dotted curve) for 

immiscible WAG experiments. The Land’s trapping parameter (C in equation (2-5)) was 

significantly lower (C3ph=7.8) when calculated from three-phase trapping data than that 
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calculated from secondary gas injection (C2ph=15.5). Thus, Land’s model with a two-

phase trapping parameter highly underestimated trapped gas saturations, regardless of 

saturation history. Land’s model with parameters calculated from three-phase trapping 

data predicted more accurate results. However, this was only true at higher saturations. 

This agrees with the above discussion about different trapping mechanisms in water-wet 

and oil-wet systems. As Land’s model was proposed for mostly a non-wetting phase in a 

water-wet system, its application is questionable in oil-wet systems, even for the gas 

phase, based on the present observations. 

a)  

b)  

Figure 4-91: Comparison of the three-phase trapped oil and gas saturations as a function 

of their own initial saturations; a) Immiscible WAG after waterflood; b) Immiscible 

WAG after gas injection. 
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a)  

b)  

Figure 4-92 Three-phase trapped oil and gas saturations as a function of their own initial 

saturations for a) water-wet; b) mixed-wet conditions (Fatemi and Sohrabi, 2013b). 

 

Figure 4-93 Comparison of the three-phase trapped gas saturations of immiscible WAG 

injection corefloods along with Land’s trapping model predictions.  
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Skauge and Ottesen (2002) provided a summary on the experimentally derived trapped 

gas saturations for some North-Sea cores. The wettability of the cores ranged from water-

wet to oil-wet cores. However, the majority of the cores showed mixed-wettability (-0.25 

< Ammot-Harvey Index < 0.5). Similarly, Fatemi and Sohrabi (2013b) reported a 

comprehensive set of results on two- and three-phase trapped gas saturations in both 

water-wet and mixed-wet Clashach sandstones. Figure 4-94 compares the measured 

trapped gas saturation trends in this study with those reported from the three-phase 

coreflood experiments performed by Skauge and Ottesen (2002) and Fatemi and Sohrabi 

(2013b) in mixed-wet sandstones.  

 

Figure 4-94 Comparison of the three-phase trapped gas saturations of immiscible WAG 

injection corefloods with data reported in the literature.  

In comparison, the measured trapped gas saturations in the present study were lower than 

those reported for mixed-wet sandstones. These results are in line with pore-scale 

modelling results of three-phase flow by Suicmez et al. (2008). They showed that as 

wettability approaches greater oil-wetness, less gas is trapped during three-phase flow.  

 

4.11 Effect of Trapped Gas Saturation on Three-phase Residual Oil Saturation 

In water-wet systems, gas and oil phases compete to occupy the largest pores. This 

competition favours the reduction of oil residual saturation by trapped gas saturation 

during waterflooding. There is unanimous agreement on the reduction of residual oil by 

trapped gas saturations in water-wet porous media (Holmgren and Morse, 1951, Kyte et 

al., 1956, Kortekaas and van Poelgeest, 1991, Skauge and Aarra, 1993, Eleri et al., 1995, 

Fatemi and Sohrabi, 2013b). However, while for water-wet systems there is good 
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agreement that residual oil saturation is correlated linearly with trapped gas saturation, 

several values ranging from 0.45 to1.0 have been reported for the fraction (a in eq. (2-8)) 

of trapped gas saturation, which reduces Sor
3ph.  

In more oil-wet systems, the existence of this linear relation is more controversial and the 

reported a values range from zero (no effect) to 0.5 (Ma and Youngren, 1994, Eleri et al., 

1995, Kralik et al., 2000, Caubit et al., 2004). 

Here, the observations obtained in this study for a mixed to oil-wet carbonate system will 

be discussed and it will be explained why reporting these values without oil recovery 

trends can result in misleading conclusions in similar systems.  

Figure 4-95 compares the effect of trapped gas saturations to water (Sgtw) on three-phase 

residual oil saturations to water (Sorw
3ph) for immiscible WAG injections with different 

injection history. At first glance, one could conclude there is a positive effect of Sgt on 

Sorw
3ph reduction, as it decreases linearly with trapped gas saturation. However, the slopes 

of linear fit of the values from experiment 1 and 4 are not the same.  

Referring to Figure 4-90, it can be seen that oil recoveries during water injection periods 

of immiscible WAG were negligible. Thus, it can be concluded that there was no 

relationship between trapped gas saturation and reduction of residual oil saturations. The 

reason for this apparent reduction in Sor is the fact that Sorw
3ph plotted in this type of plot 

is affected by previous gas injections as well. The a value calculated from results of 

horizontal WAG after secondary gas injection (Experiment 2) was above 10, which is 

physically meaningless. This value means that for each percent of trapped gas saturation, 

10 percent of residual oil was mobilized. The reason for this is non-uniform gas saturation 

along the core, because of gravity segregation. Therefore, it affects the conclusion drawn 

from results of WAG after secondary gas injection.  
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Figure 4-95 Residual oil saturation vs trapped gas saturation during water injection 

periods of immiscible WAG injections. 

To better illustrate the effect of Sgt on Sor
3ph, Sor reduction (ΔSor

3ph = Srog
3ph - Sorw

3ph) has 

been plotted during water injection periods versus Sgt. Figure 4-96 shows the results of 

such residual oil saturation reduction during water injection periods versus trapped gas 

saturations for immiscible WAG injections. The almost flat linear fit of the results at 

immiscible conditions shows that no correlation exists between Sgt and Sorw
3ph. It is 

important to note that while the slope values from this type of linear fitting are more 

reliable, the y-intercepts are physically meaningless.   

 

Figure 4-96 Residual oil saturation reduction vs trapped gas saturation during water 

injection periods of immiscible WAG injections. 
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4.12 Effect of Injection Strategy on Injectivity 

As injectivity loss in SWAG and WAG injection has been reported in several field 

applications (Christensen et al., 2001), to understand potential practical issues of these 

injection scenarios it is essential to investigate the injectivity. Christensen et al. (2001) 

reported that, in the Brage Oil Field, while generally the loss of water injectivity was 

observed after gas injection periods, the gas injectivity sometimes increased after a water 

injection period. Moreover, more seemingly unusual injectivity increases were reported 

in the Kelly Snyder carbonate field during CO2-WAG (rock dissolution by carbonic acid). 

The results from the application of SWAG (associated produced gas) in the Siri Field 

(Quale et al., 2000, Berge et al., 2002) showed that the injection pressure (affecting gas 

viscosity) and gas fraction would affect the injectivity. In certain combinations of these 

conditions, higher injectivities than those of waterflooding were observed. 

Figure 4-97 compares the injectivity of the immiscible gas injection corefloods and 

waterflooding with SWAG injection. To make this comparison, the results were 

compared with experiment 5’s secondary waterflooding results to ensure similar injection 

rates. Before breakthrough, SWAG showed lower injectivity than waterflood. However, 

the injectivity loss was not significant. Thus, the injection direction did not significantly 

affect gas injection injectivity. 

Figure 4-98 compares the injectivity of the three-phase parts of different gas injection 

scenarios. Compared to secondary gas injection, tertiary gas injection injectivity was 57% 

lower. However, no significant injectivity loss (below 5%) was observed in subsequent 

gas injection periods during WAG injection after waterflooding. Regardless of saturation 

history, no loss in injectivity of water was observed. Surprisingly, a small increase in 

water injectivity in subsequent water injection periods was observed. To ensure that no 

rock dissolution was involved in this injectivity increase, after each test the absolute 

permeability was measured. The absolute permeability measurements after each set of 

corefloods did not show any increase. While the injectivity of the SWAG coreflood was 

lower than that for the gas injection periods of both tests, the injectivity of SWAG 

exceeded that of the tertiary water injection periods.  
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Figure 4-97: Comparison of injectivity for different injection scenarios during first 1PV 

of injected fluids. 

 

Figure 4-98: Comparison of three-phase injectivity for different injection scenarios. 

 

 

Effect of Trapped Gas saturation on Injectivity   

Here, the effect of trapped gas saturation on water injectivity for both WAG and SWAG 

injections is discussed. Figure 4-99 shows the water injectivity (cm3/hr/psi) of WAG and 

SWAG injections at immiscible conditions. Injectivity during three-phase water 

injections decreased by about 45% compared to waterflooding. No further decrease was 

observed in water injection of further cycles. This could be explained by the fact that in 

the presence of a phase (gas) competing with water to occupy larger pores, water 

injectivity is reduced. In the following water injection periods, however, as hysteresis was 

almost insignificant, no further relative permeability reduction (injectivity loss) was 

observed. 
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Moreover, different injection scenarios did not affect the injectivity significantly. 

Injectivity of immiscible SWAG was only slightly higher than that of WAG injections 

(33% injectivity loss compared to water flooding injectivity).  

 

Figure 4-99: Water injectivity of immiscible WAG and SWAG injections vs trapped gas 

saturation. 
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 INVESTIGATION OF MULTIPHASE FLOW DURING 

MISCIBLE GAS INJECTION STRATEGIES 

 

 

 

5.1 Introduction 

This chapter presents the results of coreflood experiments investigating multiphase flow 

during miscible and near miscible gas injection scenarios in a carbonate porous medium 

with oil-wet tendencies. The miscible corefloods were performed at reservoir pressure 

(4800psig), which was well above the estimated MMP of 4260psig. For details of MMP 

estimation by slim tube measurements refer to Chapter 3. All these corefloods were 

performed with similar irreducible water saturation to reservoir connate water saturation. 

Then a miscible WAG in the presence of mobile water was performed to study the effect 

of water shielding on oil recovery by miscible WAG injection.  

The second part of this chapter focuses on the effect of the injection strategy on miscible 

gas injection in carbonates. The observed trapping behaviour is then compared with those 

reported in the published literature and those of the immiscible coreflood experiments. 

The phase trapping results and their effects on producing residual oil are also discussed 

and compared with those from immiscible injection. The injectivity loss potential during 

each gas injection scenario was studied. To study the compositional effects of miscible 

CO2 injection, the produced oil compositions during the corefloods are presented and 

compared. 

Finally, to separate the effect of mass transfer from multiphase displacement, a coreflood 

experiment with low IFT gas injection was performed with pre-equilibrated CO2 and oil 

as gas and oil phases. At a pressure close to but below the MMP of CO2 and live oil at 

reservoir temperature, CO2 and live oil were contacted and separated to minimize mass 

transfer between this CO2 (which extracted the medium components of the oil) and the 

oil (now saturated with CO2). This test helped to investigate the effect of gas/oil interfacial 

tension on multiphase flow in a carbonate porous medium with oil-wet tendencies.  
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First, the details of the coreflood experiment performed are described, then the results of 

secondary gas injection under different interfacial tensions are compared. The observed 

behaviours are compared with those reported in the published literature. The final part of 

the chapter examines the potential injectivity differences for gas injection at different IFT 

values.  

As CO2 was used as the miscible injected gas, it forms carbonic acid in contact with brine. 

At the test conditions, the acidic brine which is formed could be detrimental to the 

integrity of the core. Thus, to minimize any possible rock/brine interactions, the brine 

used for all the corefloods presented in this chapter was only pre-equilibrated with 

methane. This procedure ensures minimum contact of acidic brine (with dissolved CO2) 

with the calcite, which is main component of the selected core. The effects of the 

dissolved CO2 on the calculated phase saturations were quantified with an empirical 

correlation. 

 

5.2 Miscible WAG after Secondary Waterflood 

The experiments were performed in horizontal direction, using the same core and live oil 

and live brine as in the immiscible coreflood experiments. The injection gas, however, 

was dry carbon dioxide at supercritical condition. All the coreflood experiments were 

performed under representative reservoir pressure and temperature of 4800 psi and 133.3 

ºC. From the slim-tube results it was established that the coreflood pressure (reservoir 

pressure) was well above the MMP (4260psi). At these conditions, the CO2 injection 

would sweep live oil by miscible displacement. 

 

5.2.1 Secondary Waterflood Injection (Experiment 5) 

The experiment started by water injection into the core with initial water and oil 

saturations of Swim = 12.8 % and Soi = 87.2 %. The water injection period was performed 

for around 3.3 PV, at which the oil production was practically zero (more than 99% water 

cut). To ensure the measured residual oil saturation to water was not affected by end 

effects, the water injection rates were then increased in steps (Figure 5-1). The increase 

in differential pressure (DP) with injection rate was not linear. This increase in injection 

rate was accompanied by oil production. The increase in pressure drop across the core 

produced 4% additional oil. The injection was continued until no further oil production 
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was observed and pressure drop stabilized at 42 psi. This significant amount of additional 

produced oil reduced the oil saturation to 35.4% (residual oil saturation to water). The 

value was in good agreement with the results of coreflood 1, showing residual oil 

saturation of 34.3% (after waterflood). This confirms that similar wettability conditions 

were achieved for both of the corefloods. The small difference in residual oil saturation 

could be the result of the difference in irreducible water saturation (Swir). The first water 

flooding experiment was performed in the core with Swir=10.7%, while the second 

waterflood was performed in the core at Swir=12.8%.  

When the pressure drop stabilized and oil ceased to be produced, the injection rate was 

reduced in steps to record any existing change in pressure drop at similar rates. No further 

oil production or drop in DP was observed at each of the steps. As the second bump flood 

in coreflood 1, produced no additional oil, this step was skipped in this coreflood.  

Figure 5-2 shows the recovered oil during the secondary waterflooding at reservoir 

conditions. From the start of the water injection, the only produced phase was oil until 

0.31 PV of water has been injected, at which water breakthrough occurred. The oil 

production (at lower rates) continued after water breakthrough and oil recovery increased 

to 53.8% at 3PV of water injection. As with oil recovery by water flooding in experiment 

1, a significant amount of oil was recovered after water breakthrough, a trend explained 

by the presence of continuous oil films along the pores in oil-wet systems. 

 

Figure 5-1: Pressure drop and oil recovery, the effect of injection rate (Experiment 5: 

Secondary water injection). 
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Figure 5-2: Oil recovery (%IOIP) vs PV of water injected (Experiment 5: Secondary 

water injection). 

Figure 5-3 shows the produced dissolved gas in standard cubic centimetres when the 

produced oil pressure falls to atmospheric pressure. After the oil production stops, no 

further gas production is observed.  The oil and water saturations at the end of this water 

injection period, as calculated from material balance, were 35.4 % and 64.6 %, 

respectively (Figure 5-4). 

 

 

Figure 5-3: Gas production vs PV of water injected (Experiment 5: Secondary water 

injection). 
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Figure 5-4: Average water, oil vs PV of water injected (Experiment 5: Secondary water 

injection). 

 

5.2.2 Tertiary Miscible Gas Injection (Experiment 5) 

The coreflood test was continued with a tertiary gas injection after the secondary 

waterflooding, at which time the saturations of oil, water and gas in the core were Sorw = 

35.4 % and Sw = 64.9 % respectively. Gas injection through the core was carried out for 

about 2 PV, when the water and oil production rates were lower than 4% and 2% 

respectively.  

Figure 5-5, Figure 5-6 and Figure 5-7 show the pressure drop across the core with oil 

recovery (%IOIP), recovered residual oil (%Sorw) and produced brine, respectively, as a 

function of the pore volume of injected gas in the core. With the start of the gas injection, 

initially, only brine was being produced at the outlet with no oil. At 0.3PV, an oil bank 

started to be produced. The rate of production (slope of the curve in Figure 5-6) increased 

until 0.6 PV of injection. It can be seen that while the gas production starts with oil 

recovery, CO2 front breaks through and reduces the oil production rate later, at the 

inflection point of the oil recovery curve (note the black data point in Figure 5-6). This is 

discussed with the analysis of the produced gas composition, along with GOR. At this 

point, 25% of residual oil has been produced. However, because of the miscibility of CO2 

and the oil at test conditions, an additional 45% of Sorw was produced after gas 

breakthrough.  
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Figure 5-5: Oil recovery and pressure drop across the core vs PV gas injected (Experiment 

5: Tertiary miscible gas injection). 

 

  
Figure 5-6: Recovered residual oil (%Sorw) vs PV gas injected (Experiment 5: Tertiary 

miscible gas injection). 
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Figure 5-7: Water production vs PV gas injected (Experiment 5: Tertiary miscible gas 

injection). 

At the start of oil production, the water production rate decreased significantly. After the 

CO2 breakthrough at about 0.6 PV, the water production rate continued at a very slow 

rate till 0.7PV of gas injection. No water was produced for 0.5PV. At 1.2PV of gas 

injection, as most of the oil was produced, water production restarted and continued until 

the end of the gas injection, at a slow constant rate. This can be associated with the 

injection of dry CO2, which can evaporate the water phase. Most of this evaporated water 

condensed upon production and was collected at room temperature. Because the CO2 

water content (Figure 5-8) at test conditions (33.2MPa and 133.4°C, point A) decreases 

significantly from 3.5*104 kg/MMSm3 (3.5*10-5 g/Scc) to 2.3*103 kg/MMSm3 (2.3*10-6 

g/Scc) in BPR which is at room temperature (33.2 atm and 20°C, point B). As the CO2 

water content increases with pressure reduction, some of the condensed water will 

evaporate back to the gas phase in the BPR outlet (1atm and 20°C, point C). However, as 

the gas expands and the production rate is much higher after BPR, water and gas contact 

is greatly reduced, decreasing the amount of water which can re-evaporate into gas before 

collection.   
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Figure 5-8: CO2 water content in equilibrium with pure water as a function of pressure 

and temperature (Salari et al., 2008b). 

The gas production started when oil started to be produced, as the dissolved gas in oil was 

released from the oil before CO2 breakthrough. However, total gas production cannot 

differentiate between the dissolved gas released from oil and gas front. This will be 

discussed in further detail when the result of compositional analysis of the produced gas 

is presented.  

Figure 5-9 shows the average values of oil, gas and water saturations during this period 

of the test. The additional oil recovery in this period of injection was 28.4 % of IOIP. As 

shown in the figure, the water saturation drops at a slow rate that continues until the end 

of the coreflood. 
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Figure 5-9: Average water, oil and gas saturation vs PV gas injected (Experiment 5: 

Tertiary miscible gas injection). 

To better understand the mechanism of oil recovery by CO2, the compositional analysis 

of the produced gas and oil is essential. To do so, the produced oil and water in isolated 

test tubes were centrifuged to separate the two phases and help the dissolved CO2 to 

evolve from the brine and oil (Figure 5-10). The oil phase was then separated from the 

brine by means of an accurate pipette. The separated oil was then sent for liquid 

chromatography, the results of which are presented in section 5.11.  

 

Figure 5-10: Dissolved CO2 evolving from produced oil and brine (Experiment 5: Tertiary 

miscible gas injection). 

To analyse the composition of the produced gas, a CO2 analyser with a dual-wavelength 

NDIR (Non-dispersive infrared) sensor was employed. The sensor works by directing a 

light source emitting infra-red light in two parallel chambers, one filled with a reference 

gas, typically nitrogen, and the other the produced gas sample. The gas in the sample 
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chamber causes absorption of specific wavelengths, and the attenuation of these 

wavelengths is measured by the detector to determine the gas concentration.  

Figure 5-11 plots the CO2 concentration in the produced gas stream vs injected PV of 

CO2. The results coupled with oil and gas production give a better idea of gas 

breakthrough and mechanism of oil recovery. To better detect the production of methane 

in the main CO2 gas stream, the gas analyser sampler was filled with CO2 at the start of 

the test. In front of the oil bank, the content of methane in the produced brine increased. 

At the very start of the oil production, the CO2 fraction of the sample in the analyser 

increased sharply to confirm that full miscibility was reached in the core length (oil 

produced with dissolved CO2). The value rose sharply immediately after the start of oil 

production and reached a 61% plateau of the CO2-rich miscible phase. However, at the 

inflection point of oil production (the black marker), at which the gas phase broke 

through, another sharp rise in the CO2 fraction, to 83%, is observed. After this, the CO2 

content increased slowly to almost 99.4% at the end of the of the core flood, producing 

more extracted oil.   

 

Figure 5-11: CO2 content of the produced gas, oil and gas production (Experiment 5: 

Tertiary miscible gas injection). 

 

5.2.3 Miscible WAG after Secondary Waterflood (Experiment 5: 2nd Water Injection) 

The 2nd water injection started immediately after the 1st gas injection, at which time the 

saturations of oil, water and gas in the core were So = 10.7 %, Sw = 26.0 % and Sg = 63.4 
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%, respectively. The second water injection continued for about 1.0 PV. Figure 5-12 and 

Figure 5-13, show the pressure drop across the core with oil recovery (%IOIP) and 

standard gas production as a function of the of injected water pore volume, respectively. 

The pressure drop increase with constant outlet pressure showed significant injectivity 

loss from the previous gas injection. This will be discussed in more detail in the next 

sections. With the start of water injection, gas production started. After around 0.23 PV 

of water injection, when water breakthrough occurred, gas production rates reduced 

abruptly. However, the gas production continued until the end of water injection. Because 

of the higher solubility of CO2 in brine than methane, the CO2 phase in the core dissolved 

in water as more water was injected. This dissolved gas evolved after BPR to produce gas 

continuously until the end of this coreflood. The oil started to produce immediately before 

the water breakthrough and stopped right after it.  

 

Figure 5-12: Oil recovery and pressure drop across the core vs PV of water injected 

(Experiment 5: 2nd water injection). 

 

Figure 5-14 shows average values of oil, gas and water saturations during this period of 

the water injection. The remaining gas saturation at end of the injection was 37.3%. The 

maximum water saturation decreased from 64.6% at the end of first (two-phase) water 

injection to 52.8%.  
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Figure 5-13: Gas production vs PV of water injected (Experiment 5: 2nd water injection). 

 

 

Figure 5-14: Average water, oil and gas saturation vs PV water injected (Experiment 5, 

2nd water injection). 

 

5.2.4 Miscible WAG after Secondary Waterflood (Experiment 5: 2nd Gas Injection) 

The test continued with another period of gas injection after the 2nd water injection, at 

which time the saturations of oil, water and gas in the core were Sorw = 9.9 %, Swi = 52.8 

% and Sgrw = 37.3 %, respectively. Gas injection through the core was carried on for more 

than 1.2 PV, when the water and oil production rates were practically zero (GOR > 5,000 

Scc/Scc). Figure 5-15 and Figure 5-16 show the pressure drop across the core with oil 

recovery (%IOIP) and produced brine respectively, each as a function of the pore volume 

of injected gas into the core.   
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With the start of the gas injection, initially, only brine and gas were produced at the outlet, 

at a very slow rate. The produced gas was considered to be the gas dissolved in the brine 

from previous injection slugs. After the gas breakthrough at 0.2 PV of injection, no oil 

production was observed. After 0.4PV a very light oil started to be produced. The reason 

for this delay can be explained by the shielding effect of water. As more gas is injected, 

however, CO2 will be able to dissolve into the water and diffuse from the water into the 

oil. This disconnected oil will then increase in size to connect to the gas phase, to be 

produced out of the core. This phenomenon has already been reported in micromodel 

studies by Sohrabi and Emadi (2012). As the diffusion process is time dependent and 

slow, the oil is produced very slowly with gas injection.  

 

Figure 5-15: Oil recovery and pressure drop across the core vs PV gas injected 

(Experiment 5: 2nd gas injection). 

 

 

Figure 5-16: Water production vs PV gas injected (Experiment 5: 2nd gas injection). 
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Similarly, to the previous gas injection period, production of the brine continued during 

the gas injection, even after gas breakthrough. The gas saturation at the end of the 

injection periods increased from 37.3% after the first gas injection period to 68.1% after 

the second gas injection. 

 

Figure 5-17: Average water, oil and gas saturation vs PV gas injected (Experiment 5: 2nd 

gas injection). 

The produced oil colour was reddish and different from the dark brown and lighter brown 

oil produced from waterflooding and the first gas injection, respectively (Figure 5-18). 

The results of the compositional analysis of the produced oil from miscible CO2 injection 

are presented in section 5.11. 

 

Figure 5-18: Change of produced oil colour in subsequent slugs of miscible CO2 WAG 

injection (Experiment 5: 2nd gas injection). 

 



Chapter 5: Investigation of Multiphase Flow During Miscible Gas Injection Strategies 

146 

5.2.5 Miscible WAG after Secondary Waterflood (Experiment 5: 3rd Water Injection) 

The 3rd water injection started immediately after the 2nd gas injection, at which time the 

saturations of oil, water and gas in the core were So = 8.9 %, Sw = 23.0 % and Sg = 68.1 

%, respectively. Water injection through the core was carried out for 1.0 PV. Figure 5-19 

and Figure 5-20 show the pressure drop across the core with oil recovery (%IOIP) and 

standard gas production as a function of the injected water pore volume, respectively. 

The pressure drop showed a small reduction from the 2nd water injection. However, the 

general trend was similar. With the start of water injection, gas production started. After 

around 0.2 PV of water injection, when water breakthrough happened, there was a sharp 

drop in gas production rates, however, as for the previous water slug injected, it did not 

stop during the whole period of injection. Similarly, to the 2nd water injection, a small 

amount of oil was produced with the produced gas, which stopped after water 

breakthrough.  The produced oil only added up to 0.5% IOIP. 

Figure 5-21 shows average values of water, oil and gas saturations during this period of 

the water injection. The gas saturation at end of the injection increased to 45.8% from 

37.3% in the 2nd water injection. At the end of this injection period, the maximum water 

saturation decreased significantly from 52.8% in the 2nd water injection period to 45.7% 

in the third water injection.  

 

Figure 5-19: Oil Recovery and pressure drop across the core vs PV of water injected 

(Experiment 5: 3rd water injection). 
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Figure 5-20: Gas production vs PV of water injected (Experiment 5: 3rd water injection). 

 

 

 

Figure 5-21: Average water, oil and gas saturation vs PV water injected (Experiment 5: 

3rd water injection). 

 

5.2.6 Miscible WAG after Secondary Waterflood (Experiment 5: 3rd Gas Injection) 

The test continued with another period of gas injection after the 3rd water injection, at 

which time the saturations of oil, water and gas in the core were So = 8.5 %, Sw = 45.7 % 

and Sg = 45.8 %, respectively. Gas injection through the core was carried out for 1.1 PV, 

when the water and oil production rates were practically zero. Figure 5-22 and Figure 

5-23 show the pressure drop across the core with oil recovery (%IOIP) and produced 

brine as a function of the pore volume of injected gas into the core, respectively. With the 

start of the gas injection, initially, only brine was produced. An insignificant amount of 

oil was produced with brine; however, as with the second gas injection, most of the oil 
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was produced with further injection of gas after 0.5 PV injection. The oil production 

stopped at 1 PV. Production of the brine continued for the whole period of injection, even 

after gas breakthrough. Figure 5-24 shows the average saturation of each phase. The gas 

saturation at the end of injection periods increased from 68.1% in the second gas injection 

period to 74.2% in the third gas injection. These values were much higher than their 

hydrocarbon counterparts in coreflood 3, which were less than 20%. Moreover, the water 

saturation dropped from 23.0% to only 18.0% at the end of the 3rd gas injection. 

 

Figure 5-22: Oil recovery and pressure drop across the core vs PV gas injected 

(Experiment 5: 3rd gas injection). 

 

 

Figure 5-23: Water production vs PV gas injected (Experiment 5: 3rd gas injection). 
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Figure 5-24: Average water, oil and gas saturation vs PV gas injected (Experiment 5: 3rd 

gas injection). 

 

5.2.7 Miscible Gas WAG after Secondary Waterflood (Experiment 5: 4th Water 

Injection) 

The final (4th) water injection was performed immediately after the 3rd gas injection, at 

which time the saturations of oil, water and gas in the core were So = 7.8 %, Sw = 18.0 % 

and Sg = 74.2 %, respectively. Water injection through the core was carried out for 1.0 

PV. Figure 5-25 and Figure 5-26 show the pressure drop across the core with oil recovery 

(%IOIP) and standard gas production as a function of the pore volume of injected water, 

respectively. 

 

Figure 5-25: Oil recovery and pressure drop across the core vs PV of water injected 

(Experiment 5: 4th water injection). 
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Similarly to previous water injections (2nd and 3rd water injections), the pressure drop 

trend was the same; however, a small drop in DP was observed. With the start of water 

injection, gas production started. The water breakthrough was around 0.2 PV of water 

injection. As in the 2nd and 3rd water injection periods, a very small amount of oil (0.2% 

IOIP) was produced with the produced gas. No additional oil production was observed. 

Figure 5-27 shows the average values of water, oil and gas saturations during this period 

of the water injection. The gas saturation at end of the injection increased from 45.8% in 

the 3rd water injection to 54.5%. At the end of this injection period, the maximum water 

saturation decreased from that of the 3rd water injection period (Sw
3rd = 45.7%) to only 

37.9%.  

 

Figure 5-26: Gas production vs PV of water injected (Experiment 5: 4th water injection). 

 

 

Figure 5-27: Average water, oil and gas saturation vs PV water injected (Experiment 5: 

4th water injection). 
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5.2.8 Phase Saturations (Experiment 5) 

Figure 5-28 shows oil, water and gas average saturations inside the core during 

experiment 5. As the alternation of water and gas injection continued, water saturation (at 

the end of gas injections - Swrg) decreased significantly. Swrg decreased from 26.0 % at the 

end of the 1st gas injection to 18.0 % after the 3rd gas injection. As the maximum gas 

saturation in each gas injection period increased, the remaining gas saturation gradually 

increased from 37.3% after the 2nd water injection to 54.5% after 4th water injection.  It is 

important to note that because of mass transfer between brine and gas phases, the gas and 

water saturation at the end of water and gas injection periods respectively cannot be 

defined as residual or trapped. 

a)  

b)  

Figure 5-28: Average saturations of oil (a), water and gas (b) vs PV fluids injected 

(Experiment 5: Miscible WAG after secondary waterflood). 
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Figure 5-29 shows oil recovery (IOIP%) as a function of PV brine and gas injected into 

the core during the WAG test. Secondary waterflooding produced about 60% of the initial 

oil in place, which was in good agreement with the result from previous waterflooding, 

in which 61% of the IOIP was produced. The ultimate oil recovery (IOIP%) after the next 

8 PV of the WAG injection (alternating injection of the gas and water) was 91.3% IOIP. 

This represented a significant increase of about 24% over that of WAG at immiscible 

conditions. 

Figure 5-30 shows that 70% of the residual oil after waterflooding (Sorw) was recovered 

during the tertiary gas injection. The subsequent alternate gas and water slugs managed 

to produce an additional 9% of Sorw (3.6% IOIP).  After the first gas injection, the oil 

production was more significant during subsequent gas injection periods. 

Figure 5-31 shows the fraction of the pore volume occupied by the three phases during 

different stages of the WAG injection, showing that, as the WAG injection continues and 

the oil and water occupancy decrease, the gas occupancy band becomes larger.  

 

 

Figure 5-29: Oil recovery (%IOIP) vs PV fluids injected (Experiment 5: Miscible WAG 

after secondary waterflood). 
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Figure 5-30: Oil recovery (% of the residual oil saturation) vs PV fluids injected 

(Experiment 5: Miscible WAG after secondary waterflood). 

 

      

Figure 5-31: Pore occupancy of oil, water and gas at different stages of the WAG injection 

(Experiment 5: Miscible WAG after secondary waterflood). 
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Figure 5-32: Ternary diagram of average saturation path during WAG injection 

(Experiment 5: Miscible WAG after secondary waterflood). 

Figure 5-32 shows the ternary diagram of the saturation path during this WAG injection. 

The dashed green circle shows the three-phase region. The gas injection periods are 

shown as dashed red lines. Most of the three-phase region falls into the tertiary gas 

injection stage. Given the high oil recovery, the saturation path mostly falls in the three-

phase flow region.  

 

5.3 Miscible WAG after Secondary Gas Injection 

5.3.1 Secondary Miscible Gas Injection (Experiment 6) 

The experiment was commenced by secondary gas injection with initial water and oil 

saturations of Swim = 11.9% and Soi = 88.1%. Both the gas and the following WAG 

injection was performed for around 2.0 PV, at which stage oil production was practically 

zero (GOR above 5000 Scc/Scc).  

From the start of the gas injection, the only produced phase was oil until 0.42 PV of gas 

was injected, when gas breakthrough occurred (an increase of the slope of gas production, 

as seen in Figure 5-33-a). At breakthrough, 43.2% of IOIP was recovered. The oil 
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production (at relatively high rates) continued after gas breakthrough and oil recovery 

increased to 86.1% at 2PV of gas injection.  

While no water production during this gas injection would be expected, as the water phase 

is immobile, dry CO2 evaporated a small fraction of irreducible water saturation and this 

water vapour was condensed at room temperature and measured in test tubes. However, 

this produced water only reduced the established irreducible water saturation of 11.9% 

by 0.4%. The water started to be produced after 1.8PV of gas injection when oil saturation 

was significantly reduced. 

The produced gas was analysed during the first gas injection to measure the its 

composition. To achieve this, a CO2 analyser with a dual-wavelength NDIR 

(Nondispersive infrared) sensor was employed.  

Figure 5-33-a plots the CO2 concentration in the produced gas stream vs injected the PV 

of CO2. These results, coupled with oil and gas production, give a better idea of gas 

breakthrough and the mechanisms of oil recovery. It is important to note that the CO2 

production starts with a delay after gas breakthrough. Figure 5-33-b compares GOR and 

CO2 concentration. After injecting 0.42 PV of CO2, the gas production slope increased 

significantly. In other words, the GOR increased more than threefold from 128 Scc/Scc 

of recombined oil to more than 400Scc/Scc. However, the CO2 concentration only 

increased after this rise in GOR at 0.47 PV. This increase of GOR before CO2 production 

indicates that the contact of CO2 with live oil formed a hydrocarbon gas bank which was 

produced ahead of the CO2 front.  

Figure 5-34 shows the GOR with the pressure drop. The figure shows a significant drop 

well after the rise in GOR. This coincides with the rise of CO2 concentration in the 

produced gas. The formation of hydrocarbon bank ahead of the CO2 front during tertiary 

CO2 injection has already been reported (Sohrabi and Emadi, 2012).  
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a)  

b)  

Figure 5-33: a) CO2 content of the produced gas, oil and gas Production, b) CO2 content 

of the produced gas, GOR and oil production (Experiment 6: Miscible secondary gas 

injection). 

 

The gas, oil and water saturations at the end of this gas injection period, as calculated 

from material balance, were 76.3%, 12.2% and 11.5% respectively (Figure 5-35). 



Chapter 5: Investigation of Multiphase Flow During Miscible Gas Injection Strategies 

157 

 

Figure 5-34: GOR and pressure drop (psi) vs PV of gas injected (Experiment 6: Miscible 

secondary gas injection). 

 

 

Figure 5-35: Average gas, oil and water saturation vs PV of gas injected (Experiment 6: 

Miscible secondary gas injection). 

 

5.3.2 Miscible WAG after Secondary Gas Injection (Experiment 6: 1st Water 

Injection) 

The coreflood was continued with a water injection after the secondary gas injection, at 

which time the saturations of water, oil and gas in the core were Swir = 11.5%, So = 12.2% 

and Sg = 76.3% respectively. Water injection was carried out for 2.0 PV, when the 

pressure drop was stable and oil ceased to be produced.  

Figure 5-36 and Figure 5-37 show the pressure drop across the core with oil recovery 

(%IOIP) and standard gas production as a function of the pore volume of injected water, 
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respectively. With the start of the water injection, initially, gas was being produced at the 

outlet accompanied by oil. At 0.5PV a significant rise in oil production was observed 

immediately before water breakthrough (0.5% IOIP). After water breakthrough at 0.5 PV, 

no more oil production was observed. The gas production rate decreased significantly but 

its production continued until the end of this water injection period. The additional oil 

recovery at the end of this injection period was 2.3% IOIP. The fall in pressure increased 

until the end of oil production, when it started to reduce. Compared to secondary gas 

injection, the pressure drop showed significant injectivity loss. This will be discussed in 

more detail in future sections. The injection was continued for 2PV to ensure correct gas 

trapping values. 

Figure 5-38 shows the average values of oil, gas and water saturations during this period 

of the test.  The three phases were mobile only in a small part of the test until water 

breakthrough, after which water and gas were the only flowing phases.  

 

Figure 5-36: Oil recovery (%IOIP) and pressure drop across the core (psi) vs PV water 

injected (Experiment 6: 1st water injection). 
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Figure 5-37: Gas production (Scc) vs PV water injected (Experiment 6: 1st water 

injection). 

 

 

Figure 5-38: Average water, oil and gas saturation vs PV water injected (Experiment 6: 

1st water injection). 

 

5.3.3  Miscible WAG after Secondary Gas Injection (Experiment 6: 2nd Gas 

Injection) 

The 2nd gas injection started immediately after the 1st water injection, at which time the 

saturations of oil, water and gas in the core were Sorw = 9.9%, Sw = 75.7% and Sgrw = 

14.4%, respectively. Gas injection through the core was carried out for 1.0 PV. Figure 

5-39 and Figure 5-40 show the pressure drop across the core with oil recovery (as %IOIP) 

and produced brine as a function of the pore volume of injected gas in the core, 

respectively. 
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With the start of gas injection, brine production started. After around 0.1 PV of gas 

injection, the oil started to be produced. The gas breakthrough happened at 0.2 PV. At 

this point, the water production rates decreased significantly. While the oil production 

stopped after 0.5PV of injection (produced oil 0.65%IOIP), the water production 

continued almost until the end of gas injection. During this injection period, the pressure 

drop was considerably higher than in secondary gas injection. When the pressure drop 

became stable, after 0.7PV of injection, the pressure drop across the core increased 

eightfold compared to that of secondary gas injection.  

 

Figure 5-39: Oil recovery and pressure drop across the core (psi) vs PV of gas injected 

(Experiment 6: 2nd gas injection). 

 

 

Figure 5-40: Water production (PV) vs PV of gas injected (Experiment 6: 2nd gas 

injection). 



Chapter 5: Investigation of Multiphase Flow During Miscible Gas Injection Strategies 

161 

Figure 5-41 shows average values of water, oil and gas saturations during this period of 

the gas injection. The maximum gas saturation at end of the injection reached 43.3%. The 

water saturation decreased from 75.7% at the end of the first water injection to 47.4%. 

 

Figure 5-41: Average water, oil and gas saturation vs PV of gas injected (Experiment 6: 

2nd gas injection). 

 

5.3.4 Miscible WAG after Secondary Gas Injection (Experiment 6: 2nd Water 

Injection) 

The test continued with another period of water injection after the 2nd gas injection, at 

which time the saturations of oil, water and gas in the core were Sorg = 9.3%, Swrg = 47.4% 

and Sgi = 43.3%, respectively. Water injection through the core was carried out for 1.3 

PV. Figure 5-42 and Figure 5-43 show the pressure drop across the core with oil recovery 

(%IOIP) and standard gas production as a function of the pore volume of injected water, 

respectively. With the start of the water injection, only gas was produced. Production of 

gas reduced significantly at 0.22PV when water breakthrough occurred. A few droplets 

of oil (as a discontinued phase) were produced after water breakthrough, which accounted 

for 0.4% IOIP oil.  The gas saturation at the end of the injection periods decreased from 

43.3% in the second gas injection period to 14.0% at the end of water injection. 
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Figure 5-42: Oil recovery and pressure drop across the core (psi) vs PV water injected 

(Experiment 6: 2nd water injection). 

 

 

 

Figure 5-43: Gas production (Scc) vs PV water injected (Experiment 6: 2nd water 

injection). 
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Figure 5-44: Average water, oil and gas saturation vs PV water injected (Experiment 6: 

2nd water injection). 

 

5.3.5 Miscible WAG after Secondary Gas Injection (Experiment 6: 3rd Gas Injection) 

The 3rd gas injection started immediately after the 2nd water injection, at which time the 

saturations of oil, water and gas in the core were So = 8.9%, Swi = 77.0% and Sgrw = 14.0%, 

respectively. Gas injection through the core was carried out for 1.0 PV. Figure 5-45 and 

Figure 5-46 show the pressure drop across the core with oil recovery (%IOIP) and 

produced brine as a function of the pore volume of injected gas in the core, respectively. 

 

Figure 5-45: Oil recovery and pressure drop across the core vs PV of gas injected 

(Experiment 6: 3rd gas injection). 

 

With the start of gas injection, water production resumed. After around 0.14 PV of gas 

injection, before the gas breakthrough, oil started to be produced. This stopped before gas 
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breakthrough but with more gas injection, more oil was produced, with slow rates. This 

was similar to oil production behaviour during the gas injection periods of miscible WAG 

after waterflood. As discussed before, the reason for the continued slow oil production 

after the gas breakthrough at 0.23PV was CO2 diffusion in brine shielding the oil. Water 

production continued at a slower rate until the end of gas injection. The pressure drop did 

not increase above that of the 2nd gas injection period at the end of injection.  

 

Figure 5-46: Water production vs PV of gas injected (Experiment 6: 3rd gas injection). 

Figure 5-47 shows average values of water, oil and gas saturations during this period of 

the water injection. The maximum gas saturation at end of the injection reached 42.4%. 

At the end of this injection period, the water saturation decreased to 49.4%.  

 

Figure 5-47: Average water, oil and gas saturation vs PV of gas injected (Experiment 6: 

3rd gas injection). 
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5.3.6 Miscible WAG after Secondary Gas Injection (Experiment 6: 3rd Water 

Injection) 

The 3rd water injection started immediately after the 3rd gas injection, at which time the 

saturations of oil, water and gas in the core were So = 8.2%, Sw = 49.4% and Sg = 42.4%, 

respectively. Water injection through the core was carried out for 1.0 PV. Figure 5-48 and 

Figure 5-49 show the pressure drop across the core with oil recovery (%IOIP) and 

standard gas production as a function of the pore volume of injected water, respectively. 

 

Figure 5-48: Oil recovery and pressure drop across the core (psi) vs PV water injected 

(Experiment 6: 3rd water injection). 

The pressure drop showed a small reduction from that in the 2nd water injection. However, 

the general trend was similar. With the start of water injection, gas production started. 

After around 0.2 PV of water injection, when water breakthrough occurred, there was a 

sharp drop in gas production rates; however, similarly to the previous water slug injected, 

it did not stop during the whole period of injection. As in the 2nd water injection, a small 

amount of oil was produced after water breakthrough. This stopped only after 0.1PV of 

injection. The produced oil only added up to 0.35% IOIP. 

Figure 5-50 shows average values of water, oil and gas saturations during this period of 

the water injection. The gas saturation at end of the injection increased to 14.9% from 

14.0% in the 2nd water injection. At the end of this injection period the maximum water 

saturation was almost the same as in the 2nd water injection period.  
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Figure 5-49: Gas production vs PV of water injected (Experiment 6: 3rd water injection). 

 

 

Figure 5-50: Average water, oil and gas saturation vs PV water injected (Experiment 6: 

3rd water injection). 

 

5.3.7 Miscible WAG after Secondary Gas Injection (Experiment 6: 4th Gas 

Injection) 

The test continued with another period of gas injection after the 3rd water injection, at 

which time the saturations of oil, water and gas in the core were So = 7.9%, Sw = 77.2% 

and Sg = 14.9%, respectively. Gas injection through the core was carried out for 1.0 PV, 

when the oil production rates were practically zero. Figure 5-51 and Figure 5-52 show 

the pressure drop across the core with oil recovery (%IOIP) and produced brine as a 

function of the pore volume of injected gas in the core, respectively. As in the second and 

third gas injection periods, oil only started to be produced with further injection of gas 



Chapter 5: Investigation of Multiphase Flow During Miscible Gas Injection Strategies 

167 

after 0.5 PV injection. The oil production stopped at 0.8 PV. Figure 5-53 shows the 

average saturation of each phase. The maximum gas saturation at the end of the injection 

period decreased a little, from 42.4% in third gas injection period to 41.3% in fourth gas 

injection period. These values were generally much higher than their hydrocarbon 

counterparts in coreflood 4. which were less than 20%. In addition, the water saturation 

dropped from 77.2% to 51.2% at the end of the 4th gas injection. 

 

Figure 5-51: Oil recovery and pressure drop across the core vs PV of gas injected 

(Experiment 6: 4th gas injection). 

 

 

 

Figure 5-52: Water production vs PV gas injected (Experiment 6: 4th gas injection). 
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Figure 5-53: Average water, oil and gas saturation vs PV gas injected (Experiment 6: 4th 

gas injection). 

 

5.3.8  Miscible WAG after Secondary Gas Injection (Experiment 6: 4th Water 

Injection) 

The final (4th) water injection was performed immediately after the 4th gas injection, at 

which time the saturations of oil, water and gas in the core were So = 7.5%, Sw = 51.2% 

and Sg = 41.3%, respectively. Water injection through the core was carried out for 1.2 PV. 

Figure 5-54 and Figure 5-55 show the pressure drop across the core with oil recovery 

(%IOIP) and standard gas production as a function of the pore volume of injected water, 

respectively. 

Similarly to previous water injections (2nd and 3rd water injections), the pressure drop 

trend was the same, but a small drop in DP was observed. The water breakthrough was 

around 0.2 PV of water injection. As in the 2nd and 3rd water injection periods, a very 

small amount of oil (0.2% IOIP) was produced with the produced gas.  

Figure 5-56 shows average values of water, oil and gas saturations during this period of 

water injection. The gas saturation at end of the injection fell from 14.9% in the 3rd water 

injection to 13.6%. At the end of this injection period, the maximum water saturation 

increased from 77.2% in the 3rd water injection period to 79.1%.  
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Figure 5-54: Oil recovery and pressure drop across the core (psi) vs PV water injected 

(Experiment 6: 4th water injection). 

 

Figure 5-55: Gas production vs PV of water injected (Experiment 6: 4th water injection). 

 

Figure 5-56: Average water, oil and gas saturation vs PV water injected (Experiment 6: 

4th water injection). 
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5.3.9  Phase Saturations (Experiment 6) 

Figure 5-57 shows oil, water and gas average saturations inside the core during the 

complete WAG injection. It can be seen that as the alternation of water and gas injection 

continues, water saturation (at the end of gas injections) increases slightly. It increased 

from 47.4% at the end of the 2nd gas injection to 51.2% after the 4th gas injection. The 

maximum gas saturation and the remaining gas saturation gradually decreased.  It is 

important to note that because of mass transfer between brine and gas phases, the gas and 

water saturation at the end of the water and gas injection periods respectively cannot be 

defined as residual or trapped. 

a)  

b)  

Figure 5-57: Average saturations of oil (a), water and gas (b) vs PV fluids injected 

(Experiment 6: Miscible WAG after secondary gas injection). 
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Figure 5-58 shows oil recovery (in terms of percentage of the IOIP) as a function of PV 

brine and gas injected into the core during the WAG test. Secondary CO2 injection 

produced about 86% of the initial oil in place, which was 52% higher than immiscible 

secondary gas injection, in which only 34% of the IOIP was produced. The ultimate oil 

recovery (fraction of IOIP) after the next 8 PV of the WAG injection (alternating 

injections of the gas and water) was 91.7% IOIP. After first gas injection, the oil 

production was more significant only during gas injection periods. 

 

Figure 5-58: Oil recovery (%IOIP) vs PV fluids injected (Experiment 6: Miscible WAG 

after secondary gas injection). 

Figure 5-59 shows the fraction of the pore volume occupied by the three phases during 

different stages of the WAG injection, showing that as the WAG injection continues oil 

occupancy decreases and water and gas are the main phases competing for pore spaces. 

In both miscible WAG corefloods, after the first WAG cycle water and gas are mainly 

displacing each other, with minimal effect on oil pore occupancy.  

Figure 5-60 shows the ternary diagram of the saturation path during this WAG injection. 

The dashed green circle shows the three-phase region. The gas injection periods are 

shown as dashed red lines. Given that only a small fraction of oil remains after miscible 

CO2 injection, as shown in the diagram, further injections of WAG cycles are not efficient 

in displacing this oil.  
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Figure 5-59: Pore occupancy of oil, water and gas at different stages of the WAG injection 

(Experiment 6: Miscible WAG after secondary gas injection). 

 

 

Figure 5-60: Ternary diagram of saturation path during WAG injection (Experiment 6: 

Miscible WAG after secondary gas injection). 

 

5.4 Miscible SWAG Injection (Experiment 7) 

Coreflood 7 began by co-injection of gas and water (SWAG ratio of one) into the core 

with initial water and oil saturations of Swim = 11.2% and Soi = 88.8%. The coreflood was 
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performed with equal water and gas injection rates (SWAG ratio of one) and continued 

for 7.5 PV. During the coreflood displacement, the outlet core pressure was kept constant 

by a BPR at 4800 psig. The overburden was kept constant at 5400 psig. 

Figure 5-61 shows the recovered oil in reservoir conditions during simultaneous water 

and gas injection along with pressure drop at reservoir conditions. The gas breakthrough 

(BT) happened at 0.47PV of injection, which was followed by water BT at 0.63PV. The 

breakthrough recoveries for gas and water are marked as green and black points 

respectively. No sharp drop in DP was observed at water breakthrough and at the end of 

injection period the pressure drop was almost constant. 

The breakthrough of gas was delayed from 0.42 PV of injection in two-phase gas injection 

in coreflood 5 to 0.47 in SWAG. This controlled mobility of gas led to 4% more oil 

recovery at breakthrough: over 52.7% IOIP BT recovery in the gas injection. The rate of 

oil production did not significantly decrease before water breakthrough at 0.63PV of 

injection, at which 67.3% of IOIP was already recovered. At about 5.8 PV of SWAG 

injection (93.2% IOIP recovery), continuous oil production stopped and no further flow 

of oil was observed and recorded in the test tubes.  

 

Figure 5-61: Oil recovery (%IOIP) and pressure drop (psi) vs PV of injected fluids 

(Experiment 7: Miscible SWAG). 
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Figure 5-62: Water production (PV) vs PV of injected fluids (Experiment 7: Miscible 

SWAG). 

 

Figure 5-63: Net gas production (PV) vs PV of gas injected (Experiment 7: Miscible 

SWAG). 

Figure 5-62 and Figure 5-63 display the gas (total gas production minus solution gas) and 

water production at pore volume respectively.  

The water, oil and gas saturations for this coreflood are plotted in Figure 5-64. At the end 

of this injection period, as calculated from the material balance, gas, oil and water 

saturations were 44.6%, 6.1% and 49.3% respectively. At gas breakthrough, the 

increasing trend of gas saturation slowed. The water and gas saturations both increased at 

a slower rate, which was almost constant until 5.8PV, at which time oil production ceased. 

Further SWAG injection increased the gas saturation gradually. This is in contrast to the 

behaviour of water-wet systems, in which after breakthrough no significant changes in 

water and gas saturation are observed.  
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Figure 5-64: Average water, oil and gas Saturation vs PV of injected fluids (Experiment 

7: Miscible SWAG). 

Figure 5-65 shows a ternary diagram of the saturation path during SWAG injection. The 

dashed green circle shows the three-phase region.  

 

Figure 5-65: Ternary diagram of saturation path during SWAG injection (Experiment 7: 

Miscible SWAG). 
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5.5 Miscible WAG after Secondary Gas Injection in Presence of Mobile Water 

(Experiment 8) 

In tight carbonate reservoirs, the transition zone above the water-oil contact depth 

contains a significant amount of recoverable oil. Given the effectiveness of miscible gas 

injection to produce the oil from the selected system, it is essential to understand 

multiphase flow in a coreflood representative of miscible gas injection followed by WAG 

in the transition zone. To establish the initial phase saturations, live oil and brine were co-

injected to achieve a high initial water saturation similar to the actual reservoir water 

saturations in the transition zone. This data was provided by the project sponsor. 

5.5.1 Secondary Miscible Gas Injection (3-phase: 1st Gas Injection)  

Unlike coreflood 6, the higher initial water saturation in this coreflood allowed the water 

phase to be mobile. The core was prepared by increasing water saturation from irreducible 

water to Swi = 41.2% by co-injection of water and oil and monitoring the produced oil 

and water until the WOR was stable and equal to the co-injection ratio. The procedure to 

prepare the core represents a waterflood with poor sweep efficiency (increasing water 

saturation). The gas injection period was performed for 2.1 PV, at which the oil 

production was practically zero (GOR more than 5000 Scc/Scc). As in the other miscible 

WAG injection corefloods, the outlet core pressure was kept constant at 4800psig.  

Figure 5-66 shows the recovered oil and pressure drop during the first (secondary) gas in 

presence of mobile water. At about 0.39PV of injection, the gas breakthrough was 

observed. The oil production ratio (produced oil/total produced fluids) reduced at this 

point but oil recovery continued with ratios above 0.5 for more than 1PV. At about 2PV 

of gas injection, oil production reached a plateau at about 81%. The injection rate was 

then doubled. The oil production restarted and the injection at this rate was continued for 

1PV until no further oil was produced. The rate was then increased but no further oil 

production was observed. The injection rate was then reduced in two steps, to record any 

change in DP after the bump in injection rate. 
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Figure 5-66: Oil recovery (%IOIP) and DP vs PV of gas injected (Experiment 8: Miscible 

secondary gas injection in presence of mobile water). 

Figure 5-67 shows the water production during this gas injection period. The mobile water 

started to produce from the beginning of gas injection. At breakthrough, the water 

production rate significantly reduced. After 1PV the water production ratio was less than 

5%.  

 

Figure 5-67: Water production vs PV of gas injected (Experiment 8: Miscible secondary 

gas injection in presence of mobile water). 

Figure 5-68 shows the total gas production in standard cubic centimetres when produced 

oil pressure drops to atmospheric pressure. As can be seen in the figure, the gas production 

slope increases significantly after the gas breakthrough at 0.39 PV of gas injection, 

indicating gas breakthrough. 
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Figure 5-68: Gas production vs PV of gas injected (Experiment 8: Miscible secondary 

gas injection in presence of mobile water).  

Figure 5-66 shows the pressure drop across the core during gas injection. After gas 

breakthrough, pressure drop significantly reduced until no substantial oil was produced 

at 1.5PV of injected gas. By doubling the injection rate, DP only increased by 60%.  

Further oil production accompanied this; however, the next bump in injection rate, almost 

doubled the DP, indicating no end effects. After decreasing the injection rate, the DP 

dropped back to similar levels to those before the bump. When, finally, the injection rate 

dropped to initial injection rate, the DP was lower than those recorded before the bump. 

This was consistent with oil production trends. 

 

 

Figure 5-69: Average gas, oil and water saturation vs PV of gas injected (Experiment 8: 

Miscible secondary gas injection in presence of mobile water). 
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The gas, oil and water saturations at the end of this gas injection period, as calculated 

from the material balance, were 64.6%, 9.2% and 26.3% respectively (Figure 5-69). It is 

important to notice that the change in oil saturation after gas BT was much more 

significant than water saturation change. 

 

5.5.2 Miscible WAG after Secondary Gas Injection (Experiment 8: 1st Water 

Injection) 

The coreflood was continued with a water injection after the secondary gas injection, 

when the saturations of water, oil and gas in the core were Swi = 26.3%, So = 9.2% and Sg 

= 64.6% respectively. The 1st water injection continued for 1.1 PV when the pressure drop 

was stable.  

Figure 5-70 and Figure 5-71 show the pressure drop across the core with oil recovery 

(%IOIP) and standard gas production as a function of the pore volume of injected water, 

respectively. With the start of the water injection, initially, single-phase gas was being 

produced at the outlet. At 0.36 PV water was observed in outlet. No oil production was 

observed during the water injection period. The gas production rate decreased 

significantly but its production continued until the end of this water injection period. The 

pressure drop increased until the water BT and its gradual reduction continued until the 

end. The pressure drop compared to that in secondary gas injection showed significant 

injectivity loss. This will be discussed in more detail in the next sections.  

 

Figure 5-70: Oil recovery (%IOIP) and pressure drop across the core (psi) vs PV water 

injected (Experiment 8: 1st water injection). 
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Figure 5-71: Gas production (Scc) vs PV water injected (Experiment 8: 1st water 

injection).  

Figure 5-72 shows the average values of oil, gas and water saturations during this period 

of the test.  This injection period was mainly a two-phase flow of water and gas in the 

presence of residual oil.  

 

Figure 5-72: Average water, oil and gas saturation vs PV water injected (Experiment 8: 

1st water injection). 

 

5.5.3 Miscible WAG after Secondary Gas Injection (Experiment 8: 2nd Gas 

Injection) 

The 2nd gas injection started immediately after the 1st water injection, at which time the 

saturations of oil, water and gas in the core were Sorw = 9.2%, Sw = 73.2% and Sgrw = 

17.7%, respectively. Gas injection through the core was carried out for 1 PV. Figure 5-73 
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and Figure 5-74 show the pressure drop across the core along with oil recovery (as 

%IOIP) and produced brine as a function of the pore volume of injected gas in the core, 

respectively. 

 

Figure 5-73: Oil recovery and pressure drop across the core (psi) vs PV of gas injected 

(Experiment 8: 2nd gas injection). 

With the start of gas injection, brine production commenced. After 0.1 PV of gas 

injection, the gas breakthrough occurred. At this point, the water production rates 

decreased, but its production continued at high rates until the end of the injection period. 

No oil production was observed during this injection period as well. The pressure drop 

became stable after 0.4PV of injection. During this injection period, the pressure drop 

was about 10% higher than during secondary gas injection.  

Figure 5-75 shows average values of water, oil and gas saturations during this period of 

the gas injection. The maximum gas saturation at end of the injection reached 37.2%. The 

water saturation decreased from 73.2% at the end of first water injection to 53.6%. 
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Figure 5-74: Water production (PV) vs PV of gas injected (Experiment 8: 2nd gas 

injection). 

 

Figure 5-75: Average water, oil and gas saturation vs PV of gas injected (Experiment 8: 

2nd gas injection). 

 

5.5.4 Miscible WAG after Secondary Gas Injection (Experiment 8: 2nd Water 

Injection) 

The test continued with another period of water injection after the 2nd gas injection, at 

which time the saturations of oil, water and gas in the core were Sorg = 9.2%, Swrg = 53.6% 

and Sgi = 37.2%, respectively. Water injection through the core was carried out for 1.0 

PV. Figure 5-76 and Figure 5-77 show the pressure drop across the core along with oil 

recovery (%IOIP) and standard gas production as a function of the pore volume of 

injected water, respectively. With the start of the water injection, gas was produced. 

Production of the gas then reduced significantly at 0.2 PV, at which point water 
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breakthrough occurred. The gas saturation at the end of the injection period decreased 

from 37.2% in the second gas injection period to 12.2% at the end of water injection. This 

trapped gas saturation was lower than those observed in previous water injection periods. 

This could be the result of gas dissolution in the produced water phase. 

 

Figure 5-76: Oil recovery and pressure drop across the core (psi) vs PV water injected 

(Experiment 8: 2nd water injection). 

 

 

 

Figure 5-77: Gas production (Scc) vs PV water injected (Experiment 8: 2nd water 

injection). 
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Figure 5-78: Average water, oil and gas saturation vs PV water injected (Experiment 8: 

2nd water injection). 

 

5.5.5 Phase Saturations (Experiment 8) 

Figure 5-79 shows oil, water and gas average saturations inside the core during the 

complete WAG injection. As the alternation of water and gas injection continued, water 

saturation (at the end of gas injections) increased. It increased from 26.3% at the end of 

the 1st gas injection to 53.6% after the 2nd gas injection. The maximum gas saturation and 

the remaining gas saturation decreased.  It is important to note that, because of mass 

transfer between brine and gas phases, the gas and water saturation at the end of the water 

and gas injection periods respectively cannot be defined as residual or trapped. 

Figure 5-80 shows oil recovery (in terms of percentage of the IOIP) as a function of the 

PV of brine and gas injected into the core during the WAG test. Secondary CO2 injection 

produced about 84.2% of the initial oil in place. This was close to the oil recovery of 

secondary CO2 gas injection, in which 86% of the IOIP was produced. This showed that 

water shielding is not very significant during miscible CO2 injection in the oil-wet porous 

medium studied.  The oil recovery (fraction of IOIP) after the next 3PV of the WAG 

injection (alternating injection of the gas and water) did not increase.  
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a)  

b)  

Figure 5-79: Average saturations of (a) oil, (b) water and gas vs PV fluids injected 

(Experiment 8: Miscible WAG after secondary gas injection in presence of mobile water). 

 

Figure 5-80: Oil recovery (%IOIP) vs PV fluids injected (Experiment 8: Miscible WAG 

after secondary gas injection in presence of mobile water). 
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Figure 5-81: Pore occupancy of oil, water and gas at different stages of the WAG injection 

(Experiment 8: Miscible WAG after secondary gas injection in presence of mobile water). 

Figure 5-81 shows the fraction of the pore volume occupied by the three phases during 

different stages of the WAG injection, which shows that oil occupancy did not change 

during WAG injection, and that water and gas are the only phases competing for pore 

spaces. In both miscible WAG corefloods, after the first WAG cycle, water and gas are 

mainly displacing each other, with minimal effect on oil pore occupancy. The same 

behaviour is observed in this coreflood with a different saturation history. This shows 

that, regardless of saturation path, the main hysteresis occurs in the water and gas phases. 

Also regardless of saturation history, similar residual oil was observed with miscible CO2 

injection. 

Figure 5-82 shows the ternary diagram of the saturation path during this WAG injection. 

The dashed green circle shows the three-phase region. The first gas injection period is 

shown as a solid red line. Given that a small fraction of oil remains after miscible CO2 

injection, as shown in the diagram, further injection of WAG cycles is not efficient in 

displacing this oil. It is also important to note that, after the 1st gas injection, injected 

fluids follow the same saturation path (no change in oil saturation). However, Figure 5-79 

shows apparent hysteresis between gas and water but this could be mass transfer (CO2 

dissolution in brine and water evaporation into CO2) masquerading as hysteresis. 
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Figure 5-82: Ternary diagram of saturation path during WAG injection (Experiment 8: 

Miscible WAG after secondary gas injection in presence of mobile water). 

 

5.6 Effect of Injection Strategy on Oil Recovery by Miscible Gas Injection 

The effect of injection history on miscible gas injection scenarios in mixed-wet 

carbonates was studied by performing different gas injection scenarios using CO2 as 

injection gas (Corefloods 5 to 7).  Injection of each WAG slug and SWAG continued until 

oil production was almost zero.  

Figure 5-83 compares the oil recovery profile of different gas injection scenarios. The 

vertical dashed lines indicate the separate injection of each slug. Although the miscible 

CO2 injection recovered 30% more oil than waterflooding, injection of first gas slug in 

experiment 6 significantly decreased Sorw. This gave cumulative recovery of 88.1%, 

comparable to that for miscible gas injection. Regardless of the injection history, both 

injection scenarios recovered about 91.5% of IOIP. The best performance was observed 

during CO2 SWAG, both in terms of recovery and oil production rates. The recovery 

results of WAG after waterflood and SWAG showed that water shielding was not a 

governing factor. This can be explained by two possible mechanisms: first, continuity of 

the oil layers through the core in a more oil-wet system, and secondly, CO2 diffusion 
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through the water layers separating the oil from the CO2 phase. Since diffusion is a slow 

mass transfer mechanism compared to three-phase flow effects (such as gas trapping and 

simultaneous flow of gas and bypassed oil in pores in low IFTs or as a single miscible 

phase) it can be considered the less dominant mechanism, especially during the first 

tertiary CO2 injection. The last two cycles of both WAG injections produced only 2% 

additional oil. This small remaining oil saturation may be subject to water shielding. 

Similarly to immiscible WAG injection, no significant oil recovery was observed during 

water injection periods.  

 

 

Figure 5-83:  Comparison of the oil recovery profile (%IOIP) for different miscible gas 

injection scenarios: (Experiments 5 to 7). 
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5.7 Phase Trapping during Miscible Gas Injection Scenarios 

To study the effect of miscibility on phase trapping, three corefloods were performed at 

multiple-contact miscible conditions with CO2 as injection gas. To minimize the potential 

of formation of carbonic acid, the brine was not pre-equilibrated with CO2.  

To measure how this could affect the material balance calculations for the gas and water 

phase, the solubility of CO2 in high salinity injection brine was calculated at test 

temperature and pressures, using Duan’s model for CO2 solubility in brine (Duan et al., 

2006). Their model predicts solubility of carbon dioxide in aqueous solutions containing 

Na+, K+, Ca2+, Mg2+, Cl-, and SO4
2- in a wide temperature–pressure–ionic strength range 

(i.e. from 273 to 533 K, from 0 to 2000 bar, and from 0 to 4.5 molality of salts) with 

experimental accuracy. Injection brine at reservoir conditions can dissolve a maximum 

of 0.0386 
𝑐𝑐 𝐶𝑂2

𝑐𝑐 𝐵𝑟𝑖𝑛𝑒  
 to become fully CO2 saturated. The other error involved in the material 

balance of calculated water saturation during CO2 injection periods is the water content 

of supercritical CO2 (0.0104 
𝑐𝑐 𝑊𝑎𝑡𝑒𝑟

𝑐𝑐 𝐶𝑂2 
), estimated based on the study of Salari et al. (2008a) 

on water content modelling of supercritical CO2. The maximum errors in saturation 

calculation of water and gas are calculated based on volume of injected fluids and 

assuming that each produced phase is fully saturated with the other phase. These errors 

are presented in Table 5-1. Based on the experimental results, the errors do not change 

the conclusions of this study for CO2 injection scenarios. 

Table 5-1: Maximum material balance errors involved in calculation of CO2 coreflood 

experiments 

Saturation Abs. Error (%) 

Gas -2.7 

Water -1.8 
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a)  

b)  

Figure 5-84: Comparison of the three-phase trapped oil and gas saturations as a function 

of their own initial saturations; a) miscible WAG after waterflood; b) miscible WAG after 

gas injection. 

Figure 5-84 compares trapped gas and trapped oil saturations as a function of their own 

initial saturations obtained from water injection periods of the miscible WAG experiment 

after secondary waterflood (top) and secondary gas injection (bottom). As with trapping 

results from immiscible WAG injections, for the same initial saturation more oil would 

be trapped in miscible WAG injection, regardless of injection history. For miscible WAG, 

after secondary gas injection, almost no sensitivity to initial gas saturations was observed. 

Therefore, in the first water injection which was performed after secondary gas injection 

(starting with high initial gas saturation), a similar amount of trapped gas was obtained as 

that obtained from a lower initial gas saturation. Similarly, in immiscible WAG 

injections, trapped gas was less sensitive to higher initial gas saturations. In other words, 

above a certain trapped gas saturation, a plateau for trapped gas was observed.  
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Figure 5-85 compares trapped gas saturations as a function of their own initial saturations 

with Land’s model’s (dashed curves) predictions for miscible WAG experiments. For the 

same initial gas, trapped saturations resulting from WAG after secondary waterflood 

showed much higher trapping (CEXP5 = 1.0 and CEXP6 = 5.8). Thus, Land’s parameter was 

a function of saturation history for both miscible and immiscible gas injection scenarios. 

 

Figure 5-85: Comparison of the three-phase trapped gas saturations along with Land’s 

trapping model during miscible WAG injections. 

 

5.8 Effect of Initial Water Saturation on Phase Trapping during Miscible WAG 

Injection after Secondary Gas Injection 

Figure 5-86 compares trapped gas saturations as a function of their own initial saturations 

with Land’s model’s (dashed curves) predictions for experiments 5, 6 and 8. As discussed 

previously, the comparison of trapped gas saturations from the WAG coreflood after 

secondary waterflood and WAG after secondary gas injection showed that Land’s 

parameter was dependent on saturation path history. Experiment 8, which follows a 

similar saturation path (starting with increase of gas saturation) as coreflood 6, was 

performed with a higher initial water saturation (41.2% mobile water compared to 11.9% 

immobile water). However, the results in Figure 5-86 show similar gas trapping trends 

and values in both experiments 6 and 8.  
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Figure 5-86: Comparison of the three-phase trapped gas saturations along with Land’s 

trapping model during miscible WAG injections. 

 

 

Figure 5-87: Comparison of saturation paths during experiments 6 and 8: (Miscible WAG 

after secondary gas injection with different initial water saturations). 

It could be concluded that in an oil-wet system gas and brine are non-wetting phases in 

the presence of oil, both competing for similar parts of the pores. Therefore, no significant 

hysteresis exists during alternate injection of gas and water. This means there is no 

significant trapping of either phase during the injection of the other phase. This is also 

confirmed by continued water (gas) production, even after 1PV of gas (water) injection. 
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Because of this independence from initial saturation, the flow system exhibits similar 

trapping behaviour (inside dashed closure on Figure 5-87). It is important to note that in 

both corefloods, during water/gas alternation, oil saturations are similar – about 10% 

(Figure 5-88). 

 

 

Figure 5-88: Comparison of oil saturations during experiments 6 and 8: (Miscible WAG 

after secondary gas injection with different initial water saturations). 

5.9 Effect of Trapped Gas Saturation on Three-phase Residual Oil Saturation 

In this section, the effect of trapped gas saturation on three-phase residual oil saturation 

has been reviewed and discussed. The effect of wettability on this relationship in 

sandstones from different references was also reviewed, while fewer studies regarding 

carbonates were discussed.  Here miscible trapped gas results and their effect on reducing 

residual oil saturation for a mixed to oil-wet carbonate system are discussed (based on the 

same rock and wettability as the results from the immiscible gas injection experiments). 

As with the results of immiscible gas injection, it is explained why reporting these values 

without oil recovery trends can result in misleading conclusions in similar systems. 
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Figure 5-89: Residual oil saturation vs trapped gas saturation during water injection 

periods of miscible WAG injections. 

Figure 5-89 compares the effect of trapped gas saturations to water (Sgtw) on three-phase 

residual oil saturations to water (S3ph
orw) for miscible WAG injections. As with the results 

of the immiscible WAG injection, the conclusions from this type of figure could be 

misleading. While the results of experiment 5 show a positive effect of trapped gas on 

residual oil saturation, for experiment 6, where the amount of trapped gas is almost 

constant (within experimental error), the slope is positive, showing residual oil increases 

with trapped gas saturations. This conclusion is physically infeasible. Also, the y-

intercept of linear fit points to a value close to zero (S2ph
orw).  

In Figure 5-83 it can be seen that oil recoveries during water injection periods of miscible 

WAG were small (close to the range of experimental error). So it could be concluded that 

there was no significant relationship between trapped gas saturation and the reduction of 

residual oil saturations. The reason for this apparent reduction of Sor in experiment 5 is 

the fact that S3ph
or plotted in this kind of plots is affected by previous gas injections as 

well. Similarly to the results from immiscible WAG injection, the same misleading 

conclusion can be drawn from Figure 5-89, as the results from experiment 6 suggest an 

adverse effect of trapped gas saturation while the results of experiment 5 suggest a 

positive effect of the parameter on S3ph
or. Thus, correct use of these types of plots is 

subject to fulfilling physical constraints.  

To better illustrate the effect of Sgt on S3ph
or, Sor reduction (ΔS3ph

or = S3ph
rog - S

3ph
orw) is 

plotted during water injection periods versus Sgt. Figure 5-90 shows the results of such 

reduction in residual oil saturation during water injection periods versus trapped gas 
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saturations for miscible WAG injections. The results from miscible WAG injection 

following waterflood show that there is some residual oil reduction caused by gas trapping 

but the effect is not as significant as shown in Figure 5-89. This additional recovery may 

be the effect of a small amount of CO2 dissolution in brine. Similarly, to the immiscible 

WAG results, residual oil saturations from miscible WAG injection after secondary gas 

injection did not show a meaningful relationship with trapped gas saturations. It is 

important to note that while the slope values from this type of linear fitting are more 

reliable, the y-intercepts are physically meaningless.   

 

Figure 5-90: Residual oil saturation reduction vs trapped gas saturation during water 

injection periods of miscible WAG injections. 

 

5.10 Effect of Injection Strategy on Injectivity 

As most CO2 injection projects are conducted in reservoirs with low permeabilities 

(below 10mD), injectivity loss in SWAG and WAG injection has been a major industry 

concern. In most of these reservoirs a water injectivity loss after tertiary CO2 injection 

has been reported (Hadlow, 1992). Some reports on CO2 WAG in San Andres carbonates 

show no significant injectivity loss (Prieditis et al., 1991). In dolostones of the South 

Cowden Unit, Ector County, Texas, significant water injectivity loss after CO2 injection 

was reported (Wegener and Harpole, 1996). A study by Shell Development on low fluid 

mobility during tertiary CO2 injection investigated phase behaviour, inorganic 

precipitation, and wettability as possible reasons for observed injectivity loss. They 

concluded that that rock wettability (more oil-wet) could be the root cause of these low 

fluid mobilities (Patel et al., 1987). Several cases of injectivity loss in SWAG and WAG 
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injection haves also been reported in several field applications (Christensen et al., 2001). 

Thus, study of injectivity can help prevent issues during implementation of gas injection 

scenarios.  

Figure 5-91 compares the injectivity of the miscible gas injection and waterflood with 

that of CO2 SWAG injection. Because of brine viscosity reduction by CO2 dissolution, 

CO2 SWAG showed marginally higher injectivity than waterflooding.  

 

Figure 5-91: Comparison of injectivity for different injection scenarios during first 1PV 

of injected fluids. 

Figure 5-92 compares the injectivity of CO2 and water with different injection histories. 

The comparison of two-phase waterflood injectivity in experiment 5 with the injectivity 

of the 1st water injection after secondary CO2 injection shows no loss of injectivity in the 

latter (three-phase flow). This could be due to the fact that the dissolution of CO2 in brine 

may reduce its viscosity, hence reducing the pressure drop across the core. In subsequent 

water injection periods of both experiments 5 and 6, there was no evidence that injection 

history would affect the injectivity of water. Regardless of injection history, a marginally 

increasing trend in water injectivity of subsequent water injections in both corefloods was 

also observed. While this could be related to rock dissolution, the absolute permeability 

measurement after the two corefloods did not show any increase in permeability. 

Regardless of saturation history, no water injectivity loss in subsequent water injection 

periods was observed. 
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Figure 5-92: Comparison of three-phase injectivity for different miscible gas injection 

scenarios (Experiments 5, 6 and 7). 

 

 

Figure 5-93: Comparison of Water Injectivity in SWAG and WAG injection scenarios 

with waterflooding injectivity (Experiments 5, 6 and 7). 

Figure 5-93 compares the injectivity of three-phase water injection in SWAG and WAG 

schemes with two-phase water injection. Generally, the dissolution of CO2 in water 

contacted by injection gas increased injectivity slightly. 

Effect of Trapped Gas saturation on Injectivity   

Figure 5-94 shows the water injectivity (cm3/hr/psi) of WAG and SWAG injections at 

miscible conditions vs. trapped gas saturations. During miscible WAG and SWAG 

injection, no significant injectivity loss was observed compared to waterflooding. This 

could be due to viscosity reduction of brine by CO2 dissolution. Regardless of the 

saturation path, water injectivity in the oil-wet carbonate in this study was not a function 

of trapped gas saturation.  
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Figure 5-94: Water injectivity of miscible WAG and SWAG injections vs trapped gas 

saturation. 

5.11 Compositional Effects during Miscible CO2 WAG Injection 

To study the compositional effects during the CO2 corefloods, the collected oil samples 

from corefloods were sent for chromatography, to obtain the C6-C44 Carbon Number 

Distribution by GC-FID analysis.  

5.11.1 Oil Extraction by Miscible CO2 in Presence of Mobile Water 

Figure 5-95 shows the produced oil compositions during secondary CO2 injections in 

experiment 6 (Swir = 11.9%) and experiment 8 (Swi = 41.2%). Both carbon number 

distributions show similar profiles. This justifies the almost equal residual oil saturations 

to both miscible CO2 injection scenarios, regardless of initial water saturations. However, 

the carbon number distribution of oil collected during experiment 8 shows a slight shift 

toward heavier components.  This can be explained by the fact that during the longer 

period of CO2 injection (lower injection rates and more injected pore volumes) in 

experiment 8, the heavier components were extracted by the CO2 and this shifted the 

collected oil sample distribution to heavier components.    
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Figure 5-95: Produced Oil Compositions during experiments 6 and 8 (CO2 Secondary 

Gas Injection with Different Initial Water Saturations). 

5.11.2 Effect of Production Mechanism on Produced Oil Composition 

Figure 5-96 shows the produced oil compositions during secondary CO2 injection in 

experiment 8 (Swi = 41.2%), before and after gas breakthrough. The first sample was 

produced oil collected from beginning of injection to 0.21PV injection, well before 

detecting any CO2 in the produced gas. The second sample was collected well after gas 

breakthrough (at 0.39PV) from 1.23PV to the end of injection. The samples were 

collected in this manner to study the effect of the production mechanism on produced oil 

composition. Figure 5-96 shows a significant shift to production of heavier components 

by mass transfer mechanisms (extraction) rather than simple displacement of live oil, 

which has not been contacted by the miscible front.  

 
Figure 5-96: Produced oil compositions before and after gas breakthrough during 

experiment 8 (CO2 secondary gas injection with mobile initial water saturations). 
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5.11.3 Composition of Residual Oil to Miscible CO2 

Figure 5-97 shows the compositions of the produced oil during secondary CO2 injection 

and the following water injection in experiment 6. The first sample was produced oil 

collected after gas breakthrough during secondary CO2 injection. The second sample was 

collected during the following water injection in the absence of mass transfer effects to 

represent the composition of residual oil left in the core during CO2 injection. Figure 5-97 

shows that the residual oil left in the core contained significantly heavier components 

than the oil produced by extraction during CO2 injection. This helps better understand the 

potential effects on the quality of produced oil during CO2 WAG injection. 

 
Figure 5-97: Comparison of produced oil compositions during secondary CO2 injection 

and the following water injection (Experiment 6: Miscible CO2 WAG injection). 

5.12 Near-Miscible CO2 Injection (Experiment 9) 

The objective of experiment 9 was twofold. a) To isolate effect of mass transfer from two-

phase flow during miscible CO2 injection and b) To study the effect of interfacial tension 

(IFT) on gas injection. In order to achieve both objectives, test conditions and the injected 

fluids need to be designed so that the IFT between the gas and oil phases are as low as 

possible, while maintaining the gas/oil interface. In other words, the closest pressure 

below the MMP (4260psi) measured in section 3.13 while considering pressure build-up 

(BPR pressure plus pressure drop across the core) at the inlet during gas injection. 

Considering this, and to ensure existence of two separate gas and oil phases, the two fluids 

were contacted at 4220psi. After each contact, the formation volume factor (Bo) and 

solution gas ratio (Rs) of the oil were measured. The contacts were repeated until the oil 

from the last two mixes showed similar Bo and Rs (within 5% error). Finally, the IFTs of 

the contacted fluids were measured by the pendant drop method at 4220psi (0.5dyne/cm) 
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to 4240psi. At pressures above 4220psi the interface was unstable and at pressures above 

4240psi (less than 25psi difference from the estimated MMP), no interface (in the form 

of a drop) formed. Therefore, to ensure no miscible flow in any part of the core, the test 

pressure was set to 4220psi and the contacted CO2 (rich with intermediate oil 

components) and live oil (rich with CO2) were used as gas and liquid phases. The results 

of this coreflood (Gas/Oil IFT < 0.5dyne/cm) were then compared with results of 

immiscible (Gas/Oil IFT = 3.3 dyne/cm) and miscible secondary gas injection (Gas/Oil 

IFT = 0 dyne/cm), to achieve the second objective. The same carbonate reservoir core 

used for immiscible corefloods was cleaned and used for the miscible and low IFT 

coreflood experiments reported in this chapter. The detailed properties of the core and the 

injected fluids were specified in Chapter 3. 

The coreflood started by gas injection into the core with initial water and oil saturations 

of Swim = 12.8% and Soi = 87.2%. The gas injection period was performed for around 3.4 

PV, at which the oil production was zero and DP was stable.  

Figure 5-98 and Figure 5-99 show the recovered oil along with the pressure drop and 

produced gas during the extended gas injection at near miscible conditions. As the gas 

injection began, initially, only oil was being produced until 0.44 PV of gas had been 

injected where the gas breakthrough occurred. At breakthrough, 45.3% of IOIP was 

recovered. The oil production (at relatively high rates) continued after gas breakthrough 

and oil recovery increased to 70.0% at 2PV of gas injection. No oil production was 

observed after 2PV of injection. After 3 PV of injection, the injected gas managed to 

extract a small fraction of irreducible water by evaporation (Sw reduced by 0.3%). After 

gas breakthrough, the DP dropped significantly and stabilized after 1.5 PV. The gas, oil 

and water saturations at the end of this gas injection period, as calculated from material 

balance, were 61.1%, 26.4% and 12.5% respectively (Figure 5-100). 
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Figure 5-98: Oil recovery and pressure drop across the core (psi) vs PV of gas injected 

(Experiment 9: Secondary pre-equilibrated CO2 injection). 

 

 

Figure 5-99: Gas production (PV) vs PV of gas injected (Experiment 9: Secondary pre-

equilibrated CO2 injection). 

 

 

Figure 5-100: Average gas, oil, and water saturation vs PV of gas injected (Experiment 

9: Secondary pre-equilibrated CO2 injection). 
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5.13 Effect of IFT on Secondary Gas Injection 

Secondary gas injection in corefloods 4, 6 and 9 (Table 1-1) were performed at 

immiscible, miscible and near-miscible conditions. Figure 5-101 compares the oil 

recovery of secondary gas injection at different miscibility conditions. The pre-

equilibrated CO2 injection at near miscible conditions recovered 36% more oil than 

immiscible gas injection. Both near miscible and miscible gas injection corefloods 

showed similar gas breakthrough times. Figure 5-102 shows the gas production of these 

corefloods. The breakthrough of near miscible gas injection is delayed by the increased 

viscosity of the injected gas and reduced viscosity of the contacted live oil with CO2 

(Table 3-6). 

Figure 5-103 and Figure 5-104 compare DP and injectivity of secondary gas injection at 

different miscibility conditions. Although the viscosity of the injected lean gas in 

coreflood 4 was lower (0.022cp) than that of pure CO2 (0.0471cp) and pre-equilibrated 

CO2 (0.055cp), immiscible gas injection showed lower injectivity. For the same 

saturation, before the gas breakthrough in near-miscible and miscible gas injection 

corefloods, both corefloods showed similar injectivity. The comparison of two-phase gas 

and oil relative permeabilities in immiscible and near miscible corefloods better illustrates 

the effect of IFT on relative permeabilities (Appendix A). In the presence of irreducible 

water saturation, the results showed that while both gas and oil relative permeability 

reduced with a decrease in IFT, the relative permeability of the most non-wetting phase 

(gas) was less sensitive to IFT change. While the oil relative permeability approached a 

straight line, the gas relative permeability was significantly lower than the linear miscible 

relative permeabilities.  

Comparison of the DP, breakthrough time and recovery trends of experiments 6 and 9 

shows that before breakthrough, where the most pertinent recovery mechanism is not 

mass transfer by extraction, similar performance is observed. After breakthrough, pure 

CO2, which is not saturated with intermediate components of oil, can extract extra oil 

compared to injected pre-equilibrated CO2. The deviations in DP after breakthrough for 

the two tests are because of the higher viscosity of saturated CO2 and increased gas 

saturation in the miscible gas injection experiment. Therefore, the 30% oil recovery 

increase by near-miscible gas injection (over that of immiscible gas injection) can be 

mainly be considered the effect of reduced IFT. 
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Figure 5-101: Comparison of the oil recovery profile (%IOIP) for secondary gas injection 

at immiscible, miscible, and near-miscible conditions (Experiments 4, 6 and 9). 

 

 

Figure 5-102: Comparison of the produced gas (PV) for secondary gas injection at 

immiscible, miscible, and near-miscible conditions (Experiments 4, 6 and 9). 
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Figure 5-103: Comparison of the DP for secondary gas injection at immiscible, miscible, 

and near-miscible conditions (Experiments 4, 6 and 9). 

 

 

Figure 5-104: Comparison of the gas injectivity for secondary gas injection at immiscible, 

miscible, and near-miscible conditions (Experiments 4, 6 and 9). 
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 SUMMARY, CONCLUSIONS AND 

RECOMMENDATIONS 

 

 

 

More than half of oil reservoirs around the world are located in carbonate reservoirs, 

making them excellent candidates as gas injection EOR targets. Because of the 

heterogeneity, tightness and usually unfavourable wettability of carbonate formations, a 

significant amount of residual oil is trapped by bypassing, as well as capillary trapping 

during conventional waterflooding and gas injection. Given the size of some of these 

reservoirs, even a 5-10% increase in oil recovery factors can significantly help with 

energy security worldwide and increase the values of carbonate assets.   

In addition, given an accurate knowledge of the reservoir geometry and geology 

(existence of a reliable impermeable cap rock) of these reservoirs already gathered during 

reservoir development, they provide a significant potential that can be unlocked for 

greenhouse gas (methane as well as CO2) storage. The cost of carbon capture and storage 

is often the Achilles heel of these projects.  The improved oil recovery by gas injection 

EOR methods would make these projects economically viable. This would help 

governments to implement carbon storage and meet their carbon emission quotas while 

keeping these projects economically interesting for potential bidders, even profitable, 

with comprehensive research. 

 

6.1 Summary 

The main objective of this study was to investigate three-phase flow mechanisms and 

performance of gas based EOR methods in carbonates, especially WAG and SWAG 

injection in these reservoirs. This was done by studying the effect of saturation path 

history, IFT (gas type), miscibility, initial water saturation and gravity segregation on 

these EOR methods in carbonate core samples in real reservoir conditions. The next three 

sections of this chapter, a summary of the results is presented, as well as the conclusions 

of this thesis and recommendations for future study.  
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6.1.1 Fluid/Rock Characterization Experiments  

To provide an accurate picture of the fluid/rock system chosen for this study, a 

comprehensive set of experiments was performed. These data were used for better 

interpretation of coreflood results and to better understand underlying mechanisms during 

different injection scenarios. Some of the important results of rock and fluid 

characterisation experiments are summarised below. 

 To minimise effect of heterogeneity on breakthrough times and trapped phase 

saturations, lithium tracer tests were run on a set of reservoir cores. Then a core 

with minimal heterogeneity was selected. 

 Rock mineralogy was determined by XRD and GSE analysis and showed that the 

main mineral of the core sample was calcite (more than 98 %wt). Traces of 

magnesium were also observed. 

 Wettability of the core was restored by three weeks of crude oil flow through the 

core in reservoir conditions. The rock wettability was measured qualitatively 

before and after ageing by three methods at three different scales. The imbibition 

capillary pressure curve displayed characteristics of oil-wet cores (core scale). 

Contact angle measurement on thin sections verified this conclusion. To ensure 

that the results of contact angle measurement were not affected by surface 

roughness, GSE imaging at pore scale was performed on rock samples before and 

after ageing. Similar conclusions were drawn from pore scale imaging of water 

droplets on calcite crystal surfaces.  

 To design corefloods to study the effect of gravity segregation in horizontal flow, 

the density of injected fluids and live oil were required. At reservoir conditions 

(pressure and temperature) the CO2 and live oil density difference (0.105 g/cm3) 

was significantly lower than the density difference of lean gas and live oil (0.521 

g/cm3). Therefore, a coreflood was designed to study the effect of gravity 

segregation on lean gas WAG at immiscible conditions.  

 Based on density measurement, the stock tank crude was characterised as light oil 

(API > 35º) with more than 98 %wt saturates and aromatics (SARA analysis). 
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 To establish the effect of IFT on gas/oil relative permeability, three different 

corefloods were designed: immiscible WAG, miscible WAG and near miscible 

gas injection. To ensure miscibility, MMP of CO2 with live oil was measured by 

slim tube measurements (MMP = 4240psi). The near miscible and miscible 

coreflood pressures of 4220psi and 4800psi were selected, respectively.  

 In the experiments with the crude oil, no precipitation of asphaltene particles was 

observed in the oil phase (0.05 %wt asphaltene content) when crude oils were 

contacted with CO2. 

6.1.2 Immiscible Coreflood Experiments 

Based on fluid and rock characterisation tests, immiscible coreflood experiments were 

designed to investigate the different mechanisms of three-phase flow involved in lean gas 

WAG and SWAG injection scenarios, for improved recovery of light crude oils from 

carbonate reservoirs. To minimise the mass transfer effects, all three phases were pre-

equilibrated. 

 Performance of WAG injection after secondary waterflooding was evaluated by 

performing a coreflood experiment (Experiment 1) under reservoir conditions. 

Several cycles of lean gas and water were injected after waterflooding. While the 

ultimate oil recovery was improved by 6% (16% of Sorw), only the gas injection 

periods recovered additional oil. In addition to marginal recovery improvement 

benefits, about 10% of PV gas was stored by trapping. 

 To study the effect of saturation path history on immiscible WAG performance, 

WAG injection after secondary gas injection (Experiment 2) was conducted.  

After 2 PV of gas injection, about of half of the waterflooding oil recovery was 

achieved. The early gas breakthrough was explained by gravity segregation, as 

well as the unfavourable mobility ratio of gas to live oil. Subsequent WAG cycles 

did not compensate for this low oil recovery, even after 10PV of injection. 

Regardless of saturation history, alternation of gas with water injection only 

changed gas flow paths and generally, no additional recovery with water injection 

was observed.  

 Mobility reduction of injection gas by simultaneous water and gas injection 

(Gas/Water ratio = 1) improved oil recovery by 20% and significantly delayed gas 
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breakthrough time. Generally, the SWAG injection scenario (Experiment 3) was 

more successful in trapping injected immiscible gas (in terms of trapped gas 

volume/ injected gas volume).  

 Horizontal secondary waterflood recovered 10% more oil than water injection 

following secondary gas injection. Given the lower IFT of gas/oil, this result can 

only be explained by gas phase segregation to the top of the core, hence poor 

vertical sweep efficiency.  

  evaluate the effect of gravity on gas injection, a vertical secondary gas 

injection coreflood (Experiment 4) was performed. The gravity-stable gas 

injection improved oil recovery by 10% in similar PV of injected gas. This gas 

injection was extended by 1.5 PV gas injection and the injection rate was ramped 

to minimise the existing capillary end effect. This extended gas injection and rate 

ramping recovered an additional 3.5% oil.  

 This gas injection period was followed by vertical WAG injection. Vertical WAG 

injection showed similar ultimate oil recoveries (68%) and oil recovery trends. 

Except for the first water injection after secondary gas injection, no further oil 

recovery by water injection was observed and water only helped to change gas 

flow paths in the following gas injection period. These changes of gas flow paths 

improved oil recovery by gas injection periods.  

 

6.1.3 Miscible and Near-miscible Coreflood Experiments 

Based on fluid and rock characterisation tests as well as MMP measurements by slim tube 

experiments, coreflood experiments were designed at miscible conditions (560 psi above 

MMP) to investigate different mechanisms involved in miscible (CO2) WAG and SWAG 

injection scenarios. Pre-equilibration of injected gas and live oil at these conditions was 

not physically possible. So mass transfer effects were monitored by compositional 

analysis of the produced oil phase by liquid chromatography, as well as CO2 content of 

produced gas using a NDIR CO2 analyser. 

 To study the performance of tertiary miscible CO2 injection followed by CO2 

WAG, the same initial conditions (irreducible water saturation and wettability) 

were established in the same core. The core was then flooded by water 
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(Experiment 5), where similar residual oil saturation to waterflooding (Sorw) to 

that in experiment 4 was reached. The following tertiary CO2 injection recovered 

70% of Sorw. The ultimate oil recovery at the end of four CO2 WAG cycles was 

91% of IOIP. Comparable to immiscible WAG injection, the contribution of water 

injection periods to oil recovery was negligible. In terms of potential for CO2 

storage, 0.4 PV of injected CO2 was trapped by this injection scenario. 

 Significant oil recovery by extraction of light to medium components of oil was 

observed. The continued gas injection and subsequent gas injection periods 

recovered progressively heavier oil components.    

 The effectiveness of miscible secondary gas injection was evaluated by 

performing a secondary CO2 injection coreflood (Experiment 6). After 2PV of gas 

injection, 86% of IOIP was produced. At this point alternate cycles of water and 

gas were injected. Similar ultimate recoveries (91.7% IOIP) to miscible WAG 

after waterflooding were observed. Compared to CO2 WAG after waterflooding, 

this method showed less potential for trapping CO2 effectively (15% PV trapped 

CO2). 

 Before CO2 (secondary) breakthrough a significant increase in GOR was observed 

(zero CO2 content in produced gas) which showed the evolution of the dissolved 

hydrocarbon gas from the oil and its higher mobility. Similar trends were observed 

during tertiary CO2 injection. 

 While CO2 SWAG injection (Gas/Water ratio = 1) reached similar ultimate oil 

recoveries to other miscible gas injection scenarios, faster oil recovery rates were 

observed. CO2 SWAG injection and CO2 WAG injection after waterflooding 

showed similar potential in trapping injected CO2. However, the maximum 

trapped gas saturation was achieved with a shorter injection period.  

 To investigate the performance of miscible CO2 gas injection and WAG injection 

in the transition zone of oil reservoirs where the water phase is mobile, a coreflood 

was performed where higher initial water saturation representative of water 

saturation in the transition zone was established. After 2 PV of gas injection, about 

81% of IOIP was produced. By ramping the injection rate, an additional 4% oil 

was produced. The presence of high initial mobile water only reduced the oil 



Chapter 6: Summary, Conclusions and Recommendations 

211 

recovery by 1.1%.  Similarly to Experiment 6, this injection scenario 

demonstrated a low potential for CO2 storage. 

 To isolate the mass transfer effects from the displacement mechanisms of miscible 

CO2 injection, a pressure close (but below) MMP was selected for experiment 9. 

To minimise mass transfer between injected CO2 and live oil, the two phases were 

pre-equilibrated at this pressure. The CO2 rich oil phase was then used as the 

hydrocarbon phase and the CO2 saturated with intermediate oil components was 

injected as the gas phase. This pre-equilibrated CO2 injection scenario recovered 

70% IOIP. Other than 16% lower oil recovery, unlike miscible CO2 injection, oil 

recovery reached a plateau after 1.5 PV. This verified the absence of an extraction 

mechanism. Both experiments showed similar gas breakthrough oil recoveries. 

This confirms the negligible difference in sweep efficiency of these two gas 

injection scenarios.    

6.2 Conclusions 

 Although no imbibition mechanism was observed in the core wettability 

conditions of this study, waterflooding mixed-wet carbonates can recover a 

significant amount of oil. This is because of weaker or absent water layer flow on 

the pore surface. The absence of or discontinuous water layers significantly 

reduces oil snap-off mechanisms in non-water-wet carbonates reducing the 

residual oil to waterflooding. 

 In the absence of spreading oil layers, immiscible gas injection in non-water 

carbonates performs poorly to recover residual oil to water. This is attributed to 

the low conductivity of oil layers on an oil-wet pore surface. A similar mechanism 

causes the lower performance of gas injection than waterflood.  

 In the absence of gravity artefacts, comparison of the oil recovery performance of 

secondary gas injection, secondary waterflood, WAG and SWAG shows the 

superior performance of WAG. In addition, the ultimate recovery achieved by 

immiscible WAG injection is not dependent on saturation path history.  

 Alternating injection of immiscible gas and water only marginally increases the 

oil-recovery performance in hydrophobic carbonates. The only mechanism 
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identified to increase oil recovery is gas flow path change by alternate gas and 

water injection.  

 No correlation exists between trapped gas saturation and three-phase residual oil 

reduction in the studied wettability conditions. This is mainly attributed to the 

distribution of different phases in the pore space. In non-water-wet systems, water 

and gas are competing for similar space (larger pores and away from the pore 

surface). Thus, trapping of gas does not displace the oil layers, which are mainly 

distributed on the pore surfaces. 

 Water injectivity during immiscible WAG reduces from that of waterflooding, 

due to trapped gas saturation. However, further injection loss does not happen in 

the subsequent injection cycles. This is explained by alternate displacement of gas 

and water phases in similar saturation paths (ternary diagrams of saturation paths).  

 During immiscible WAG and SWAG, low gas trapping is observed. This is 

explained by the absence of water layers on pore surfaces to coalesce and trap gas 

by a snap-off mechanism.  

 Ultimate recovery of miscible gas injection processes was not dependent on gas 

injection history, and similar low residual oil saturations were observed. This is 

explained by similar access (surface contact) of gas to continuous oil layers on 

pore surfaces, regardless of the order of water and gas injection. 

 As miscibility is not directly related to phase distribution inside the pores, 

regardless of miscibility, gas trapping does not favour residual oil saturation 

reduction in hydrophobic carbonates.  

 Higher CO2 trapping during CO2 gas injection scenarios is mainly associated with 

CO2 dissolution in residual oil and brine rather than trapping by displacement 

mechanisms. 

 Generally, CO2 SWAG and CO2 WAG after waterflooding show the best CO2 

storage potential. 
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 No water injectivity loss is present during miscible gas injection scenarios, 

including CO2 SWAG. This is explained by the absence of strong hysteresis as 

well as disappearance of the gas/oil interface by multiple contacts between the 

two phases. This flow behaviour, as well as CO2 dissolution in brine, approaches 

single-phase flow of all phases, thus reducing the effect of saturation path history 

on injectivity. 

 For both lean gas and CO2 gas injection scenarios, the simultaneous analysis of 

pressure-drop and phase saturation shows almost reversible kr for gas and water 

when the oil phase is mainly immobile.  

 The Land trapping model, which is used in most commercial simulators to predict 

trapped gas saturation, generally overestimated the gas trapping values and did 

not represent the trends observed in carbonates. 

 Miscible CO2 injection can reliably be used to recover oil from transition zones 

in non-water-wet carbonate reservoirs. The oil distribution in these wettability 

conditions minimises water-shielding effects. 

 The decrease of gas/oil IFT close to miscibility conditions increased both gas and 

oil relative permeabilities. However, this increase was more pronounced in the 

wetting phase (oil). As, in these wettability conditions, oil flows in lower 

conductivity paths than gas, the IFT decrease is more effective in changing oil 

relative permeability. 

 The presence of mobile water during miscible CO2 injection does not affect the 

quality (composition) of the extracted oil.  

 The dominant recovery mechanism during miscible CO2 injection changes from 

displacement before breakthrough to extraction through intermediate component 

vaporisation into the CO2 front.  

 The oil produced by water injection following secondary CO2 is richer in heavier 

components (C14-C21) than the oil produced by secondary CO2 injection (C10-

C15). Considering this change in feed oil quality can help with more efficient 

design of oil refineries. 
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6.3 Recommendations for Further Work 

 The focus of this study was on displacement mechanisms in non-water-wet 

conditions in relatively homogenous carbonates. However, given different levels 

and types of heterogeneity, a similar three-phase study for vuggy carbonates is 

recommended. 

 Approaching oil-wettability in carbonates, significantly affects the trapping 

trends, as well as oil recovery mechanisms of WAG. Further research is 

recommended on strongly oil-wet carbonate cores. 

 This study shows that the most widely used trapping model (Land model) in 

commercial simulators is not able to estimate trapped gas saturations with 

acceptable accuracy. As this trapping model is the basis for trapping calculations 

in some of the other three-phase relative permeability models (WAG hysteresis 

model), it is important to perform a comprehensive study of two-phase cyclic 

corefloods with the same rock/fluid system to measure oil and gas trapping. This 

would help in improving the Land trapping model or lead to the proposal of a 

tailored trapping model for carbonates. 

 To better understand the effect of gas type on mass transfer mechanisms of near-

miscible gas injection, performing a coreflood study with enriched hydrocarbon 

gas with gas/oil IFT similar to that of near-miscible CO2 injection is suggested.  

At the time of writing this thesis, the author has started working on this study. 

 This investigation showed that CO2 dissolution in brine affected the recovery and 

trapping trends. Thus, a coreflood study with focus on lower brine salinity and 

composition is suggested. While no significant rock dissolution was observed in 

this study during different CO2 injection scenarios, a focus on the geochemistry 

of low salinity CO2 WAG injection corefloods is recommended.  

 

 



215 

References 

ADAMSON, A. W. 1960. Physical chemistry of surfaces, New York, Interscience 

Publishers. 

AISSAOUI, A. 1983. Etude théorique et expérimentale de l'hystérésis des pressions 

capilaires et des perméabilités relatives en vue du stokage souterrain de gaz. 

AL-NUAIMI, L., SHAHROKHI, O. & SOHRABI, M. Evaluation of Three Phase 

Relative Permeability Models for Simulating Immiscible WAG Injection in 

Carbonate Rocks.  International Petroleum Technology Conference, 2016. 

International Petroleum Technology Conference. 

AL-WAHAIBI, Y. M., GRATTONI, C. A. & MUGGERIDGE, A. H. 2006. Drainage and 

imbibition relative permeabilities at near miscible conditions. Journal of 

Petroleum Science and Engineering, 53, 239-253. 

AMAEFULE, J. O. & HANDY, L. L. 1982. The Effect of Interfacial Tensions on Relative 

Oil/Water Permeabilities of Consolidated Porous Media. Society of Petroleum 

Engineers Journal, 22, 371-381. 

AMOTT, E. 1959. Observations relating to the wettability of porous rock. 

ANDERSON, W. G. 1986. Wettability Literature Survey- Part 1: Rock/Oil/Brine 

Interactions and the Effects of Core Handling on Wettability. Journal of 

Petroleum Technology, 38, 1125-1144. 

ANTONPAAR. 2015. Oscillating U-tube Method [Online]. Available: http://www.anton-

paar.com/uk-en/good-density-measurement/glossary/ [Accessed 01/08/2015 

2017]. 

ASAR, H. & HANDY, L. L. 1988. Influence of Interfacial Tension on Gas/Oil Relative 

Permeability in a Gas-Condensate System. SPE Reservoir Engineering, 3, 257-

264. 

AWAN, A. R., TEIGLAND, R. & KLEPPE, J. 2008. A Survey of North Sea Enhanced-

Oil-Recovery Projects Initiated During the Years 1975 to 2005. SPE Reservoir 

Evaluation & Engineering, 11, 497-512. 

BAKER, L. E. 1995. Three-phase relative permeability of water-wet, intermediate-wet 

and oil-wet sandstone. Geological Society, London, Special Publications, 84, 51-

61. 

BARDON, C. & LONGERON, D. G. 1980. Influence of Very Low Interfacial Tensions 

on Relative Permeability. SPE Journal, 20, 391-401. 

BERGE, L. I., STENSEN, J. Å., CRAPEZ, B. & QUALE, E. A. 2002. SWAG Injectivity 

Behavior Based on Siri Field Data. SPE/DOE Improved Oil Recovery Symposium. 

Tulsa, Oklahoma: Society of Petroleum Engineers. 

BLOM, S., HAGOORT, J. & SOETEKOUW, D. Relative permeability at near-critical 

conditions.  SPE Annual Technical Conference and Exhibition, 1997. Society of 

Petroleum Engineers. 

BLOM, S., HAGOORT, J. & SOETEKOUW, D. 2000. Relative Permeability at Near-

Critical Conditions. SPE Journal, 5, 172-181. 

BRAUN, E. M. & HOLLAND, R. F. 1995. Relative Permeability Hysteresis: Laboratory 

Measurements and a Conceptual Model. SPE Reservoir Engineering, 10, 222-

228. 

BROWN, R. J. & FATT, I. Measurements of fractional wettability of oil fields' rocks by 

the nuclear magnetic relaxation method.  Fall Meeting of the Petroleum Branch 

of AIME, 1956. Society of Petroleum Engineers. 

BROWNELL, L. E. & KATZ, D. L. 1947. FLOW OF FLUIDS THROUGH POROUS 

MEDIA. 1. SINGLE HOMOGENEOUS FLUIDS. Chemical Engineering 

Progress, 43, 537-548. 

http://www.anton-paar.com/uk-en/good-density-measurement/glossary/
http://www.anton-paar.com/uk-en/good-density-measurement/glossary/


References 

216 

BURCHETTE, T. P. 2012. Carbonate rocks and petroleum reservoirs: a geological 

perspective from the industry. Geological Society, London, Special Publications, 

370, 17. 

CARLSON, F. M. 1981. Simulation of Relative Permeability Hysteresis to the 

Nonwetting Phase. SPE Annual Technical Conference and Exhibition. San 

Antonio, Texas: Society of Petroleum Engineers of AIME. 

CAUBIT, C., BERTIN, H. & HAMON, G. 2004. Three-Phase Flow in Porous Media: 

Wettability Effect on Residual Saturations During Gravity Drainage and Tertiary 

Waterflood. Society of Petroleum Engineers. 

CAUDLE, B. H. & DYES, A. B. 1958. Improving Miscible Displacement by Gas-Water 

Injection. 32nd Annual Fall Meeting of Society of Petroleum Engineers. Dallas, 

Texas: Society of Petroleum Engineers. 

CAUDLE, B. H., SLOBOD, R. L. & BROWNSCOMBE, E. R. 1951. Further 

Developments in the Laboratory Determination of Relative Permeability. Journal 

of Petroleum Technology, 3. 

CHATZIS, I., KANTZAS, A. & DULLIEN, F. On the investigation of gravity-assisted 

inert gas injection using micromodels, long berea sandstone cores, and computer-

assisted tomography.  SPE Annual Technical Conference and Exhibition, 1988. 

Society of Petroleum Engineers. 

CHATZIS, I. & MORROW, N. R. 1984. Correlation of capillary number relationships 

for sandstone. Society of Petroleum Engineers Journal, 24, 555-562. 

CHEN, H., WILSON, S. & MONGER-MCCLURE, T. Determination of relative 

permeability and recovery for North Sea gas condensate reservoirs.  SPE Annual 

Technical Conference and Exhibition, 1995. Society of Petroleum Engineers. 

CHEN, H., WILSON, S. & MONGER-MCCLURE, T. 1999. Determination of Relative 

Permeability and Recovery for North Sea Gas-Condensate Reservoirs. SPE 

Reservoir Evaluation & Engineering, 2, 393-402. 

CHILINGAR, G. V. & YEN, T. F. 1983. Some Notes on Wettability and Relative 

Permeabilities of Carbonate Reservoir Rocks, II. Energy Sources, 7, 67-75. 

CHRISTENSEN, J. R., STENBY, E. H. & SKAUGE, A. 2001. Review of WAG Field 

Experience. SPE Reservoir Evaluation & Engineering, 4. 

CINAR, Y., MARQUEZ, S. & FRANKLIN M. ORR, J. 2007. Effect of IFT Variation 

and Wettability on Three-Phase Relative Permeability. SPE Reservoir Evaluation 

& Engineering, 10, pp. 211-220. 

CINAR, Y. & ORR, F. M. 2005. Measurement of three-phase relative permeability with 

IFT variation. SPE Reservoir Evaluation & Engineering, 8, 33-43. 

COLONNA, J., BRISSAUD, F. & MILLET, J. 1972. Evolution of capillarity and relative 

permeability hysteresis. Society of petroleum engineers journal, 12, 28-38. 

CRAIG, F. F. 1971. The reservoir engineering aspects of waterflooding, HL Doherty 

Memorial Fund of AIME New York. 

DELCLAUD, J. Laboratory measurements of the residual gas saturation.  Second 

European Core Analysis Symposium, 1991. 431-451. 

DELCLAUD, J., ROCHON, J. & NECTOUX, A. Investigation of gas/oil relative 

permeabilities: high-permeability oil reservoir application.  SPE Annual 

Technical Conference and Exhibition, 1987. Society of Petroleum Engineers. 

DELSHAD, M., DELSHAD, M., POPE, G. A. & LAKE, L. W. 1987. Two- and Three-

Phase Relative Permeabilities of Micellar Fluids. SPE Formation Evaluation, 2, 

327-337. 

DICARLO, D., SAHNI, A. & BLUNT, M. 2000a. The Effect of Wettability on Three-

Phase Relative Permeability. Transport in Porous Media, 39, 347-366. 



References 

217 

DICARLO, D. A., SAHNI, A. & BLUNT, M. J. 2000b. Three-Phase Relative 

Permeability of Water-Wet, Oil-Wet, and Mixed-Wet Sandpacks. SPE Journal, 

5, 82-91. 

DIXIT, A. B., BUCKLEY, J. S., MCDOUGALL, S. R. & SORBIE, K. S. 2000. Empirical 

Measures of Wettability in Porous Media and the Relationship between Them 

Derived From Pore-Scale Modelling. Transport in Porous Media, 40, 27-54. 

DONALDSON, E. C., THOMAS, R. D. & LORENZ, P. B. 1969. Wettability 

determination and its effect on recovery efficiency. Society of Petroleum 

Engineers Journal, 9, 13-20. 

DRIA, D. E., POPE, G. A. & SEPEHRNOORI, K. 1993. Three-Phase Gas/Oil/Brine 

Relative Permeabilities Measured Under CO2 Flooding Conditions. SPE 

Reservoir Engineering, 8, 143-150. 

DUAN, Z., SUN, R., ZHU, C. & CHOU, I. M. 2006. An improved model for the 

calculation of CO2 solubility in aqueous solutions containing Na+, K+, Ca2+, 

Mg2+, Cl−, and SO42−. Marine Chemistry, 98, 131-139. 

DUCHENNE, S., PUYOU, G., CORDELIER, P., BOURGEOIS, M. & HAMON, G. 

2014. Laboratory Investigation of Miscible CO2 WAG Injection Efficiency in 

Carbonate. SPE EOR Conference at Oil and Gas West Asia. Muscat, Oman: 

Society of Petroleum Engineers. 

DUDLEY, B. 2017. BP statistical review of world energy. June 2017. 12. 

DULLIEN, F. 1992. Porous media: fluid transport and pore structure. AcademicPress, 

SanDiego, 1, 992. 

DYES, A. 1954. Production of water-driven reservoirs below their bubblepoint. Journal 

of Petroleum Technology, 6, 31-35. 

EGERMANN, P., MEJDOUB, K., LOMBARD, J., VIZIKA, O. & KALAM, Z. 2013. 

Drainage three-phase flow relative permeability on oil-wet carbonate reservoir 

rock types: experiments, interpretation and comparison with standard 

correlations. 

EGERMANN, P., ROBIN, M., LOMBARD, J.-M. N., MODAVI, C. A. & KALAM, M. 

Z. 2006. Gas Process Displacement Efficiency Comparisons on a Carbonate 

Reservoir. SPE Reservoir Evaluation & Engineering, 9, 621 - 629. 

ELEMENT, D. J., MASTERS, J. H. K., SARGENT, N. C., OBE, A. J. J. & GOODYEAR, 

S. G. 2003. Assessment of Three-Phase Relative Permeability Models Using 

Laboratory Hysteresis Data. SPE International Improved Oil Recovery 

Conference in Asia Pacific. Kuala Lumpur, Malaysia: Society of Petroleum 

Engineers. 

ELERI, O., GRAUE, A., SKAUGE, A. & LARSEN, J. Calculation of three-phase relative 

permeabilities from displacement experiments with measurements of in-situ 

saturation.  International Symposium of the Society of Core Analysts, San 

Francisco, USA, 1995. 12-14. 

EPA, U. 2014a. Global Greenhouse Gas Emissions Data [Online]. Available: 

https://www.epa.gov/ghgemissions/global-greenhouse-gas-emissions-data 

[Accessed 2017]. 

EPA, U. 2014b. Overview of Greenhouse Gases [Online]. Available: 

https://www.epa.gov/ghgemissions/overview-greenhouse-gases [Accessed 

2017]. 

FATEMI, S. M. & SOHRABI, M. 2012. Cyclic Hysteresis of Three-Phase Relative 

Permeability Applicable to WAG Injection: Water-Wet and Mixed-Wet Systems 

under Low Gas/Oil IFT. SPE Annual Technical Conference and Exhibition. San 

Antonio, Texas, USA: Society of Petroleum Engineers. 

FATEMI, S. M. & SOHRABI, M. 2013a. Cyclic Hysteresis of Three-Phase Relative 

Permeability Curves Applicable to WAG Injection under Low Gas/Oil IFT: Effect 

https://www.epa.gov/ghgemissions/global-greenhouse-gas-emissions-data
https://www.epa.gov/ghgemissions/overview-greenhouse-gases


References 

218 

of Immobile Water Saturation, Injection Scenario and Rock Permeability. EAGE 

Annual Conference & Exhibition incorporating SPE Europec. London, United 

Kingdom: Society of Petroleum Engineers. 

FATEMI, S. M. & SOHRABI, M. 2013b. Experimental and Theoretical Investigation of 

Oil and Gas Trapping Under Two-and Three-Phase Flow Including Water 

Alternating Gas (WAG) Injection. SPE Annual Technical Conference and 

Exhibition. New Orleans, Louisiana, USA. 

FATEMI, S. M. & SOHRABI, M. 2013c. Experimental Investigation of Near-Miscible 

Water-Alternating-Gas Injection Performance in Water-Wet and Mixed-Wet 

Systems. SPE Journal, 18, 114-123. 

FATEMI, S. M. & SOHRABI, M. 2015. Mechanistic Study of the Effect of Gas/Oil IFT 

on the Performance of Gas, WAG and SWAG Injections in Mixed-Wet Systems. 

Annual Technical Conference and Exhibition (ATCE). Houston, Texas, USA: 

Society of Petroleum Engineers. 

FAYERS, F. J. 1989. Extension of Stone's Method 1 and Conditions for Real 

Characteristics in Three-Phase Flow. SPE Reservoir Engineering, 4, 437-445. 

FLOCK, D. L. & NOUAR, A. 1984. Parametric Analysis On The Determination Of The 

Minimum Miscibility Pressure In Slim Tube Displacements. 

FORBES, P. 1994. Simple And Accurate Methods For Converting Centrifuge Data Into 

Drainage And Imbibition Capillary Pressure Curves. The Log Analyst, 35, 31-53. 

FULCHER JR, R. A., ERTEKIN, T. & STAHL, C. 1985. Effect of capillary number and 

its constituents on two-phase relative permeability curves. Journal of petroleum 

technology, 37, 249-260. 

GEFFEN, T. M., OWENS, W. W., PARRISH, D. R. & MORSE, R. A. 1951. 

Experimental Investigation of Factors Affecting Laboratory Relative Permeability 

Measurements. Journal of Petroleum Technology, 3, 99-110. 

GRAUE, D. J. & ZANA, E. 1981. Study of a possible CO2 flood in Rangely Field. 

Journal of Petroleum Technology, 33, 1,312-1,318. 

GREEN, D. W. & WILLHITE, G. P. 1998. Enhanced oil recovery, Henry L. Doherty 

Memorial Fund of AIME, Society of Petroleum Engineers Richardson, TX. 

HADLOW, R. E. 1992. Update of Industry Experience With CO2 Injection. SPE Annual 

Technical Conference and Exhibition. Washington, D.C.: 1992 Copyright 1992, 

Society of Petroleum Engineers Inc. 

HAMON, G., SUZANNE, K., BILLIOTTE, J. & TROCME, V. 2001. Field-Wide 

Variations of Trapped Gas saturation in Heterogeneous Sandstone Reservoirs. 

SPE Annual Technical Conference and Exhibition New Orleans, Louisiana: 

Society of Petroleum Engineers. 

HANIFF, M. & ALI, J. Relative permeability and low tension fluid flow in gas 

condensate systems.  European Petroleum Conference, 1990. Society of 

Petroleum Engineers. 

HARBERT, L. W. 1983. Low Interfacial Tension Relative Permeability. SPE Annual 

Technical Conference and Exhibition. San Francisco, California: 1983 Copyright 

1983 Society of Petroleum Engineers of AIME. 

HARKINS, W. D. 1952. The physical chemistry of surface films, Reinhold. 

HASSLER, G. L. & BRUNNER, E. 1945. Measurement of Capillary Pressures in Small 

Core Samples. Transactions of the AIME, 160, 114-123. 

HENDERSON, G., DANESH, A., TEHRANI, D., AL-SHAIDI, S. & PEDEN, J. 1998. 

Measurement and correlation of gas condensate relative permeability by the 

steady-state method. SPE Reservoir Evaluation & Engineering, 1, 134-140. 

HENDERSON, G. D., DANESH, A., TEHRANI, D. H. & PEDEN, J. M. 1997. The effect 

of velocity and interfacial tension on relative permeability of gas condensate 



References 

219 

fluids in the wellbore region. Journal of Petroleum Science and Engineering, 17, 

265-273. 

HERMANSEN, H., ELIASSEN, O., GUO, Y. & SKJAEVELAND, S. Capillary pressure 

from centrifuge—A new direct method.  Proceedings of the Society of Core 

Analysts Conference, London, 1991. 453-468. 

HERMANSEN, H., THOMAS, L., SYLTE, J. & AASBOE, B. Twenty five years of 

Ekofisk reservoir management.  SPE Annual Technical Conference and 

Exhibition, 1997. Society of Petroleum Engineers. 

HIRASAKI, G. & ZHANG, D. L. 2004. Surface Chemistry of Oil Recovery From 

Fractured, Oil-Wet, Carbonate Formations. SPE Journal, 9, 151-162. 

HIRASAKI, G. J., ROHAN, J. A., DUBEY, S. T. & NIKO, H. 1990. Wettability 

Evaluation During Restored-State Core Analysis. SPE Annual Technical 

Conference and Exhibition. New Orleans, Louisiana: Society of Petroleum 

Engineers. 

HOFFMAN, R. N. 1963. A Technique for the Determination of Capillary Pressure Curves 

Using a Constantly Accelerated Centrifuge. SPE Journal, 3, 227-235. 

HOLM, L. & JOSENDAL, V. 1974. Mechanisms of oil displacement by carbon dioxide. 

Journal of petroleum Technology, 26, 1,427-1,438. 

HOLMGREN, C. R. & MORSE, R. A. 1951. Effect of Free Gas Saturation on Oil 

Recovery by Water Flooding. Journal of Petroleum Technology, 3, 135 - 140. 

HOVE, A. O., DAWE, R. A. & EVANS, R. N. 1995. Gravity segregation at the pore 

scale in cores under miscible and low interfacial tension conditions including in-

situ tomography. Journal of Petroleum Science and Engineering, 14, 89-98. 

IEA 2006. World Energy Outlook. International Energy Agency (IEA). 

JADHUNANDAN, P. P. & MORROW, N. R. 1995. Effect of Wettability on Waterflood 

Recovery for Crude-Oil/Brine/Rock Systems. SPE Reservoir Engineering, 10, 40-

46. 

JENKINS, M. K. 1984. An Analytical Model for Water/Gas Miscible Displacements. 

SPE Enhanced Oil Recovery Symposium. Tulsa, Oklahoma: 1984 Copyright 1984 

Society of Petroleum Engineers AIME. 

JERAULD, G. R. 1997a. General Three-Phase Relative Permeability Model for Prudhoe 

Bay. SPE Reservoir Engineering, 12, 255-263. 

JERAULD, G. R. 1997b. Prudhoe Bay Gas/Oil Relative Permeability. SPE Reservoir 

Engineering, 12, 66-73. 

JERAULD, G. R. & RATHMELL, J. J. 1997. Wettability and Relative Permeability of 

Prudhoe Bay: A Case Study in Mixed-Wet Reservoirs. SPE Reservoir 

Engineering, 12, 58-65. 

KALAM, M. Z., NEGAHBAN, S., AL-RAWAHI, A. S. & AL HOSANI, I. 2011. 

Miscible Gas Injection Tests in Carbonates and its impact on Field Development. 

SPE Reservoir Characterisation and Simulation Conference and Exhibition. Abu 

Dhabi, UAE: Society of Petroleum Engineers. 

KALAYDJIAN, F.-M., BOURBIAUX, B. & LOMBARD, J. Predicting gas-condensate 

reservoir performance: how flow parameters are altered when approaching 

production wells.  SPE Annual Technical Conference and Exhibition, 1996. 

Society of Petroleum Engineers. 

KALAYDJIAN, F. J. M., MOULU, J. C., VIZIKA, O. & MUNKERUD, P. K. 1993. 

Three-Phase Flow in Water-Wet Porous Media: Determination of Gas/Oil 

Relative Permeabilities Under Various Spreading Conditions. SPE Annual 

Technical Conference and Exhibition. Houston, Texas: Society of Petroleum 

Engineers. 



References 

220 

KANTZAS, A., CHATZIS, I. & DULLIEN, F. Enhanced oil recovery by inert gas 

injection.  SPE Enhanced Oil Recovery Symposium, 1988. Society of Petroleum 

Engineers. 

KATZ, D., LEGATSKI, M., TEK, M., GORRING, L. & NEILSEN, R. 1966. How water 

displaces gas from porous media. Oil and Gas Journal, 64, 55-60. 

KEELAN, D. K. & PUGH, V. J. 1975. Trapped-gas saturations in carbonate formations. 

Society of Petroleum Engineers Journal, 15, 149-160. 

KLEPPE, J., DELAPLACE, P., LENORMAND, R., HAMON, G. & CHAPUT, E. 1997. 

Representation of Capillary Pressure Hysteresis in Reservoir Simulation. SPE 

Annual Technical Conference and Exhibition. San Antonio, Texas: Society of 

Petroleum Engineers. 

KORTEKAAS, T. F. M. & VAN POELGEEST, F. 1991. Liberation of Solution Gas 

During Pressure Depletion of Virgin and Watered-Out Oil Reservoirs. SPE 

Reservoir Engineering, 6, 329-335. 

KRALIK, J. G., MANAK, L. J., JERAULD, G. R. & SPENCE, A. P. 2000. Effect of 

Trapped Gas on Relative Permeability and Residual Oil Saturation in an Oil-Wet 

Sandstone. SPE Annual Technical Conference and 

Exhibition. Dallas, Texas: Society of Petroleum Engineers. 

KURBANOV, A. K. E. A. 1981. Efficiency of Water-Gas displacement of Oil in the 

Reservoir. VNII-75. Moscow. 

KYTE, J. R., JR., R. J. S., JR., S. C. S. & RAPOPORT, L. A. 1956. Mechanism of Water 

Flooding in the Presence of Free Gas. Petroleum Transactions, AIME, 207, 215-

221. 

LAND, C. S. 1968. The Optimum Gas Saturation for Maximum Oil Recovery from 

Displacement by Water. Fall Meeting of the Society of Petroleum Engineers of 

AIME. Houston, Texas  

LAND, C. S. 1971. Comparison of Calculated with Experimental Imbibition Relative 

Permeability. Society of Petroleum Engineers Journal, 11, 419-425. 

LEFEBVRE DU PREY, E. 1973. Factors affecting liquid-liquid relative permeabilities 

of a consolidated porous medium. Society of Petroleum Engineers Journal, 13, 

39-47. 

LEVY, M. & BERKOWITZ, B. 2003. Measurement and analysis of non-Fickian 

dispersion in heterogeneous porous media. Journal of Contaminant Hydrology, 

64, 203-226. 

LONGERON, D., HAMMERVOLD, W. L. & SKJAEVELAND, S. M. Water-oil 

capillary pressure and wettability measurements using micropore membrane 

technique.  International meeting on petroleum engineering, 1995. Society of 

Petroleum Engineers. 

MA, T. D. & YOUNGREN, G. K. 1994. Performance of Immiscible Water-Alternating-

Gas (IWAG) Injection at Kuparuk River Unit, North Slope, Alaska. SPE Annual 

Technical Conference and Exhibition. New Orleans, Louisiana: Society of 

Petroleum Engineers. 

MACALLISTER, D. J., MILLER, K. C., GRAHAM, S. K. & YANG, C.-T. 1993. 

Application of X-ray CT scanning to determine gas/water relative permeabilities. 

SPE formation evaluation, 8, 184-188. 

MALONEY, D. & ZORNES, D. Trapped versus initial gas saturation trends from a single 

core test.  SCA2003-22, proceedings of the international symposium of the society 

of core analysts, Pau, France, 2003. 21-24. 

MANRIQUE, E. J., MUCI, V. E. & GURFINKEL, M. E. 2007. EOR Field Experiences 

in Carbonate Reservoirs in the United States. SPE Reservoir Evaluation & 

Engineering, 10, 667 - 686. 



References 

221 

MANRIQUE, E. J., THOMAS, C. P., RAVIKIRAN, R., IZADI KAMOUEI, M., 

LANTZ, M., ROMERO, J. L. & ALVARADO, V. EOR: current status and 

opportunities.  SPE improved oil recovery symposium, 2010. Society of 

Petroleum Engineers. 

MANSOORI, S. A., IGLAUER, S., PENTLAND, C. H., BIJELJIC, B. & BLUNT, M. J. 

2009. Measurements of Non-Wetting Phase Trapping Applied to Carbon Dioxide 

Storage. Energy Procedia, 1, 3173-3180. 

MCKAY, B. 1974. Laboratory studies of gas displacement from sandstone reservoirs 

having strong water drive. APEA Journal, 1974, 189-194. 

MONTARON, B. Increasing Oil Recovery Factors: A Technical Challenge Key to Future 

World Energy Supply.  AFTP Conference, Paris, 2005. 

MONTARON, B. 2008. Carbonate evolution. Oil&Gas Middle East. Online: Arabian Oil 

and Gas. 

MOORE, T. & SLOBOD, R. 1956. The effect of viscosity and capillarity on the 

displacement of oil by water. Producers Monthly, 20, 20-30. 

MORROW, N. R. 1990. Wettability and Its Effect on Oil Recovery. SPE Journal of 

Petroleum Technology, 42, 1476-1484. 

MUNGAN, N. 1966. Interfacial effects in immiscible liquid-liquid displacement in 

porous media. Society of Petroleum Engineers Journal, 6, 247-253. 

NATIONS, U. 2015. Paris Agreement Treaty [Online]. Available: 

https://treaties.un.org/pages/ViewDetails.aspx?src=TREATY&mtdsg_no=XXVI

I-7-d&chapter=27&clang=_en [Accessed 2/2/17 2017]. 

NAYLOR, P., SARGENT, N. C., CROSBIE, A. J., TILSED, A. P. & GOODYEAR, S. 

G. 1996. Gravity drainage during gas injection. Petroleum Geoscience, 2, 69. 

NIST. 2016. http://webbook.nist.gov/chemistry/fluid/ [Online].  [Accessed 1 August 

2016]. 

NORDTVEDT, J. E., EBELTOFT, E., IVERSEN, J. E., SYLTE, A., URKEDAL, H., 

VATNE, K. O. & WATSON, A. T. 1997. Determination of Three-Phase Relative 

Permeabilities From Displacement Experiments. SPE Formation Evaluation, 12, 

221-226. 

OAK, M. J. 1990. Three-Phase Relative Permeability of Water-Wet Berea. SPE/DOE 

Enhanced Oil Recovery Symposium. Tulsa, Oklahoma: 1990 Copyright 1990, 

Society of Petroleum Engineers Inc. 

OAK, M. J. 1991. Three-Phase Relative Permeability of Intermediate-Wet Berea 

Sandstone. SPE Annual Technical Conference and Exhibition. Dallas, Texas: 

1991 Copyright 1991, Society of Petroleum Engineers, Inc. 

OAK, M. J., BAKER, L. E. & THOMAS, D. C. 1990. Three-Phase Relative Permeability 

of Berea Sandstone. SPE Journal of Petroleum Technology, 42, 1054-1061. 

OREN, P. E. & PINCZEWSKI, W. V. 1994. Effect of Wettability and Spreading on 

Recovery of Waterflood Residual Oil by Immiscible Gasflooding SPE Formation 

Evaluation, 9, 149-156. 

OSOBA, J. S., RICHARDSON, J. G., KERVER, J. K., HAFFORD, J. A. & BLAIR, P. 

M. 1951. Laboratory Measurements of Relative Permeability. Journal of 

Petroleum Technology, 3, 47-56. 

PATEL, P., CHRISTMAN, P. & GARDNER, J. 1987. Investigation of unexpectedly low 

field-observed fluid mobilities during some CO2 tertiary floods. SPE reservoir 

engineering, 2, 507-513. 

PRIEDITIS, J., WOLLE, C. R. & NOTZ, P. K. 1991. A Laboratory and Field Injectivity 

Study: CO2 WAG in the San Andres Formation of West Texas. SPE Annual 

Technical Conference and Exhibition. Dallas, Texas: 1991 Copyright 1991 

Society of Petroleum Engineers, Inc. 

https://treaties.un.org/pages/ViewDetails.aspx?src=TREATY&mtdsg_no=XXVII-7-d&chapter=27&clang=_en
https://treaties.un.org/pages/ViewDetails.aspx?src=TREATY&mtdsg_no=XXVII-7-d&chapter=27&clang=_en
http://webbook.nist.gov/chemistry/fluid/


References 

222 

QUALE, E. A., CRAPEZ, B., STENSEN, J. A. & BERGE, L. I. 2000. SWAG Injection 

on the Siri Field - An Optimized Injection System for Less Cost. SPE European 

Petroleum Conference. Paris, France: Society of Petroleum Engineers. 

RAJAN, R. R. 1986. Theoretically Correct Analytical Solution For Calculating Capillary 

Pressure-Saturation From Centrifuge Experiments. SPWLA 27th Annual Logging 

Symposium. Houston, Texas Society of Petrophysicists and Well-Log Analysts. 

RAWAHI, A., HAFEZ, H. H., AL-YAFEI, A., GHORI, S. G., PUTNEY, K. & 

MATTHEWS, T. R. 2012. Maximize the Ultimate Recovery by Designing &amp; 

Optimizing a CO2 Miscible Gas Injection Pilot in Giant Carbonate Oil Reservoir, 

Abu Dhabi. Abu Dhabi International Petroleum Conference and Exhibition, . Abu 

Dhabi, UAE: Society of Petroleum Engineers. 

RIAZI, M., SOHRABI, M. & JAMIOLAHMADY, M. 2010. Experimental Study of 

Pore-Scale Mechanisms of Carbonated Water Injection. Transport in Porous 

Media, 86, 73-86. 

ROEHL, P. O. & CHOQUETTE, P. W. 1985. Carbonate Petroleum Reservoirs, 

Springer-Verlag. 

ROSSEN, W. R., VAN DUIJN, C. J., NGUYEN, Q. P., SHEN, C. & VIKINGSTAD, A. 

K. 2010. Injection Strategies To Overcome Gravity Segregation in Simultaneous 

Gas and Water Injection Into Homogeneous Reservoirs. SPE Journal, 15, 76-90. 

SAHIMI, M. 2011. Flow and transport in porous media and fractured rock: from 

classical methods to modern approaches, John Wiley & Sons. 

SAHNI, A., BURGER, J. & BLUNT, M. 1998. Measurement of Three Phase Relative 

Permeability during Gravity Drainage using CT Scanning. SPE/DOE Improved 

Oil Recovery Symposium. Tulsa, Oklahoma: Society of Petroleum Engineers. 

SALARI, H., HASSANZADEH, H., GERAMI, S. & ABEDI, J. 2008a. On Estimating 

the Water Content of CO2 in Equilibrium with Formation Brine. Canadian 

International Petroleum Conference. Calgary, Alberta Petroleum Society of 

Canada. 

SALARI, H., HASSANZADEH, H., GERAMI, S. & ABEDI, J. 2008b. On Estimating 

the Water Content of CO2 in Equilibrium with Formation Brine. Canadian 

International Petroleum Conference. Calgary, Alberta Petroleum Society of 

Canada. 

SALATHIEL, R. A. 1973. Oil Recovery by Surface Film Drainage In Mixed-Wettability 

Rocks. Journal of Petroleum Technology, 25, 1216-1224. 

SAREM, A. M. 1966. Three-Phase Relative Permeability Measurements by Unsteady-

State Method. SPE Journal, 6, 199-205. 

SCHECHTER, D. S. & HAYNES, J. M. 1992. Relative permeabilities of a near critical 

binary fluid. Transport in Porous Media, 9, 241-260. 

SCHECHTER, D. S., ZHOU, D. & ORR, F. M. 1994. Low IFT drainage and imbibition. 

Journal of Petroleum Science and Engineering, 11, 283-300. 

SCHNEIDER, F. N. & OWENS, W. W. 1970. Sandstone and Carbonate Two- and Three-

Phase Relative Permeability Characteristics. SPE Journal, 10, 75-84. 

SCHNEIDER, F. N. & OWENS, W. W. 1976. Relative Permeability Studies of Gas-

Water Flow Following Solvent Injection in Carbonate Rocks. SPE Journal, 16, 

23-30. 

SHAHVERDI, H. 2012. Characterization of Three-phase Flow and WAG Injection in Oil 

Reservoirs. PhD, Heriot-Watt University. 

SHARMA, M. & WUNDERLICH, R. 1987. The alteration of rock properties due to 

interactions with drilling-fluid components. Journal of Petroleum Science and 

Engineering, 1, 127-143. 

SHYEH-YUNG, J.-G. J. 1991. Mechanisms of Miscible Oil Recovery: Effects of 

Pressure on Miscible and Near-Miscible Displacements of Oil by Carbon Dioxide. 



References 

223 

SPE Annual Technical Conference and Exhibition. Dallas, Texas: 1991 Copyright 

1991, Society of Petroleum Engineers Inc. 

SKAUGE, A. Influence of wettability on trapped non-wetting phase saturation in three-

phase flow.  proceedings Fourth International Symposium on Wettability and it's 

Effect on Oil Recovery, Montpellier, France, 1996. 

SKAUGE, A. & AARRA, M. 1993. Effect of wettability on Oil Recovery by WAG. 7th 

EAGE IOR symposium. Moscow, Russia. 

SKAUGE, A., ELERI, O. O., GRAUE, A. & MONSTAD, P. 1994. Influence of Connate 

Water on Oil Recovery by Gravity Drainage. SPE/DOE Improved Oil Recovery 

Symposium. Tulsa, Oklahoma Society of Petroleum Engineers. 

SKAUGE, A. & LARSEN, J. A. Three-phase relative permeabilities and trapped gas 

measurements related to WAG processes.  SCA 9421, proceedings of the 

International Symposium of the Society of Core Analysts, Stavanger, Norway, 

1994. 

SKAUGE, A. & OTTESEN, B. A summary of experimentally derived relative 

permeability and residual saturation on North Sea reservoir cores.  SCA2002-12, 

proceedings of the international symposium of the society of core analysts, 

Monterey, California, USA, 2002. 22-25. 

SLOBOD, R. L., CHAMBERS, A. & PREHN, W. L., JR. 1951. Use of Centrifuge for 

Determining Connate Water, Residual Oil, and Capillary Pressure Curves of 

Small Core Samples. Journal of Petroleum Technology, 3, 127 - 134. 

SOHRABI, M., DANESH, A. & JAMIOLAHMADY, M. 2008. Visualisation of Residual 

Oil Recovery by Near-miscible Gas and SWAG Injection Using High-pressure 

Micromodels. Transport in Porous Media, 74, 239-257. 

SOHRABI, M., DANESH, A., TEHRANI, D. H. & JAMIOLAHMADY, M. 2007. 

Microscopic Mechanisms of Oil Recovery By Near-Miscible Gas Injection. 

Transport in Porous Media, 72, 351-367. 

SOHRABI, M. & EMADI, A. 2012. Novel Insights into the Pore-Scale Mechanisms of 

Enhanced Oil Recovery by CO2 Injection. EAGE Annual Conference & 

Exhibition in. Copenhagen, Denmark: Society of Petroleum Engineers. 

SOHRABI, M., HENDERSON, G., TEHRANI, D. & DANESH, A. Visualisation of oil 

recovery by water alternating gas (WAG) injection using high pressure 

micromodels-water-wet system.  SPE Annual Technical Conference and 

Exhibition, 2000. Society of Petroleum Engineers. 

SOHRABI, M., TEHRANI, D., DANESH, A. & HENDERSON, G. Visualisation of oil 

recovery by water alternating gas (WAG) injection using high pressure 

micromodels-oil-wet & mixed-wet systems.  SPE Annual Technical Conference 

and Exhibition, 2001. Society of Petroleum Engineers. 

SOHRABI, M., TEHRANI, D., DANESH, A. & HENDERSON, G. 2004. Visualization 

of oil recovery by water-alternating-gas injection using high-pressure 

micromodels. SPE Journal, 9, 290-301. 

SONG, B. & SPRINGER, J. 1996. Determination of Interfacial Tension from the Profile 

of a Pendant Drop Using Computer-Aided Image Processing. Journal of Colloid 

and Interface Science, 184, 64-76. 

SPITERI, E., JUANES, R., BLUNT, M. J. & ORR, F. M. 2005. Relative-Permeability 

Hysteresis: Trapping Models and Application to Geological CO2 Sequestration. 

SPE Annual Technical Conference and Exhibition. Dallas, Texas: Society of 

Petroleum Engineers. 

STONE, H. L. 1982. Vertical, Conformance In An Alternating Water-Miscible Gas 

Flood. SPE Annual Technical Conference and Exhibition. New Orleans, 

Louisiana: Society of Petroleum Engineers. 



References 

224 

SUICMEZ, V. S., PIRI, M. & BLUNT, M. J. 2008. Effects of wettability and pore-level 

displacement on hydrocarbon trapping. Advances in Water Resources, 31, 503-

512. 

SUZANNE, K., HAMON, G., BILLIOTTE, J. & TROCME, V. Distribution of trapped 

gas saturation in heterogeneous sandstone reservoirs.  Proceedings of the 2001 

International Symposium of the Society of Core Analysts, SCA2001-14, 2001. 

SUZANNE, K., HAMON, G., BILLIOTTE, J. & TROCME, V. 2003. Experimental 

Relationships Between Residual Gas Saturation And Initial Gas Saturation In 

Heterogeneous Sandstone Reservoirs. SPE Annual Technical Conference and 

Exhibition. Denver, Colorado: Society of Petroleum Engineers. 

TABER, J. 1969. Dynamic and static forces required to remove a discontinuous oil phase 

from porous media containing both oil and water. Society of Petroleum Engineers 

Journal, 9, 3-12. 

TAKACH, N. E., BENNETT, L. B., DOUGLAS, C. B., ANDERSEN, M. A. & 

THOMAS, D. C. 1989. Generation of Oil-Wet Model Sandstone Surfaces. SPE 

International Symposium on Oilfield Chemistry. Houston, Texas: Society of 

Petroleum Engineers. 

THOMAS, F. B., ERIAN, A., CHAN, M., BENNION, D. B., BENNION, D. W. & 

OKAZAWA, T. 1995. Does Miscibility Matter In Gas Injection? Petroleum 

Society of Canada Annual Technical Meeting. Calgary, Alberta: Petroleum 

Society of Canada. 

THOMAS, F. B., HOLOWACH, N., ZHOU, X., BENNION, D. B. & BENNION, D. W. 

1994. Miscible or Near-Miscible Gas Injection, Which Is Better? SPE/DOE 

Improved Oil Recovery Symposium. Tulsa, Oklahoma: 1994 Copyright 1994, 

Society of Petroleum Engineers, Inc. 

TORSÆTER, O. A comparative study of wettability test methods based on experimental 

results from North Sea reservoir rocks.  SPE Annual Technical Conference and 

Exhibition, 1988. Society of Petroleum Engineers. 

TREIBER, L. E. & OWENS, W. W. 1972. A Laboratory Evaluation of the Wettability of 

Fifty Oil-Producing Reservoirs. SPE Journal, 12, 531-540. 

VAN DIJKE, M. I. J. & SORBIE, K. S. 2002. The relation between interfacial tensions 

and wettability in three-phase systems: consequences for pore occupancy and 

relative permeability. Journal of Petroleum Science and Engineering, 33, 39-48. 

VIZIKA, O. & LOMBARD, J.-M. 1996. Wettability and Spreading: Two Key Parameters 

in Oil Recovery With Three-Phase Gravity Drainage. SPE Reservoir Engineering, 

11, 54-60. 

VIZIKA, O., ROSENBERG, E. & KALAYDJIAN, F. 1998. Study of wettability and 

spreading impact in three-phase gas injection by cryo-scanning electron 

microscopy. Journal of Petroleum Science and Engineering, 20, 189-202. 

WAGNER, O. & LEACH, R. O. 1966. Effect of interfacial tension on displacement 

efficiency. Society of Petroleum Engineers Journal, 6, 335-344. 

WANG, F. 1988. Effect of wettability alteration on water/oil relative permeability, 

dispersion, and flowable saturation in porous media. SPE reservoir engineering, 

3, 617-628. 

WARDLAW, N. C. 1996. Factors Affecting Oil Recovery From Carbonate Reservoirs 

and Prediction of Recovery. In: S.J. MAZZULLO, A. H. H. R. E. (ed.) Carbonate 

Reservoir Characterization: A Geologic-Engineering Analysis, Part II. New York 

City: Elsevier. 

WEGENER, D. & HARPOLE, K. Determination of relative permeability and trapped gas 

saturation for predictions of WAG performance in the South Cowden CO2 flood.  

SPE/DOE Improved Oil Recovery Symposium, 1996. Society of Petroleum 

Engineers. 



References 

225 

WEI, J.-Z. & LILE, O. 1993. Influence of wettability and saturation sequence on relative 

permeability hysteresis in unconsolidated porous media. SPE eLibrary. 

YAN, J., MONEZES, J. & SHARMA, M. M. 1993. Wettability alteration caused by oil-

based muds and mud components. SPE drilling & completion, 8, 35-44. 

YELLIG, W. F. & METCALFE, R. S. 1980. Determination and Prediction of CO2 

Minimum Miscibility Pressures (includes associated paper 8876 ). SPE Journal 

of Petroleum Technology, 32. 

 



226 

 History Matching Production Data 

History Matching 

To calculate the relative permeabilities, an eclipse model was set up to be coupled with 

3RPSim (Heriot-Watt Optimizer) to match the production data. The simulation model 

represented 1D flow in a core with the same cross-section area as the core. For the 

physical and fluid properties of the model refer to Chapter 3. 

The 3RPSim uses the Genetic Algorithm (GA) method to find the best match. For further 

details about the method refer to the PhD thesis (Shahverdi, 2012) by Dr. Hamidreza 

Shahverdi. 

Simulated vs Experimental Production Data 

To find the best match, four different parameters (water production, oil recovery, gas 

production and differential pressure across the core) were included as reference data in 

3RPSim project files.  

All the production data were supplied at reservoir conditions. For example, the gas 

production in two-phase secondary water flooding was presented to the optimizer in 

reservoir conditions, meaning zero gas production (the evolved solution gas) before gas 

breakthrough.  

A.1.1. Secondary Immiscible Gas Injection - (Experiment 4, 2 Phase-Gas/Oil) 

Figure A-1 shows pore volume of produced oil versus injected fluid pore volume 

(injection gas) and compares it with matched simulation results. 

 
Figure A-1: Measured and simulated oil recovery (PV) vs PV of secondary lean 

(immiscible) gas injection (Experiment 4). 
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Figure A-2 shows gas production profile versus injected fluid pore volume (injection gas) 

and compares it with matched simulation results. Figure A-3 compares simulated and 

measured differential pressure across the core during the gas injection versus injected 

fluid pore volume (injection brine). 

 
Figure A-2: Measured and simulated brine production (PV) vs PV of secondary lean 

(immiscible) gas injection (Experiment 4). 

 

 
 

Figure A-3: Measured and simulated differential pressure profile vs PV of secondary lean 

(immiscible) gas injection (Experiment 4). 

A.1.2. Secondary CO2 Injection - Near Miscible (Experiment 9, 2-phase Gas/Oil) 

Figure A-4 shows pore volume of produced oil versus injected fluid pore volume 

(injection gas) and compares it with matched simulation results. 
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Figure A-4: Measured and simulated oil recovery (PV) vs PV of secondary near-miscible 

gas injection (Experiment 9). 

Figure A-5 shows gas production profile versus injected fluid pore volume (injection gas) 

and compares it with matched simulation results. Figure A-6 compares simulated and 

measured differential pressure across the core during the gas injection versus injected 

fluid pore volume (injection brine). 

 
Figure A-5: Measured and simulated brine production (PV) vs PV of secondary near-

miscible gas injection (Experiment 9). 

 



Appendix A: History Matching Production Data 

229 

 
Figure A-6: Measured and simulated differential pressure profile vs PV of secondary 

near-miscible gas injection (Experiment 9). 

Effect of IFT on Two-Phase Gas/Oil Permeabilities 

The two-phase gas and oil relative permeabilities from the immiscible and near-miscible 

gas injection are compared in Figure A-7. The relative permeabilities in the figure are 

reported as a fraction of absolute liquid permeability of the core. The reduction of IFT 

significantly improved the oil relative permeability (close to linearity) and slightly 

improved gas relative permeability. The obtained relative permeabilities (with minimal 

mass transfer) are essential for correct compositional simulation of CO2 injection in 

reservoir simulators. 

 

Figure A-7: Comparison of the oil and gas relative permeabilities for secondary gas 

injection at Immiscible and Near Miscible conditions (Experiments 4 and 9). 


