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CHAPTER I 

INTRODUCTION 
Diatomite oil reservoirs are found in California.  They are unique because of their high 

porosity and low permeability reservoir (Badruzzaman et al 2007).  These reservoirs have 

typically been under production for the best part of a century with limited recovery to date. 

As with any reservoir, predicting the reservoir performance and understanding the 

production drivers of a diatomite reservoir is challenging and involves complicated and 

time consuming workflows. It is crucial to forecast production from new development areas 

as this will be of immense benefit in making data driven decisions and increase our 

predictability and confidence. It is also critical to be able to ascertain the key drivers with 

respect to production as this will help in optimizing field development.  

There are several methods used in performance prediction. Mathematical modeling is one 

of the most commonly used methods in petroleum engineering to forecast production 

performance. Mathematical models include material-balance, decline-curve, statistical and 

analytical (well-test) methods. The classic material-balance equation or tank model is a 

mathematical representation of reservoir or drainage volume (c.f. Craft, and Hawkins, 

1991). The basic principle of this model is the conservation of mass: that the amount of 

material (gas, oil or water) remaining in the reservoir after a given production interval is 

equal to the amount of the material originally in the reservoir less the amount of material 

removed from the reservoir (due to production), plus the amount of material added to the 

reservoir due to injection and encroachment (Havlena, and Odeh, 1963). The reservoir is 

actually treated as a large tank with no flow effects considered. For this reason the material 

balance is sometimes described as a zero dimensional model (Tracy et al., 2006). The 

material balance method is simply an inventory of all the fluids entering, leaving, and 

remaining in the reservoir (Ertekin et al., 2001). 
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Decline curve analysis is based on the premise that all processes occurring in the past will 

continue in the future (Arps, 1945). Therefore it is a powerful technique for reservoir-

performance prediction when operational practices are not expected to change in the future. 

If operational practices will change, which normally occurs several times over the course 

of a field’s life, decline curve analysis cannot be used. Consequently, decline-curve analysis 

cannot be used for “what if” analyses. 

Statistical approach uses empirical correlations that are statistically derived from past 

performance of numerous reservoirs to predict the future performance of others (Arps, 

1967). The statistical approach can then be considered as an extension of the analogical 

method. Typically a correlation is derived from data from mature reservoirs located in the 

same region (for example Texas or California), with the same lithology (for example 

sandstone or carbonate), and operating under the same drive mechanism. For water drive 

conditions, an oil recovery factor correlation exists as a function of permeability, porosity, 

formation thickness, oil viscosity, and initial water saturation (Guthrie, and Greenberger, 

1955). In order to use an empirical correlation with a high degree of confidence, reservoir 

properties must be within the limits of the regression database that was employed to develop 

the correlation. Statistical correlations may give a reasonably accurate estimate for a 

reservoir as a whole, but the same correlation may produce unrealistic estimates when 

applied to a particular lease or portion of a reservoir because of fluid migration within the 

reservoir (American Petroleum Institute, 1984). Some of the pitfalls of the statistical 

method include, but are not limited to, the following aspects: high forecasting errors, 

forecasting ultimate recovery only, and lack of rate-versus-time relationships. 

Analytical methods are based on the exact solutions of theoretically derived models (Odeh, 

1982). Pressure transient analysis and Buckley-Leverett analysis are examples of analytical 

models. These models are a simplification of the physical processes occurring in the 

reservoir. In order to solve these equations analytically, simplifying assumptions such as 

reducing the model dimensionality from 3D to 1D, must be applied. Hence, analytical 

methods are exact solutions to simplified problems (Muskat, 1937). Some of the 

simplifying assumptions routinely used in pressure-transient analysis include horizontal 

reservoir, uniform thickness, single phase flow, small pressure gradients and laminar flow 

conditions.  Assumptions used in the Buckley-Leverret analysis include one-dimensional, 

incompressible and linear flow, negligible capillary and gravity effects, and voidage-

balanced production (Buckley, and Leverett, 1942). Albeit these assumptions must be 

applied for mathematical solutions, the physics of the problem is solved simplistically.  
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Due to the shortcomings of some of the methods/approaches described above in 

performance prediction in the diatomite, the use of reservoir simulation as a predictive tool 

is being embraced in the diatomite reservoirs. Despite many years of production, this 

reservoir is relatively under-studied for the purpose of reservoir simulation, as it is very 

large and dominated by closely drilled wells and thermal recovery methods. 

1.1 Statement of the Problem 

The Belridge Diatomite is composed of siliceous diatom shells, the skeletal remains of 

single-cell shallow marine algae-like plants.  

It is estimated that the Original Oil in Place (OOIP) in the Belridge Diatomite reservoir in 

Lost Hills Field, is approximately 2 billion barrels. This represents a big part of the state of 

California’s oil reserves estimated at over 24 billion barrels. Figure 1 shows the location of 

oil fields in the San Joaquin Valley with Lost Hills Field highlighted. 

 

Figure 1 – Lost Hills field location (Courtesy Mike Morea) 

 

A diatomaceous deposit is a hydrous, noncrystalline form of silica or opal composed of 

microscopic shells of diatoms, which are microscopic, single-celled, aquatic and planktonic 
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algae. It is light-colored and resembles chalk, but is much less dense and will not effervesce 

in acid as chalk does. The diatom forms can be distinguished under a high-power 

microscope. Thousands of varieties have been identified. Their skeletons are normally 

deposited at the bottom of the ocean bed. Their shells retain their original physical form 

and do not disintegrate, and they accumulate to form very thick beds of “diatomite ooze”. 

The rock is distinguished by its very high porosity (can be as high as 65 percent), low 

average permeability (0.1 to 5md) and very low Young’s Modulus (average 200,000 psi). 

It appears that, as small as the diatoms are, they contain some internal porosity that can be 

detected by logs such as density, sonic, or neutron logs.  

Most of the producing zone has permeability in the order of only a few millidarcies, despite 

a reservoir porosity that normally exceeds 40 percent. There seems to be a relationship 

between the purity of the diatomite and its porosity and permeability – the cleaner the 

diatomite, the higher the porosity and the lower the permeability. 

The first challenge this research plans to address is how to effectively use reservoir 

simulation to match the performance of wells drilled and completed in the diatomite 

reservoir. It is very difficult to match the performance of wells completed in the diatomite 

reservoir due to the degree of heterogeneity in the reservoir. As with all reservoirs, not 

capturing the important geology of the diatomite reservoir in great detail in the reservoir 

simulator can lead to erroneous results. In this case the highly laminated nature of the 

diatomite reservoirs is considered a detail warranting further investigation. 

The geopseudo approach, a multiphase flow upscaling methodology (Pickup et al., 1998), 

is used in this study. It incorporates flow/structure interaction at the lamina level and this 

is potentially the scale that will dominate recovery in diatomite reservoirs. 

Secondly, this research looks at how production from a horizontal well being waterflooded 

with vertical water injectors can be effectively modeled. Horizontal well technology 

provides the opportunity to add production and reserves that are currently uneconomic to 

recover using conventional methods such as drilling vertical or slightly deviated wells. A 

first pass estimate of the OOIP(Original Oil In Place) in the flanks (outside the core or 

central part of the field – the current horizontal well targets) indicates that there could be 

between 300 – 600 MMBBLS. However, it is pertinent to say that while the OOIP appears 

to be large, the diatomite has been historically (over a century) very difficult to produce. 
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1.2 Thesis Objectives and Approach 

The objective of this research is to effectively predict the performance and production 

drivers of a waterflooded horizontal well completed in a laminated diatomite reservoir 

using the geopseudo approach to incorporate lamination effects and also investigate the 

impact of compaction with respect to model predictability.   

1.2.1 Background of the Lost Hills Field and Belridge Diatomite 

Reservoir 

In California, a large part of oil production occurs in the San Joaquin Valley fields. These 

fields are predominantly mature heavy oil fields with API gravity as low as 8°API and 

contain significant Oil in Place, averaging over 1 billion barrels.  

The Lost Hills field is characterized by thick deposits of diatomite with a pay interval that 

can extend over 1000 feet. The producing structure is one of several elongate, asymmetric 

anticlines trending NW-SE. This was thought to have developed as a result of Tertiary-

aged compression and translation associated with the San Andreas Fault system. Although 

there is some production from other shallower and deeper intervals, the main reservoir is 

the late-Miocene Belridge Diatomite. 

The Lost Hills Field in California contains several producing horizons. The Etchegoin 

Formation of the Pliocene series (above the main Belridge Diatomite) also consists of soft, 

massive diatomite beds of very high porosity and exceptionally low permeability. In many 

ways the matrix is akin to a chalk formation. The depth of the main producing zone ranges 

from 800 to 2,000 ft. The wells are usually completed with slotted liners across 700 to 1,200 

ft, of which the net productive thickness is approximately 500 ft. 

The more permeable beds within the producing zone show some sign of depletion and gas 

saturation, especially in structurally higher locations. Reservoir pressure varies from 400-

600 psi in tight beds and waterflooded areas to nearly atmospheric in the more permeable 

beds. Oil is contained in diatomaceous “earth” where diatoms are mixed with very fine sand 

and clay at variable ratios. 
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Figure 2 – SEM Image of diatomite reservoir showing diatomite frustules (Courtesy 

Chevron North America) 

1.2.2 Heterogeneity in the Diatomite Reservoir 

Heterogeneity is defined as the spatial variation in properties. It is a very important factor, 

as it governs the flow of fluid in porous media. Like in most reservoirs, it is pertinent to 

review the variation in the distribution of petrophysical parameters in the diatomite 

reservoir.  

Heterogeneity is a function of depositional environment and subsequent events, and also 

the type of sediments involved. The variation in petrophysical parameters in the diatomite 

as we move from one part of the reservoir to another is primarily due to differing 

depositional environments in time sequence. In diatomite reservoirs, the development of 

petrophysical properties such as porosity and permeability are dependent on the nature of 

the sediment, on the depositional environment and a subsequent compaction and/or 

cementation.  
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Heterogeneity in the diatomite can be broken down into two types; areal and vertical 

heterogeneity. These types of heterogeneities are determined by a combination of geologic, 

rock and fluid, logging and coring, well testing, production/injection performance analysis. 

In reservoir engineering studies, the degree of reservoir heterogeneity is used to 

characterize a formation and predict the performance of a reservoir. These heterogeneity 

measures include; 

 Lorenz Coeffiient 

 Dykstra-Parson’s variation factor 

 Crossflow index 

In this study we used the Lorenz Coefficient (LC) and the Dykstra-Parson’s variation factor 

to quantify the degree of heterogeneity.  

The Lorenz Coefficient is a static measure of heterogeneity to determine the degree of 

heterogeneity in the reservoir in question. The Lorenz coefficient is based on a plot of 

permeability-thickness product (kh) data against porosity-thickness product (ϕh) data 

obtained from cores. Points are plotted in order of decreasing k/ϕ. In a homogenous 

reservoir, the points essentially fall on a diagonal drawn from the upper right to the lower 

left corner of the plot, suggesting that the porosity is a linear function of the rock 

permeability. Mathematically, we can express the Lorenz Coefficient (LC) as; 

ADBR

APPD
LC                                                                                                                      (1) 

Where,  

LC= Lorenz Coefficient 

APPD= Area enclosed by plot points and diagonal 

ADBR= Area enclosed by the diagonal and bottom right corner of the plot 

The Lorenz curve is a plot of cumulative flow capacity versus cumulative thickness (see 

Fig. 3 for an example). Increasing heterogeneity is depicted by Lorenz curve moving away 

from the diagonal. When LC tends towards zero is an indication of increasing homogeneity. 

With increasing heterogeneity, however, the Lorenz coefficient approaches value closer to 

unity (Satter, A 2007). 
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Figure 3 – Lorenz Plot showing the degree of heterogeneity 

The variation of vertical permeability is mostly described by the Dykstra-Parsons (VDP) 

permeability variation factor. Dykstra and Parsons (1950) proposed a correlation for 

predicting waterflood oil recovery that uses the mobility ratio, permeability variation and 

producing water-oil ratio as correlating parameters. In this study, the Dykstra-Parsons 

coefficient is based strictly on permeability variations. Core plugs are the common source 

of permeability information used by this method. Estimating VDP entails ranking the 

permeability data in order of decreasing magnitude, assigning probabilities to the data, and 

then plotting the permeability and probability values on log-normal probability paper. A 

straight line of “best fit” is then drawn, and if the points do not lie on a straight line, the 

central points are given more weights. The line is used to determine the 84th percentile 

permeability, k0.84 and the median permeability, k0.50.  The 84 th percentile permeability is 

the permeability one standard deviation above the median permeability k0.50 on a log-

probability plot.  

Mathematicallly represented as  
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                                                                                                          (1.1) 
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K0.84 = 4.5 md 

K0.5 = 2.7 md 

So, 

5.4

7.25.4 
DPV  

VDP = 0.4 

 

 

Figure 4 – Dykstra-Parson’s Plot  This example does not show weight given to central 

values – the fact that it is not a straight line means the properties are not log-normally 

distributed.  Possibly the VDP should not be used in this case and LC is better. 

1.3 Relevant Previous work 

1.3.1 Geopseudo Approach 

 

Detailed reservoir characterization and modeling has been an active area of petroleum 

technology development for several years now, but incorporating and scaling up these 
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geologic models into fluid flow and production simulations is a major challenge (Ciammetti 

et al., 1995). The effect of small scale structures are most often ignored, and this leads to 

building a model that is not representative of the reservoir. 

The geopseudo method is an approach to multiphase fluid (capillary/viscous dominated) 

flow upscaling which attempts to incorporate several scales of geological heterogeneity 

into effective flow functions. The scales used in these methods are based on the geological 

hierarchy in sedimentary systems (lamina, lamina set, bed, bedset, parasequence and so 

on). Pseudofunctions are generated at each scale (for example laminaset pseudos) and are 

then included into models at the next scale (for example bedform pseudos), and so on until 

the full-field model is built. Figure 5 is a conceptual picture of the geopseudo workflow. 

 

Figure 5 - Geopseudo Approach workflow used in this thesis. 

Small scale lamination tends to create strong capillary forces, which in turn affect reservoir 

performance. Geopseudos helps in effectively capturing the effect of these laminations. 

Hence it is pertinent to be able to build a robust model capable of predicting oil and gas 

production from petroleum reservoirs. 
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Capillary pressure normally is defined as the pressure in the non-wetting phase minus the 

pressure in the wetting phase at the same location. However in immiscible displacement 

process, it is defined as the displacing phase pressure minus the displaced phase pressure. 

Capillary pressure has been shown to have a large influence on (1) the fraction of fluid 

flowing in an immiscible displacement and (2) the initial fluid distribution within a 

reservoir (Collins, 1990). 

 

k
CSP ec
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                                                                                                        (1.2) 

 

1.3.2 Incorporating pressure dependent permeability and rock 

compaction 

Compaction is a very important factor in diatomite production performance. In their study, 

Chase and Dietrich (1989) observed the following behavior with respect to compaction in 

the Belridge Diatomite. 

1. Compaction energy accelerates production during depletion of a reservoir 

 

2. The presence of rebound during water-drive is detrimental to production because 

injection energy is spent expanding the compacted reservoir 

 

 

3. The use of compaction coefficients that are functions of effective stress permits 

modeling of the effects of position-dependent overburden stress, as in dipping 

reservoirs 

 

4. Compaction within a given stratum may occur earlier and can be more pronounced 

in deeper portions of a dipping reservoir 

The majority of the production from the Lost Hills Field is from the Lost Hills Diatomite 

reservoir, where the drive mechanisms are fluid expansion and reservoir compaction 

(Wallace, et al., 1993). In California, surface subsidence due to fluid withdrawal has 

occurred in both oil producing and ground water pumping operations. Low compressive 
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strengths, thick productive intervals and rapid development, are all factors leading to 

compaction in diatomite reservoirs and accompanying well failure. 

When the pore pressure inside the reservoir decreases, the effective normal stress decreases 

locally and the permeability also decreases. An increase in pore pressure will cause a 

corresponding decrease in stresses. This decrease in effective stress causes an exponential 

increase in permeability up to the maximum value (Rice, 1992). The reverse statement is 

also true. This relationship has been neglected/ not accounted for in most diatomite 

reservoir simulation models. Hence, the difficulty in matching past historic production and 

also predicting future production from diatomite reservoirs. This work plans to investigate 

this. 

In this research, we will pay particular attention to the change of permeability with 

corresponding change in rock stresses. Rice (1992) noted that when the pore pressure 

decreases, the effective normal stress increases locally and this results in permeability 

reduction. 








 


*
exp



 fn

o

P
kk

                                                                                                (1.3) 

Where ko is the permeability at zero effective normal stress σn, and σ* is the characteristic 

stress of the formation.  

1.4 Thesis Outline 

 

In Chapter 2, the field history of the Belridge Diatomite reservoir will be reviewed. The 

geology, production mechanism, reservoir compaction and waterflooding of the Lost Hills 

Field will be discussed in details. The petrophysical properties of the Belridge Diatomite 

will also be reviewed, discussing in particular how these different parameters drive 

production. 

Chapter 3 looks at the different types of upscaling and pseudo functions associated with 

them. 

In Chapter 4, the geopseudo approach will be discussed and how it helps in better 

characterizing the reservoir for modeling purposes. A review of heterogeneity and the 

different measures of heterogeneity in the field will be discussed. Also, the importance and 

challenges of building computer models which represent small-scale structure will be 
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highlighted. These sub-meter scale heterogeneities have important implications from core 

to simulator models. A comparative analysis is done between a model built using the 

geopseudo approach and a model built not using this approach. 

Chapter 5, describes a parametric study and sensitivity analysis which analyzed the effects 

of various parameters on production performance. Cases investigated included well 

spacing, natural fracture permeability, natural fracture spacing, natural fracture porosity 

and compaction. For each case investigated, a family of plots is presented to quantify the 

impact of these properties on production rate. Furthermore, a history matching exercise was 

performed to analyze how well our model aligns with the observed production data.  

Thesis conclusions and further work are discussed in Chapter 6.  

We point out that (confidential) field data was available only for a limited time of this PhD 

thesis. Hence publicly data was also acquired from California Department of Oil and Gas. 
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CHAPTER 2 

Geology and Field 

Overview 

 2.1 Geological Overview 

The Lost Hills Field (Figure 1) is located along the western area of the San Joaquin Basin, 

approximately 45 miles northwest of Bakersfield, California. The producing structure 

shown is an asymmetric anticline that is 8 miles long and 1 mile wide, and it is 25 miles 

east of the San Andreas Fault (Minner et al., 2002). It is oriented nearly parallel to the trend 

of the San Andreas Fault and approximately perpendicular to the direction of regional 

compression (Wallace et al., 1993).  

In the late Miocene (5-10 million years ago), the San Joaquin Valley was a marine basin 

with a similar environment to today’s California coastal areas. Climatic conditions were 

very favorable to the proliferation of marine plankton or diatoms. Diatoms are unicellular 

organisms, microscopic in size (10-80 µm), which form an amorphous silica (Opal-A) 

frustule or skeleton derived from dissolved silica. Over time, the diatoms settled on the 

marine basin floor and formed thick beds of diatomite commonly interbedded with thin 

layers of fine grained sand, silt or clay (Figure 6). The frustules form thick deposits at the 

bottom of the seafloor. The proximity of these areas to the paleo-shoreline and variations 

in the timing and rate of clastic input have controlled the proportion of diatomite to detrital 

minerals (Fast et al., 1993). The diatomite may be naturally fractured, but not extensively 

and generally requires massive hydraulic fracture stimulation to support economic oil 

production.   
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Figure 6 – Diatomite deposition courtesy Mike Morea, Chevron Corporation. 

There are six key formations in the Lost Hills Field (Figure 7). 

The shallow Tulare Formation contains sands and gravel; the San Joaquin Formation and 

Etchegoin Formation contains siltstones, shales and thin sand strings; the upper Reef Ridge 

Formation contains the Belridge Diatomite; the lower Reef Ridge and Mclure Formation 

contain siliceous shales (Bruno et al., 1992). Each formation with be discussed in more 

detail next. 
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Figure 7– Lost Hills Stratigraphic column, courtesy of Mike Morea, Chevron Corporation. 

2.1.1 Tulare Formation Sands 

The sediments of the Tulare Formation include thin-bedded clay, silt, fine-grained 

sandstone, and limestone which are interpreted as lacustrine deposits, and cross-bedded silt 

and pebbly sandstone and conglomerate that are interpreted as fluvial deposits. This 

commingled depositional environment yields a high proportion of shale barriers, with 

lateral continuity of the sands rarely greater than 500 feet. The Tulare Formation sands tend 

to be finer grained than the Etchegoin Formation, but possess similar permeabilities and 

porosities. Rock properties from routine core analysis show that the higher quality sands 

have oil saturation (12 degree API) of about 60%, porosity of 38%, and permeability of 

about 5 md. 
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2.1.2 San Joaquin Formation Siltstone 

The Pliocene San Joaquin Formation siltstone is a member of the Etchegoin Group, which 

records a regressive sequence of clastic dominated sediments. The San Joaquin Formation 

is composed of a basal conglomerate member and overlying undifferentiated sandstone, 

siltstone, and claystone. The lithologies overlying the conglomerate member are 

predominantly silty, including laminated gray and rust-brown claystone, siltstone, and very 

fine-grained sandstone. The San Joaquin Formation in Lost Hills varies in thickness from 

about 600 feet at the anticlinal crest to zero thickness along most of the flanks. 

The San Joaquin Formation can be classified as a gray diatomaceous feldspathic siltstone. 

The components are: 30% clay minerals, 50% silt-sized framework minerals, 5% biogenic 

silica, 7% siderite and dolomite, and 4% organics. The framework minerals are 

predominantly plagioclase feldspar grains (90%), with minor amounts of quartz (5%), 

micas (3%), and lithic fragments (2%). The clay matrix is predominated by smectite (15%), 

with lesser amounts of illite (7%) and kaolinite (7%). The rock porosity varies from 40 to 

50%. 

2.1.3 Lower Reef Ridge and Mclure Formation Shales 

The Lower Reef Ridge and Mclure Formation are characterized by abundant porcellanites 

and siliceous shales, with silica occurring as diagenetic opal-CT and quartz. The top of the 

Mclure Formation marks the end of the predominantly biogenic sedimentation due to 

encroachment of basin clastics (Graham and Williams 1995). The gray-brown 

porcellaneous interval (Antelope Unit) is comprised of porcellanite or porcellaneous shale 

and mudstone that is blocky in bedding, brittle and well-indurated. This interval contains 

the phase transition (see Section 2.1.4) from Opal-A to Opal-CT. The rock is generally hard 

and denser than diatomite. The siliceous shale interval may be comprised of approximately 

50% clay minerals and 50% diagenetic and detrital quartz. The siliceous shale interval 

(McDonald Unit) is less brittle, generally thinly-bedded and often fissile. Opal-CT 

comprises approximately 90% of the rock, with diatom frustules rarely recognizable. Other 

mineral components are feldspars, pyrite, siderite, mica, quartz, and calcite. 

The thickness of the McLure Formation in the Lost Hills field is approximately 220 feet of 

the Antelope Unit and 180 feet of the McDonald Unit.  The porosity averages 

approximately 38%, and permeability of less than 1.0 md. Matrix permeability and porosity 

are reduced significantly from the opal-A to the quartz. Limited reservoir production is 

facilitated by natural and induced fractures. 
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2.1.4 Belridge Diatomite 

The Lost Hills Diatomite Reservoir consists of varying proportions of biogenic silica 

(diatoms), sand, silt and clay with compositional variations that do have a significant effect 

on reservoir rock properties (Bruno et al., 1992). The top of the reservoir is bounded by 

layers of siltstone, sandstone and mudstone. The base is formed by a mineralogical phase 

change that is dependent on temperature that is the mineralogy changes from Opal-A 

diatomite to Opal-CT chert and porcellanite (Figure 8). 

During burial, diatomaceous silica, deposited as metastable opal-A (Eichhbul, and Behl, 

2012) undergoes two stages of dissolution and re-precipitation via metastable opal-CT to 

stable quartz. Inferred temperatures of transformation in siliceous mudstone are 45 – 50 oC 

and 65 – 80oC for opal-A to opal-CT and opal-CT to quartz respectively. Organic matter, 

which makes up as much as 34% in some mudstones (Isaacs, 1987), undergoes diagenesis 

and catagenesis, with catagenesis beginning at burial temperatures as low as 60oC. These 

phase changes creates dramatic changes to the properties of the rock with resulting decrease 

in permeability and porosity, and increases in density and brittleness. 
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Figure 8 – Diatomite Diagenesis (Opal-A to Opal CT to Quartz). Courtesy Chevron 

Corporation 

The Belridge Diatomite is the uppermost unit of the late Miocene to early Pliocene Reef 

Shale Member of the Monterey Formation and is unconformably overlain by the middle 

Pliocene Etchegoin Group. The Reef Ridge Shale conformably overlays the Antelope and 

McDonald Units of the McLure Member of the Monterey Formation (Graham and 

Williams, 1985). The biogenic silica of Reef Ridge shale is of  opal-A composition and the 

McLure Member is opal-CT (crystobalite-tridymite) to quartz in composition. The Reef 

Ridge Shale records basin filling and shallowing, with encroachment of siliciclastic 

depositional systems. It consists largely of siliceous shales and clay shales, becoming less 

siliceous and sandier upward. 

The major producing interval at Lost Hills Field is the opal-A Belridge Diatomite. As was 

explained earlier, pressure and temperature dependent mineralogical phase change from 

opal-A to CT occurs at the crestal depth of about 2100 feet and generally limits matrix 

controlled production to depths shallower than this. Within this phase change spectrum 

from opal-A through quartz, there occurs a porosity decline from about 65 to 35 percent 
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and a density increase from about 1.5 gm/cc to 2.65 gm/cc. The Belridge Diatomite 

compositionally consists of sub-equal amounts of sand and silt, clays and biogenic silica. 

The diatomite reservoir has a thickness that ranges from 600 to 1000 feet, has an average 

porosity of 50% with permeability that ranges from 0.1 md to 5 md. The diatomite reservoir 

is overlain by 200 to 400 feet of sands and shales of the the Tulare formation (see Figure 

9). 

 

Figure 9 – Geological cross section 

 The depositional environment generated a reservoir with distinct layers. The silica in these 

layers comes in the form ‘pill-shaped’ diatoms embedded in their own skeletal fragments 

which were mostly broken but only partially compacted during burial and tectonic activity 

(Strickland 1985). This has generated an unusually porous rock with low Young’s Modulus 

of 200,000psi, which is significantly different to a typical sandstone with porosities around 

25 % and a Young’s Modulus of about a million psi. This combination of large thickness 

and low modulus results in substantial compaction of the diatomite during fluid depletion; 

this compaction is believed to be the primary cause of surface subsidence and well failures 

to date. 
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2.1.5 Crude Oil Properties 

The diatomite reservoir produces oil with API gravity that ranges from 18° to 34°. It is 

pertinent to note that the API gravity changes as you move from the South to the North of 

the field. This is due to two things.  

1. Burial depth at time of deposition. The reservoir is deposited at a deeper depth in 

the south than in the northern part of the field, i.e. the crude in the southern part of the field 

is light, while the crude in the northern part gets heavier (Figure 10).   

2. Thermal maturity.  

 

Figure 10 - Map showing oil gravity variation for the crude oils produced at Lost Hills 

Field. The reason for this change in oil quality is due to burial depth and thermal maturity. 

Note that the numbers inside the map are the lease names. 

Also, there seems to be a correlation between API gravity and depth. The deeper the 

reservoir the lighter the crude (API greater than 25). Wells in the south contains lighter 

crude. Figures 11 shows the correlation between API gravity and depth. 
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The diatomite contains huge pore spaces but very small permeability. It has a very low 

poisson’s ratio, this explains why it is a very fraccable reservoir. One drawback about this 

reservoir is the fact that it is very compressible. This has several ramifications with respect 

to well performance and loosing wellbores due to subsidence.  Table 1 provides an 

overview of the rock and fluid properties.  

Table 1 – Average Rock and Fluid Properties 

Parameter Value 

Porosity (%) 50 

Liquid permeability, (md) 0.1 – 5 

Average Formation Depth, (feet) 1900 

Interval Thickness, (feet) 600 – 1000 

Oil Gravity, ( oAPI) 18 – 34 

Oil Viscosity, (cp) 4 – 40 

Fracture Gradient, (psi/feet) 0.5 – 0.8 

Fracture Orientation Azimuth N55oE 

Poisson’s Ratio 0.15 – 0.24 

Young’s Modulus, (psi) 200,000 

Compressibility (10-6/psi) 20 – 100 

 

 

 

 

 

 

 

 

. 
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Figure 11– Highlighting the varying API gravity in Central/North Lost Hills. The  triangles 

represent samples from wells in the northern part of the field, the square shapes represent 

samples from wells in the south. All others are samples from the central area of the field. 

2.2 SEM Analysis 

Pore-level studies were conducted on some samples from the same rock block to explain 

the reason for the low permeability in diatomite and to have an insight into the fabric of the 

rock. 

From SEM images, the semi-unaltered nature of the diatoms is very obvious. Whole and 

nearly whole diatoms were embedded in a matrix of crushed and broken fragments. Regions 

of the rock that could be acting as pore bodies, range in size from 50 µm to 10 µm. The 

features that could be acting as pore throats in Figures 12 and 13 have size in the range of 

5 µm. These features are very regular, perhaps owing to the organic origin of the rock ( 

Bhat and Kovscek, 1998). 
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The presence of authigenic replacement forms, indicated some previous minor chemical 

diagenesis. As indicated in the earlier paragraph, for the most part there are not many 

complete intact diatoms. Hence there was a presence of broken diatoms remains. It was 

also observed that the flow paths contain the debris of broken diatomites. This is another 

reason for low permeability of diatomite. 

 

Figure 12– SEM photomicrograph showing diatom fragments and frustules. Note the open 

pores and pore body. (Courtesy of Jim Buckman - Heriot Watt University) 
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Figure 13 – SEM image showing the development of intra-diatom porosity and small pore 

throats (Courtesy of Jim Buckman, Heriot Watt University). 
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2.3 Primary Field Development 

Until the late 1970s, reserves from the Lost Hills Diatomite were developed primarily 

utilizing slotted liner completion techniques. Seventy percent of the wells drilled were 

completed from the "C" through "K" markers of the Belridge Diatomite (Figure 6) on five 

or ten acre well spacing. The remaining wells were completed in varying depths of the 

upper diatomite. The slotted liner completions were effective in depleting the more 

permeable sections of the reservoir. However, as pressure declined in the upper diatomite, 

continued development could not be justified. This left much of the reservoir with its very 

low permeability (less than 0.1 mD) only partially depleted. Figure 14 shows the 

development history of the field. 

 

 

 

Figure 14 – Lost Hills Belridge Diatomite development history. Note that 29N, 30US, 29 

South, 32 US are names of leases. Central WF includes Sections 33, 5, 4 and 3. SLH are 

all the leases in the southern part of the field 

 

During the 1970’s, as the use of slotted liner completions diminished, hydraulic fracture 

testing began in the diatomite. Fracturing proved to be a viable stimulation method for 

improving recovery and accelerating production, and became a standard practice for 

completions.  
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2.3.1 Hydraulic Fracturing 

A successful massive hydraulic fracturing program, initiated in the mid-1980s, spurred new 

activity in the field (Wallace et al., 1993). This program primarily targeted the Lost Hills 

field "D" through "K" markers of the Belridge Diatomite, and the deeper McDonald Chert 

pool.  Fracturing in the Lost Hills Diatomite became more successful for Chevron when 

treatment designs were dramatically changed in 1987.  Figure 15 is a plot comparing 

production volumes from fractured and unfractured Belrige Diatomite wells. Sand volumes 

and injection rates were increased for wider and more conductive fractures, while gel 

loadings were lowered to reduce gel residue. Treatment intervals were also reduced for 

better coverage of the perforated interval. The 600 to 800 feet of Belridge Diatomite is 

usually processed with two or three hydraulic fracture treatments. 

 

 

 

 

Figure 15 – Production performance for fractured vs non-fractured wells in the Belridge 

Diatomite (Wallace and Pugh, 1993) 
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2.3.2 Waterflood, Pattern Development  

Primarily in response to significant subsidence and associated high wellbore failure rate 

(due to differential lateral compaction), a waterflood was implemented in the central 

portion of the field by drilling an injector in the center of each 2 ½ acre pattern. 

Waterflooding began in the early 1990’s to mitigate against subsidence and improve 

recovery. The increase in production noticed due to waterflooding, led to a 2 ½ well acre 

spacing development initiative in 1997. The well spacing was further reduced to 1 ¼ acre 

spacing until it was completed in 2004. Other well spacing configurations were also tried 

out, for example 5/8th of acre spacing, but the result from this configuration was not 

encouraging. 

The significant variation in reservoir properties, combined with production and waterflood 

operations, has resulted in large variations in pore pressure, both vertically across the 

diatomite column and from well to well. Due to this disparity in pressure and recovery 

across the field, waterflooding is therefore required to minimize compaction induced well 

failures, and to increase long-term recovery to double digit percentage range that is 

unachievable under primary production. 

In 1999, nine 1 ¼ acre line drive patterns were piloted to test the feasibility of changing the 

pattern size to increase oil recovery. Due to the success of this pilot, 30 additional 1 ¼ acre 

patterns were implemented in 2002. Sixteen 5/8 acre staggered line drive patterns were 

completed in 2001 to investigate the ability to recover additional reserves by reducing the 

pattern size even further. 

In 2001 the waterflood program was extended to the central part of the Lost Hills field. Of 

the 30 producers, 10 were 1 ¼ acre (producer spacing) infill development wells, 12 were 

part of the 5/8 acre pilot, and 8 were drilled to replace wells with compaction-related casing 

failure.  

Most of the producers were completed with 5 fracture stages with the first stage in the 

Brown Shale, three stages in the waterflood interval (Belridge diatomite F-L markers), and 

a stage in the C-E siltstones above. Each fracture stage targeted a formation interval of 

about 200 feet. The general design involved shooting 18 holes in 4 clusters spaced 60 feet-

70 feet apart, resulting in a design perforation drop of about 500 psi at 40 barrels per minute. 

Note that the goal of the multiple cluster strategy was to create an independent fracture at 
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each perforation cluster, because cluster linkup can allow an undesirable formation interval 

(with preferential fracture growth properties) to dominate fracture growth. 

Waterflood project oil production from the Belridge Diatomite reservoir is approximately 

10,000 BOPD and has been that for a while. The majority of the 520 acre waterflood area 

is developed on 2 ½ acre staggered line drive. Injection has been confined to the intervals 

from the F point to the K point (Figure 7). Typically, a single completion is used to inject 

water across the entire ~700 feet thick waterflooded diatomite column, with injection 

pressure based on a gradient of 0.8 psi/ft at the uppermost perforation. Although the initial 

goal of the waterflood was to reduce subsidence and wellbore failure rate, it will also 

increase long term recovery above the <10% achievable from primary production. 

2.3.3 Horizontal Well Technology History 

Horizontal well technology provides the opportunity to add production and reserves that 

are currently uneconomic to recover using conventional methods. A first pass estimate of 

the OOIP outside the core of the field (horizontal well target) indicates that there could be 

between 300 – 600 MM bbls in the flank areas of the field. However, it is pertinent to say 

that while the OOIP appears to be large, the diatomite has been historically very difficult 

to produce. 

In Lost Hills Field, 4 horizontal wells were drilled and hydraulically fractured between 

1996 and 1998 to develop reserves along the flanks of the Belridge Diatomite reservoir. 

Three of the wells were drilled in Opal-A portion of the reservoir. These wells had lateral 

lengths ranging from 1350-2400 feet, and were drilled transverse (or perpendicular) to the 

fracture azimuth of the field (N55E) without any water support. 

In 2007, 2 additional horizontal producers were drilled and they were supported with 12 

vertical injectors for the sole purpose of learning. Four additional horizontal producers were 

drilled in 2008. 

The results from these horizontal wells have not been encouraging. This study will evaluate 

the reasons for poor performance and will recommend solutions to increase recovery and 

performance prediction. 
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2.4 Reservoir Compaction and Surface Subsidence 

In California, surface subsidence (Figure 16) due to fluid withdrawal has occurred in both 

oil producing and ground water pumping operations. Low compressive strengths, thick 

productive intervals and rapid development, have been identified as factors that lead to 

compaction in diatomite reservoirs and the well failure risk associated with compaction. 

Repressurization of the reservoir through waterflooding has proven to be an effective 

method of mitigating against subsidence. 

 

Figure 16- Elevated wellhead due to subsidence (Courtesy Keith Hejl and Jeff Geschwenter 

, Chevron North America) 

Primary development of the diatomite has been in rapid progress since successful hydraulic 

fracturing methods were first used during 1976. Operators of these tightly drilled leases 

have experienced more than 100 well-casing failures yearly; these failures result in a 

permanent loss of the wells and are occurring at accelerating rates. 
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Diatomite in the reservoir compacts as the effective stresses supported by the rock frame 

increase due to depletion (De Rouffignac et al., 1995). The three principal mechanisms 

involved are: 1) the elastic deformation of the grains which constitute the rock frame, 2) 

the shear deformation caused by unequal horizontal and vertical stresses, and 3) the 

breakage of the frame itself (pore collapse) which leads to volumetric reduction even under 

hydrostatic stress conditions (and is only significant in relatively weak rocks like diatomite 

or chalks). 

The first mechanism described above is reversible and can be readily understood based on 

elastic theory. Shear failure and pore collapse are irreversible mechanisms that can be 

quantified by a plastic formulation (Chen et al., 1985). 

Surface elevation measurements indicate that surface subsidence is taking place as fluid is 

withdrawn from wells on these leases. It was assumed in the 1990’s, that in the absence of 

any direct subsurface displacement measurements, an inference can be made that the 

petroleum reservoirs are compacting as the hydrocarbon fluids are withdrawn, thereby 

setting up stresses that cause mechanical failure of wellbores. 

In the late 1980’s, it became apparent that production from the tightly spaced (as low as 

0.42 acre) development of these highly compressible, low permeability reservoirs resulted 

in compaction and surface subsidence. Since 1985, well casings damage due to shear failure 

associated with subsidence caused the loss of more than 100 wells. These circumstances 

brought about the recognition that pressure support would be required to reduce subsidence 

and well failure and allow economic reserve development to continue. 

Subsidence adds another degree of complexity to managing waterflood. Compared to the 

ground sinking, controlling water breakthrough with the wells only 100 feet apart seems 

almost simple. Some areas of the field have subsided over 10 feet since 1989 creating 

numerous mechanical wellbore failures. As a result, subsidence-related data have also been 

captured to monitor and predict well failures due to mechanical damage. Due to the huge 

financial losses incurred due to subsidence, it will be pertinent to also understand how this 

phenomenon impacts well performance. 

The weight of sediments overlaying a producing formation is supported by the rock matrix 

and also by the fluid pressure in the rock pores. When the reservoir fluid pressure is 

depleted, more of the load is transferred to the rock matrix and the formation volume 

compacts. The primary control on this formation compaction is therefore influenced by the 
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material pore volume compressibility Cp and bulk compressibility Cb, defined as the change 

in pore volume Vp and bulk volume Vb with respect to pore pressure Pp at constant 

confining pressure: 
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While in theory, the pore and bulk volume compressibilities are physically well defined 

and may be related to other compressibility measures and elastic constants, in fact, 

diatomite deforms inelastically at almost all stress levels and reported compressibility 

values are simply empirical measures of volume change subject to some laboratory stress 

conditions. A common practice is to assume an effective stress law is valid and to measure 

compressibility with respect to changes in confining pressures under fully drained 

conditions. 

Surface subsidence measurements can be used to estimate reservoir compaction. If the 

reservoir is assumed to be roughly disked shaped, with average radius, ra, thickness= h, and 

burial depth, D, at the top of the formation, a simplified analytical solution for maximum 

surface subsidence can be expressed as; 
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Where Poisson’s ratio, v, relates the horizontal expansion to the vertical load, Cm=uniaxial 

compaction coefficient of the material and ∆P=change in reservoir pressure. 

Knowing that reservoir compaction, ∆h, can be expressed as: 
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With the relationship of Cb to Cm expressed as: 
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For this research, we will pay particular attention to the change of permeability with 

corresponding change in rock stresses. Rice (1992), noted that when the pore pressure 

decreases, the effective normal stress increases locally and this results in permeability 

reduction. Figure 17 shows the effect of compaction on permeability. 

Wallace et al. noted (1993) that compaction is the dominant source of energy during 

primary production. And also that primary depletion causes compaction, permeability 

damage, subsidence and well failure. 

 

Figure 17– The effect of compaction on permeability. Plots were made using the Rice’s 

equation in chapter 1. 

2.5 Well Damage and Failure 

The distinction between a damaged and a failed well may depend on its intended use. The 

failure rate increases at the onset of the waterflood phases when damaged but functioning 

producers cannot be converted to injectors. Such a transition period coincided with 

conversion of water injectors from single to dual string. 
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2.5.1 Mechanism for Well Failure 

Various mechanisms for casing damage are recognized (Figure 18), including compression, 

tension, and shear (Fredrich et al., 2000). Compressional failures can occur within the 

producing interval due to large vertical strains associated with compaction. Tensile failures 

can result when material outside of the compacting zone provides vertical support to 

material above compacting zone (arching). Shear failures can be induced by horizontal 

displacements along the flanks of the subsidence bowl or by localized slip along weak 

bedding planes or reactivated faults in the overburden above the reservoir. In the Belridge 

Field, compressional failures at depths as great as 1,800 ft have been observed. However, 

field observations of casing deformations in the overburden suggest a dominant shear 

mechanism. 

 

Figure 18– Well damage mechanism in the diatomite. Note that shearing and compression 

leads to buckling of the casing and tubular goods downhole (Courtesy Chevron Corporation 

2005). 
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2.5.2 Observed Damage 

In the early 1990’s, it was observed that a significant fraction of the wells had suffered 

damage to their casing and occasionally their tubing. As the implementation of the 

waterflood expanded to other areas in the field, it was realized that the damage was 

widespread and extended to both the crest and the edges of the diatomite anticline. 

The type and depth of damage are detected or inferred using impression blocks, scrapers, 

borehole televiewers and, in some instances video cameras. Damage is concentrated at the 

interface between the diatomite reservoir and overburden and at a second interface in the 

overburden. Field observations of sheared wells indicate that lateral offsets of up to 1 ft. 

can occur over very short vertical distances (approximately 10 ft.). 

 The damage is classified into three categories: dogleg, parted casing and buckling of the 

casing. Often, two or even all types of damage are observed in the same well at different 

depths accompanied by holes in the casing; very frequently a parted casing is the result of 

a severe dogleg at the same depth. According to workover reports pre-2000, approximately 

70% of all the wells exhibited some degree of casing damage. Of the damaged wells, 

approximately 44% suffer from dogleg and /or parted casing, 21% had only parted casing, 

10% showed signs of buckling and the rest are undetermined. The observed percentage of 

buckled casing may be low since buckling tends to occur at lower depths that may be 

inaccessible due to dogleg constriction further up the well (De Rouffignac et al., 1995). 

The depth(s) of damage vary among wells but the dogleg/parted casing(s) appear to be 

concentrated in two depth horizons coinciding with interfaces between layers of drastically 

different elastoplastic properties: 

a) Upper-Lower Tulare at approximately 380 feet and  

b) Lower Tulare-Diatomite at about 750 feet of depth. 

 

Buckling of the casing is usually observed at lower depths in the middle of the diatomite. 
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CHAPTER 3 

Pseudo Functions and 

Upscaling 
Geological modeling and flow simulation of hydrocarbon reservoirs are often used to 

predict variables such as initial fluid volumes as well as recovery rates and factors (Di 

Pierro et al., 2003). Hydrocarbon recovery rates determine the economic value of an oil 

prospect or field, while diagnostic parameters such as water cut and gas-oil ratio determine 

the capital and operating expense of the field. 

Reservoir modeling is the construction of a computer model of a hydrocarbon reservoir. A 

finite difference model represents the physical space of the reservoir by an array of discrete 

cells, delineated by a grid which may be regular or irregular (Tyson, 2007).  Reservoir 

simulation is the systematic use of these models to predict flow of fluids in a porous media. 

Values of properties such as porosity, permeability and water saturation are associated with 

each cell. 

Oil and gas reservoir modeling involves two broad classes of data: static (for example, core, 

well logs, and seismic interpretation) and dynamic (pressure and fluid production observed 

at wells). Integration of dynamic data together with static data enhances the quality of the 

reservoir models generated and provides the reservoir. Modeling requires the measurement 

or estimation of a number of parameters such as porosity and permeability, which are most 

times considered to be static. Reservoir simulations require a large amount of input data, 

including but not limited to relative permeability, capillary pressure data, as well as fluid 

properties such as viscosity and density. The challenge posed by the static parameters, is 

that they are often measured in wells and are constrained volumetrically using geological 

and stochastic modeling processes. Dynamic flow properties can be determined from fluid 

and rock samples that are taken from wells or by methods such as inversion (for example 

history matching).  
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3.1 Capillary Pressure-Saturation Relationship 

The displacement of one fluid by another in the pores of a porous medium is either aided 

or opposed by the surface forces of capillary pressure. Denoting the pressure in the wetting 

fluid by pw and that in the non-wetting by pnw, we have 

)( wcwnw Sppp                                                                                                         (3.1) 

That is, the pressure excess in the non-wetting fluid is the capillary pressure and this 

quantity is a function of saturation. This is the defining equation for capillary pressure in a 

porous medium (Collins, 1990).  

In the previous discussion on methods of determining capillary pressure curves, it was 

stated in each case that the sample was to be initially saturated with either wetting or non-

wetting fluid. However, the capillary pressure-saturation curves obtained for the two initial 

states are not the same. This phenomenon is called capillary hysteresis. The two capillary 

pressure-saturation curves have been given specific names. The curve obtained beginning 

with the sample saturated with the wetting fluid is called the drainage curve, and that 

beginning with the sample saturated with the non-wetting fluid is called the imbibition 

curve. 

This difference in the saturating and desaturating capillary-pressure curves is closely 

related to the fact that the advancing and receding contact angles of fluid interfaces on 

solids are different (Collins, 1990). Furthermore, it frequently happens, particularly with 

natural crude oil-brine systems, that the contact angle, or wettability may change with time. 

Thus, if a rock sample, which has been thoroughly cleaned with volatile solvents is exposed 

to crude oil for a period of time, it will behave as though it were oil. This is due to a 

phenomenon called ageing. But if, after cleaning, it is exposed to brine, it will appear water 

wet. Another mechanism which has been proposed to account for capillary hysteresis is the 

so-called “ink bottle” effect. This phenomenon can easily be observed in a capillary tube 

having variations in radius along its length (Collins, 1990). 

There are different ways to measure capillary pressure in the laboratory. Figures 19A – C 

shows different capillary pressure versus saturation profile for both drainage and imbibition 

for the target Lost Hills reservoir. 
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Figure 19A – Capillary pressure v saturation for primary drainage. The cores were collected 

from a depth of 1450 to 1850 feet. Note how the drainage curve for the depth of 1450 has 

the higher entry pressure than the 1577 and 1847 feet cores. This may be an indication of 

variability of permeability. 
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Figure 19B – Capillary pressure v saturation for secondary drainage. The cores were 

collected from a depth of 1450 to 1850 feet. Note how the drainage curve for the depth of 

1450 still has the highest inlet pressure than the 1577 feet and 1847 feet cores.  
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Figure 19C – Capillary pressure v saturation for primary imbibition. Note that the capillary 

pressure is negative, because it is forced imbibition. 
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3.2 The Leverett J-Function 

The fact that the capillary pressure-saturation curves of nearly all naturally porous materials 

have many features in common has led to attempt to devise some general equation 

describing all curves (Leverett, 1941). Leverett approached the problem from the 

standpoint of dimensional analysis. 

Leverett reasoned that capillary pressure should depend on the porosity, the interfacial 

tension and on some sort of mean pore radius. He defined the dimensionless function of 

saturation which he called the j-function as: 

 



KP
SJ C

w

12

)(                                                                                                          (3.2) 

In doing so, Leverett interpreted the ratio of permeability to porosity, as being proportional 

to the square of a mean pore radius. This dimensionless capillary pressure function serves 

quite well in many cases (although the theory is not necessarily applicable to carbonate 

reservoirs it may hold in intergranular porosity) to remove discrepancies in the Pc versus 

Sw curves and reduce them to a common curve. J-functions are often used to identify rock-

types in terms of SCAL. This is shown for unconsolidated sands in Figure 20. 
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Figure 20 – The Leverett j-function for unconsolidated sands (After Leverett 1941). Note 

that capillary pressure is on the y - axis 
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3.3 Upscaling 

There are several ways of upscaling, such as dynamic and steady state modelling for 

upscaling high resolution geocellular models for flow simulation.  

3.4 Dynamic Upscaling 

Simulation of large, complex reservoirs requires an enormous number of computational 

grids. The use of pseudo relative permeabilities and capillary pressures is one of the 

multiple ways of decreasing grid dimensions to a more reasonable level with very little loss 

of simulation accuracy (Stone 1991). 

Dynamic upscaling gives an engineer the ability to model the time varying behavior of a 

system. Dynamic modeling may involve the creation of pseudo relative permeability 

curves. The role of pseudo relative permeabilities is determining the output flow rate of 

each phase from each grid block (Thibeau, and Barker,1997). 

Pseudo techniques can be divided into two categories: vertical and dynamic equilibrium. 

Coats, et al proposed vertical equilibrium pseudos for reservoirs in which vertical 

segregation is rapid relative to the horizontal flooding rate (that is low viscous-gravity 

ratio). Given this situation, the vertical distribution of fluids in the reservoir at all locations 

and times is determined by static equilibrium between gravity and capillary forces. It is 

pertinent to note that vertical equilibrium theory is of limited applicability. 

Dynamic pseudos are used in reservoirs with flood rates that are too high for vertical 

equilibrium pseudos to be used, and unlike vertical equilibrium pseudos, they are a function 

of flow rate. Dynamic pseudos are used in coarsely gridded model of the reservoir, but are 

obtained from a finely gridded simulation model of an idealized model of all or part of the 

reservoir. For instance, a typical pattern or cross-section may be used. At times it may be 

necessary to use several models to represent parts of the field which have different reservoir 

properties or initial conditions.  Each idealized models is broken down into coarse grid 

blocks, and then these coarse blocks are subdivided into a number of smaller blocks to form 

a fine grid system. A simulation is made using the fine grid system, and then pseudo 

functions are obtained by averaging the corresponding functions in the fine grid blocks 

contained within each coarse grid block. This averaging can be done by matching the 

average oil, gas and waterflows and saturations throughout the fine grid model to those in 

the coarse model. The resulting pseudos are then validated by using them in a simulation 

of the corresponding coarse grid idealized model, and comparing the results to those of the 

fine grid idealized model. 
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3.5 Properties of Pseudo Functions 

The saturation of any grid block in the reservoir uniquely determines its rock relative 

permeabilities and capillary pressures. The dynamic pseudo relative permeability of a 

coarse grid block is not determined by the saturation of the coarse grid block, this is because 

the relative permeability is an average of the individual fine grid block saturation located 

within its coarse grid block. Hence, when pseudos are generated as a function of the 

corresponding average saturations, the pseudo function is only applicable to the coarse grid 

block for which it was generated and more to the saturation history of the fine grid blocks 

which comprise it. Using different histories will yield different pseudo functions. 

The implied fine grid saturation in each coarse grid block must match those in the coarse 

grid block of the idealized model from which the pseudo data were generated. 

3.6 Methods of Calculating Dynamic Pseudos 

There are several methods in the literature for direct calculation of dynamic pseudos. These 

methods are; 

1. Transmissibility weighted dynamic pseudos 

2. The Kyte and Berry Method 

3. The Stone Method 

4. The Hewett and Archer Method 

3.6.1 The Transmissibility weighted method 

This method assumes that a two-dimensional cross-sectional model of a reservoir can be 

simulated using a fine grid in the vertical dimension and the resulting data used to generate 

pseudo functions to be used in a single layer two-dimensional areal model. 

 

To generate the pseudos for the cross-sectional model, the equation below is applied to the 

vertical stack of fine grid blocks at a number of times; 

 

Coarse grid flow = Sum of fine grid flows 
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                                                                                                             (3.6.1.1) 

Substituting for Darcy’s Law into this equation 
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                                                        (3.6.1.2) 

Where Tx is the grid block transmissibility in the x-direction, Φ is the flow potential, µ is 

the viscosity. 

The coarse grid transmissibility is calculated by: 
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This method assumes the same weighting factor for both of the fluid phases. 

 

3.6.2 Kyte and Berry’s Method 

The Kyte and Berry method is different from the transmissibility weighted method in two 

ways. First, the method attempts to overcome the assumption of equal potential differences 

in both fine and coarse grid layers by estimating coarse grid pressures from fine grid 

pressures and using these numbers to calculate the coarse grid potential differences (Kyte 

and Berry, 1974). These potential differences are then used to calculate pseudo relative 

permeability from Darcy’s Law: 
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                                                                              (3.6.2.1) 

Where Tx is the grid block transmissibility in the x-direction, Φ is the flow potential, µ is 

the viscosity. 

 

Solving for pseudo relative permeability gives: 
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Neglecting capillary pressure, the pressure difference between the blocks is: 
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Where D is depth 

 

Then, 
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                                                                                                 (3.6.2.4) 

Where λ is the mobility, and ᵨ is the density. 

In the Kyte and Berry method, the potential difference between the two blocks is calculated 

using the following equation: 

Dp ww                                                                                                (3.6.2.5) 

Substituting for Δp, 
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                                                                                  (3.6.2.6) 

Note that this equation has in it a gravity term, which may be much larger in magnitude 

than the flow rate term; it can also be of the opposite sign. When you have an occurrence 

of these events, a positive potential difference occurs and results in the calculation of an 

obviously incorrect and unusable negative relative permeability. 

Also, as the gravity number increases, the segregation of the two fluids will become less 

accurate due to differences in fluid saturation vertically (Darman et al, 2001). The equation 

defining pseudo saturation is: 
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The concept of coarsening the areal grid is a significant contribution of Kyte and Berry. 

3.6.3 The Stone Method 

Stone’s method is used to calculate two or three-phase pseudo functions from a fine grid 

simulation. In Stone’s method, the fractional flows of each phase are matched at the coarse 

and fine grid boundaries (Guzman et al, 1996). It avoids the need to know potential 
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differences by using a fractional flow formulation rather than Darcy’s Law using the 

equation below. 
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The only unknown in the equation is for pseudo relative permeability and pseudo capillary 

pressure is the average total mobility. Stone uses a transmissibility weighted average over 

the fine grid blocks at the coarse grid block outflow boundary.  
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One of the reasons for calculating λt is to predict pressure drop across the coarse grid node 

correctly. 

 

3.6.4 The Hewett and Archer Method 

Scaled average properties for use in coarse grid simulation is done to reduce the 

dimensionality of the problem from three to two, or from two to one (Hewett and Archer, 

1997). At the same time the grid is usually coarsened in the remaining dimensions. 

In this method, the average oil potential difference is obtained from the difference in oil 

potential of the two fine grid blocks located at the center of the coarse grid block domain: 

1,, 



 nonoo                                                                                                 (3.6.4.1) 

Note that for this pseudo method, no information on gas potential is required from the fine 

grid run. Comparison made between this method and the Transmissibility Weighted (TW) 

method shows that although these two methods produce a totally different shape for the 

pseudo relative permeability curves, the resulting fractional flows are identical. 
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3.7 Steady-state upscaling 

Steady-state multiphase upscaling has become increasingly popular because it is fast, 

robust and computationally cheap (Jonoud et al., 2008). It is quick and simple to implement; 

unlike dynamic methods, there is no need for fine grid simulation, and the upscaled 

properties are not case dependent.  Modelling two phase flow in a porous medium can be 

difficult due to the presence of widely different length scales in the problem (Westhead, 

2005). In porous media flow simulation, we are interested in modeling the displacement, 

within a porous medium, of either oil, water or some gas. 

The method is based on the assumption that either viscous forces (viscous limit, VL) and 

capillary forces (capillary equilibrium, CL) dominate flow. Albeit, the reservoir conditions 

for which these assumptions are valid have not been clearly defined. It is generally assumed 

that the CL method is valid at “low” flow rates over “small” length scales, while the VL 

method is valid at “high” flow rates over “large” length scales (Stephen et al, 1999). These 

qualitative criteria are difficult to properly apply and can be easily violated yielding errors. 

Steady-state upscaling methods are based on the use of the steady-state approximation to 

calculate the fine-scale saturation distribution within the averaging volume (Lohne et al., 

2006). The effective parameters are dependent on the underlying physical properties of the 

porous medium and do not refer to numerical simulation or discretization, in contrast to the 

complementary concept of dynamic pseudo functions. As mentioned earlier, dynamical 

upscaling methods are not generally reliable with respect to computational efficiency. 

When two phases are present (e.g. oil and water), we need to upscale relative permeability 

in addition to absolute permeability. In steady-state upscaling, we assume that the fluids 

are in steady-state, that is 

0




t

Sw                                                                                                                   (3.7.1) 

 

Where Sw is water saturation. This converts a two-phase problem into two single-phase 

problems (ignoring gravity). 

  0.  oabsro Pkk                                                                                                   (3.7.2) 

  0.  wabsrw Pkk                                                                                                  (3.7.3) 
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Where kabs is the absolute permeability tensor, kr is the relative permeability, P is pressure 

and the subscripts o and w denotes oil and water, respectively. 

Steady-state upscaling may be carried out easily when a flood is in capillary equilibrium 

(negligible viscous forces), or when it is in viscous-dominated steady-state i.e. negligible 

capillary forces (Das, and Hassanizadeh, ,2005 ). 

When a viscous-dominated flood is in steady-state 

0.  wt fu                                                                                                               (3.7.4) 

Where ut is the total flow (oil and water), and fw is the fractional flow of water. It should 

be noted that for a system with isotropic relative permeabilities, this means that the 

fractional flow is constant throughout the model. 

3.7.1 Two-Phase Capillary Equilibrium Scale-Up 

In the capillary equilibrium scale-up method, it is assumed that, within the region 

considered, the fluids have come into capillary equilibrium. This is only valid when the 

viscous pressure gradient is negligibly small.  In equilibrium conditions, 

Pnw-Pw=Pc(S) 

This is a valid assumption over small distances (< 2 ½ feet) when flow rate is slow (about 

2 to 3 ft/day or less).  This method is much faster than dynamic upscaling. The pressure 

equations need to be solved for each phase in each direction, at each pressure level. For 

example, if 21 levels are used for a 3D model, this means that the equations are solved 126 

times (that is, in 3D we have x,y and z directions (3 directions) and 2 phases, so in each 

level, we need to solve the equation six times), which is still much fewer than in a dynamic 

flow simulation. 

Most times it is assumed that the model is filled with oil and connate water. A capillary 

pressure curve for a preferentially water wet system was used in this study. The equations 

used for calculating the respective petrophysical parameters are; 
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)(log1022 absor kmcS 
                                                                                           (3.7.1.3) 
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Pc=0                                                          S1<Sw<S2                                                (3.7.1.6) 
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In the capillary equilibrium upscaling, the first Pc level used was the maximum value. Also 

note that the upscaling is a function of porosity and permeability as stated in the equation 

below. 

)(
k

fupscaling
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 This scaling occurs for the smallest value of k. The Pc curves for the other k values were 

extrapolated at the same saturation to this level, so that the water saturation was set equal 

to Swc in these regions.  The final Pc level was taken as the minimum one. This occurs at 

the highest k value. The Pc curves for the other k values were extrapolated vertically 

downwards, so that the final water saturations were set to Swor.  

3.7.2 Viscous-Dominated Steady-State Scale-Up 

This method assumes that the capillary pressure is zero (or negligibly small). At steady- 

state, the water saturation in each gridblock of the model is constant with time. This means 

that the fractional flow, fw, going into and out of each block must be constant. When the 

capillary pressure is zero, the fractional flow may easily be calculated from the relative 

permeabilities.   
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                                                                                                   (3.7.2.1)   

   

Where, fw, is fractional flow of water, µo is oil viscosity and µw is water viscosity. 

This equation assumes that the relative permeabilities are isotropic. 

When using the viscous-dominated steady-state scale-up method as part of a hierarchical 

scale-up process, the procedure may not be so simple. The input relative permeability 

curves will be pseudo curves obtained from smaller-scale simulations, and most of the time 

they are not isotropic, that is the saturation changes directionally. In a reservoir that is 

homogenous, this anisotropy does not matter, because the oil and water will both flow 

parallel to the pressure gradient. However, in a heterogeneous medium, the fractional flows 

may no longer be constant throughout the model. It is pertinent to note that as long as the 

fractional flow into any block equals the fractional flow exiting that block, the flood will 

be steady state.     
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CHAPTER 4 

Geopseudo Approach  
Whilst is not new to prove that the internal permeability distribution in a sand body will 

influence fluid flow and sweep efficiency (Weber, 1982), various studies have shown that 

rock heterogeneity at the sub-metre scale may have a significant effect on hydrocarbon 

recovery (Kjonsvik et al, 1994). It has also been observed that, the effect of small scale 

structures are most often ignored (Pickup et al., 1993) and this leads to building a model 

that is not representative of the reservoir. The implicit assumption that rocks can be 

modeled as if they were homogenous at a scale between the lamina and sedimentary body 

(the missing scale) leads to the neglect of significant effects on recovery due to capillary 

trapping or accentuated bypass (Massonnat et al., 1999).  

Smaller scale elements or laminae are common in many reservoirs and particularly in 

diatomite reservoirs as a result of the deepwater depositional environment. Therefore, it is 

appropriate to capture the properties of these strata elements within the grid block, before 

embarking on full-scale simulation. This can be done by conducting multiscale upscaling. 

Since multiscale upscaling can preserve more heterogeneity in the flow field at sub-grid 

scale. . 

It is pertinent to upscale these effects in order to obtain accurate effective parameters such 

as capillary pressure, permeability and porosity (pseudos) to input into full field simulation. 

Trying to model and capture the range of scales of petrophysical properties in a 

hydrocarbon reservoir can be a cumbersome and daunting task. Therefore there is a need 

to have a methodology that addresses these effects and captures them to a large extent. 

Small scale lamination and heterogeneity tends to create strong capillary forces, which in 

turn affect reservoir performance. Consequently it can be said that some “micro” reservoir 

properties such as permeability and porosity associated with the small scale elements 

influence the values obtained for “macro” variables, like cumulative production and some 

key project economic indices. Hence, it is important to be able to build a robust model 

capable of predicting oil and gas production from petroleum reservoirs. 
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Including small-scale structure in reservoir simulations means that scale-up has to be 

carried out in several stages before the full field simulation can commence. This is done in 

order to account for heterogeneities.  

This process is complicated by the fact that rocks may be very heterogeneous over a wide 

range of length scales. If the effects of these heterogeneities are to be taken into account in 

fine-scale simulations, a method is required for averaging flow properties from small-scale 

models, for incorporation in larger-scale ones. Generally speaking, scale-up can only be 

carried out successfully when there is separation of length-scales (Pickup, and Sorbie, 

1996). 

From smallest to largest, the component layers of a sedimentary body are laminae, 

laminasets, beds and bedsets. Different arrangements of these layers characterize different 

types of sedimentary bodies and identify different depositional processes (Campbell, 1967). 

In this study, we used the geopseudo upscaling technique, in which we started from the 

lamina scale and then progressed to the bedset scale.  

STEP 1 – Lamina Set Scale: The term lamina applies to a unit less than one centimeter in 

thickness. A lamina is the smallest megascopic stratum; a laminaset consists of a group of 

conformable laminae that form a distinctive structure within a bed. 

The permeability variation in a lamina set can be measured using a probe permeameter. 

The lamina set in the Belridge Diatomite shows significant variability, from 0.1 md to 5 

md, between laminae over few inches. Based on these, we have assumed that 2-feet thick 

blocks have isotorpic permeabilities in our numeric simulation after the upscaling. 

Appropriate capillary pressures and relative permeabilities have been assigned to the 

measured permeabilities. The two phase flow of these lamina set is then modeled using 

conventional simulator with realistic boundary conditions. The geopseudo relative 

permeabilities(Figure 21) and capillary pressures were determined for different lamina sets. 

These geopseudos provide the effective dynamic average properties, at a designated flow 

rate, for blocks approximately 0.1ft*0.1ft*0.1ft in size (Figure 22). 

 

 



54 
 

 

Figure 21 – Pseudo Relative Permeability 

 

 

Figure 22  – Model showing initial oil-water transition zone 

 

 

STEP 2 – Bed Set Scale: A bed is a layer of sedimentary rocks or sediments bounded above 

and below by bedding surfaces. Bedding surfaces are depositional surfaces that reveal the 

principal rock layering or bedding (Campbell, 1967).  

The lamina set described above, for which appropriate two phased effective properties have 

been derived, are combined in a geometrical arrangement to form bedsets. Logs, cores and 

outcrop data were used to define the appropriate geometry for the beds. 

For the Belridge Diatomite, a simple averaging method is used to stack the beds together 

in a regular bedset pattern. The beds and bedsets are assumed to be isotropic in plan view. 
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Geopseudos for input into larger cross-sectional(Figure 23) well models (30ft * 30ft) were 

then produced by selecting the right pseudoisation volume for the required bedset type and 

by running further numerical simulations with appropriate boundary conditions. These 

geopseudos hence include geological, multi-phase and numerical features, i.e. 

o Capillary effects. 

o Sedimentary structure. 

o Numerical dispersion 

The resulting geopseudos (see Figures 24 and 25) provide geologically realistic, effective, 

two-phase flow properties appropriate to the capillary dominated flow regime in the 

interwell region although care must be taken to reduce numerical dispersion. Equation 

3.6.6.6 was used to calculate the pseudo relative permeability. See equation below 
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Figure 23 –  Areal model 
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Figure 24 -  Shows the dynamic pseudofunctions for blocks 1 and 2 (orange and purple 

curve)  are different from the remainder of the areal blocks. 
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Figure 25 – Pseudo-Capillary Pressure 

 

STEP 3 – Parasequence Scale: It is assumed that the Belridge Diatomite formation is in 

hydrodynamic continuity and therefore modeled as a single reservoir. Absolute 

permeabilities and porosities were derived from core plugs using an arithmetic average. 

The relative permeabilities and capillary pressures were provided from the geopseudos, 

which incorporate the interplay of viscous and capillary forces at the small-scale 

heterogeneities, most notably the lamination and bedset. The geopseudos were applied over 

the appropriate intervals. The layers in the model had constant absolute permeabilities and 

geopseudos. In cases were natural fractures were identified; the fractures were explicitly 

defined with a natural fracture permeability, natural fracture porosity and natural fracture 

spacing. 

In this research we are going to apply the geopseudo approach to a diatomite reservoir. This 

will be done in two different steps. The data we will be using will come from the Lost Hills 

field. The geology has been described in Chapter 2. 
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4.1 Diatomite Case Study – Lost Hills 

4.1.1 Analogue Model 

An analogue model was used to forecast the production of the horizontal wells project in 

Lost Hills. The analogue was based on the observed production behaviors of numerous 

vertical and horizontal wells drilled in the crestal and flank location of the field. The 

productions from these wells were normalized for time and lateral length or depth of 

completion zone. 

It was assumed that the entire Diatomite reservoir has similar productivity although 

reservoir properties may vary vertically. In addition, it was assumed that the entire 

Diatomite reservoir is productive based on add pay, i.e. workovers of by passed zones, 

performed in the past. Another assumption made was that hydraulic fractures drain a given 

reservoir volume the same manner regardless whether the wellbore is vertical or horizontal. 

It was assumed that the horizontal wells have the same production as that of the vertical 

wells with the following production stages/signature. 

o Initial peak production because of flush production. 

o Hyperbolic decline (decline rate 20%) of initial flush – duration 4 months. 

o Production ramp up due to waterflood – duration 6 months. 

o Peak production decline (decline rate 12 %). 

All these stages have been observed from previous production history of vertical and 

horizontal wells drilled in the past. Figure 26 is an illustration of the analog model. 



60 
 

 

Figure 26 – Analog forecast model to predict horizontal well performance response 

4.1.2 Reservoir Simulation Waterflood model 1 

In addition to the analogue model above, we used two reservoir simulation models that 

utilize the geopseudo approach. The first one does not consider naturally occurring 

fractures and contains a horizontal well that was drilled to a depth of 1,300 ft TVD (True 

Vertical Depth), with a lateral length of 1,000 ft. The well is supported by four vertical 

water injectors on one side and 2 vertical injectors on the other side. Hydraulic fractures 

were incorporated in this model. A model detailed description of the model will be provided 

in a subsequent section. 

4.1.3  Case 1 - Single Porosity Model 

In order to capture the effects of the lamina structure, the geopseudo upscaling method was 

used. In this method, the laminae are modeled as a series of plane surfaces. The effective 

permeability of these planes are calculated, and then a numerical simulation may be 

performed to obtain the effective permeability for the whole bed. The effective 

permeability, keff is defined as the permeability of a homogenous block, which under the 

same pressure boundary conditions, will give the same average flows as the region the 
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block is replacing. Some of the assumptions used are uniform flow (linear, steady state 

flow), because it is a challenge defining effective permeability for non-uniform flow. The 

effective permeability is not simply an intrinsic property of the rock, but also depends on 

the boundary conditions, such as the permeability and pressure distribution within the 

surrounding rock (Pickup et al., 1993). 

In modeling the diatomite, we assumed that the reservoir is a single porosity reservoir with 

no natural fractures. The reason why this was done was that we were trying to see whether 

natural fractures is a key production driver.   

In standard reservoir simulators, dual porosity approaches are favored, while others argue 

that fractures need to be treated as equivalent media within a single porosity simulation  

procedure. The single porosity approach avoids the creating a transform function between 

the matrix and the fractures to address  fluid exchange between the porosity systems. The 

reservoir was divided into four layers based on what was seen in the outcrop (Figure 27). 

Some zones where identified as very fractured and others not so fractured. This qualitative 

way of grouping was tied back and validated with the porosity model (Figure 28) of the 

field. 

 

 

 

 

 

 

 

 

 

 



62 
 

  

 

 

 

 

 

 

 

 

 

Figure 27 – Diatomite outcrop showing fractures and lamination 

 

Figure 28 - Lost Hills field porosity model 
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The following assumptions based on logs and cores were made while embarking on this 

study; 

 Each layer comprises various lamina with the exception of layer 1. 

 

 Layer 1 is assigned high permeability value due to the presence of natural fractures. 

 Layer 2 is comprised of 50 lamina (1ft thick/sublayer). 50 lamina were used so, as 

the pay thickness in the layer amounts to 50ft, which correlates with what we see in 

the logs. 

 

 Layer 3 has the lowest permeability (0.1 mD), due to the paucity of fractures and 

the tightness of the rock at that depth 

 Layer 4 comprises 50 lamina (1ft thick/sublayer) 

o The pay interval 25ft below is assigned high permeability due to 

fractures. 

o It was assumed flow was uniform across layers. 

 

 Fluid properties (density and viscosity) are assumed to be the same in each layer. 

The first step involved in geopseudo modeling has to do with capturing the important 

petrophysical properties of the rock at the lamina scale. These petrophysical properties were 

measured in the laboratory. The geopseudo relative permeability and capillary pressure for 

these lamina sets are then determined.  

The next step involves combining these lamina set to form beds. The beds are grouped to 

form bedsets. After that a scale up process for a bed comprising several lamina sets is 

performed in a bid to capture reservoir details.  

4.1.4 Results              

At low flow (1 - 2 bopd) rates typical of the diatomite reservoir (due to low permeability), 

flow is capillary dominated and hence recovery is very low. This leads to oil being trapped 

in the pores.  
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The permeability variation in the Lost Hills diatomite reservoirs has been measured from 

logs. This has been validated using core measurement. Capillary pressures and relative 

permeabilities have been assigned to the area of interest.                                                                         

The horizontal well (producer) was drilled to a depth of 1,300 ft TVD (True Vertical 

Depth), with a lateral length of 1,000 ft. The well is supported by four vertical water 

injectors on one side and 2 vertical injectors on the other side.  

The oil production performance of the horizontal well has been modeled using reservoir 

simulation. The performance of the geopseudo in predicting the recovery is an 

improvement over the analogue forecasting model used in generating the production 

forecast for the project. The analogue model was too optimistic with respect to oil 

production.  

The analogue model used in forecasting the project performance and justifying project 

economics overestimated the peak oil production, and it assumed (based on data from 

previous wells drilled in the crestal part of the field) that there will be a ramp up of 

production due to waterflood impact/effect, and then the well will experience an 

exponential decline moving forward. However, looking at the actual data (Figure 29), there 

was no production ramp up and the decline from the well was not as steep as predicted by 

the analogue forecast model. 
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Figure 29– Comparison of actual production versus model prediction. Actual production 

data is the blue line, analogue forecast is the red line and the geopseudo forecast is the green 

line. Figure shows a good match between the geopseuos and actual production.  

The geopseudo predictive model forecasted a higher peak oil rate compared to the actual 

data, but the peak oil rate from the geopseudo model was less than that from the analogue 

model.  At this point in time, the reason for the difference is not clear.  

Summary 

Based on the data available for this research, the following observations can be made: 

 

1. Representative reservoir models can be built by capturing properties in the lamina 

and bedset scale, then upscaling those properties. 

 

 

2. The geopseudo approach is a very useful technique in upscaling reservoir details 

captured in the lamina and bedset scale. 

0

10

20

30

40

50

60

70

80

90

100

1
0

/1
/2

0
0

8

1
2

/1
/2

0
0

8

2
/1

/2
0

0
9

4
/1

/2
0

0
9

6
/1

/2
0

0
9

8
/1

/2
0

0
9

1
0

/1
/2

0
0

9

1
2

/1
/2

0
0

9

2
/1

/2
0

1
0

4
/1

/2
0

1
0

6
/1

/2
0

1
0

8
/1

/2
0

1
0

1
0

/1
/2

0
1

0

1
2

/1
/2

0
1

0

2
/1

/2
0

1
1

4
/1

/2
0

1
1

6
/1

/2
0

1
1

8
/1

/2
0

1
1

1
0

/1
/2

0
1

1

1
2

/1
/2

0
1

1

2
/1

/2
0

1
2

4
/1

/2
0

1
2

6
/1

/2
0

1
2

O
il

 R
a

te
 (

b
o

p
d

)

Time

Horizontal Well Oil Production Performance

Actual Data Analogue Forecast geopseudo model forecast



66 
 

 

 

3.  The incorporation of lamination into the model helped a great deal in matching 

actual well production profile. This level of information may help in changing 

project direction, as this will help in accurately estimating the Estimated Ultimate 

Recovery, and reduce the band of uncertainty with respect to the project economics. 

 

4.2 Dual Porosity Model Incorporating Hydraulic Fractures 

A numerical simulation model was developed to predict waterflood performance. The 

reason for doing this is to be able to compare the outputs from case 1 and see whether any 

improvement can be made so as we can make better reservoir management decisions in a 

low permeability, highly compactive, opal-A diatomite reservoir. The 3-D model 

incorporates 3 reservoir layers with distinct petrophysical properties. We decided o use 3 

layers in this case because we found no unique distinction between 2 of the layers used in 

case 1. Each rock type has a unique, empirically derived compaction and relative 

permeability characteristics. Hydraulic fractures, dual-porosity and dual permeability 

(Gilman and Kazemi shape factor was used) features were incorporated. Predicted results 

have been confirmed by the ongoing response to waterflooding. 
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Figure 30 – Dual Porosity/ Dual Permeability Model 

 

4.2.1 Model Description 

The reservoir model is symmetric, consisting of one-half of a 2.5 acre, five-spot waterflood 

pattern (Figure 31). The element of symmetry for the well simulated was chosen because 

this area of the field (flank or west side of the field) has the largest quantity and best quality 

of reservoir and production data. Also, the chosen well has had little failure history and 

hence very few remedial works has had to be done on the well. This makes it a good 

candidate for modeling. 
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Figure 31 – Diagram showing area of interest 

In addition, the well has been on production for about 4 years, thus providing an adequate 

history for matching purposes. 

The well modeled has a lateral length of 1000ft, it was also modeled with hydraulic 

fractures with eight frac stages. In this work, it was assumed that all of the hydraulic 

fractures are conductive. 

The conductivity of the hydraulic fracture was assumed to be 50 md-ft. This information 

was provided from the frac model designed by the completions engineer. Also, based on 

field information from tiltmeters, it was assumed that the hydraulic fracture half-length is 

150 ft (see Table 2 and Figure 32 for more details). The fractures were also assumed to be 

bi-winged and planar.   

Table 2 



69 
 

Parameter Values 

Hydraulic fracture width (feet) 0.02 

Primary fracture permeability (md) 2500 

Secondary fracture width (feet) 0.0003 

Secondary Fracture Permeability (md) 0.3 

Half length (feet) 150 

Fracture Orientation (axis) J 

 

 

Figure 32 – Hydraulic  fracture description showing half-lengths 

There are several unique aspects of the diatomite that were accounted for in the numerical 

model: 1) the existence of a dual-porosity/dual permeability system, 2) the effects of 
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reservoir compaction and subsidence on production performance, 3) the effect of induced 

or hydraulic fractures on production. 

The compaction effects on porosity and especially permeability showed, a maximum 15% 

reduction in permeability at expected maximum reservoir stress conditions. We modelled 

these problems using a fully implicit, dual-porosity, dual permeability black oil simulator 

(Computer Modelling Group – CMG IMEX simulator). We used the Gilman and Kazemi 

shape factor. Compaction tables were built using Rice’s equation as described in the 

previous chapter. 

Table 3 – Compaction table showing multipliers 

 

 

The simulated reservoir geometry includes 31,400 cells. The grid dimensions are 100 feet 

*100 feet *3 feet. The model includes 3 layers with a total thickness of 150 ft and a well 

depth of, 600 feet. The porosity of the matrix was 50%, while that of the natural fractures 

Pressure(psi) Porosity Multiplier Horizontal Permeability Multiplier Vertical Permeability Multiplier

100 0.9261 0.3163 0.3163

400 0.9317 0.3461 0.3461

700 0.9373 0.3787 0.3787

1000 0.9429 0.4143 0.4143

1300 0.9486 0.4533 0.4533

1600 0.9543 0.4960 0.496

1900 0.9601 0.5428 0.5428

2200 0.9659 0.5939 0.5939

2500 0.9717 0.6498 0.6498

2800 0.9775 0.7110 0.711

3000 0.9814 0.7550 0.755

3100 0.9834 0.7779 0.7779

3200 0.9854 0.8016 0.8016

3300 0.9873 0.8260 0.826

3400 0.9893 0.8512 0.8512

3500 0.9913 0.8771 0.8771

3600 0.9933 0.9038 0.9038

3700 0.9953 0.9314 0.9314

3900 0.9992 0.9890 0.989

4000 1.0013 1.0191 1.0191
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was assumed to be 0.001 %. The matrix permeability in layers 1 and 3 were assumed to be 

the same (0.01 md), while the matrix permeability in layer 2 was higher than that of layers 

1 and 3.  

The permeability of the natural fractures in layers 1 and 3 was also assumed to be the same 

(1 md each), while layer 2 had a permeability of natural fractures of 1.5md. It was assumed 

that the natural fracture spacing was the same in all the layers (20 ft. apart between 

fractures). 

Table 4 – Rock and Fluid properties 

Parameter Values 

Reservoir Pressure, (psi) 750 

Bubble point pressure(Pb), (psi) 600 

Oil Formation Volume Factor, 

(RBBLs/STB) 

1.07 

Reservoir Temperature, (F) 120 

Solution Gas Oil Ratio, (SCF/STB) @Pb 150 

Oil Gravity 22 

Gas Gravity 0.85 

Oil Viscosity (cp) 2 

Rock compressibility, (10-6 1/psi) 80 

 

4.2.2 Performance Prediction 

History matching does not necessarily provide a unique interpretation. However, the 

excellent agreement between the prediction cases presented in this section and observed 

field response lend confidence to the validity of the work.  

It was observed that the initial production from the dual-porosity case was lower than the 

single porosity and the analog case. However, the mid to late time production history shows 

that the dual-porosity model gave the best match in comparison to the single porosity model 

and the analog model.  

4.2.3 Summary/Observations for Dual Porosity Modeling 

The following observations can be made: 
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1. There seem to be no difference between the single porosity and dual porosity 

models. 

 

2. The role of natural fractures in diatomite has been a topic of discussion and little 

resolution. Well testing, field observations, and simulation work shows that 

laboratory derived permeability values measured at reservoir stress are too low to 

explain observed reservoir productivity/performance. We attempted to solve this, 

but could not arrive at any definitive result. 

 

3. In the part of the field simulated, the diatomite could be classified as a reservoir 

having natural fracture system of limited extent due to the fact that there was no 

favorable response was observed by including natural fractures. 

 

4. Field observes waterflood production response matches simulated waterflood 

prediction. In addition to the geopseudo approach, the optimization method 

(Designed Exploration Controlled Evolution – DECE) used also helped in giving a 

good match. 
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CHAPTER 5 

Sensitivity Analysis-Case 2 
As the upstream Exploration and Production (E&P) industry moves into riskier plays and 

competition for capital investment becomes tighter, there is an increasing push to carry out 

more sophisticated analysis that includes the effects of uncertainty and risk on key project 

drivers. Traditionally, much economic or project analysis has focused on a mean case, or 

few cases that capture high, medium, low and failure outcomes (Mudford et al., 2003). 

Sensitivity analysis is then used to evaluate the impact on economic value, identify key 

drivers and flow mechanism, as the inputs, such as recoverable volumes, production rates, 

operating expense and capital are varied independently of one another. The results from 

this type of analysis are often displayed as a tornado diagram showing the variation in 

output with respect to a change in the input. 

Sensitivity analysis is also used to ascertain how sensitive an objective function is to 

different parameters. An objective function is something (an expression or a single 

quantity, for example Original Oil in Place) for which you wish to achieve some goal. 

Sensitivity analysis is particularly useful in suggesting parameters which can be eliminated 

from consideration in history matching. That is separating first order controls or parameters 

from secondary effects. 

This can help to reduce the number of parameters that will be used in subsequent history 

matching (Computer Modelling Group, 2011). Also, sensitivity analysis helps to determine 

the parameters that have the greatest effect on future performance of the reservoir if there 

is little to no production data available yet. 

There are different methods available for conducting sensitivity analysis. These methods 

include, but are not limited to, the following techniques: 

o One parameter at a time. This is the traditional method for determining conditional 

(linear) effects. 

o Two-level classical experimental designs such as Plackett-Burman design or 

fractional factorial design, which help to determine the main effects. Different from 
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linear designs, because it investigates the dependence of some measured quantity 

on a number of independent variables (or factors). 

o Latin hypercube design can be used to determine linear, non-linear, and interaction 

effects. 

o Sobol and Morris Method can be used to determine total effects and elementary 

effects. 

A systematic investigation of the effect of natural fracture permeability, fracture density 

(natural fracture spacing) and well spacing on diatomite well performance was reviewed in 

this study.  

In this Chapter, we will review the different methods available for conducting sensitivity 

analysis. We decided to use the two-level fractional factorial method in this research, the 

other methods reviewed were just to highlight their advantages and disadvantages. The 

reason will be explained in subsequent sections. Parameters investigated included matrix 

porosity, matrix permeability, natural fracture permeability, natural fracture spacing, 

compressibility and reservoir pressure. 

5.1 One-Parameter-at-a-Time (One-Factor-at-a-Time)     

Parameter designs are usually carried out using a range of experimental arrays (Freyet al., 

2003). These arrays are developed on a statistical basis to achieve properties. In a one-at-

a-time plan, the engineer seeks to gain information about one factor in each experimental 

trial. This procedure is repeated in turn for all factors to be studied. In an adaptive one-at-

a-time plan, the engineer also seeks to optimize the response along the way. The rules 

governing the adaptive one-at-a-time plan are as follows: 

o Begin with a baseline set of factor levels and measure the response 

 

o For each experimental factor or run in turn: 

 Change the factor to each of its levels that have not yet been tested, 

keeping all other experimental factors constant 

The one-parameter-at-a-time method requires n(b-1)+1 experimental trials or runs, given n 

factors each having b levels. The method provides estimates of the conditional main effects 

of each experimental factor but cannot resolve interactions among experimental factors nor 

provide a guarantee of identifying the optimal factor settings. Both random experimental 

error and interactions among factors may lead to a suboptimal choice of factor settings. 
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5.1.1 Advantages of One-Parameter-at-a-Time 

o May provide greater improvements on average, even though it is less statistically 

efficient and yields less information to explain the improvement. 

5.1.2 Disadvantages of One-Parameter-at a-Time   

o Does not provide optimum solutions 

o Cannot account for interactions between variables or parameters. 

o It is a very inefficient method. 

o Very time consuming because it takes a long time to arrive at a global optima 

solution. 

o Multiple factors cannot be investigated simultaneously. 

o Limited information from many runs. 

5.2 Latin Hypercube Sampling (LHS) 

Latin Hypercube is a sampling method that used to investigate the impact of parameter 

distributions (Nwakile et al., 2011). Uncertainty studies are typically built on this sampling 

method. Discrete distribution functions can also be employed in design studies with discrete 

design requirements. 

The statistical method of Latin hypercube sampling (LHS) was developed to generate a 

distribution of plausible collection of parameter values from a multidimensional 

distribution (Ekeoma and Appah, 2009). This technique (LHS) was described by Mckay 

(1979) and was further developed by Ronald et al. (1981). The Latin Hypercube method 

uses the cumulative distribution function (based on user defined distribution function) and 

splits the cumulative probability into equally large compartments. The number of 

compartments is determined by the number of experiments. For every experiment, a value 

is randomly selected (for example permeability from a list of ranges) once from each 

compartment for each specified design parameter. 

For some applications such as numerical integration, we would only use uniform 

distributions in each dimension since we are trying to see which fraction of points fall 

within the object of interest and which is outside. 

Generally, LHS will require fewer samples than simple Monte Carlo Simulation for similar 

accuracy. The LHS sampling method reduces the number of samples and variance. These 

intervals are sampled according to probability density functions associated with the 
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variables. Rather than sampling all possible combinations, the method selects only m of 

these combinations. 

 

5.2.1 Advantages of Latin Hypercube Sampling          

o It requires fewer iterations to achieve desired accuracy 

 

o It has the capability of better picking the input samples. LHS samples the entire 

domain more systematically 

 

 

o In some instances, LHS provides better distributed samples than random sampling, 

and also improves sampling quality as well as optimization efficiency 

 

o LHS strongly improves the representation of stochastic design parameters. 

 

 

5.3 Morris and Sobol Method 

The basic sensitivity study is to examine how model outputs vary with model inputs. The 

Morris method determines the factors (for example permeability) that have significant 

effect on model outputs (e.g. oil recovery). The Morris method is based on evaluating the 

impact of changing one factor at a time. This impact, so called elementary effect, is 

expressed as the gradient of the response surface, between the factor variations 

(Pappenberger et al 2007). The elementary effects are then averaged to assess the overall 

importance of the input. The elementary effect, di, of input parameter xi, is defined as: 

 

 
   




  xyxxxxxy

xd kiii
i

,...,,,,.., 111  ,                                                                 (5.3) 

 

where x=(x1,x2,…,xk) is a parameter point  such as permeability within the defined 

parameter space, ∆ is determined as ∆=b/(2b-2), b is the partition value specified by the 
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user to separate the parameter range into b segments, and y is a model output such as 

Original Oil in Place.  

By randomly sampling different x values from the parameter space and running multiple 

simulations with the parameter samples, a finite distribution (Fi) of elementary effects for 

the input parameter xi is obtained. A high mean of the distribution Fi reveals that the input 

parameter xi has an overall influence on the output, whereas a high standard deviation 

shows that the parameter xi is either interacting with other parameters or has a non-linear 

effect. 

The Morris method is a method of global sensitivity analysis that is capable of ranking the 

input factors in order of importance. However, this method cannot give a quantitatively 

measure about the percentage of total output uncertainty caused by uncertainty of each 

parameter, which can be achieved by the Sobol method, which will be discussed next. 

The Sobol method is used to obtain quantitative measures on how the uncertainty in model 

outputs can be apportioned to uncertainty in individual input variables. The total 

unconditioned variance, V(Y), V being the model output, can be decomposed as: 

 





i ij

kij

i

i VVVYV ...12...)(                                                                              (5.3.2) 

Where Vi is the first order term of factor Xi that contributes to the variance of Y, Vij is the 

second order term that captures the contribution to output variance from Xi and Xj that is 

not described by the first order terms, and V12..k is the term of order q. The decomposition 

of equation 5.3.2 has 2k-1 terms, k being the number of model parameters. The first k terms 

are the variance Vi of the first order, the next k(k-1)/2 terms are variance Vij of the second 

order, and so on, until the last term of order k. Dividing every item of the variance 

decomposition by V(Y) gives the global sensitivity indices. 
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V
SI i                                                                                                                 (5.3.3) 

 

)(YV

V
SI

ij

ij                                                                                                                 (5.3.4) 



78 
 

 





ij jm

kijm

ij

ijii SISISISITSI
.

...12...                                                          (5.3.5) 

Where SIi is the first-order sensitivity index of Xi (also called main effect), SIij is the 

second-order sensitivity index which measures the interaction effect between Xi and Xj, 

and TSi is the total sensitivity index of Xi (also called total effect) that includes all 

sensitivity indices pertaining to Xi. In the Sobol method, Vi and Vij are calculated via 

 )())(( ~ iixxiiii XYEVXfVV                                                                                 (5.3.6) 

 

Where, 

)),(( jiijij XXfVV   

 

= ))(())(()),(( ~~~ jjxxjiixxijiijxxixj XYEVXYEVXXYEV                                         (5.3.7) 

 

Where Vxi(*) and Exi(*) is variance and mean of argument (*) with respect to Xi; Vx~i(*) 

and Ex~i(*) is variance and mean of argument (*) taken over all factors but Xi. The 

sensitivity indices reveal immediately the percentage of output variance is contributed by 

each parameter and its interaction with other parameters. 

5.4 Experimental Design (or Design of Experiments)                                                                                                                           

The ability of a simulation model to satisfactorily explain the past performance of a 

reservoir underpins its reliability to predict the future reservoir performance (Amudo et al., 

2008). Unfortunately, simulation models are not unique and this undermines the credibility 

of forecasted results. To mitigate this impact on reservoir management and business 

decisions, one should conduct several equally probable simulations to capture the range of 

uncertainties.  

Experimental design or Design of Experiments (DOE) is the science of designing an 

optimum number of experiments (simulations) in such a way that appropriate information 
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about the response can be obtained. An experiment is one set of input parameters together 

with one set of response parameters.  

Design of Experiments also provides a means of identifying significant uncertainties 

impacting a given production and economic forecast. The identified key uncertainties can 

now be monitored with an uncertainty management plan. Also, design of experiments 

provides results that can be used to generate a response surface or proxy model that will be 

used to develop a probabilistic model (Adepoju et al 2009). A response surface or a proxy 

is a representation of the simulation results which relate in a closed form output variables 

(oil recovery factor, oil rate, etc.) of a simulator to input parameters over the entire 

parameter space. These proxies can then be used to compute production forecast 

uncertainty profiles with Monte Carlo calculation, instead of relying on more time 

consuming reservoir simulation (Li and Friedman, 2005). 

Typically, DOE and response surface methodologies (RSM) are used to identify both, 

statistically significant factors and to generate response surface (RS). RS are normally low 

order polynomials, which are generated by using the regression method. These technique 

works well if the response surfaces are smooth with weak non-linearity. 

Since the introduction of experimental design to the oil industry in the 90’s, reservoir 

engineers have developed and successfully applied several experimental design workflows 

to various engineering studies like the Agbami project in Offshore Nigeria(Amudo, 2009). 

There are different types of experimental design, such as 

o Screening design for sensitivity analysis 

 Plackett-Burman Design 

 Fractional Factorial Design 

 

 

o Response surface design for uncertainty analysis 

 Box-Behnken Design is used to design more runs at middle values 

 Central composite design distributes runs evenly at low, middle and 

high values 

Experiments can be used as a screening device to determine the importance of each variable 

and their combinations on the results (Cox and Reid 2000). The fractional-factorial designs 
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are used to determine the importance of each input variable on the output of the experiment 

or process. 

Experimental design is not response surface modeling, but is commonly used as a basis for 

collecting data to generate a response surface.  

5.4.1 Advantages of Experimental Design                   

o Can maximize information from limited resources 

o Highlights information not captured by changing one parameter at a time 

o Can lead to significant time savings during sensitivity studies  

o Can contribute significantly to the operational decision making process 

Next, we will review the most commonly used experimental designs briefly. 

5.4.2  Plackett-Burman Design 

Plackett-Burman Design (PBD) is an economical two-level design where the number of 

runs is a multiple of four, rather than a power of two (Yeten et al., 2005). Plackett-Burman 

design is used to identify the most important factors early in the experimentation phase, 

when complete knowledge about the system is usually unavailable. This method was 

discovered by Plackett and Burman in the 1940s. 

The PBD method is popular because the number of experiments (i.e., simulations) required 

to assess with maximum accuracy(that is high confidence in the output) the main effects of 

the factors on the dependent variable (for example oil or gas ultimate recovery) increases 

slowly when the number of factors (N) increases (Aigbe et al., 2004).  

For N factors, the number of simulations to run is l, where l is a multiple of four and also 

greater than N. For instance, to assess 7 factors at 2 levels, we only need to run 8 

experiments or simulations. 

The major drawback of this method is that the PBD is a two-level-only design. It therefore 

does not compute interactions and quadratic effects of the factors on the response surface. 

For example, interactions between permeability and porosity or porosity and natural 

fracture spacing.  It is advisable not to use this method if there are concerns about 

interactions and quadratic effects.  
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Table 5 – The experiment table for 12 runs and 11 2-level factors 

 

 

5.4.3  Fractional Factorial Designs 

In general, when the objective of a study is to determine which variable has the largest 

impact on the result of a process, the full-factorial and fractional design are preferred (Jafari 

et al., 2009). The factorial design can be used as a screening device to evaluate the 

importance of each variable and their combinations on the results quickly. In this study, 2 

levels of each variable are considered. The factorial design has certain advantages over the 

“one factor at a time” design method. The factorial design is less time consuming and it 

also allows to determine the”interactions”, or combined effects of two or more variables. 

Factorial design is a systematic experimental program ideally suited for practical study of 

a physical system. In such a design experimental conditions are chosen by selecting a fixed 

number of levels for each variable and then experiments are run at all possible 

combinations. A special case of factorial design is Two-level Factorial Designs, where each 
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variable is studied at the two levels. These designs are usually expressed mathematically 

as: 

2K designs. 

Where, 2 denotes the number of levels of each variable, K is the number of the variables 

under investigation 

The number of experiments that are to be performed for the factorial design is given as 

Number of Experiments = 2K 

 

In order to simplify writing down all possible combinations of two levels of the different 

variables, a coding system is used so that all the conditions can be written as either +1 or -

1. The coding system uses +1 for the high level and -1 for the low level.  

 

5.4.3.1 Construction of Factorial Design 

All possible combinations of two levels of three variables require eight tests.  Factor means 

a variable that we can measure, or control, or change.  Levels refer to the measurement we 

are going to observe in an experiment. For example, we can group pressure measurements 

in to low and high.  This means that we have 2 levels. One systematic way to write down 

these eight combinations is to proceed as follows: 

1. For x1 write down the values -1,+1,-1,+1… in a column. Note that the signs alternate 

each time. 

 

2. For x2 write down the values -1,-1,+1,+1,-1,-1,+1,+1 in the second column. The 

signs alternate in pairs. 

 

 

3. For x3 write down the values -1,-1,-1,-1,+1,+1,+1,+1, in the third column. The signs 

alternate in groups of four. 

Note that seven variables (porosity, matrix permeability, natural fracture permeability, 

fracture spacing, pressure, compressibility and natural fracture porosity) where investigated 

in this study, hence a total of 128 patterns were generated for the diatomite model.  
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After the experiment is designed, the tests would then be performed. It is usually a good 

practice to randomize the order in which the tests is actually performed.. The software has 

an algorithm for randomly selecting runs.  

5.4.3.2 Calculation of Average Effects 

In general, the average effect is computed as follows: 

LH yyAE                                                                                                         (5.4.3.2.1) 

Where, 

AE = Average Effect 

yH is average of y at high level of the variable 

yL is average of y at low level of the variable 

Figure 33 below shows the impact of the seven variables on cumulative oil recovery. 
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Figure 33 – Tornado plot showing the impact of variables on Ultimate Oil Recovery 

Based on this study, the five key factors influencing reservoir performance are: 

1. Matrix Permeability in the vertical direction 

 

2. Matrix Permeability in the horizontal (j) direction 

 

3. Initial Reservoir Pressure 

 



85 
 

4. Natural fracture density, i.e. the fracture spacing in the horizontal (j) direction, 

which is the direction in which well was hydraulically fractured and matrix 

porosity 

5. Compressibility of the matrix 

 

The five least important parameters are: 

1. Matrix porosity 

 

2. Compressibility of the fractures 

 

3. Pore pressure in the fractures 

 

4. Matrix permeability in the horizontal (i)-direction. 

 

5. Natural Fracture spacing in the horizontal (i) and vertical (k) direction. 

The matrix permeability in the vertical direction is important because, the wells are 

placed horizontally, so the more favorable the vertical permeability, the better the 

drainage.  Hence the same reason why matrix permeabilities in the horizontal direction 

are not so important. 

The initial reservoir pressure is a key indicator to how much energy you have left to 

drain the reservoir. So, if you are below bubble point, you have less energy to produce 

the hydrocarbon. The pore pressures in the fractures are not so important, because it is 

assumed that the hydrocarbons are stored in the matrix. 

The presence of natural fractures may have a favorable effect on your system 

permeability. Hence, we can say that the more open natural fractures you have in a 

reservoir, the better the quality (high system permeability) of the rock. 
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Table 6- Pros and cons of the different Sensitivity Analysis Methods 

One parameter 

at a time 

Latin 

Hypercube 

Sampling 

Morris and 

Sobol 

Placket-

Burman 

Fractional 

factorial 

May provide 

greater 

improvements 

on average. 

Has capability 

of better picking 

the input 

samples. 

Sobol method 

can give 

quantitative 

measure about 

the percentage 

of total output 

uncertainty. 

Used early, 

when complete 

knowledge 

about the 

system is not 

available. 

Systematic 

experimental 

design program 

May not 

provide 

optimum 

solutions. 

Samples the 

entire domain. 

Samples the 

entire domain 

High 

confidence in 

the output. 

Does achieve 

global optima. 

Can contribute 

significantly to 

the operational 

decision 

making 

process. 

Does not 

account for 

interactions 

between 

variables or 

parameters. 

Provides better 

distributed 

samples. 

Can identify 

interactions or 

non-linear 

effects. A high 

mean means 

the input has 

influence on 

the output. 

Does not 

compute 

interactions 

and quadratic 

effects. 

Computes 

interactions. 

Time 

consuming. 

Requires fewer 

iterations to 

achieve desired 

accuracy. 

Faster than the 

one-factor at a 

time method 

Quick and less 

time 

consuming 

compared to 

the one 

parameter at a 

time. 

Less time 

consuming 
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Limited 

information 

from runs. 

Strongly 

improves the 

representation 

of stochastic 

design 

parameters. 

Capable of 

ranking inputs 

in order of 

importance 

The major 

drawback is 

that it is only a 

two-level 

design 

Can maximize 

information 

from limited 

resources 

Very inefficient 

method. 

    

 

5.5 Parametric Study       

Effects of some fracture properties and well spacing on numerical simulation (same model 

parameters are used) of the Lost Hills diatomite reservoir was investigated and taken into 

consideration. The present study investigates the effects of the above mentioned properties 

on watercut and oil recovery. 

 

5.5.1 Effect of Natural Fracture Permeability on Recovery 

A fracture is defined as a macroscopic planar discontinuity that results from stresses that 

exceed the rupture strength of the rock (Aguilera 1995). A naturally fractured reservoir 

contains fractures created as a result of stress concentrations or perturbations associated 

with local deformation. These natural fractures can either have a positive or negative effect 

on fluid flow (Nelson, 2001). 

Natural fracture permeability, the basic physical property of fractured reservoir, is one of 

the key factors that influence fracturing well production.  Knowledge of locations and 

apertures of fractures crossing oil or gas well has a strong technical and economic effect on 

drilling, production, and reservoir management strategies. 

Simulation of naturally fractured reservoirs is a challenging task from both a reservoir 

description and a numerical standpoint. Flow of fluids through the reservoir is primarily 

through the high permeability, low effective porosity fractures surrounding individual 

matrix blocks. The matrix blocks contains the majority of the reservoir pore volume and 

act as source or sink terms to the fractures (Noroozi et al., 2010). 

The rate of oil and gas recovery from a fractured reservoir is a function of several variables, 

including; 
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1. Size and properties of the matrix block 

 

2. Size and properties of the fractured blocks 

Figure 34 depicts the relationship of oil production with time under different natural 

fracture permeability. It was observed that in highly compressible rocks (20x10-6 1/psi), 

natural fracture permeability did have a significant impact on peak rates. It was also 

observed that natural fracture permeability had a significant impact on cumulative oil on 

highly compressible reservoirs. 

 

 

Figure 34 - Oil production and time for different natural-fracture permeability. The natural 

fracture permeability was based on lab test done on some samples. 

5.5.2 Effect of Natural Fracture Spacing/Density on Recovery 

A sensitivity analysis was conducted to determine the impact of natural fracture density or 

spacing on cumulative oil production or well performance. We assumed that the reservoir 

is isotropic. Different natural fractured spacing (10ft, 20ft, 30ft and 40ft) were investigated. 
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It was observed that in highly compressible rocks, as the fracture density increases, the 

peak oil rate increases as well. Figure 35 shows the impact of natural fracture density on 

production. 

 

 

Figure 35– Natural fracture spacing vs. oil rate showing production performance for a 10 

ft, 20 ft, 30 ft and 40 ft spacing. 

 

Natural fracture spacing also had a significant impact on cumulative oil recovery on highly 

compressible reservoirs. The closer or tighter the spacing, the higher the cumulative oil 

recovery. Figure 36 shows the relationship between fracture spacing and cumulative oil 

recovery as well as fracture spacing and initial peak oil production. 
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Figure 36 – Fracture spacing and well performance. IP stands for Initial Peak production. 

 

5.5.3 Effect of Natural Fracture Porosity on Recovery 

With respect to naturally fractured rocks, porosity is the volume occupied by the fractured 

component of the rock with respect to the total volume of the matrix and fractures. 

In this section, we investigated the role of fracture porosity on performance. The natural 

fracture porosity was varied from 0.1 to 10-6 %. The following observations were made 

based: 

o The higher the natural fracture porosity, the higher the cumulative oil production. 

 

o Also, the higher the fracture porosity, the shallower the decline rate. 
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o It was also observed that there was no correlation between fracture porosity and 

peak rates. 

 

 

5.5.4 Effect of natural fracture permeability on watercut 

 

Figure 37 – The impact of natural fracture permeability on watercut. The base case fracture 

permeability, is the fracture permeability in the i, j and k directions. 

The effect of natural fracture permeability on watercut was investigated. The following 

observations can be made: 

o Increasing natural fracture permeability led to an increase in watercut 

 

o 5 fold increase in natural fracture permeability corresponds to a 4 fold increase in 

watercut. 
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o A 10 fold increase in natural fracture permeability corresponds to a 7 fold increase 

in watercut. 

 

o Doubling the natural fracture permeability does not translate to doubling the 

watercut. 

 

 

5.5.5 Effects of Well Spacing on Recovery              

Experience obtained early in the history of the petroleum industry during the period of 

“wide open” production led to the belief that the ultimate recovery from a reservoir depends 

largely on the number of wells drilled. Careful studies (Nelson, 2001) of well spacing, 

however, have indicated that ultimate recovery is substantially independent of the number 

of wells. 

What engineers and geoscientists determine as the optimum number of wells to be drilled 

in an oil field at any time could change some years later as a result  of the new information 

that becomes available, economics and changes in recovery mechanism, then optimum well 

spacing is usually controlled by economic and reservoir considerations. 

Besides the main effect of increased recovery from closer well spacing, there is an 

important economic benefit of reduced operating cost through lower water cuts. It is also 

pertinent to note that infill drilling may lead to a better understanding of the reservoir. 

The oil industry has come to recognize that there is such a thing as good practice in the 

development and production of oil and gas reservoirs. Through cooperative effort, much 

has been done to promote best practices based upon sound fundamental principles. This 

effort, within the framework of conservation laws adopted to control the drilling of wells, 

the production rate, and other factors that affect the efficient recovery of oil and gas has 

evolved into the workable system of present day conservation. 

The focus of this conceptual engineering study is an analysis of optimum injector well 

spacing with respect to a given horizontal well in a Lost Hills diatomaceous reservoir. In 

this chapter we will look at the effect of varying the injector spacing with respect to the 

producer from a recovery, pressure response and rate stand point. 
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5.6 Areal Pressure Response        

This technique is used to ascertain those areas in the reservoir unaffected by the voidage in 

the reservoir. This is shown by a change in the pressure from the initial reservoir pressure. 

Pressure response surface provides a simple visualization technique which can yield a basic 

understanding of areal reservoir drainage. The spacing of the injector wells was varied from 

100ft to the producer, 150ft from the producer and 200ft from the producer. 

The following observations can be made based on this study; 

o Overall, despite the commencement of injection at about the same time (2 months 

before production) as production, in all cases the pressure depletion around the 

horizontal wellbore was the same (Figures 38 to 41). 

 

 

o There was no difference between the 150ft and 200ft spacing in terms of the 

signature of the pressure diagram (Figures 38 and 39). 

 

 

o In a 3 year timeline, the reservoir pressure only dropped 100 psi within the vicinity 

of the producing well. 
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Figure 38 – Pressure response, injector 100ft from producer. The yellow cells indicate areas 

that have not been depleted, that is the pressures in this area is still the initial reservoir 

pressure (700 psi). The brown cells show areas in which the pressure has increased by 150 

to 850 psi. The green cells show areas that the pressure has decreased by 200 psi.  
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Figure 39 – Pressure response, injector 150 ft from producer. The yellow cells indicate 

areas that have not been depleted, that is the pressures in this area is still the initial reservoir 

pressure (700 psi). The brown cells show areas in which the pressure has increased by 150 

to 850 psi. The green cells show areas that the pressure has decreased by 200 psi.  

 



96 
 

 

Figure 40 – Pressure response, injector 200 ft from producer. The yellow cells indicate 

areas that have not been depleted, that is the pressures in this area is still the initial reservoir 

pressure (700 psi). The brown cells show areas in which the pressure has increased by 150 

to 850 psi. The green cells show areas that the pressure has decreased by 200 psi.  

 

5.7 Effect of spacing on rates and watercut 

Another reason for increased recovery due to closer producer spacing is the reduction of 

flow resistance. Though in this study, the focus was on the distance or spacing between the 

injectors and the horizontal producer. As mentioned earlier, the distance of the injectors 

from the producer was varied between 100ft, 150ft and 200 ft. It was observed that; 

o For this tight (0.1md) reservoir with rock compressibility in excess of 2x10-5 psi -1 

the peak oil rates for all cases was the same. 
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o After about six months of production, a significant difference between the rates of 

the different scenarios can be observed: The 200ft spacing yields much higher rates 

compared to the 150ft and 100ft spacing (Figure 41). The 150ft spacing also yields 

a rate that is higher than the 100ft spacing. One reason for this may be due to the 

fact that in tight reservoirs, the closer the injector is located to the producer, the less 

effective (decrease in sweep efficiency) the waterflood becomes.  

 

o It was also observed that, the closer the injector well is to the producing well, the 

higher the watercut becomes (Figure 42). 

 

 

Figure 41– Oil rate and well spacing relationship. Red line shows the oil rate for 100 ft 

spacing, green line shows the oil production for 150 ft spacing and the blue line shows the 

oil production for 200 ft spacing. 
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Figure 42 - Watercut versus well spacing. Red line shows the water cut for 100 ft spacing, 

green line shows the water cut for 150ft spacing and the blue line shows the water cut for 

200ft spacing. 

5.8 Stress dependent permeability 

It is pertinent to note that the equations governing isothermal single-phase fluid flow in a 

deformable porous medium are derived along the lines of Biot’s self-consistent theory. The 

bulk solid phase is assumed to consist of a porous skeleton whose voids are filled by the 

fluid. Shear stresses in the fluid phase are assumed small, their effects are assumed to be 

negligible and an all-around pressure state is assumed to prevail in the fluid phase. Fluid 

flow through the moving porous matrix is assumed to be governed by Darcy’s law. 
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In a dual porosity reservoir, when the reservoir pressure decreases, the elastic displacement 

with response to the increase in effective stress will cause natural fractures to close and 

lead to a decline in reservoir productivity. The matrix medium feeds the natural tensile 

fractures and later conducts the fluid to the wellbore. The decline in conductivity with 

increasing effective stress should follow a logical decline rate (Roegiers, et al 1987).  

To effectively study fluid flow through stress dependent porous media, a permeability 

modulus (ᵞ) or gamma has to be incorporated (Nur et al, 1985). This permeability modulus 

was defined (Kikani et al, 1990) as: 

p

k

k 




1
                                                                                                                               (5.8) 

This parameter plays a very important role in systems where changes in effective stress 

affect permeability (Barbara, 2004). The permeability modulus measures the dependence 

of hydraulic permeability on pore pressure. For practical application, the permeability 

modulus is assumed to be a constant. The permeability was observed to have an exponential 

relationship with pore pressure. 

)( pp
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                                                                                                                        (5.8.1) 

Figure 43 is a production plot looking at the effect of varying gamma on producibility, the 

higher the gamma value, the greater the loss of production. The base case used for gamma 

was based on laboratory experiments conducted at Chevron Rock mechanics lab. This is 

expected, since gamma is directly proportional to the permeability. That is the higher the 

gamma value, the higher the reduction in permeability.  
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Figure 43 – Plot showing effect of compaction. Red line indicates the case with no 

compaction, whilst the blue, green, magenta lines indicate compaction cases with varying 

gamma.  

In summary, we have looked at the different ways of doing sensitivity analysis. Reviewed 

the pros and cons of each technique, and decided to use the 2 level design of experiment 

for our sensitivity analysis.  We also identified the key production drivers as matrix 

permeability, initial reservoir pressure, natural fracture density and compressibility of the 

matrix. We also did a parametric study investigating the effect of different variables from 

natural fracture spacing to stress dependent permeability on production performance. 
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CHAPTER 6 

Conclusions and Future 

Directions 
This dissertation addressed the role of incorporating geology and compaction with respect 

to improving production forecasting and history matching in the Lost Hills diatomite 

reservoir. Accounting for geology and compaction helped a great deal in improving 

predictability. A multiphase numerical model was developed that significantly improved 

predictability. 

6.1 Conclusions of the Present Work 

6.1.1 Waterflood Case Study 

A numerical investigation of the role of geology and compaction with respect to 

performance prediction of a highly compacted, low permeability reservoir was investigated 

and reported.  

 The incorporation of lamination into the reservoir simulation model via geopseudos 

was important to obtain a better match with the actual well production profile, both for 

the single and dual porosity approach. This implies that small-scale heterogeneities 

must be incorporated accurately in reservoir simulation models for diatomite reservoirs. 

 

 The geopseudo approach is a practical way to include small-scale heterogeneities via 

multi-stage upscaling because it allows us to capture the single and multi-phase flow 

response due to heterogeneity from the lamina to the bedset scale.  

 

 This work has demonstrated that it is possible to match production history in the 

diatomite by accounting for certain “micro” reservoir properties that influence the 

emergent behavior of the reservoir. We built a robust model capable of predicting oil 

and gas production from petroleum reservoirs containing small-scale lamination such 



102 
 

as the Belridge Diatomite Formation. This model was able to capture the interplay of 

viscous and capillary forces in small-scale lamination. 

 

 Compaction is a critical production driver in diatomaceous reservoirs and needs to be 

represented using an appropriate model for compaction and complementary data from 

laboratory experiments.  This point cannot be overemphasized, considering the 

heterogeneity and compaction-induced production challenges at Lost Hills Field, which 

lead to an extraordinarily low recovery factor and complexity in forecasting production.  

 

 This research also highlighted the effects of compaction (based on experimentation) on 

porosity and especially permeability for the diatomite. The impact is significant, 

showing a 15-45% reduction in permeability at expected maximum reservoir stress 

conditions. 

 

 Including natural and hydraulic fractures in the model showed a significant impact and 

further improved our ability to match production history. 

 

6.2 Directions for Future Research 

6.2.1 Effect of Stresses on Lamina Sets 

During the well production life, rock properties are usually changed when the reservoirs 

experience difference stress state conditions. Reservoirs are subjected to external and 

internal stresses. External stress is due to the weight of surrounding rocks and overburden, 

while internal stress is caused by fluid pressure. 

Geomechanics and fluid flow interaction is crucial for accurate prediction of reservoir 

performance and planning of production operations. 

Experimental results show that the rock permeability changes in response to applying 

variable stresses and stress state conditions (Alqahtani et al., 2011 and other authors). 

Hence the need to conduct extensive research or study on the effect of hydrostatic stress on 

lamina set permeability and porosity. Knowledge of this will be further helpful in 

understanding viscous and capillary effect in fluid flow. 
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6.2.2 Effect of temperature on Relative Permeability, Wettability and 

Capillary Pressures 

An adequate understanding of the effects of temperature on wettability and relative 

permeability is key to optimize and forecast production from thermal projects reliably.  

In order to measure relative permeability in low-permeability, porous media, capillary 

forces cannot be neglected as they are in unsteady-state methods. Capillary pressure has a 

significant effect on saturation distribution and recovery, and capillary forces dominate 

multiphase flow in low-permeability rocks and fractured reservoirs. Hence it is important 

to account for the sensitivity of capillary pressures to temperatures. 

Relative permeability endpoints change with increasing temperature (Poston et al., 1970). 

Hence there presents a need to introduce temperature-dependent relative permeability data 

to the reservoir model. 
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APPENDIX A 

Pore Types in Lost Hills 

Diatomite 
According to a Stanford University research, there are 6 categories of pore types in the Lost 

Hills diatomite. The different pore types are; 

1. PT1 – Smallest pore type; consists of very small intraskeletal and intramatrix pores 

as well as very small intraparticle pores. 

 

2. PT2 – Occurs in regions that are relatively devoid of matrix porosity; unique due to 

their relative isolation from neighboring pores. 

 

3. PT3 – Is composed of small to moderate-sized intraskeletal pores, primarily 

occurring in test fragments as well as some whole tests. 

 

4. PT4 – Consists of small intergranular pores that occur between irregularly shaped 

silt grains and are primarily found in sandy diatomites 

 

5. PT5- Primarily composed of moldic pores as well as relatively large intraskeletal 

pores and occasionally  intragranular pores 

 

6. PT6 – Consists of relatively large, well connected intergranular pores that occur in 

sandy diatomites; occurs in interstitial spaces between very fine-grained sand to 

coarse-grained silt grains in regions that lack pore-occluding matrix. 

 

 Pore Types 1 – 4 are comparatively small versus 5 – 6. 

 

 Pore Types 1 -3 are abundant in clean and clayey diatomite. 
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 Pore Types 4 and 6 occur in sandy diatomite. 

 

 

Figure A1 – Pore Types in Lost Hills Diatomite. 

 

 

 

 

 

 



106 
 

 

 

 

 

 

 

 

 

 

 

 

 

 

Figure A2 – Sandy Diatomite. 
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Figure A3 – Corssplot of Brine Permeability v. Corrected Density Porosity. 
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APPENDIX B 

Rock Mechanics Test 
The field operator tested some rocks to ascertain some mechanical properties of the rock. 

The rock tested in this study was composed of principally amorphous opaline silica diatoms 

with only a trace of crystoballite or chertz quartz. The diatoms were preserved very well in 

the zones tested, evidencing very little of the silica diagenesis. A number of trace elements 

were observed, and the general matrix of broken but unaltered diatom shells, which 

accounts for the large porosity, also was evident. The extraordinary surface area present 

probably accounts for the low permeability to a mixed formation fluid of oil and water. 

Such fragile microstructure makes abrasion and plucking a reasonable form of damage by 

sand-laden fracturing fluid. This accounts for the very low strength of the rock. 

The Young’s modulus of the diatomite varies from 0.2 to 0.032 x 106 psi, is very low 

compared to most sedimentary rocks. The ultimate strength of 1,350 psi agrees remarkably 

well with the embedment test measurement of matrix strength. Assuming a horizontal stress 

gradient of 0.65 psi/ft of vertical depth, this measured strength should be exceeded at 

approximately a 2,000 ft depth. (The actual ratio of horizontal stress with depth may be less 

because of the lighter minerology but may be compenseated by greater transfer of vertical 

load to the horizontal by the ductile nature of the diatomite). This may explain observations 

that the phase transformation to Opal CT, along with the resultant porosity reduction, 

occurs at around 2,000 – 2,500 ft interval. The collapse of the rock matrix alone would 

produce the lower porosities and higher densities and this, in turn, may accelerate the crystal 

transformation to Opal CT. The soft plastic deformation encountered during failure shows 

that the fracturing process during stimulation may not be following the classic brittle 

behavior normally assumed when predicting fracture geometry(Strickland, F.G. et al 1985). 

The definite rate dependency also may influence the pumping rates and affect the formation 

response. 

B1. Embedment vs. Permeability 

As mentioned earlier on, the depletion of reservoir pore pressure during production can 

cause the effective closure stress on Proppant to increase. When the closure stress exceeds 
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the strength of the formation matrix, very rapid embedment of the Proppant into the fracture 

face can be expected. 

The test was conducted by using two-to three grain thickness of the diatomite sample. This 

was chosen to obtain the maximum experimental sensitivity to permeability changes 

resulting from decreased fracture width. It is pertinent to note that the fracture width 

obtained in the field are wider, although how much wider is the topic of debate. Obviously, 

the wider the fracture, the less effect a particular decrease in fracture width will have on the 

permeability. 

The embedment/permeability test demonstrates that reservoir pressure may need to be 

monitored and supported, to prevent dropping below the critical pressure that would cause 

severe embedment. 

Mechanical properties 

The measured mechanical properties were; 

1. Young’s modulus 

2. Poisson’s ratio 

3. Compressive strength 

The physical testing program consisted of Triaxial testing as well as dynamic 

measurements.  

Table B2 – Summary of values of rock properties 

 

It should be noted that in general, dynamic measurements gave higher values of Young’s 

modulus than those obtained under similar static loading conditions. 

 

Property Value

Fracture Gradient -L; Interval (psi/ft) 0.78

Fracture Gradient -U; Interval (psi/ft) 0.5

Fracture Orientation Azimuth N55E

Poisson's Ratio 0.15 - 0.24

Young's Modulus (psi) 200,000

Bulk Compressibility (x 10
-6 

psi
-1

) 30 - 120
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Nomenclature 
API                           American Petroleum Institute 

BOPD                      Barrels of Oil Per Day 

C                              Celsius 

CMG                        Computer Modelling Group 

cp                             centipoise 

DECE                      Designed Exploration Controlled Evolution 

DOE                        Design of Experiment 

E&P                        Exploration and Production 

ft                              feet 

gm/cc                       gramme per centimeter cube 

h                               thickness 

k                               Permeability 

IP                             Initial Peak 

LC                           Lorenz Coefficient 

LHS                        Latin Hypercube Sampling 

md                            milli darcy 

MMBBLS                Million Barrels 

OOIP                        Original Oil in Place 

PBD                         Plackett Burman Design 

ϕ                               Porosity 

psi                             pounds per square inch 

RSM                         Response Surface Model 
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SEM                          Scanning Electron Microscope 

Sw                              Water saturation 

σ                                 Stress 

TVD                          True Vertical Depth 

µm                             micro meter 
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