The function f(x), which represents the pdf for each of the two variables evaluated (oil
recovery efficiency and water cut), fully satisfies the two conditions of a legitimate pdf.
These conditions are:

i. The pdf is greater or equal to 0. That is:
f x

0 (for all x)

(6.2)

ii. The area under the entire pdf curve of f x must be equal to 1. That is:
f x dx

1

(6.3)

Appendix D provides a check for these conditions.

The probability density functions for oil recovery efficiency and water cut, were
generated for high net-to-gross scenarios 1-3 and low net-to-gross scenarios 4-6, using
the algorithm in Equation 6.4.

pdf

√

e

(6.4)

where x is the random variable being considered (oil recovery efficiency or water cut), μ
is the arithmetic mean (hereafter referred to as mean) of the random variable, and σ is
the standard deviation, showing how far away the values of the random variable are from
the mean.

On the pdf plots, probability density is plotted on the y-axis, while oil recovery efficiency
or water cut is plotted on the x-axis. Both x- and y-axes are on a linear scale. From the
results (Figures 6.27 and 6.28), 68% of oil recovery efficiency values over 90 days of
production are within 0.236 and 0.249 in scenarios 1-3, and are within 0.335 and 0.344
in scenarios 4-6. Conversely, 95% of oil recovery efficiency values over the same period
are within 0.229 and 0.256 in high net-to-gross scenarios 1-3, whilst the same percentage
is within 0.330 and 0.349 in low net-to-gross scenarios 4-6 (Figure 6.27). Sixty-eight
percent of water cut values are within 0.504-0.531 range in scenarios 1-3, and 0.7620.815 in scenarios 4-6. By contrast, 95% of water cut values are within 0.491-0.544 range
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Figure 6.27. Comparative probability density function, showing a range of oil recovery
efficiency in scenarios 1-3 and scenarios 4-6. High net-to-gross scenarios 1-3 have a
bigger range of oil recovery efficiency values in both 68% range and 95% range,
suggesting a wider range of uncertainty. By contrast, low net-to-gross scenarios 4-6 are
characterised by a smaller range of oil recovery efficiency values, implying a narrower
range of uncertainty. In addition, expected oil recovery efficiency within the 90-day
period is much lower in the high net-to-gross scenarios (mean=0.243), and considerably
higher in the low net-to-gross scenarios (mean=33.9%).
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Figure 6.28. Comparative probability density function, showing a range of water cut in
scenarios 1-3 and scenarios 4-6. High net-to-gross scenarios 1-3 have a smaller range of
water cut values in both 68% range and 95% range, implying a narrower range of
uncertainty. By contrast, low net-to-gross scenarios 4-6 are typified by a bigger range of
water cut values, indicating a wider range of uncertainty. In addition, expected water cut
within the 90-day period is much lower in the high net-to-gross scenarios 1-3
(mean=0.517), and considerably higher in the low net-to-gross scenarios (mean=0.789).
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in scenarios 1-3, but are confined within 0.736-0.841 range in scenarios 4-6 (Figure 6.28).
The mean oil recovery efficiency varies from 0.243 in the high net-to-gross scenarios (13) to 0.339 in the low net-to-gross scenarios (4-6), with a mean water cut of 0.517 and
0.789, respectively.

6.5

DISCUSSION

6.8.1

Facies characterisation, bed-scale heterogeneity, and attribute indices

Adequate facies definition and classification are imperative for quantitative
characterisation of TBTs/VTBTs for the purpose of providing input parameters for their
modelling and simulation. The six scenarios simulated have varying sandstone content
relative to interbedded mudstone, and the mudstone is mostly fine-medium grained and
moderately-to-well sorted. fa1 -fa3 are dominantly sand-rich, whereas fa4 -fa6 are
significantly mud-prone. The variability in sand content serves as a major source of
sedimentary heterogeneity, impacting sandstone-mudstone ratio, sand and shale
geometry and dimension, lateral and vertical variation in bed thickness, and the attribute
indices, notably the lateral and vertical connectivities, and facies net-to-gross indices. On
top of these variables is the strong control on facies types, facies associations, and their
distribution.
The results reveal a close relationship between bed thickness and vertical
stacking patterns in a typical basin-plain setting. Scenario 1 comprises beds with a
thickness range from 2.5 cm to 19.5 cm and mean bed thickness of 8.3 cm. Sand content
is up to 92.9% with a mean sand content of 58.4% across an interval of bed thickness with
a degree of dispersion of 3.9 cm (Figure 6.15, A). The scenario, largely composed of
fa1 , comprises isolated uniform beds (Figure 6.29). The effect of this bed stacking
pattern reflects in its VCI. Although amalgamation of beds is uncommon, it enhances
apparent vertical connectivity where present (Figure 6.17, A). In addition, apparent
lateral connectivity in scenario 1 is very high in the presence of a high facies net-to-gross
index (Table 6.1 and Figure 6.16).
Scenario 2 consists of a lower range of bed thickness (2-19 cm), with a lower
mean sand content of 51.2% in an interval of bed thickness that is characterised by a
narrower spread (Figure 6.15, B). Like scenario 1, scenario 2 comprises high net-to-gross
plane-parallel beds that are composed of fa1 and fa2 . Conversely, scenario 2 is
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Figure 6.29. Vertical stacking patterns and trend of selected properties for Eocene basin-plain turbidite succession (Itzurun Formation), exposed at
Itzurun beach, Zumaia, Northern Spain.
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characterised by isolated mixed beds (Figure 6.29), with potential for amalgamation over
short distances (Figure 6.17, B). This potential results in higher apparent vertical
connectivity (VCI of 0.50). However, because of the bed stacking pattern, a reasonable
number of very thin beds pinch out laterally, resulting in lower apparent lateral
connectivity (LCI of 0.73) than that in scenario 1, even in the presence of a higher facies
net-to-gross index (Table 6.1 and Figure 6.16).
Scenario 3 is composed of beds that are characterised by an amalgamation
stacking pattern (Figure 6.29). Among the three high net-to-gross scenarios, beds in
scenario 3 have the highest tendency for amalgamation over a considerable distance
(Figure 6.17). The scenario, however, has the widest range of bed thickness (3.2 cm-29
cm), with a corresponding wide range of sand proportion within an interval of bed
thickness that has the most spread from the mean bed thickness when compared to the
other five scenarios (Figure 6.15, B). Consequently, it has a lower apparent vertical
connectivity than in scenario 2 but higher than in scenario 1. Because of the more laterally
continuous beds than in scenarios 1 and 2, apparent lateral connectivity is highest in
scenario 3 with LCI of 0.89 (Table 6.1 and Figure 6.16).
Scenarios 4-6 are composed of beds that are characterised by a mixed isolated
stacking pattern (Figure 6.29). The low net-to-gross scenarios have a mean bed thickness
of 7.2 cm in a range from 2 cm to 21 cm and a mean sand content of 49.1% (Figure 6.15,
D). The scenarios comprise predominantly fa3 with variable interbeds of fa4 (scenario
4), and fa5 (scenarios 5 and 6). In many respects, fa6 forms the background facies
(previously referred to as shale) in all the six scenarios. The low net-to-gross scenarios
have identical facies net-to-gross index (0.35-0.38) and apparent vertical connectivity
(LCI of 0.08) but differ considerably in their apparent lateral connectivity, reducing from
0.55 in scenario 4 to 0.19 in scenario 6 (Table 6.1 and Figure 6.16).
For the six scenarios considered, scenario 3 has the highest static connectivity
(SCI of 0.53), followed by scenario 2 and scenario 1. Scenarios 4, 5, and 6 have very low
static connectivity (0.05-0.12). The 1.4 m-thick non-graded sandy bed that occurs in the
logged section exhibits good lateral continuity as do the surrounding beds. This bed
however, falls outside the interval upon which modelling and flow simulation are based.
Stow et al. (1996) attribute deposition of such beds to exceptional events. I relate the
sandy bed to deposition by a single sand-rich turbidity flow that bypassed the lower fan
to deposit its bedload in the basin plain.
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6.8.2

Oil recovery and fluid displacement process

Facies type and distribution have profound influence on scale and distribution of
sedimentary heterogeneities that control the degree of permeability contrast, which in turn
ultimately controls fluid displacement in a reservoir.
Scenarios 1-3 have higher net-to-gross, lower degree of sedimentary
heterogeneity, and distinctly higher attribute indices than scenarios 4-6. These qualities
translate to better conditions for displacing accumulated hydrocarbon fluids from such
high net-to-gross thinly bedded intervals, and give rise to small permeability contrast over
the entire interval, enabling injected water to displace oil more effectively and uniformly
from the injection well to the production well (Figure 6.30, A-C). In the presence of
attendant risk of early water breakthrough (not earlier than in scenarios 4-6), the
waterflood front advances with less interfingering in scenarios 1 and 2. Scenario 3,
conversely, has a piston-like displacement pattern, thereby reducing the risk of early
water breakthrough observed in scenarios 1 and 2. However, gravity segregation could
be a problem in a reservoir typified by scenario 3 attributes, because of the possibility of
a thief zone in the middle-to-lower layers of the reservoir interval.
Scenarios 4-6, by contrast, are characterised by poorer reservoir quality that is
marked by a considerably lower net-to-gross (NGI of 0.35-0.38) and lower vertical and
lateral connectivities (VCI=0.08 and LCI=0.19-0.55). These poorer qualities lead to a
large permeability contrast that results in more isolated pockets of undrained oil (Figure
6.30, D-F). Turbidite reservoirs that are characterised by the attributes of scenarios 4-6
typically have high permeability layers that act as primary conduits for injected water,
allowing it to displace oil quickly towards the production well. Early on, this situation
leads to higher oil recovery efficiency (Figures 6.25; 6.31, A), but after the initial oil
recovery, these high permeability layers become conduits for channelling water to the
production well, giving rise to higher water production (Figures 6.22; 6.31, B). At the
same time, the low permeability layers in the system are bypassed, resulting in rapid
decline in oil production rate (Figures 6.24; 6.31, A). In the end, the rapid decline in oil
production rate and higher water cut culminate in lower cumulative oil production in
scenarios 4-6 than in scenarios 1-3 (Figures 6.26; 6.31, B).
Among the six scenarios considered, scenario 2 has the lowest water cut,
implying higher cumulative oil production. In striking contrast, scenario 5 has the highest
water cut with the corresponding lowest cumulative oil production.
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A.

Scenario 1

B.

Scenario 2

Figure 6.30. Schematic illustration showing marked patterns associated with waterflood
front after nineteen days of production. (A) scenario 1 (B) scenario 2. See other scenarios
overleaf.
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A.

Scenario 3

D.

Scenario 4

Figure 6.30 continued. (C) Scenario 3 (D) Scenario 4.
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E.

Scenario 5

F.

Scenario 6

Figure 6.30 continued. (E) Scenario 5 (F) Scenario 6.
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A.

B.

Figure 6.31. Comparative charts showing in scenarios 1-6 (A) oil recovery factor and oil
production rate and, (B) cumulative oil production and cumulative water production, after
90 days of production.
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6.6

CONCLUSIONS

This study highlights the strong control of sedimentary heterogeneity on oil recovery and
associated uncertainties. Selected sedimentary attributes integrated into the study include
but are not limited to, bed thickness, vertical stacking patterns, facies continuity, sand and
shale dimensions, facies and facies associations, and attribute indices, notably facies netto-gross, as well as lateral and vertical connectivity indices.
For the six scenarios considered, oil production rate is significantly improved
where the degree of sedimentary heterogeneity is low and leads, therefore, to a reduced
permeability contrast. This holds true for scenarios 1-3 where vertical stacking pattern
or bed architecture encourages better apparent vertical connectivity within intervals of
high facies net-to-gross index and very high lateral continuity of beds. Unlike in scenarios
4-6, the gradual piston-like waterflood front that characterises scenarios 1-3 delays water
breakthrough, producing more oil in the long term. Conversely, scenarios 4-6 are better
for initial high oil recovery, but they are plagued by a much lower oil production rate,
higher water cut, interfingering pattern of waterflood fronts that encourages early water
breakthrough, and a wider range of uncertainty associated with water cut. The early water
breakthrough that typifies scenarios 4-6 allows continuous production of injected water
that culminates in high cumulative water production and more oil trapped in lowpermeability layers, largely bypassed by injected water. These pockets of undrained oil
may never be produced, unless a more effective depletion strategy is considered.
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Chapter 7
A Robust Quantitative Approach for
assessing the Impact of Stratigraphic
Architecture and Uncertainty in Net-to-gross
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A Robust Quantitative Approach for assessing the Impact of Stratigraphic
Architecture and Uncertainty in Net-to-gross on Connectivity and Reservoir
Performance in a Channel to Overbank Setting of the North Brae Field, UKCS
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This chapter provides additional interpretation and discussion of principal results. It is
prepared for publication in AAPG Bulletin. All the work in the article was carried out by
me with editorial support from my principal supervisor (second author). Abstract and
other sections discussed in previous chapters have been removed to avoid repetition.
References have been collated at the end of the thesis.
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7.1

INTRODUCTION

Deepwater exploration and production projects are extremely expensive, often running
into several billions of dollars. As there are economic uncertainties that frequently
influence business decisions relating to development of primary or secondary targets, it
is becoming increasingly important to understand key uncertainties associated with
reservoir volume and their attendant risks to economic recovery of reserves. The sources
of these uncertainties are widely known within subsurface or asset management teams
but their impacts are not often fully addressed, resulting in early development decisions
that make it much more difficult to effectively extend the field life during a subsequent
mature phase (McGann et al., 1991; Garland et al., 1999; MacGregor et al., 2005; Rose
& Pyle, 2015). In the Forties Field, for example, the pay targets (over 100) previously
bypassed in high net-to-gross channel axes and low net-to-gross wing deposits, following
successful drilling, helped to offset production decline, resulting in a late life peak
production of 50,000-60,000 BOPD (Rose & Pyle, 2015). In the Magnus Field, the low
net-to-gross Lower Kimmeridge Clay Formation reservoir was once produced under
natural depletion so as to grow the Magnus Field reserves (Shepherd, 1991).
Second-order uncertainties (defined here as those uncertainties that do not
directly affect reservoir volume) such as stratigraphic architecture, reservoir geometry,
and connectivity, are capable of impacting first-order uncertainties including net-to-gross,
facies distribution, and permeability heterogeneity and tend to influence reservoir
properties. The reservoir properties, in turn, have profound influence on recoverable
hydrocarbon.

Hovadik and Larue (2010) listed some factors controlling dynamic

connectivity to include static connectivity, tortuosity, permeability heterogeneity, fault
transmissibility, time, pressure, and the price of oil. Static connectivity is an intrinsic
reservoir property that controls oil recovery efficiency and determines at what rate the
reservoir fluid is produced (Hovadik & Larue, 2010), overall reservoir performance and
oil recovery outcomes (Sullivan et al., 2004). It is influenced by net-to-gross distribution,
which in turn, is controlled by reservoir architecture as well as geometry and continuity
of sandstone bodies that serve as primary conduits through which fluids flow to
production wells.
Net-to-gross can be estimated from conventional well logs, but in the absence of
cores and/or borehole-image logs, these conventional logs are unlikely to detect thin-tovery thin low resistivity pays, largely because of the poor vertical resolution of such logs
(see Figure 6.4). Consequently, the net-to-gross value estimated from these conventional
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logs may be inaccurate. Aside from this limitation, estimating net-to-gross away from
the wellbore introduces a measure of uncertainty into both the distribution of net-to-gross
and the associated connectivity.
In the literature, a number of studies (King, 1990; Jones et al., 1995; King et al.,
2001; King et al., 2002; Friedmann et al., 2003; Larue & Friedmann, 2005; Falivene et
al., 2006; Larue & Hovadik, 2006; Hovadik & Larue, 2007; Manzocchi et al., 2007;
Keogh et al., 2008; Hovadik & Larue, 2010; Guo et al., 2015; Soleimani & Shokri, 2015;
Sacchi et al., 2016) attempted to relate connectivity to net-to-gross using geostatistical
variogram-based models or stochastic realizations based on variable model seed number.
Another pitfall that underpins these previous studies is related to assumptions that do not
adequately capture geological reality (Larue & Hovadik, 2006; Hovadik & Larue, 2010).
Despite these critical pitfalls, a variety of numerical models have provided useful
insights into understanding the factors that influence connectivity in real hydrocarbon
reservoir systems. King (1990) used randomly placed geometrical shapes embedded in
an impermeable background rock to create overlapping sandbodies, and subsequently
applied percolation theory to predict 2D and 3D connectivity in the sandbodies. While
this approach relates net-to-gross to connectivity, it yields high bulk reservoir
connectivity for reservoir net-to-gross that is above the percolation threshold. Below the
particular threshold in net-to-gross, connectivity approaches zero, and above this
threshold, it is non-zero (King, 1990; Hovadik & Larue, 2007; Hovadik & Larue, 2010).
Larue and Friedmann (2005), using conceptual models of different channelised clastic
reservoir architectures, identify reservoir connectivity and permeability heterogeneity as
two stratigraphic factors that influence recovery efficiency. Friedmann et al. (2003)
emphasise net-to-gross, permeability heterogeneity, mean permeability, mobility ratio
and residual oil saturation as factors that influence waterflood performance in submarine
channelised reservoirs.
Channelised turbidite systems are characteristically complex (DeVries &
Lindholm, 1994; Clark & Pickering, 1996; Weimer & Slatt, 2004; Hubbard et al., 2007a;
Hubbard et al., 2007b; Kane et al., 2007; Labourdette, 2007; Hubbard et al., 2009; Kane
et al., 2009; Kane et al., 2010a; Romans et al., 2011; Sylvester et al., 2011; Hansen et al.,
2015), and are typically composed of channel-fill strata of variable internal continuity and
connectivity. These variables have a profound influence on a reservoir’s performance
(Figure 7.1), and may result in stratigraphic compartmentalisation within turbidite
reservoirs. In such systems, the ultimate reservoir recoveries are largely influenced by
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Figure 7.1. An illustrative sketch showing a conceptualised architecture penetrated by selected wells in the North Brae Field, UKCS. Average net-togross is 0.63 in 16/07a-B14, 0.76 in 16/07a-B1, and 0.54 in 16/07a-B10. If water is injected at 16/07a-B14, oil displacement between 16/07a-B14 and
16/07a-B1 will be markedly different from oil displacement by water injection at 16/07a-B10. This difference in oil displacement pattern is related to
the differing connectivity existing between the high net-to-gross strata in the channel fill and lower net-to-gross in the channel overbank at 16/07a-B14
and 16/07a-B10.
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the size, internal geometry, as well as internal sand distribution, within the reservoirs
(Slatt & Weimer, 1999; Alpak et al., 2013). This chapter, therefore, focuses on assessing
and quantifying the impact of uncertainty in net-to-gross on connectivity, using
conceptualised geologically-realistic scenarios of variable connectivity, with a view to
relating variation in the connectivity to reservoir architecture and geometry of sandstone
bodies at inter-well scale. It is hoped that the results will better improve the understanding
of the impact of connectivity on oil recovery, and serve as a tool to predict oil production
decline in turbidite reservoirs.

7.2

THE STUDY AREA

The study area, the North Brae Field, is discussed in Chapter 4 of this thesis.

7.3

BUILDING THE RESERVOIR MODELS

7.3.1

Sediment facies

The two wells used for the present study (16/07a-B1 and 16/07a-B14) are part of nine
wells from the North Brae Field studied in detail (Figure 7.2). These wells have excellent
core recovery ranging from 85-100%. Well 16/07a-B1 is extensively cored over the
entire reservoir interval and, core recovery in 16/07a-B14 is about 85% (Figure 7.3). Core
examination and logging provide lithology information and attribute data.
Considering the scale of heterogeneity adequate for flow simulation, four
principal sediment facies (otherwise referred to as ‘facies associations’) are recognised in
the study area on the basis of their composition and sandstone-mudstone ratio. These
facies associations are described briefly as follows:

i.

FA1

: silty/sandy mudstone, mostly occurring as interlaminated non-fissile,

occasionally carbonaceous, shale and siltstone.

Average silt/sand <20%.

Largely VTBTs. Beds seldom exceed 5 cm in thickness. Sand lenses are
common in places.

ii.

FA2

: shaly/silty sand.

This facies association primarily occurs as

interlaminated and interbedded sandstone and mudstone with a range of sand
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Figure 7.2. Facies distribution map. The map shows the distribution of primary facies
associations in the Upper Brae Formation at the study area. The black solid line A-B is
the segment in focus in this chapter.
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Figure 7.3. Core photograph covering 65 ft-thick cored interval in 16/07a-B14. The
entire interval (12174-12109 ftSS) comprises thin and very thin-bedded turbidites.
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content from 20 to 80%. The average sand content is 50-60%. FA2

is

largely composed of TBTs and VTBTs. Thicker beds are uncommon.

iii.

FA3

: average 85-99% sand. Mudstone is rare but may occur as thin

mudstone layers between sandstone beds.

Sandstone is medium-coarse

grained, moderately hard and partially friable and, largely, moderately well
sorted. FA3

has very good porosity but in places becomes calcareous. No

VTBTs and beds frequently exceed 10 cm in thickness. In places, sandstone
beds comprise rip-up clasts at the base. These clasts reduce in size upwards.

iv.

FA4

: conglomerate. Variable sandstone clast sizes occurring as blocky

pebbles and cobbles with average diameter ranging from 2 cm to 6 cm. The
conglomerate is clast-supported with 70% clasts in a medium-grained,
moderately sorted, slightly to moderately cemented sandstone matrix (about
30%). Sandstone matrix is calcareous in places. Mudstone clasts are rare.

7.3.2

Facies correlation

In order to reduce uncertainty relating to litho-typing (or lithology definition) in the
uncored interval of 16/07a-B14, and for accurate log correlation, core descriptions were
used to calibrate wireline log data. The wireline log suite used comprises gamma ray
(GR), to delineate lithology and estimate volume of shale, and a combination of neutron
and density (N-D) logs, to improve lithology delineation and provide better estimation of
volume of shale (Figure 7.4). The resultant volume of shale was used to derive net-togross property for the interval of interest, using Techlog 2014 package, and subsequently
imported into Petrel 2015 package. The wireline logs were spaced using well spacing
obtained from the top structure map of the Brae Formation, and aligned to the top of the
Brae Formation. The core-integrated logs were correlated layer-by-layer at the scale of
the grid cell, to build a comprehensive lithostratigraphic framework in each of the three
scenarios (i.e. architectural styles) considered in this chapter.
In the evaluation of turbidite reservoirs, both thickness and lateral continuity of
thin-bedded heterolithic intervals are key uncertainties that impact net thickness and
spatial distribution of reservoir quality sandstone. To capture these uncertainties, three
deterministic scenarios, derived from the lithostratigraphic frameworks conceptualised
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Figure 7.4. Wireline log suite comprising gamma ray (GR), neutron (NPHI) and density
(RHOB) logs in addition to GR log-derived and neutron-density log-dervied volume of
shale logs (VSH_GR, and VSH_ND, respectively). To the right of the figure is a facies
log for the cores shown in Figure 7.3. Intervals of respective facies associations are
indicated on the facies log.
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A.

B.

Figure 7.5. Scenario 1 (A) Core-integrated wireline log correlation, and (B)
lithostratigraphic framework. The lithostratigraphic framework is based on interpretation
of core-integrated gamma ray and combined neutron-density logs. Black thick lines
indicate cored intervals. Inter-well spacing is indicated by the number at the base. Wells
are hung at the top of the Brae Formation.
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A.

B.

Figure 7.6. Scenario 2 (A) Core-integrated wireline log correlation, and (B)
lithostratigraphic framework. The lithostratigraphic framework is based on interpretation
of core-integrated gamma ray and combined neutron-density logs. Black thick lines
indicate cored intervals. Inter-well spacing is indicated by the number at the base. Wells
are hung at the top of the Brae Formation.
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A.

B.

Figure 7.7. Scenario 3 (A) Core-integrated wireline log correlation, and (B)
lithostratigraphic framework. The lithostratigraphic framework is based on interpretation
of core-integrated gamma ray and combined neutron-density logs. Black thick lines
indicate cored intervals. Inter-well spacing is indicated by the number at the base. Wells
are hung at the top of the Brae Formation.
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for the segment under study, were put forward (Figures 7.5-7.7). From a reservoir
architecture viewpoint, the three scenarios are different and have dissimilar sedimentary
attributes and attribute indices.
Scenario 1 consists of a channel within a slope system with the thickest part of
the channel-fill penetrated by 16/07a-B1, whilst marginal extensions are penetrated by
16/07a-B10 in the south and 16/07a-B14 in the north (Figure 7.5). The 950 ft (290 m)
deep sequence comprises FA3

and FA4

but to a lesser degree, are FA1
sequence comprises FA2

, with the latter dominant. Also present,

and FA2

in variable proportions. The slope

, and to a lesser degree FA1

absent in the slope sequence but FA4

. FA3

is not entirely

is.

Scenario 2 comprises vertically-stacked channel-levees within a slope system.
The channel-fills are composed of FA4
upwards into an interval of FA3
Figure 7.6, FA3

, with each channel-fill sequence passing

, and finally topped by FA2

. As illustrated in

extends to the overbank area to form multiple levees of variable

thicknesses. The stacking patterns of respective channel forms combine to form a levee
complex that bound the slope sediments.
Scenario 3 is composed of laterally-stacked channel-levees within a slope
system. Unlike in scenario 2, the geometry in scenario 3 imprints upon its levees a steplike vertically isolated stacking pattern (Figure 7.7). The levees have a highly variable
lateral continuity in addition to their variable dimensions (length and width). Both
scenarios 2 and 3 have a similar facies composition.

7.3.3

Populating the models

7.3.3.1 Three-dimensional grid
The three scenarios considered in this study were modelled for subsequent waterflood
simulation. The model layers were designed to capture heterogeneity in a vertical
resolution up to 8.3 ft (2.5 m). The three-dimensional Cartesian grid has an average
increment of 20 ft by 20 ft by 8.3 ft along X, Y, and Z directions, respectively. One
hundred geological layers were defined in order to have a grid with resolution sufficient
to capture the scale of heterogeneity of interest yet without losing geological details, and
able to perform flow simulation without having to coarsen it. The grid comprises a total
of 197,800 cells, and is characterised by corner-point geometry. This geometry is
preferred to block-centred and radial geometries, because it can accept a variety of shapes.
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The grid design is based on a down-gridding approach using geological considerations
guided by core-integrated well correlation.

7.3.3.2 Volume of shale and net-to-gross realizations
To delineate volume of shale (Vsh) from a gamma ray (GR) log, lower and upper
limits of GR were selected on a GR multi-well histogram (represented as a curve in Figure
7.8). A pair of lower and upper limits defined on the curve yields a resultant GR-based
Vsh model (Figure 7.9). For each Vsh derived from combined neutron-density (N-D)
logs, the combined logs were plotted as a crossplot with bulk density on the vertical axis,
and neutron porosity on the horizontal axis (Figure 7.10). These axes are on a linear scale.
The N-D crossplot comprises three mineral lines that represent Quartz sandstone, Calcite
and Dolomite. Aside from the mineral lines, there are six Iso-Clay content lines that
represent a proportion of clay content in a sample of sandstone in relation to the dominant
constituent mineral (Quartz, Calcite, and Dolomite). The Iso-Clay content lines vary
from 0% (line of zero clay content and Quartz sandstone) to 100% (line of 100% clay
content). Mathematically, Vsh derived from N-D crossplot is based on Equation 7.1.

V

ND

∅N

∅D ⁄ ∅N

∅D

(7.1)

Where:
∅N is apparent neutron porosity
∅D is apparent density porosity
∅N

is apparent neutron porosity in clay

∅D

is apparent density porosity in clay

V

ND represents volume of shale (Vsh) derived from neutron-density logs

The N-D crossplot method is appropriate for interpreting wet clay volume in shaly
formations. By varying the percentage of sandstone on the Quartz mineral line, and wet
clay point, five different Vsh models or realizations were obtained. The five N-D-derived
and four GR-derived Vsh models (Appendix E) make up the nine Vsh realizations used
in this chapter to assess the impact of uncertainty in net-to-gross on connectivity and
reservoir performance. The nine realizations provide a gradation in Vsh from high (GR230

Figure 7.8. Cumulative frequency curve for gamma ray (GR). This curve forms the basis upon which GR-based volume of shale (Vsh) model is based.
On the curve, both lower and upper limits of GR are selected to generate a Vsh model (Figure 7.9) from which a net-to-gross model is derived.
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Figure 7.9. Comparison of the volume of shale (Vsh) derived from a gamma ray (GR)
log and a combination of neutron and density (N-D) logs from 16/07a-B1. The first track
from the left consists of a GR log, followed by the Vsh derived from a GR log. In the
third track are N-D logs and in the fourth is Vsh derived from N-D logs. High Vsh
represents low net-to-gross. Vsh ranges from 0 to 1.
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A.

B.
Figure 7.10. (A) A sketch of N-D cross-plot for interpreting volume of shale (Vsh) in a
shaly formation. (B) N-D cross-plot for 16/07a-B1 using Techlog 2014 package.
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derived) to low (N-D-derived). The resultant Vsh models were translated to net-to-gross
realizations using Equation 7.2.
NTG

1

V

(7.2)

Where:
NTG is net-to-gross (dimensionless), and
V

is volume of shale (dimensionless)

7.3.3.3 Property upscaling and modelling
Core-calibrated well logs from 16/07a-B1 and 16/07a-B14 were interpreted to generate a
(sediment) facies log for each well. The facies logs comprise silty/sandy shale (FA1
shaly sand (FA2

), sand (FA3

), and conglomerate (FA4

),

). The facies property

logs were upscaled using a suitable method (most of) to average the constituent facies in
each of the 197,800 grid cells. This average method allows the lithology that is most
abundant in a cell to represent the cell. The result was quality-controlled using the volume
of shale interpreted from combined neutron-density logs.
In order to capture the conceptualised schemes (Figures 7.5-7.7), three different
architectural styles (channel and slope, vertically-stacked channel-levees and slope, and
laterally-stacked channel-levees and slope) were modelled using an object modelling
approach based on the parameters in Table 7.1.

The upscaled facies logs were

conditioned to the three object models. The nine net-to-gross realizations (hereafter
referred to as cases), porosity, and permeability logs were upscaled using arithmetic
average method, and subsequently conditioned to the upscaled facies propoerty. The
facies-conditioned upscaled properties were modelled using Sequential Gaussian
Simulation algorithm.

7.3.4

Facies attribute indices

For any depletion strategy by water injection to result in economic oil recovery, there
must be connectivity between the injection wells and the production wells.

The

effectiveness of these connectivity pathways or flow conduits, depend on the proportion
of sand that connect together. The connectivity of these sands that form the flow conduits
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Table 7.1. Channel dimensions used in the study. Dimensions were extracted from
lithostratigraphic framework for each of the three architectural styles (or scenarios)
considered.

Property

Value

Scenario 1
Width

922.3 m

Thickness

259 m

Width-to-thickness ratio

~4:1

Scenario 2
Width

250-350 m

Thickness

85 m

Width-to-thickness ratio

~3:1 – 4:1

Scenario 3
Width

495-635 m

Thickness

128 m

Width-to-thickness ratio

~4:1 – 5:1
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is very uncertain. In order to reduce this uncertainty, the concept of attribute indices
(Chapter 3) was adopted to better quantify (static) connectivity at inter-well scale.
The impact of uncertainty in net-to-gross on connectivity is brought to light
using the attribute indices approach to calculate connectivity at variable net-to-gross
realizations. This approach is preferred to stochastic-based approach (Larue & Hovadik,
2006; Hovadik & Larue, 2007; Hovadik & Larue, 2010) because it utilises real data
incorporated from cores. In this way, it serves to ground-truth reservoir models, help to
discriminate between deepwater architectural elements, and form a predictive tool for
their quantitative characterisation and estimation of (static) connectivity (Chapters 3, 4,
5, and 6). The results of connectivity (otherwise referred to as static connectivity) over a
range of net-to-gross values (Figure 7.11) show closely comparable trends for facies Netto-Gross Index (NGI) and connectivity (Sand Connectivity Index, SCI) in the nine
realizations modelled for each of the three scenarios considered.
SCI is particularly useful for estimating connectivity in TBT-associated
deepwater reservoirs and has been applied in this chapter to estimate the variability of
connectivity. SCI-derived connectivity differs from bulk reservoir connectivity because
the former is dependent on realistic sedimentary attributes of reservoir facies and the latter
on model grid or statistically-derived geobody volume. According to Hovadik and Larue
(2010), bulk reservoir connectivity is measured as a ratio of the biggest geobody volume
to the volume of the grid, or by computing the ratio of the biggest geobody volume to the
volume of all reservoir geobodies. Because the attribute indices vary considerably, even
at small inter-well spacing, four locations away from the production well (16/07a-B1)
were selected (Figure 7.12). The results of the attribute indices calculated for the four
locations are presented in Figure 7.13 and Table 7.2.
As observed in Table 7.2, for a distance of 725 ft (~220 m) from 16/07a-B1, NGI
in the 3 scenarios is 1. At this interval, VCI varies from 0.78 in scenario 1 to 0.87 in
scenario 3, and LCI reduces from 0.90 in scenario 1 to 0.41 in scenario 2 and 0.57 in
scenario 3. Following this trend, SCI varies from 0.84 in scenario 1, 0.63 in scenario 2
to 0.72 in scenario 3 (Figure 7.13, Table 7.2). At 1405 ft (~428 m) from 16/07a-B1, NGI
ranges from 0.98 to 1.00, accompanied by variable VCI that ranges from 0.94 in scenario
1, through 0.97 in scenario 2 to 0.99 in scenario 3. LCI in scenarios 1 and 3 remains 0.38
but reduces in scenario 2 to 0.27. There is a similar trend in SCI values having 0.65, 0.62,
and 0.68 in scenarios 1, 2, and 3, respectively. At 1935 ft (~590 m) from 16/07a-B1, NGI
varies from 0.94 in scenario 1 to 1.00 in scenario 3. There is a similar trend in VCI,
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Figure 7.11. Comparative charts showing trends of nine net-to-gross (NGI) realizations
and corresponding connectivity (SCI) trends in scenarios 1-3. From these charts, it is
clear that both net-to-gross and associated connectivity have similar trends, with
connectivity increasing at a slower rate than net-to-gross.
237

A.

Scenario 1

B.

Scenario 2

Figure 7.12. Extracted section from the lithostratigraphic framework in scenarios 1-3
(see Figures 7.5-7.7). (A) Scenario 1 (B) Scenario 2 (C) Scenario 3 (overleaf). This
extracted section was used for modelling and flow simulation. Parameters for calculating
attribute indices were extracted from locations 1-4, shown on top of each section.
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C.

Scenario 3

Figure 7.12 continued.
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A.

Scenario 1

B.

Scenario 2

C.

Scenario 3

Figure 7.13. Comparative charts showing selected attribute indices profiles for (A)
scenario 1, (B) scenario 2, and (C) scenario 3, vis-à-vis selected locations from 16/07aB1, shown in Figure 7.12. (1) 725 ft, (2) 1405 ft, (3) 1935 ft, and (4) 2365 ft.
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Table 7.2. Results of attribute indices calculated for selected locations (shown in Figure
7.12).
Distance from production well (16/07a-B1)
Scenarios

Attribute indices
725 ft

1405 ft

1935 ft

2365 ft

NGI

1.00

0.98

0.94

0.97

VCI

0.78

0.94

0.91

0.94

LCI

0.9

0.38

0.34

0.37

SCI

0.84

0.65

0.59

0.63

NGI

1.00

1.00

0.96

0.95

VCI

0.85

0.97

0.94

0.91

LCI

0.41

0.27

0.28

0.32

SCI

0.63

0.62

0.59

0.58

NGI

1.00

1.00

1.00

0.99

VCI

0.87

0.99

1.00

0.98

LCI

0.57

0.38

0.34

0.38

SCI

0.72

0.68

0.67

0.68

1

2

3
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increasing from 0.91 in scenario 1 to 0.94 in scenario 2 and 1.00 in scenario 3. LCI, on
the other hand, is 0.34 in scenarios 1 and 3, and 0.28 in scenario 2. Scenarios 1 and 2
have SCI of 0.59, whereas scenario 3 has SCI of 0.67. At 2365 ft (~720) from 16/07aB1 (i.e. 16/07a-B1 to 16/07a-B14), NGI is closely comparable ranging from 0.97 to 0.99
in the three scenarios considered. VCI is 0.94 in scenario 1, 0.91 in scenario 2, and 0.98
in scenario 3. The values of LCI in scenario 1 and scenario 3 are close, being 0.37 and
0.38, respectively. It is lower in scenario 2, being 0.32. Following this trend, SCI in
scenarios 1 and 3 are closely comparable with a value of 0.63 and 0.68, respectively. It is
lower in scenario 2, being 0.58.
Overall, average NGI is 0.97 in scenario 1, 0.98 in scenario 2, and 1.00 in
scenario 3. Average VCI varies from 0.89 in scenario 1, through 0.92 in scenario 2, to
0.96 in scenario 3 with average LCI of 0.50, 0.32, and 0.42, respectively. These values
correspond to an average SCI of 0.68 in scenario 1, 0.61 in scenario 2, and 0.69 in scenario
3.

7.3.5

Reservoir models

7.3.5.1 Facies models
The facies models of the three scenarios considered are presented in Figure 7.14. In these
models, FA1

makes up 1.9%, 2.3%, and 0.29% of the constituent facies associations

in scenarios 1, 2, and 3, respectively, whereas FA2

constitutes 38.2% in scenario 1,

61.5% in scenario 2, and 65.2% in scenario 3. Conversely, FA3

makes up 20.2%,

11.4%, and 8.3% of the constituent facies associations in scenarios 1, 2, and 3,
respectively. FA4

, meanwhile constitutes 39.7% in scenario 1, 24.8% in scenario 2,

and 26.2% in scenario 3.

7.3.5.2 Continuous property models
Figure 7.15 comprises net-to-gross (NTG) models for the three scenarios being
considered. Average NTG is 0.79, 0.73, and 0.72 in scenarios 1, 2, and 3, respectively.
Overall, NTG is highest in FA3

and lowest in FA1

. Following the NTG trends,

average porosities in the three scenarios are closely comparable, with 0.14 in scenario 1,
0.13 in scenario 2, and 0.12 in scenario 3. As revealed by the porosity models (Figure
7.16), FA3

has the highest porosity values, followed by FA4
242

and FA2

, with

A.

Scenario 1

B.

Scenario 2

Figure 7.14. Facies model for (A) scenario 1, (B) scenario 2, and (C) scenario 3
(overleaf).
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C.

Scenario 3

Figure 7.14 continued.
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A.

Scenario 1

B.

Scenario 2

Figure 7.15. Net-to-Gross model, derived from neutron-density logs, and conditioned to
facies distribution, for (A) scenario 1, (B) scenario 2, and (C) scenario 3 (overleaf).
245

C.

Scenario 3

Figure 7.15 continued.
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A.

Scenario 1

B.

Scenario 2

Figure 7.16. Porosity model, conditioned to facies distribution, for (A) scenario 1, (B)
scenario 2, and (C) scenario 3 (overleaf).
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C.

Scenario 3

Figure 7.16 continued.
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FA1

having the lowest values. From the horizontal permeability and vertical

permeability models for the three scenarios considered (Figures 7.17, 7.18), average
(arithmetic mean) horizontal permeability is 197.3 mD in scenario 1, 202.9 mD in
scenario 2, and 151.5 mD in scenario 3.

Scenario 2 has the highest horizontal

permeability, whilst scenario 3 has the lowest. Contrary to the horizontal permeability
trend, average vertical permeability is highest in scenario 1 with 93.9 mD and lowest in
scenario 3 with 70 mD. Scenario 2 has an average vertical permeability of 84.3 mD.
Overall, FA3

has the highest horizontal and vertical permeability values and FA1

the lowest values.
For the realized net-to-gross models (Appendix F), average net-to-gross is 0.48,
while the property varies from 0.34 in model 1 to 0.62 in model 9.

7.4

FLOW SIMULATION

For the purpose of this study, a waterflood simulation that utilised the same development
strategy for the three scenarios considered was performed. In each scenario, the reservoir
is to be depleted by injecting as much water as the oil being produced. The 20,000 BBL/D
of water injection through 16/07a-B14 provides pressure support for the reservoir,
keeping oil production at the same rate through 16/07a-B1. Table 7.3 shows initial
conditions set for the waterflood simulation. The three scenarios have widely comparable
producibility that is discussed as follows:

7.4.1

Oil initially in place and range

For the three scenarios (architectural styles), oil initially in place (OIIP) is highest in
scenario 1 with 59.1 MMBBL and lowest in scenario 3 with 46.7 MMBBL. OIIP in
scenario 2 is 49.9 MMBBL, indicating 18.5% decrease in comparison with OIIP in
scenario 1, and 6.3% increase in comparison with OIIP in scenario 3 (Figure 7.19).
Considering the twenty seven cases simulated to assess the impact of
uncertainty in net-to-gross on connectivity and reservoir performance, OIIP is highest in
N-D-derived case 9 with 44.9 MMBBL and lowest in GR-derived case 1 with 39.0
MMBBL for scenario 1 cases. The same trend is observed in scenarios 2 and 3 (Figure
7.20). Average OIIP in the nine cases in scenario 1 is 42.4 MMBBL in contrast to 35.4
MMBBL in scenario 2 cases and 32.7 MMBBL in scenario 3 cases (Figure 7.21). While
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A.

Scenario 1

B.

Scenario 2

Figure 7.17. Horizontal permeability model, conditioned to facies distribution, for (A)
scenario 1, (B) scenario 2, and (C) scenario 3 (overleaf).
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C.

Scenario 3

Figure 7.17 continued.
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A.

Scenario 1

B.

Scenario 2

Figure 7.18. Vertical permeability model, conditioned to facies distribution, for (A)
scenario 1, (B) scenario 2, and (C) scenario 3 (overleaf).
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C.

Scenario 3

Figure 7.18 continued.
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Table 7.3. Initial conditions set for flow simulation studies.

Property

Value

Minimum pressure

1160.3 psi

Maximum pressure

5076.3 psi

Reference pressure

3118.3 psi

Bubble point pressure

1160.3 psi

Pressure at datum depth

5134.0 psi

Bottom hole pressure

6500 psi

Datum depth

11939.0 ft

Reservoir fluids

Oil, water

Gravity

45 0API

OWC

12900 ft

Depletion strategy

Waterflood

Displacement fluid

Injected water

Injection rate

20,000 RB/d

Production rate

20,000 RB/d

Production start date

1 January, 2017

Production end date

1 January, 2022

Completion strategy

Entire reservoir interval
perforated
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Yellow = scenario 1; Red = scenario 2; Blue = scenario 3

Figure 7.19. Oil in place profiles for five years of production in scenarios 1-3.
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A.

Scenario 1 simulated cases

B.

Scenario 2 simulated cases

Figure 7.20. Oil in place (OIP) profiles, over five years of production, for the nine netto-gross realizations simulated (cases 1-9) in (A) scenario 1, (B) scenario 2, and (C)
scenario 3 (overleaf).
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C.

Scenario 3 simulated cases

Figure 7.20 continued.
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Figure 7.21. Comparative charts showing variation in oil in place at start up and after 5
years of production, for nine net-to-gross realizations in (A) scenario 1, (B) scenario 2,
and (C) scenario 3.
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the OIIP in scenario 1 cases have the least spread (standard deviation=2.1 MMBBL), the
OIIP in scenario 2 cases have the most spread (Figure 7.22, A), having a standard
deviation of 3.4 MMBBL. Of the three scenarios, mean OIIP in scenario 1 cases has the
highest peak, having a probability density of 0.194, whereas the mean OIIP in scenarios
2 and 3 cases peaks at 0.118 and 0.130, respectively. Aside from having the least spread
in OIIP, scenario 1 cases have oil in place (OIP) with the least spread over five years of
production, with a mean OIP of 23.1, peaking at probability density of 0.3. OIP values
in scenario 1 cases have the least standard deviation (1.3 MMBBL), followed by scenario
3 cases with a standard deviation of 1.9 MMBBL. OIP values over the five-year period
are most deviated in scenario 2 cases with a standard deviation of 2.0 MMBBL (Figure
7.22, B).

7.4.2

Water cut and range

Injected water made it through to the production well, first in scenario 3 (685 days),
followed by scenario 2 (734 days). Water breakthrough is most delayed in scenario 1
(956 days). Peak water cut is highest in scenario 3 and lowest in scenario 1, whereas peak
water cut in scenario 2 lies in-between (Figure 7.23). Prior to water breakthrough, the oil
recovery efficiency profile is quite similar in scenarios 2 and 3, rising faster than the
profile in scenario 1 (Figure 7.24, A). At water breakthrough, oil recovery efficiency is
28% in scenario 1, whereas it remains 12% in scenario 2 and 11% in scenario 3. At the
end of production, oil recovery efficiency is highest in scenario 2 at 43% in contrast to
42% in scenarios 1 and 3, reflecting a decrease of ~2.4% in both scenarios (Figure 7.24,
B).
Water cut profiles have similar trends for each of the nine cases simulated for
the three scenarios (Figure 7.25). In scenario 1, water breakthrough is earliest in case 2
(634 days) and most delayed in case 9. Average water breakthrough time in this scenario
is 690 days. In scenarios 2 and 3, average water breakthrough times are 550 days and
494 days, respectively. In both scenarios, water breakthrough is earliest in case 1 and
most delayed in case 9. Over five years of production, scenario 1 cases have the least
mean water cut (0.89), whereas scenario 3 cases have the highest water cut (0.93).
Although mean water cut in scenario 2 cases is 0.92, water cut values during the period
of production are most deviated (standard deviation=0.012) from the mean water cut,
unlike in scenario 1 and scenario 3 cases with less deviation (standard deviation=0.009)
(Figure 7.26).
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A.

B.

Figure 7.22. Probability density functions, illustrating spread in (A) oil initially in place
(OIIP), and (B) oil in place (OIP) over five years of production, in the nine net-to-gross
realizations simulated for scenarios 1-3. Four of these realizations (cases 1-4) are based
on net-to-gross that was derived from gamma ray log, and the other five realizations
(cases 5-9) are based on net-to-gross that was derived from neutron-density logs. OIIP
in scenario 1 cases have the least spread, whereas OIIP in scenario 2 cases have the most
spread (7.22, A). The same trend is observed in OIP (7.22, B).
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Yellow = scenario 1; Red = scenario 2; Blue = scenario 3

Figure 7.23. Water cut profiles for five years of production in scenarios 1-3.
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Yellow = scenario 1; Red = scenario 2; Blue = scenario 3
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Figure 7.24. Comparative (A) oil recovery efficiency profiles over five years of
production for scenarios 1-3, and (B) charts at water breakthrough and after the five-year
period for scenarios 1-3.
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A.

Scenario 1 simulated cases

B.

Scenario 2 simulated cases

Figure 7.25. Water cut profiles, over five years of production, for the nine net-to-gross
realizations simulated (cases 1-9) in (A) scenario 1, (B) scenario 2, and (C) scenario 3
(overleaf).
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C.

Scenario 3 simulated cases

Figure 7.25 continued.
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Figure 7.26. Probability density functions, illustrating spread in water cut, in the nine
net-to-gross realizations simulated in scenarios 1-3.
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7.4.3

Oil production rate

Oil production rate profiles in the three scenarios considered are initially broadly
comparable (Figure 7.27). However, there is a significant decline in the initial rate from
17,120 BBL/D in scenario 1, 17,121 BBL/D in scenario 2, and 17,120 BBL/D in scenario
3 after their respective water breakthroughs. The sharp decline in rate is observed first in
scenario 3 after 685 days, followed by scenario 2 after 734 days and much later in scenario
1 after 956 days. At the end of the 5-year period, the rate profile follows the initial trend,
highest in scenario 1 at 4,421 BBL/D and lowest in scenario 3 at 2,513 BBL/D. The rate
in scenario 2 at the end of production is 2,936 BBL/D, corresponding to an increase of
14.4% over the rate in scenario 3 but a decrease of 50.6% from the rate in scenario 1.
Oil production rate profiles for the nine cases are presented in Figure 7.28. From
the results, initial (start-up) oil production rates in the cases are quite similar in the three
scenarios considered. The differential decline in rate observed for the cases at a later
stage is related to their respective water breakthroughs. Oil production rates are most
varied in scenario 2 cases, having a standard deviation of 233 BBL/D, followed by
scenario 1 cases with a standard deviation of 182.3 BBL/D. Having a standard deviation
of 179.9 BBL/D, scenario 3 cases have the least variation in oil production rate (Figure
7.29). Contrary to this trend, mean oil production rate is highest in scenario 1 cases
(2,066.5 BBL/D) and lowest in scenario 3 cases (1,356.7 BBL/D). Scenario 2 cases has
mean oil production rate of 1,520.7 BBL/D.

7.4.4

Oil recovery efficiency and cumulative production

Cumulative oil production profiles are similar early on in the three scenarios (Figure 7.30,
A). Because of delay in water breakthrough, cumulative oil production is highest in
scenario 1 with 16.4 MMBBL.

Scenario 2 has 12.6 MMBBL of cumulative oil

production, indicating a decrease of 30% in comparison with scenario 1. By contrast,
scenario 3 has 11.7 MMBBL of cumulative oil production, reflecting a decrease of 39.5%
when compared with scenario 1. From the respective water breakthroughs to the end of
production, cumulative oil production increased by 34%, 42%, and 40% in scenarios 1,
2, and 3, respectively (Figure 7.30, B).
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Yellow = scenario 1; Red = scenario 2; Blue = scenario 3

Figure 7.27. Comparative profiles of oil production rate over five years of production in
scenarios 1-3.
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A.

Scenario 1 simulated cases

B.

Scenario 2 simulated cases

Figure 7.28. Oil production rate profiles, over five years of production, for the nine netto-gross realizations simulated (cases 1-9) in (A) scenario 1, (B) scenario 2, and (C)
scenario 3 (overleaf).
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C.

Scenario 3 simulated cases

Figure 7.28 continued.
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Figure 7.29. Probability density functions, illustrating spread in oil production rates, in
the nine net-to-gross realizations simulated in scenarios 1-3.
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Yellow = scenario 1; Red = scenario 2; Blue = scenario 3
A.

Scenarios

3

After 5 years

2

At water
breakthrough

1
0

5

10

15

20

25

30

Cumulative oil production (MMBBL)
B.

Figure 7.30. Comparative cumulative oil production (A) profiles over five years of
production, and (B) charts at water breakthrough and after the five-year period, for
scenarios 1-3.
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The oil recovery efficiency profiles for the scenarios’ cases indicate a closely
comparable initial oil recovery efficiency (Figure 7.31). At water breakthrough, the cases
in scenario 1 have slightly higher oil recovery efficiency (0.28) than their counterparts in
scenarios 2 and 3 (0.26). At the end of five years of production, oil recovery efficiency
is 0.45 in scenarios 1 and 3, and slightly higher in scenario 2 (0.47). The probability
density function for nine cases in the three scenarios show a similar spread (Figure 7.32),
having a standard deviation of 0.01.

7.4.5

Oil production decline forecast

Oil production decline forecast in the three scenarios considered is based on the approach
of decline curve analysis. The approach concerns the ratio of fractional change in
production rate over time (Arps, 1945). Aside from its application in forecasting decline
in rates, it is capable of estimating recoverable hydrocarbon in place, hydrocarbon
reserves at abandonment conditions, as well as forecasting oil well performance (Sun,
2015). In forecasting flow rate in unit time, three decline curves, otherwise referred to as
Arps decline curves, are commonly used. In these curves, flow rates are plotted on the
vertical axis with time on the horizontal axis, and both axes on a linear scale. The decline
models are summarised as follows:

i.

Hyperbolic decline model: Hyperbolic decline rate varies in unit time and can be
derived as:

q

q⁄1

nxb xt

q is flow rate at time t

(7.3)
0;

q is initial flow rate;
n is hyperbolic constant 0

n

b is initial decline rate at time t

ii.

1 ; and
0.

Exponential decline: In exponential decline, decline rate is constant such that n
0. When plotted on a log-scaled production versus linear-scaled time graph,
exponential decline plots perfectly as a straight line. Mathematically, it is expressed
as:
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A.

Scenario 1 simulated cases

B.

Scenario 2 simulated cases

Figure 7.31. Oil recovery efficiency profiles, over five years of production, for the nine
net-to-gross realizations simulated (cases 1-9) in (A) scenario 1, (B) scenario 2, and (C)
scenario 3 (overleaf).
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C.

Scenario 3 simulated cases

Figure 7.31 continued.
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Figure 7.32. Probability density functions, illustrating spread in oil recovery efficiency,
in the nine net-to-gross realizations simulated in scenarios 1-3.
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q

iii.

q ⁄e

(7.2)

Harmonic decline: In harmonic decline, n

1, and decline rate varies in unit time.

It expresses a decline rate that is proportional to flow rate. That is:
q

q⁄1

b xt

(7.3)

The results of oil production decline analysis are presented as hyperbolic, exponential and
harmonic models in Figures 7.33-7.35. In scenario 1, exponential decline is the fastest,
harmonic decline is the slowest and, hyperbolic decline lies in-between. The three decline
curves match well, up to 100 months, and thereafter become significantly deviated
(Figure 7.33). Unlike scenario 1, the three decline curves in scenario 2 only match for 30
months and become deviated thereafter, with exponential decline most deviated and
harmonic decline least deviated. Both hyperbolic and exponential declines match around
450 months, suggesting similar forecast in rate-time relationship for scenario 2 (Figure
7.34). In terms of rate decline, scenario 3 lies between scenarios 1 and 2. The three
decline curves in scenario 3 closely match, up to 30 months, and become increasingly
separated afterwards for 300 months, during which the gap closes slightly. In this
scenario, exponential decline is fastest and harmonic decline slowest. The hyperbolic
decline lies in-between, but tends to nicely match the exponential decline towards the late
stages of the performance forecast (Figure 7.35).

7.5

DISCUSSION

7.5.1

Stratigraphic architecture and implications for net-to-gross and reservoir (static)
connectivity

In addition to permeability heterogeneity and anisotropy, stratigraphic architecture and
reservoir geometric shape tend to exert a strong control on hydrocarbon recovery. These
three variables influence lateral continuity and spatial connectivity of reservoir facies,
which in turn control permeability heterogeneity (Ringrose & Corbett, 1994; Ringrose &
Bentley, 2015). Reservoir architecture impacts pore volume (Larue & Friedmann, 2005)
and its influence on fluid displacement. Ultimate recovery is more pronounced in
channelised reservoirs because of the non-uniform distribution of net sand occasioned by
regular and irregular low net-to-gross facies that typify in-channel TBT, off-axis-to276
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Figure 7.33. Decline curves showing rate-time relationships for forecasting decline in oil
production rate in scenario 1.
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Figure 7.34. Decline curves showing rate-time relationships for forecasting decline in oil
production rate in scenario 2.
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Figure 7.35. Decline curves showing rate-time relationships for forecasting decline in oil
production rate in scenario 3.
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channel-margin TBTs and related facies beyond channel confinement. Each of these
classes of reservoir facies behave differently during the passage of fluids because of the
associated permeability contrast between them. The contrast is mostly influenced by
variation in facies continuity and connectivity, attributed to stratigraphic architecture and
geometry of sand-rich facies, which serve as principal conduits for fluids. To capture the
impacts of facies variation and distribution on static connectivity and oil recovery, three
architectural styles (i.e. scenarios) were considered based on geologically realistic
conceptualised frameworks (Figures 7.5-7.7).
Scenario 1 is characterised by a channel within a slope system. All depositional
facies within the channel are treated as part of the mudstone-poor channel-fill sequence.
The sequence primarily comprises FA3
FA2

and FA4

, and to a lesser degree, FA2

.

overlies the sequence, marking the end of channel-infilling. The sequence is

characterised by upward increasing sandiness up to the channel inactivity phase and,
upward thinning of beds. FA1

and FA2

form the slope system into which the

channel system is incised. Detailed examination of recovered cores at 16/07a-B14
indicates a random non-cyclic pattern of bed thickness (Piper & Stow, 1991), suggesting
a typical slope apron setting (Chapter 4).
Scenario 2 comprises vertically-stacked channel-levees within a slope system.
The individual channel-fill sequence comprises FA4
interval of FA3

. FA3

that passes upward into an

forms part of the levees that develop from the spilling of

sediments beyond respective channel margins.
Scenario 3 is broadly similar to scenario 2 in terms of facies composition.
However, the latter differs from the former by its less extensive levees that tend to be
more vertically isolated. The stacked levees in scenario 3 are related to lateral channel
migration. This architecture is similar to the architecture of the Wheeler Gorge section
described by Walker (1985). In both scenarios 2 and 3, levee thickness reduces away
from the individual channels (DeVries & Lindholm, 1994; Pirmez et al., 1997; Kane et
al., 2007; Kane et al., 2010b).
A pronounced effect of stratigraphic architecture in the three scenarios
considered is observed in the internal arrangement of sand bodies (Amy et al., 2013),
which results in lateral variability in net-to-gross away from 16/07a-B1 and 16/07a-B14
and connectivity of flow pathways. High net-to-gross turbidite systems typified by
Scenario 1 have generally high net-to-gross within the channel-fill. However, in such
systems, net-to-gross reduces away from the channel axis toward the channel margin and
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progressively decreases more in the bounding slope system. Fluid flow in such systems
is adversely affected by the decreasing net-to-gross, particularly during waterflood. As
observed in scenario 1, discontinuity of sandstone beds beyond the channel margin,
results in marked differences in connectivity between the lower net-to-gross sandstone
units in the slope system and the high net-to-gross channel-fill sequence. The poor
connectivity arising from variation in net-to-gross, results in differential waterflood
performance, as injected water slowly sweeps oil from the lower net-to-gross thinlybedded slope system and more rapidly from the high net-to-gross thicker-bedded channelaxis. As a tradeoff between the differential waterflood performance, water breakthrough
is significantly delayed in the nine cases simulated for scenario 1. In these cases, average
water breakthrough time is 690 days, resulting in higher oil recovery efficiency (average
28%) than in scenario 2 and scenario 3 cases. However, after water breakthrough, oil
recovery efficiency is much lower, as sweeping the lower net-to-gross slope system
becomes increasingly difficult. As a consequence, oil recovery efficiency is relatively
lower (average 45%) after five years of production, when compared to scenario 2 (47%).
In addition, channel-fill deposits become increasingly discontinuous towards the base of
the channel, in contrast to the more continuous, fine-grained, thin-bedded strata that
constitute the top of such channel-fill sequence. Consequently, waterflood is least
effective in sweeping the lower channel-fill strata because of the poor connectivity
between that part of the channel and the bounding lower net-to-gross slope system. The
differential net-to-gross in such systems leads to a significant proportion of unswept oil.
By contrast, turbidite reservoirs characterised by vertically-stacked channellevee systems (scenario 2) have markedly lower net–to-gross and lower associated
connectivity of reservoir strata because of the presence of mud-lined channel margins.
Within this reservoir system, however, individual sandstone beds in the stacked levee
complex can form laterally continuous beds into the surrounding background system. In
these systems, the laterally continuous sandstone beds serve as a connectivity bridge at
selected areas, particularly where sand-rich levees are laterally continuous, thus helping
to connect the injection well (16/07a-B14) to the production well (16/07a-B1). In this
scenario, injected water effectively swept the sand-rich levees and individual high net-togross channel fills. Subsequently, as observed in the nine cases simulated for scenario 2,
the sand-rich levees become conduits for channelling water to the high net-to-gross
channel fills at the expense of background slope sediments, resulting in earlier water
breakthrough (average 550 days) and lower oil recovery efficiency (26%) than scenario
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1 cases. However, the impact of lower net-to-gross and lower connectivity in the
bounding slope system on oil recovery is ameliorated by the amalgamated stacking of
channel-fill and levee strata, enabling injected water to sweep most parts of the system as
it moves through the laterally continuous sand-rich levees into individual channel fills.
Thus, in the long run, oil recovery efficiency in scenario 2 cases (average 47%) outpaces
the oil recovery efficiency in scenario 1 and scenario 3 cases.
In turbidite reservoirs typified by multilaterally-stacked levee complex, as is the
case in scenario 3, oil recovery is largely influenced by net-to-gross distribution. In this
scenario, high net-to-gross sandstone beds are more laterally continuous than those in
scenario 2. As observed in the nine cases simulated for scenario 3, these sandstone beds,
which continue beyond channel margins, serve to connect the injection well to the
production well more effectively (average connectivity 33%) than in scenario 1 (average
connectivity 32%) and in scenario 2 (average connectivity 30%). The high lateral
connectivity enables injected water to displace oil quickly from the high net-to-gross,
laterally stacked, levee complex. As a consequence of the rapid oil displacement, water
breakthrough is earliest in scenario 3 (average 494 days). The early water breakthrough
is a direct result of the high net-to-gross, laterally continuous and connected sand bodies
serving as conduits for channelling water after displacing their oil. In such a system,
water production continues to increase after water breakthrough at the expense of oil,
resulting in lower oil recovery efficiency (45%) than in scenario 2.

7.5.2

Uncertainties in net-to-gross and implications for connectivity and oil recovery

Net-to-gross has a close relationship with reservoir connectivity (King, 1990). According
to Hovadik and Larue (2010), net-to-gross is the most important stratigraphic factor that
affects connectivity. As indicated in the flow simulation results, lateral variation in sand
distribution exerts a profound impact on net-to-gross (Hansen et al., 2015), which in turn
influences the connectivity of the channelised systems considered in this chapter. At
wellbore, net-to-gross and connectivity can be estimated from conventional wireline logs,
and more accurately, from cores and borehole image logs. However, lateral variation in
these properties is difficult to quantify away from the wellbore, and more so when
available data are critically limited. These logs often mistake thin-bedded low-resistivity
pay zones for shale and, consequently, these low pay zones are bypassed in volumetric
calculations (Chapter 6).
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The nine cases simulated for each of the three scenarios considered, show
variable degrees of uncertainty associated with connectivity in relation to uncertainty in
net-to-gross. As shown by the uncertainty analysis using cumulative distribution function
(Figures 7.36-7.38), uncertainty in connectivity is highest in scenario 3 cases, with a likely
range between 24% and 41.5%. Following scenario 3 cases are scenario 1 cases, with a
range of connectivity from 23.5% to 39.8%. Scenario 2 cases have the least uncertainty
in connectivity, having a range of connectivity between 22% and 37.2%.
In the light of oil recovery, uncertainty in oil initially in place (OIIP) is least in
scenario 1 cases (40.3-44.4 MMBBL), and highest in scenario 2 cases (32.0-38.8
MMBBL) (Figure 7.39, A). Within the same range, uncertainty in oil production rate is
least in scenario 1 cases (1884.2-2248.7 BBL/D) and highest in scenario 2 cases (1287.71753.7 BBL/D) (Figure 7.39, B).

7.5.3

Reservoir (static) connectivity and oil recovery

In the three scenarios considered, despite closely comparable net-to-gross, static
connectivity (indicated by SCI) is conspicuously different. At different locations from
the production well (16/07a-B1), it is observed that the components of SCI (i.e. VCI and
LCI) vary considerably in the three scenarios. The variation is more pronounced in
scenario 1 where the VCI profile increases from channel-axis and smooths between
channel-off-axis and the slope system, during which LCI profile decreases. In scenario
1, there is a high static connectivity within the channel-axis (84%). Away from the axis,
however, there is a sharp decrease in static connectivity towards the channel margin and
the slope system. As indicated by the SCI profile (see Figure 7.13), the static connectivity
in this region is fairly comparable. As a result, permeability contrast in this region is low,
allowing gravity to move injected water downwards and displace oil in the lower layers.
With time, under the influence of gravity, injected water advances faster in the lower
layers than in the upper layers of the system (Figure 7.40, A). Because of the influence
of a small permeability contrast, supported by the peculiar stratigraphic architecture in
addition to high average static connectivity, the waterflood front advances smoothly over
the entire reservoir interval. As injected water gets within 725 ft radius of the production
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Figure 7.36. Cumulative distribution functions for connectivity (SCI) and net-to-gross
(NGI) in scenario 1. The figure illustrates a range of connectivity values over a range of
net-to-gross values for the nine cases simulated. In this scenario, mean connectivity is
31.6% over mean net-to-gross of 0.48 (or 48%). The scenario ranks second, considering
the intermediate range of uncertainty in connectivity over the range of net-to-gross
considered.
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Figure 7.37. Cumulative distribution functions for connectivity (SCI) and net-to-gross
(NGI) in scenario 2. The figure illustrates a range of connectivity values over a range of
net-to-gross values for the nine cases simulated. In this scenario, mean connectivity is
29.6% over mean net-to-gross of 0.48 (or 48%). The scenario ranks best, considering the
lowest range of uncertainty in connectivity over the range of net-to-gross considered.
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Figure 7.38. Cumulative distribution functions for connectivity (SCI) and net-to-gross
(NGI) in scenario 3. The figure shows a range of connectivity values over a range of netto-gross values for the nine cases simulated. In this scenario, mean connectivity is 32.5%
over mean net-to-gross of 0.48 (or 48%). The scenario has the largest range of uncertainty
in connectivity over the range of net-to-gross considered.
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A.

B.

Figure 7.39. Cumulative distribution functions for (A) oil initially in place, and (B) oil
production rate. Uncertainty in OIIP is least in scenario 1 and highest in scenario 2 with
scenario 3 in-between. The same trend is observed for oil production rate.
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