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6.1

INTRODUCTION

One of the major challenges in the assessment of and production from turbidite reservoirs
is posed by the presence of thin-bedded (TBT) and very thin-bedded turbidite (VTBT).
Some TBT facies have poor reservoir quality, others have good reservoir quality to
significantly enhance hydrocarbon reserves in fields producing from deepwater
sandstones (Shepherd, 1991; Clemenceau, 1995; Lerch et al., 1996; Clemenceau et al.,
2000; Browne & Slatt, 2002). Although such thinner, low-pay sands may comprise a
significant proportion of the reservoir succession e.g. Ngatoro and Kaimiro Fields in
offshore New Zealand (Browne and Slatt, 2002), Tahoe Field in offshore Alabama (White
et al., 1992), Ram and Powell Fields in the Gulf of Mexico (Clemeceau et al., 2000), and
Sequoia Field on the Nile Delta offshore Egypt (Cross et al., 2009), poor vertical
resolution of conventional logging tools in such TBT/VTBT-prone intervals leave them
largely undetected (Figures 6.1 and 6.2). Aside from the limitation of these logging tools,
interpretation of net sand using log cutoffs may mask their potential to contribute to the
average thickness of oil-bearing reservoir interval, thereby introducing uncertainty in logderived hydrocarbon pore thickness, with resultant negative impact on the original oil in
place (Figure 6.3, Appendix C), particularly in fields producing from prolific thickbedded turbidite reservoirs. The error in net sand value caused by application of incorrect
cutoff to conventional logs is significantly large because the thin beds are below the
vertical resolution of conventional logs (Figure 6.4). These intervals may accommodate
a large proportion of hydrocarbon fluids which, if added to mainstream production, may
help to optimise hydrocarbon recovery.
Thin-bedded turbidites (TBT – 3-10 cm thick sand/silt unit) and very thinbedded turbidites (VTBT – 1-3 cm thick sand/silt unit), unlike their thicker bedded
counterparts, are underated in terms of reservoir potential. The impact of these thin beds
on oil recovery is often underestimated, partly because of the perceived higher degree of
uncertainty associated with economic recovery of hydrocarbon fluids trapped within such
turbidite reservoir intervals.

This uncertainty in oil recovery pertains to the areal

distribution of sedimentary heterogeneities caused by variable TBT/VTBT attributes, and
attendant risks to economic recovery. Chief among these attributes are sand continuity
and connectivity, spatial distribution of facies-controlled net-to-gross, porosity and
permeability distributions and contrast, particularly away from the wellbore.
The key sedimentary attributes of TBTs and VTBTs that control their reservoir
potential are facies and facies associations; sandstone-mudstone ratio; sand/shale
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Figure 6.1. Graphical illustration showing limitations of vertical resolution of selected
conventional well logs in delineating net sand in TBT/VTBT intervals. In this example
(well 16/07a-B27, North Brae Field), application of cutoff to gamma ray (GR) log
excludes certain TBT intervals (shown as white horizons; left), and indicates shale
because of the higher GR response, particularly between 13086 ft and 13095 ft MD,
compared to the subjacent and superjacent layers. As with GR log, the separation of
neutron and density logs (blue and red curves; 2nd track from right) indicates a shalier
interval (but less shaliness compared to GR log). Availability of cores in the well (Figure
6.2) helps to ground-truth a more accurate estimation of net sand thickness. As indicated
by the lithology log (2nd from left), net sand thickness (NST) undetected from wireline
logs are calculated from cores and are shown to the right of the figure. The additional
NST will impact hydrocarbon pore thickness and ultimately increase the original oil in
place in this case.
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13070 ft

13140 ft

Figure 6.2. Core photographs over the cored interval in 16/07a-B27, North Brae Field.
Interval covers 13070–13140 ftMD (12116.8–12186.8 ftSS) and indicates partially
saturated TBTs and VTBTs not seen on well logs in Figure 6.1.
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A.

B.

Figure 6.3. An illustration showing the effect of limited vertical resolution of
conventional well-logging techniques, which leave reservoir quality sands in TBT
intervals undetected. As a result, there is a risk of overestimation (A) or underestimation
(B) of hydrocarbon pore thickness (HPT). The uncertainty in HPT impacts reserve
estimation, well planning, and depletion strategy (images were produced using AAPG
synthetic thin-bed earth model).
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Figure 6.4. Terminology for bed thickness in relation to TBT and VTBT (left) with
illustrative sketch showing limits of vertical resolution of conventional well logs vis-àvis bed thickness (right). Beds in the domains of TBT and VTBT are largely undetected
by conventional logs and consequently, they are underestimated in calculation of average
net pay thickness. Additional data notably cores and plugs may provide a more accurate
average net pay thickness in TBT/VTBT-prone reservoir intervals.
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geometry and dimensions; sand connectivity; sediment texture; small-scale sedimentary
structures; and small-scale vertical sequences of bed thickness. These attributes vary
within principal TBT/VTBT facies associations across a variety of deepwater
architectural elements.

The variability of these attributes influences the degree of

sedimentary heterogeneity which, in turn, controls porosity distribution, effective
permeability, and production potential (Sullivan et al., 2004).
In this chapter, the application of selected TBT/VTBT attributes are explored to
assess the impact of sedimentary heterogeneity on oil recovery in particular, and by
extension, evaluate uncertainties associated with the recovery. It is hoped that the results
will stimulate further research, and help to push forward the application of this
quantitative approach in other deepwater environments for a robust understanding that
will enhance the prediction of continuity and connectivity within TBT/VTBT-prone
turbidite reservoir intervals.

6.2

ZUMAIA TURBIDITES, BASQUE BASIN

6.2.1

Background and previous work

The basin plain represents a distinctive area downstream of the lower slope or fan.
Characterised by relatively flat morphology, basin plains are dominated by sediment
facies that are typically thin-bedded and very thin-bedded, fine to very fine sandstone
with siltstone, mudstone and/or pelagite/hemipelagite interbeds. These facies are marked
with striking bed regularity and lateral continuity, giving them a sheet-like geometry. The
lateral continuity of these beds can extend beyond 100 km (Sumner et al., 2012). Aside
from the regularity and continuity of beds, basin-plain facies associations are
characterised by monotonous grain size and absence of channels with the exception of
localized erosional surfaces (Mutti, 1977; Mutti & Ricci Lucchi, 1978; Nilsen, 1984;
Stow, 1984b; Macdonald, 1986; Stow et al., 1996; Remacha & Fernandez, 2003;
Shanmugam, 2006; van der Merwe et al., 2010).
The Zumaia section (also referred to as Zumaia-San Telmo section or Zumaia
‘flysch’ section) outcrops on Itzurun beach in Zumaia town, Basque Country, northern
Spain (Figure 6.5). The sea-cliff section was chosen to test the quantitative attribute
indices approach because it is beautifully exposed along the coastline of the Guipúzcoa
region of Zumaia and largely untectonised, with 90-95% of the section well preserved
(Figures 6.6 and 6.7). The section is accessible at Itzurun beach where individual beds
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Figure 6.5. Geological map of the study area in the context of basic regional geology.
Inset: location of Zumaia in relation to surrounding towns. The geological map was
modified from Schmitz et al. (2011) and the location map was modified from Google
map.
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Figure 6.6. Outcrop photograph showing selected intervals in the Zumaia section exposed at Itzurun beach, Basque Country, Northern Spain. The section logged (shown in Figure 6.9) covers partly NP11 and NP12. The
divisions are based on biostratigraphic divisions made by Gawenda et al. (1999).
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Figure 6.7. Photograph of the outcrop used for the present study. The Zumaia section is characterised by remarkably regular and laterally extensive
beds. Monotonous fabric and high regularity of beds beautifully exposed at Itzurun beach make the section highly suitable for gathering TBT/VTBT
sedimentary attribute data.
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can be traced over several kilometers at low tides, and forms part of the Itzurun Formation
in the Basque basin.
The Itzurun Formation overlies the Aitzgorri Limestone Formation and
comprises calcareous and siliciclastic turbidites with the former progressively being
replaced by the latter down-system (Figure 6.8). Up-system, hemipelagic sediments
dominate. Sedimentation is related to an increase in supply of siliciclastic sediments
during late Paleocene to early Eocene times, attributed to a southern “shift” of the Bay of
Biscay, that complemented the continued supply of siliciclastic sediment from the north.
Sedimentation associated with the northern supply peaked during early Eocene, and
eventually led to the development of a submarine fan system, with primary supply from
the north and east of the basin and secondary contribution from the southeast (Crimes,
1973; Mount & Ward, 1986; Gawenda et al., 1999; Winkler & Gawenda, 1999; Baceta et
al., 2000; Baceta et al., 2006; Giannetti, 2010; Cummings & Hodgson, 2011; RodríguezTovar et al., 2011; Schmitz et al., 2011; Storme et al., 2012). The section has been
previously interpreted to be composed of deposits of distal-fringe-to-basin plain setting
(e.g., Cummings & Hodgson, 2011). It is interpreted in this thesis as proximal-to-distal
basin-plain deposits.

6.2.2

Logged sections

Figure 6.9 comprises detailed lithology logs covering 182 m of the section studied within
the basin-plain deposits of Zumaia section. The logged interval comprises 95-98%
TBT/VTBT facies and makes up parts of biostratigraphic NP11 and NP12 divisions
(Figures 6.6 and 6.8). The siliciclastic turbidites are characterised by proximal-to-distal
changes in bed thickness from up-system (NP11) to down-system (NP12). Along this
trend, there is a systematic decrease in calcareous turbidites, which together with marls
and hemipelagite limestones, dominate the overlying succession. Aside from the trend in
bed thickness, sandstone-mudstone ratio also increases from NP11 to mid-NP12, from
where the succession passes into mud-prone turbidites, followed by sand-rich TBT and
VTBT. Within the logged interval, one bed is unusually large. This 1.4 m-thick nongraded sandy bed is characterised by an erosive base and, like the surrounding beds, it
exhibits remarkable lateral continuity.
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Figure 6.8. Lithostragraphic framework of the study area showing biostratigraphic
divisions of Itzurun Formation and associated Aitzgorri Limestones Formation. The
sheme was modified from Bernaola et al. (2006) and Pujalte et al. (2003).
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Figure 6.9. Sedimentary logs covering 85% of the siliciclastic Itzurun Formation exposed at the Itzurun beach. For the purpose of modelling and flow simulation, a 20-m section was selected from the logged interval. The
section selected is indicated by thick black lines and expanded in Figure 6.14.
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6.2.3

Facies and facies associatons

The TBTs in the Zumaia section are represented by the classical Bouma facies model and
its variations (Figure 6.10), whereas the VTBTs are marked by the fine-grained Stow’s
facies model and its variations (Figure 6.11). In the entire interval logged, no ideal
complete sequence of the facies models was found. For modelling and flow simulation
purposes, the facies associations in the Zumaia section are grouped into six (fa1 -fa6 ),
on the basis of lithology, sandstone-mudstone ratio, bed thickness and internal structure.
These facies associations are summarised as follows, with component facies related to
those described in the North Brae Field (Chapter 4). The term ‘bedset’ is used to mean a
group of beds with similar physical characteristics.

i.

fa1 : The facies association is composed of medium-grained well-sorted
sandstone with average sandstone percentage varying between 80% and 100%.
Sandstone-mudstone bedsets are simple with planar parallel beds (Figure 6.12,
A). Commonly, beds are internally structureless, comprising partial Bouma
sequences. Thin mudstone interbeds mostly represent turbidite divisions D and
E. Very thin-bedded turbidite interbeds are common in places, but beds thicker
than 10 cm are rare. The facies association comprises facies that are similar to
those of the North Brae Field, notably S1 and S5. Overall, it accounts for 30%
of the section logged.

ii.

fa2 : Average sandstone content in fa2 is 60-80%. The facies association is
composed of composite bedsets, comprising upward thinning beds that grade
into turbiditic mudstone (Figure 6.12, B). Each bedset is characterised by a basal
sandstone that is marked by a scour base. The scoured base enables the basal
bed to cut through underlying turbidite mudstone into the subjacent bedset.
Generally, beds are parallel and non-planar in many places and are characterised
by Bouma divisions A-D. No Stow divisions are observed. Bed thickness is
laterally and vertically variable, reaching up to 34 cm. Within the mud-prone
intervals, individual beds are wavy and subparallel, and occasionally
discontinuous.

These intervals are characterised by VTBTs.

The facies

components of fa2 are similar to the sand-rich S1, S4, and S6; sand-mud-rich
SM1, SM4, and SM5; and mud-prone M1, M2, and M5. Overall, fa2 accounts
for 15% of the section logged.
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Figure 6.10. Facies model for medium-grained turbidites showing Bouma’s ideal sequence (left) and its variations (right) that typify thinbedded turbidites (see Chapter 2).
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Figure 6.11. Facies model for fine-grained turbidites showing Stow’s ideal sequence (left) and its variations (right) that typify very thin-bedded turbidites
(see Chapter 2).
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A.

Figure 6.12. Facies associations 1-6 (fa1 -fa6 ) identified in the Eocene turbidite
succession of the Itzurun Formation, exposed at Itzurun beach, Zumaia. The Formation
is within the Basque Basin, Northern Spain. (A) Facies association 1 (fa1 ). Walking
pole points way-up. Other facies associations overleaf.

B.

Figure 6.12 continued. (B) Facies association 2 (fa2 ). Hammer points way up.
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C.

Figure 6.12 continued. (C) Facies association 3 (fa3 ).
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D.

Figure 6.12 continued. (D) Facies association 4 (fa4 ). Walking pole points way-up.
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E.

Figure 6.12 continued. (E) Facies association 5 (fa5 ). Hammer indicates way-up.
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F.

Figure 6.12 continued. (F) Facies association 6 (fa6 ).
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iii.

fa3 : fa3 is around 20% in the logged interval and comprises planar, parallelbedded, fine-grained sandstone alternating with silty turbidite mudstone (Figure
6.12, C). Separated by sharp boundaries, siliciclastic and calcareous sandstone
units make up 40-60% of fa3 intervals. Calcareous sandstone is internally
structureless, but siliciclastic sandstone is dominated by current ripples that are
commonly underlain by parallel lamination. In these intervals, Bouma divisions
B and C dominate with sparse A division. Turbidite mudstone consists of thin
silty laminae that are considered as Stow divisions T2-T4. These silt-rich laminae
grade into graded non-fissile mudstone layers (T6). Beds are largely 2-6 cm
thick.

iv.

fa4 : In fa4 , average sandstone content is 20-40%.

Like fa2 , fa4

is

characterised by beds with variable thicknesses. However, fa4 differs from
fa2 in the lower sandstone-mudstone ratio. In addition, bed thickness ranges
from 3 to 10 cm, but beds over 10 cm thick are not uncommon. Generally,
bedsets are simple and comprise planar-bedded and subparallel beds that thin out
into dominantly mudstone units in some places.

Disturbed beds are also

common (Figure 6.12, D) with well-preserved deformation structures. The
internal structure of sandstones is dominated by wavy, subparallel lamination
followed by ripple lamination, indicating Bouma divisions B and C,
respectively. Turbidite mudstone capping individual sandstones has variable
thicknesses and is largely composed of very thin regular and indistinct silt
laminae (Stow divisions T3/4) that alternate with ungraded mudstone (Stow
division T7). The relative abundance of fa4 is around 25% within the 182 msection.

v.

fa5 : Alternations of well-sorted fine-grained sandstone and coarse-grained
siltstone with mudstone typify fa5 . Beds are parallel and marked by planar
stratification and monotonous fabric. In places, the mud-prone intervals are
bounded with hemipelagite mudstone. Bioturbation is common in the turbidite
mudstone, and overall bed thickness is <3cm. The sequence can be said to be
repetitive over the entire interval and beds are consistently continuous (Figure
6.12, E). With an average sandstone content of 10-20%, fa5 is mudstonedominant. With relative abundance of 5-8%, the sequence is primarily typified
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by Stow turbidites with less common Bouma turbidites.

vi.

fa6 : This facies association comprises <10% sandstone/coarse-grained siltstone
that give the constituent facies a characteristic interlaminated character. In many
intervals comprising fa6 , sandstone is conspicuously replaced by thin, regular
silt laminae that represent Stow division T4 (Figure 6.12, F). The constituent
facies are similar to M1, M4 and M5 described in the North Brae Field. Relative
abundance of fa6 is around 10% and it is limited to the mid-section within the
182-m interval logged.

6.3

ATTRIBUTE INDICES

This chapter focuses on application of the Sand Connectivity Index (SCI) – an index that
is derived from the nature of bed/lamination cross-cutting relationships, and forms an
important discriminator for predicting sand lateral and vertical continuity and
connectivity in a sequence of thin and very thin beds.

The index comprises two

components namely, Vertical Connectivity Index (VCI), and Lateral Connectivity Index
(LCI). Both are related to facies Net-to-Gross Index (NGI), and serve as a tool to
discriminate between different deepwater architectural elements, as well as to quantify
continuity and connectivity of TBT/VTBT packages, in particular, and reservoir
sandbodies, in general. A detail account of the SCI is provided in Chapter 3.
In this study, 100 m-spacing between two locations (I and P) was used for
calculating LCI values for the zones considered. A succession of TBT/VTBT facies
comprising thirty-one beds has LCI value of 0.84, implying that 68% of the beds can be
traced or correlated over 100-m spacing between the two locations. By contrast, for a
zone comprising nineteen beds with LCI of 0.23, only 42% of the constituent beds can be
correlated over the same distance (Figure 6.13). The results of the attribute indices
calculated for scenarios 1-6 are discussed in section 6.4.

6.4

RESERVOIR ZONES

Six zones, selected within the interval under consideration, are used for further study.
These zones present scenarios for similar reservoirs and form the basis for discussion in
subsequent sections. Zones 1-4 are real zones from the interval (Figure 6.14) and zones
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A.

B.

Figure 6.13. Lateral correlation of beds- the basis for calculating LCI. The zone in A
(above) comprises thirty-one beds with LCI of 0.84. In this zone, 68% of beds can be
correlated over 100 m-spacing between the two locations (Injector and Producer). By
contrast, zone in B comprises nineteen beds with LCI of 0.23. This implies that only 42%
of beds can be correlated over the spacing between the two locations.

177

Figure 6.14. Sedimentologic log showing zones 1-4, which are within the 182-m interval
studied in detail (marked with thick lines in Figure 6.9).
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5-6 are hypothetical variations of zone 4 that actually exist outside the interval. Figure
6.15 comprises schematic plots showing variations in bed thickness for zones 1-4. Mean
bed thickness is 8.3 cm in zone 1, 6.4 cm in zone 2, 10.4 cm in zone 3, and 7.2 cm in zone
4. Most of the bed thickness data fall within 4.4 cm and 12.2 cm in zone 1, 3.2 cm and
9.6 cm in zone 2, 4.5 cm and 16.3 cm in zone 3, and 3.4 cm and 11.0 cm in zone 4. Within
these bed thickness data, sand proportion varies from a mean 58.4% in zone 1, 51.2% in
zone 2, 70.1% in zone 3, and 49.1% in zone 4.
The results of attribute indices for the six scenarios are presented in Table 6.1
and Figure 6.16. NGI is comparatively similar in scenarios 1 and 3, ranging from 0.73 to
0.78. It is higher in scenario 2 with a value of 0.85 but lower in scenarios 4-6, varying
from 0.35 to 0.80. Like NGI, VCI also varies considerably in the six scenarios. In
scenarios 1-3, it varies from 0.43 to 0.50 and sharply reduces to 0.08 in scenarios 4-6.
LCI has higher values than VCI. However, it reduces from 0.84 in scenario 1 to 0.19 in
scenario 6, with the exception of scenario 3 where it is 0.89. Following this trend, SCI is
highest in scenario 3 with a value of 0.53, followed by scenarios 2 and 1 with 0.52 and
0.46, respectively. It is significantly low in scenarios 4-6, with a reduction in range from
0.12 in scenario 4 to 0.05 in scenario 6.

6.5

RESERVOIR MODELS

The six scenarios being considered are used for modelling. In the absence of wireline log
data, sedimentary logs serve as input data to develop facies logs. The resultant facies logs
provide vertical facies sequence and sedimentary attributes at locations I (Injector well)
and P (Producer well), 100 m apart. The layering was designed to capture heterogeneity
in beds up to 8 cm thick in a 5 m by 5 m by 0.08 m increment within a simple threedimensional grid characterised by corner-point geometry.

The grid dimension is

approximately 130 m by 93 m by 20 m and comprises a total of 108,000 cells to allow
fine-scale modelling without having to coarsen the resulting models before flow
simulation. There are 24 columns in I-direction, 18 columns in J-direction, and 250 grid
layers to capture fine-scale heterogeneity arising from the wide variation in bed thickness,
sandstone-mudstone ratio, and lateral facies change.
The facies property was upscaled using the ‘most of´ averaging method, and
subsequently used to populate the grid based on the Sequential Indicator Simulation
approach. In the absence of outcrop-based porosity and permeability measurements,
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A.

B.

C.

D.
Figure 6.15. Vertical distribution of bed thickness data (left, A-D), frequency histograms
and cumulative frequency curves for the thickness data (centre, A-D) and sand proportion
within respective bed thickness (right, A-D).
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Table 6.1. Summary of attribute indices for scenarios 1-6.

Scenarios

Attribute Indices
NGI

VCI

LCI

SCI

1

0.73

0.43

0.84

0.46

2

0.85

0.50

0.73

0.52

3

0.78

0.46

0.89

0.53

4

0.38

0.08

0.55

0.12

5

0.35

0.08

0.35

0.08

6

0.35

0.08

0.19

0.05
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A.

B.

C.
Figure 6.16. Comparative charts showing distributions of (A) NGI and VCI, (B) NGI
and LCI, and (C) NGI and SCI for scenarios 1-6.
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representative core-based porosity and permeability values from a previous study on
TBT/VTBT facies associations in the North Brae Field (Chapter 4) were adopted and
appropriately conditioned to the facies property.

6.5.1

Facies models

From the resulting facies models (Figure 6.17), scenario 1 comprises 67.5% sandstone
and 32.5% mudstone; scenario 2, 66.8% sandstone and 33.3% mudstone; scenario 3,
66.7% sandstone and 32.3% mudstone; scenario 4, 42.5% sandstone and 57.6%
mudstone; scenario 5, 35.9% sandstone and 64.1% mudstone; and scenario 6, 35.2%
sandstone and 64.8% mudstone. The high net-to-gross scenarios 1-3 comprise fa1 and
fa2 , and to a lesser degree fa3 . By contrast, the low net-to-gross scenarios 4-6 consist
of fa3 , fa4 , fa5 , and fa6 . In these low net-to-gross intervals, fa2 is rare.

6.5.2

Porosity and permeability models

Both porosity and permeability values are kept constant in the six scenarios considered.
Sandstone porosity and horizontal permeability range from 0.05 to 0.20 and 3.79 to
1917.8 mD, respectively. Vertical permeability, conversely, varies from 2.09 to 743.23
mD. From the porosity and permeability models (Figures 6.18-6.20), it is clear that facies
type and distribution, strongly control porosity and permeability distribution, with higher
values dominating high net-to-gross scenarios 1-3, while lower values hold sway in low
net-to-gross scenarios 4-6.

6.6

FLOW SIMULATION

Bed geometry and stacking pattern influence bed-scale sedimentary heterogeneities in the
six scenarios considered. The distribution of these heterogeneities has a strong impact on
facies permeability and ultimately controls flow of fluids within respective scenarios. In
order to assess this impact, purpose-fit waterflood simulations were performed for the six
scenarios. Depletion strategy involves water injection through hypothetical injector well
at location I. Oil production at the same rate as water injection (50 m /d) is via
hypothetical producer well at location P, and it will last for 90 days. The results of flow
simulation for the six scenarios are discussed as follows:
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A.

Scenario 1

B.

Scenario 2

Figure 6.17. Three-dimensional facies models showing lithology distribution in scenarios
1-6. (A) Scenario 1 (B) Scenario 2. See other scenarios overleaf.
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C.

Scenario 3

D.

Scenario 4

Figure 6.17 continued. (C) Scenario 3 (D) Scenario 4.

185

E.

Scenario 5

F.

Scenario 6

Figure 6.17 continued. (E) Scenario 5 (F) Scenario 6.
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A.

Scenario 1

B.

Scenario 2

Figure 6.18. Three-dimensional models showing porosity distribution in scenarios 1-6.
(A) Scenario 1 (B) Scenario 2. See other scenarios overleaf.
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C.

Scenario 3

D.

Scenario 4

Figure 6.18 continued. (C) Scenario 3 (D) Scenario 4.
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E.

Scenario 5

F.

Scenario 6

Figure 6.18 continued. (E) Scenario 5 (F) Scenario 6.
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A.

Scenario 1

B.

Scenario 2

Figure 6.19. Three-dimensional models showing horizontal permeability distribution in
scenarios 1-6. (A) Scenario 1 (B) Scenario 2. See other scenarios overleaf.
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C.

Scenario 3

D.

Scenario 4

Figure 6.19 continued. (C) Scenario 3 (D) Scenario 4.
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E.

Scenario 5

F.

Scenario 6

Figure 6.19 continued. (E) Scenario 5 (F) Scenario 6.
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A.

Scenario 1

B.

Scenario 2

Figure 6.20. Three-dimensional models showing vertical permeability distribution in
scenarios 1-6. (A) Scenario 1 (B) Scenario 2. See other scenarios overleaf.
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C.

Scenario 3

D.

Scenario 4

Figure 6.20 continued. (C) Scenario 3 (D) Scenario 4.
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E.

Scenario 5

F.

Scenario 6

Figure 6.20 continued. (E) Scenario 5 (F) Scenario 6.
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6.6.1

Oil initially in place

The oil in place (OIP) profiles over 90 days for scenarios 1-6 are presented in Figure 6.21.
Like the reservoir models, the OIP profiles show two distinct patterns, with high net-togross scenarios 1-3 characterised by higher values, and low net-to-gross scenarios 4-6
marked by typically lower values. In addition, the results show that oil initially in place
(OIIP) is highest in scenario 3, with 14,515 m , whereas in scenario 1 and scenario 2,
there is a decrease of 1.05% and 1.34% in OIIP, corresponding to 14,362 m and 14,320
m , respectively. The low net-to-gross scenarios (4-6) stand in stark contrast, having
lower OIIP values than their high net-to-gross counterparts. In comparison with high netto-gross scenario 3, there is a reduction of 75.3% and 97.3% in OIIP value in scenario 4
and scenario 6, respectively. Scenario 5 has the lowest OIIP value, with 6,934 m , which
corresponds to 109.3% reduction in OIIP value when compared with scenario 3.

6.6.2

Water cut

The water breakthrough profiles for high net-to-gross scenarios are largely not
comparable to the low net-to-gross scenarios. Injected water reaches the production well
earlier in the low net-to-gross scenarios, and much later in the high net-to-gross scenarios
(Figure 6.22). While water breakthrough profiles are dissimilar in scenarios 4-6, they are
initially, closely comparable in scenarios 1-3, with a gradual increase early on for about
10-15 days and steady increase afterwards. Water breakthrough time is earliest in
scenario 5 (20 days) and most delayed in scenarios 2 and 3 (34 days).
At water breakthrough, cumulative oil production is highest in scenarios 1-3,
varying from 1,495 m in scenario 1 to 1,558 m in scenarios 2 and 3. Scenario 5 has
the lowest cumulative oil production attributed to early water breakthrough (Figure 6.23,
A). The impact of water breakthrough is also observed on the oil recovery factor, being
higher in scenarios 4-6 than in scenarios 1-3 (Figure 6.23, B).

6.6.3

Oil production rates

From the oil production rate profiles (Figure 6.24), oil production rate in the six scenarios
is 45 m3/d. The rate begins to decline steadily in scenarios 4-6 up to 20 days, and less
steadily afterwards. By contrast, the rate of decline in scenarios 1-3 only becomes
196

Scenario 1

Scenario 2

Scenario 3

Scenario 4

Scenario 5

Figure 6.21. Oil in place over 90 days of production in scenarios 1-6.
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Figure 6.22. Water cut profiles over 90 days of production in scenarios 1-6.
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Figure 6.23. Comparative charts showing (A) cumulative oil production and water
breakthrough times, and (B) oil recovery factor at water breakthrough, and water
breakthrough times in scenarios 1-6.
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Figure 6.24. Oil production rate profiles over 90 days of production in scenarios 1-6.
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significant after 50 days. In the six scenarios, the rate of decline is most pronounced in
scenario 5 and least in scenario 2. Towards the end of the 90-day period, oil production
rates in scenarios 5 and 6 are comparatively low, varying from 9.5 to 9.7 m3/d,
respectively, whereas scenario 4 has a relatively higher rate of 11.7 m /d. Scenarios 13, conversely, have much higher rates that vary between 22.5 m /d in scenario 3 to 23.6
m /d in scenario 2. The average rate in high net-to-gross scenarios 1-3 is 55% higher
when compared with the average rate in their low net-to-gross counterparts (scenarios 46).

6.6.4

Oil recovery efficiency and cumulative oil production

Like OIIP, water cut and oil production rate profiles, two trends are clearly observed in
the oil recovery efficiency profiles (Figure 6.25). Over the 90-day period, oil recovery
efficiency is higher in scenarios 4-6 (average, 0.34) than in scenarios 1-3 (average, 0.24).
This trend is also observed for cumulative production in the six scenarios (Figure 6.26).
The six scenarios have initially similar cumulative oil production. Following
this initial trend, there is increasingly more separation between oil production profiles in
scenarios 1-3 and in scenarios 4-6, with profiles rapidly increasing in the former than in
the latter. Within this period, scenario 2 has the highest cumulative oil production and
scenario 5, the lowest (Figure 6.26, A). Correspondingly, cumulative water production
profiles are generally higher in scenarios 4-6 following earlier water breakthrough, than
in scenarios 1-3 (Figure 6.26, B).

6.7

Uncertainty associated with oil recovery

To assess the uncertainty in oil recovery in the six scenarios considered, the range of
possible outcomes of oil recovery efficiency and associated water cut was quantified
using probability density function (pdf). The pdf of a random variable, x, is represented
as a function, f x . Thus, for any two numbers, a and b, that form the limits where a

b,

the probability of x can be expressed as:

P a

x

b

f x dx

(6.1)
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Figure 6.25. Oil recovery efficiency profiles over 90 days of production in scenarios 16.
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Figure 6.26. Cumulative production profiles over 90 days of production in scenarios 1-6
for (A) oil, and (B) water.
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