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Characterisation of Thin-bedded Turbidites in the North Brae Field, South Viking 

Graben, North Sea 

 

Bayonle A. Omoniyi, Dorrik A. V. Stow and A. R. Gardiner 

 

This chapter presents the discussion of the first set of results.  These results were compiled 

into a research article that was reviewed and accepted for publication in AAPG Memoir 

115 (Turner and Cronin, 2017 in press).  All the work in the article was carried out by me 

with editorial support from my supervisors (second and third authors).  To avoid 

repetition, abstract, introduction, and part of the methodology discussed in previous 

chapters (sediment attributes and attribute indices) have been removed.  References have 

been collated at the end of the thesis.  
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4.1 PREVIOUS WORK 

The present study focuses on the North Brae Field, which is one of a cluster of fields 

located at the western margin of the South Viking Graben as part of the Upper Jurassic 

play in UK Blocks 16/07 and 16/08 (Figure 4.1).  The field, the first gas condensate 

recycling field to be developed in the North Sea, has an area of	19	km , reservoir 

thickness in excess of 700 m and average net-to-gross of 0.85.  Its hydrocarbon column 

is 169 m thick with estimated recoverable reserves of 207 MMBBL of condensate and 

800 BCF of dry gas in its three-way dip closure.  Production began in 1988 using a gas 

recycling mechanism to maintain reservoir pressure.  The gas recovery factor is 80% 

(Stephenson, 1991; Brehm, 2003).  

The Upper Jurassic Brae system was originally interpreted as a series of 

subaerial fan-deltas fringing marine sediments (Harms et al., 1981).  This system was 

then re-interpreted as a deepwater turbidite system of overlapping slope-apron fans, in 

which conglomerate and sandstone turbidites and debrites interdigitated with extensive 

TBT/VTBT facies (Stow et al., 1982; Stow, 1984c).  Turner et al. (1987) later referred to 

the system as a multiple-source ramp.  The different parts of this multiple-source ramp or 

slope-apron fans system exhibit slightly different geometries, in which the North Brae 

Field is dominated by a coarse-grained channel complex system (Stephenson, 1991), the 

Central Brae Field by an unchanneled cone of coarse-grained sediment (Turner & Allen, 

1991) and the South Brae Field comprises a radiating pattern of channel complexes 

(Roberts, 1991).  The Bracken reservoirs (see Figure 4.1) are a northern arm of the 

channelized North Brae fan system, which partially overlies the Beinn Field, a gas 

condensate accumulation within the Callovian Hugin Formation (Turner et al., 1987; 

Brehm, 2003; Fraser et al., 2003).  There are several other influx points and sediment 

bodies recognised along the margin, not all of which result in good hydrocarbon 

reservoirs (Fraser et al., 2003). 

According to Stow et al. (1982), the provenance for the Brae system sediments 

is the Fladen Ground Spur to the west, where a series of Devonian and older sediments 

and granites were uplifted as part of ongoing tectonic activity related to the Cimmerian 

orogenic episode.  Alluvial fans and high-energy rivers fed sediment either onto a narrow 

shelf or directly onto a steep fault-controlled submarine slope.  Piano-key tectonics (Stow 

et al., 1983), in which different segments of the margin undergo tectonic uplift/subsidence 

at different times, has led to variation in the timing and amount of sediment input along 

the margin.  East-West trending faults were probably important in separating the different 
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Figure 4.1.  Map showing the location of the North Brae Field (based on Brehm, 2003, 
Figure 1). The field forms one of a cluster of Upper Jurassic fields located at the western 
boundary of the South Viking Graben.  Central Brae and South Brae lie to the south, 
Miller and Kingfisher to the east, and East Brae to the northeast.  West Brae and Sedgwick 
Fields have Eocene reservoirs.  The two red lines show directions of cross sections along 
lines A-Al and B-Bl in Figure 4.2.  
Inset: a modified structural map of the North Sea from Stephenson (1991). 
 

 

 

 

 

 



77 
 

parts (piano keys) of movement and in controlling the location of longer-lived channels 

that served as conduits for sediment further eastwards into the basin.  Certainly, several 

discrete input points can be identified and linked to the short-headed channelised 

submarine fans that represent South, Central and North Brae systems.  Note that these are 

relatively small-scale systems that extend only about 20-25 km from the fault margin into 

the basin.  Schematic cross sections from margin to basin are shown in Figure 4.2. 

The principal west-east trending channel-fill complex of the North Brae Field 

comprises sand-matrix conglomerates and sandstones flanked by TBT/VTBT slope facies 

(Turner et al., 1987; Brehm, 2003; Fraser et al., 2003).  The conglomeratic facies pass 

eastwards into predominantly sandstone facies and a sequence of sandstone-mudstone 

interbeds of the TBT/VTBT facies (Stow et al., 1982; Turner et al., 1987; Spence & 

Kreutz, 2003).  Sandstone turbidites derived from the Fladen Ground Spur and fed via the 

South, North and Central Brae complex channels form the principal reservoir facies of 

the Miller, Kingfisher and East Brae Fields that are located basinwards (Rooksby, 1991; 

Garland, 1993; Branter, 2003).  The thicker sandstone turbidites of these fields are 

interbedded with and pass laterally into TBT/VTBT facies.  Garland (1993) described the 

thicker sandstones as interchannel deposits within a mid-fan setting.  It is considered in 

this thesis as terminal and interchannel sandy lobes. 

Stratigraphically, the reservoir facies of all these fields (except Beinn) are part 

of the Upper Jurassic Brae Formation, which interdigitates with and is overlain by the 

Kimmeridge Clay Formation, and is underlain by the Heather Formation (Figure 4.3). 

The Kimmeridge Clay Formation serves as both the top and lateral seal for the Brae 

reservoirs.  These three formations, together with the Birch and Ling Sandstone members, 

constitute the Humber Group (Turner et al., 1987). 

 

4.2 METHODOLOGY 

4.2.1 Wells and wireline logs 

Nine wells from the North Brae Field (Figure 4.4) have been examined for this study, 

principally using wireline log and core data.  Cored intervals from four of these wells, 

comprising 98-100% TBT/VTBT facies, were selected for more detailed examination. 

Logging of over 1,500.0 m (4,921.3 ft) of core was carried out at 1:20 scale, and a total 

of 337.4 m (1,107.0 ft) of the core was logged at 1:10 scale for a more detailed study.   
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A. 

 

 

 

B. 

 

 

Figure 4.2.  Schematic cross sections from margin to basin along lines A and B in Figure 
4.1, illustrating the geometry of (A) the South Brae/Miller/Kingfisher submarine-fan 
system, and (B) the North Brae submarine fan system, which probably extends north-
easterly to East Brae. 
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Figure 4.3.  Lithostratigraphic chart of the South Viking Graben, Northern North Sea.  
The Upper Jurassic Brae Formation is part of the Humber Group, and overlies the Heather 
Formation.  It is overlain by and interdigitates with the Kimmeridge Clay Formation. 
Figure was modified from Turner et al. (1987). 
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Figure 4.4.  Outline of the North Brae Field, including the Bracken reservoirs (modified 
from Brehm, 2003), showing the wells used in the study.  Circled wells were studied in 
detail. 
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Core intervals described are well-preserved.  The four wells selected for detailed study 

are: 16/07a-7, 16/07a-B27, 16/07a-B14, and 16/07a-19 (Figure 4.4). 

Gamma ray logs were used to delineate gross lithology.  A combination of 

neutron and density logs enabled accurate lithology delineation and an estimate of the 

degree of shaliness.  Based on the fact that sediment textural characteristics differ from 

one lithology to another, boundaries between TBT successions and other deepwater facies 

were accurately delineated using sonic logs.  In a typical TBT interval, sonic velocities 

become slightly higher (lower sonic transit times) because of the heterogeneous nature of 

the interval.  Simple lithology logs were combined with the aforementioned wireline logs 

to permit accurate lithostratigraphic correlation and delineation of reservoir layers, using 

the top of Brae Formation as a datum.  Well spacing was obtained from the top structure 

map of the reservoir.   

 

4.2.2  Bed thickness definitions 

In this thesis, bed thickness is defined as the thickness of a sediment unit that appears to 

have been deposited under essentially constant physical conditions (Selley, 2000).  For 

turbidites, this generally includes the whole graded bed (i.e. both sand and mud parts of 

a graded bed).  However, for the dual purposes of unambiguous measurement and 

applicability to reservoir characterisation, only the thickness of the sand (or silt) part of 

the turbidite is measured.  As the conventional thickness definition of thin beds is 3-10 

cm and of very thin beds is 1-3 cm (Stow, 2005), these thickness criteria are therefore 

applied to the sand (or silt) units.  These definitions and practices are shown in Figures 

4.5 and 4.6. 

The bed thickness data acquired were plotted as bar graphs with depth (m or ft) 

on the vertical axis and bed thickness (cm) on the horizontal axis (Figure 4.7).  A total of 

over 3000 beds have been measured and the basic statistics of bed thickness data derived 

from these data are the mean and standard deviation.  

 

4.2.3  Porosity and permeability 

Forty eight cylindrical core plugs were acquired from 16/07a-B27 using an Eibenstock 

EBM 250\2P coring drill (25.25 mm diameter).  Coring was carried out at discrete points 
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Figure 4.5.  An illustrative definition of bed thickness as used in the study.  A turbidite deposit comprising a 3-10 cm-thick sand/silt unit is termed thin-
bedded turbidite (TBT).  By contrast, a turbidite deposit with a sand/silt unit that is 1-3 cm thick is generally regarded as very thin-bedded turbidite 
(VTBT).  Where laminae (e.g. Stow’s divisions) are present within a bed, they are treated not as disparate beds but as part of the bed (white arrows on 
the photos indicate individual TBTs or VTBTs). 
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Figure 4.6.  A bed thickness profile across well 16/07a-B27 from -3681 to -3705 mSS (-
12078 to -12156 ftSS).  This is equivalent to 3984 to 4005 mMD (13070-13140 ftMD).  
To the right of the profile are expanded section and core photograph, covering 3984 to 
3985 mMD (13070 to 13073 ftMD).  Based on the bed definition used in this thesis, the 
expanded section comprises 10 beds.   
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Figure 4.7.  Bed thickness profiles for selected cored intervals in the four wells studied in 
detail (see Figures 4.9, A; 4.10, A for core locations).  The profiles reflect an irregular or 
oscillation sequence type (Stow et al., 1996) (e.g. 16/07a-B27), or a random non-cyclic 
pattern (Piper & Stow, 1991) (e.g. 16/07a-19).  These are considered typical of slope 
apron, basin plain and interchannel depositional environments. 
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to represent the facies associations identified.  Samples were subsequently trimmed at 

both ends, using a Cutrock GSP 1463 trimming saw.  They were left to dry naturally for 

six days after which a digital Vernier Caliper was used to accurately measure their 

dimensions.  For each dimension, three readings were obtained and an average value was 

calculated and recorded. 

  A helium gas expansion Porosimeter MK II was subsequently used to measure 

sample porosity.  This is capable of porosity measurements over a range of different sizes 

without instrument modification and also affords easy calibration.  An EPS Nitrogen Gas 

Permeameter was used to measure permeability using backpressure flow technique.  This 

technique enables accurate control of core pressure and flow rate while maintaining 

laminar flow rates in high-permeability samples.  

 

4.3 RESULTS 

4.3.1  North Brae Fan Architecture 

Over 40 wells have been drilled into the North Brae fan system in the area of the North 

Brae Field, many of which have been extensively cored and all of which have full sets of 

wireline logs available.  Based on the analysis of selected wells, as well as building on 

four previous publications (Stephenson, 1991; Turner & Allen, 1991; Turner & Connell, 

1991; Brehm, 2003), the following depositional architecture is proposed. 

 The North Brae system is best referred to as a short-headed submarine fan linked 

to one specific input point along the faulted slope apron margin of Late Jurassic time.  It 

extends eastwards from this input point into the western part of the South Viking Graben 

and has a total radius of 15-20 km.  The nature of sediment supply from the provenance 

region is uncertain, but the coarse-grained, poorly sorted nature of the facies suggest 

either an alluvial fan or high-energy fluvial system that delivered sediment directly to the 

principal feeder channel. 

 The fan radiates out from the input point (Figure 4.8), with one major 

conglomeratic channel system, extending 5-8 km basinwards.  The close tracking of 

principal fault lines to two of these channels suggest that their location may have been 

influenced by synsedimentary fault tectonics during Late Jurassic time.  Sandstone-

dominated facies (especially medium and thin-bedded turbidites) extend farther than 15 

km, reaching beyond the East Brae Field (see Figure 4.2, B); this area is interpreted as 

mid-fan lobes.  This region merges basinwards into more mudstone-rich facies of the  
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Figure 4.8.  Facies distribution map for the upper part of the Brae Formation at the North 
Brae Field.  The black lines are correlation sections, which are shown in Figures 4.9, 4.10, 
and 4.11. 
 

 

 

 

 

 

 

 

 

 

 

 



87 
 

distal fan and basin plain.  TBT and VTBT facies, while mostly absent from the channel-

fill sections, occur in four distinct regions: (a) marginal to the input point and canyon, 

across a narrow slope-apron belt (e.g. 16/07a-19 and 16/07a-7); (b) adjacent to the 

northern channel, as a channel-margin facies (16/07a-B14); (c) across the mid-fan lobe 

region (16/07a-B27); and (d) in the distal fan to basinal area.  It is the four wells referred 

to above that are examined further in this paper. 

 Facies correlation between individual wells has a high degree of uncertainty as 

the exact geometry and extent of individual conglomerate or sandstone bodies is not well 

constrained.  Previous studies have proposed Lower and Upper Brae reservoir units 

separated by a more or less widespread mudstone-rich horizon (Stephenson, 1991; 

Brehm, 2003).  These divisions are not everywhere apparent and are not easily applied to 

the wells examined for this study.  The down-channel (approximately west-east) cross 

section (Figure 4.9) shows the concentration of coarse-grained facies in what we interpret 

as the principal channels.  These areas also represent the thickest depocentre for the upper 

Brae Formation, which reaches to over 350 m (1,148 ft) thick.  The two cross-channel 

cross sections (Figures 4.10, 4.11) serve to illustrate the location and nature of the 

TBT/VTBT facies that both surround and interdigitate with the coarse-grained channel 

facies.  These finer-grained facies can be up to 270 m (885 ft) thick in places, with only 

very rare conglomerate intercalations. 

 

4.3.2 Sediment facies 

Conglomerates, sandstones (medium and thick-bedded turbidites), sandstones 

(TBT/VTBT), sandstone-mudstone units (TBT/VTBT), and mudstones (VTBT and 

hemipelagites) are the principal facies groups that occur in most of the wells examined 

(note that, for broad lithology terms used here, ‘sandstone’ can in places, include siltstone, 

and ‘mudstone’ comprises both clay- and silt-grade material).  In the four wells selected 

for detailed work, sandstone, sandstone-mudstone, and mudstone facies groups were 

further classified into twenty distinct facies on the basis of composition, grain size, type 

of bedding/lamination, internal structures, and average sandstone-mudstone ratio.  Within 

these twenty distinct facies, nine are dominantly sandstone-rich, five are mixed 

sandstone-mudstone, and six are dominantly mudstone-siltstone.  The full range of facies 

names are presented in Table 4.1, and in Figure 4.12 for the purpose of illustration.  The 

facies are discussed briefly in the following subsections. 
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A. 

 

 

B. 

 

 

 

Figure 4.9.  Stratigraphic framework (A) and lithostratigraphic units (B) based on careful 
correlation of a suite of wireline logs (gamma ray, density-neutron and sonic) and core 
data, showing sediment stacking pattern along the central channel (line C-Cl).  Core 
locations are shown as black thick lines (4.9, A).  Numbers at the base are the distances 
between the wells.  Well depths are in TVDSS, and wells are hung at the top of the Brae 
Formation. 
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A. 
 

 

B. 

 

 

Figure 4.10.  Stratigraphic framework (A) and lithostratigraphic units (B) based on careful 
correlation of a suite of wireline logs (gamma ray, density-neutron and sonic) and core 
data, showing sediment stacking pattern, transverse to the principal sediment fairway 
(line E-El).  Core locations are shown as black thick lines, and the parts of cores shown 
in Figure 4.6 as blue lines (4.9, A).  Numbers at the base are the distances between the 
wells.  Well depths are in TVDSS, and wells are hung at the top of the Brae Formation. 
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A. 

 

B. 

 

Figure 4.11.  Stratigraphic framework (A) and lithostratigraphic units (B) based on careful 
correlation of a suite of wireline logs (gamma ray, density-neutron and sonic) and core 
data, showing sediment stacking pattern, transverse to the principal sediment fairway 
(line D-C-Dl).  Core locations are shown as black thick lines, and the parts of cores shown 
in Figure 4.6 as blue lines (4.10, A).  Numbers at the base are the distances between the 
wells.  Well depths are in TVDSS, and wells are hung at the top of the Brae Formation. 
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Table 4.1.  Proposed thin-bedded and very thin-bedded turbidites facies. 

 

Class Facies 
code 

Facies name 

Sandstone S1 Structureless planar-bedded sandstone 
S2 Rippled planar-bedded sandstone 
S3 Crudely-laminated sandstone 
S4 Rippled wavy-laminated sandstone 
S5 Planar interlaminated sandstone 
S6 Planar, parallel to ripple-laminated sandstone 
S7 Flaser-bedded sandstone 
S8 Convolute-laminated sandstone 
S9 Disturbed silty sandstone with contorted lamination 

Sandstone-mudstone SMI Mud-draped wavy/planar sub-parallel sandstone 
SM2 Sandstone-mudstone grade with disrupted lamination 
SM3 Planar-bedded muddy sandstone 
SM4 Interbedded sandstone with laminated mudstone 

SM5 
Interlaminated sandstone with non-laminated 
mudstone 

Mudstone +/- 
sandstone/siltstone 

M1 Parallel interlaminated mudstone 
M2 Lenticular interlaminated mudstone 
M3 Chaotic mudstone 
M4 Graded mudstone 
M5 Ungraded mudstone with isolated flat lenses 
M6 Structureless mudstone 
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Figure 4.12.  Illustration of thin-bedded and very thin-bedded turbidite lithofacies 
scheme. The scheme is based on their composition, grain size, bedding/lamination style, 
internal structures, and average sandstone-mudstone ratio.  Within the twenty distinct 
TBT/VTBT facies identified in the North Brae Field, nine are dominantly sandstone-rich, 
five are mixed sandstone-mudstone, and six are dominantly mudstone-siltstone.   
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i. Structureless planar-bedded sandstone (S1) 

Facies S1 occurs as an ungraded and largely structureless, well-sorted, medium light grey, 

fine to medium-grained sandstone with mean grain diameter of 131.52 µm, mean 

sphericity of 0.36, and mean aspect ratio of 1.85.  With the exception of rare mudstone 

drapes that tend to occur irregularly, the facies is composed entirely of sandstone.  Within 

S1 beds, sandstone is separated by a very thin mud drape that makes up less than 1% of 

the sediment.  Characteristic bed thickness ranges from 4.5 cm to over 10 cm, but beds 

thicker than 15 cm rarely occur.  The absence of scoured bases and distinct lamination 

suggests similarity to the upper unit of the Bouma A-division sandstone. 

   

ii. Rippled planar-bedded sandstone (S2) 

S2 facies are often interbedded with S4 and SM5, and individual sandstone beds are 

commonly separated by distinct very thin siltstone with mud lamina (M1).  However, 

within successive S2 beds (2.2 cm to 8.5 cm thick), bedding is less distinct and is reflected 

by an abrupt change in colour, from light olive grey to olive black beds.  Like S1 

sandstone, the facies has a very high sandstone-mudstone ratio, with sandstone content 

up to 98%, but differs in its characteristic sediment composition.  It comprises 

moderately-to-well-sorted, very fine to medium-grained sandstone with subtle internal 

grading that is displayed by textural changes from a lower dominantly fine to medium-

grained interval to an upper interval of very fine-grained sandstone.  Both the dominant 

current-rippled and thin siltstone laminae that form the bed boundaries are indicative of 

Bouma C-and D-division sandstone. 

 

iii. Crudely-laminated sandstone (S3) 

With respect to bed thickness, colour and grain size, S1 and S3 are congruent facies.  In 

other words, S3 differs only in the presence of faint planar-parallel lamination.  S3 facies 

is less common within a TBT succession than the S1 facies, and is generally overlain by 

M1, M4, or M5 facies.  The faint but noticeable planar-parallel lamination, together with 

the overlying facies types, is typical of base-missing Bouma B- and D-divisions and 

Stow’s T0/T1, T2-T3/T5 divisions.  
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iv. Rippled wavy-laminated sandstone (S4) 

Facies S4 deposits are similar to the planar-bedded counterparts in S2 but with additional 

wavy lamination and a more uniform bed thickness that uncommonly exceeds 4 cm.  In 

addition, the facies has a marked darker colour that reflects mud-lined wavy lamination 

under UV light, indicating a slightly lower sandstone-mudstone ratio.  The current ripples, 

unlike those of the S2 deposits, are more prominent but confined within wavy non-parallel 

laminae.  

 

v. Planar interlaminated sandstone (S5) 

Beds within a unit of S5 facies have gradational contacts and respective bed boundaries 

are very difficult to identify.  However, adjacent to other facies, bed boundaries are sharp 

and planar.  Individual beds, where sufficiently clear, may reach up to 3 cm in thickness. 

The facies has a sandstone-mudstone ratio that is higher than S4 facies but lower than for 

S1, S2, and S3 facies.  Under UV light, there is a marked colour change (dominantly very 

light grey) imprinted on it by calcite cementation, and internal grading towards the top 

can be clearly seen by the colour change.  The facies represents Bouma B- and lower C-

divisions and is characterised by variable bed thickness. 

  

vi. Planar, parallel to ripple-laminated sandstone (S6) 

S6 bears much resemblance to S5 facies with respect to grain size and sandstone-

mudstone ratio.  Conversely, internal grading is more pronounced in the former than the 

latter, with a lower, planar-parallel, fine-grained sandstone grading upwards to ripple-

laminated very fine-grained sandstone.  Bed boundaries between S6 and neighbouring 

facies are sharp-to-gradational, and individual beds are within the range of 4-10 cm in 

thickness. 

 

vii. Flaser-bedded sandstone (S7) 

The mud streaks confined within troughs of current ripples within S7 beds result in the 

darker greenish colour that reflects a lower sandstone content than the preceding facies. 

Bed boundaries between successive beds of S7 facies cannot be easily identified due to 

its monotonous but complex internal organisation across respective bed intervals.  
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Toward the top of these intervals, grain size gradation occurs and the top is commonly 

capped by M1 and rarely by SM5 facies.  By estimation, bed thickness appears to exceed 

10 cm in places.   

 

viii. Convolute-laminated sandstone (S8) 

The convolute-laminated sandstone facies comprises fine-grained sandstone with 

deformed internal lamination.  It has a lower sandstone-mudstone ratio than the preceding 

facies, and lacks regular internal structure.  Ripples are rarely seen and wavy laminations 

are poorly organised, causing an irregular pattern that reflects rapid settling of sediment 

from a dilute turbidity current.  It is the least common facies in the core sections examined 

and, when present, it is over 12 cm in thickness.  Characterised by planar bedding, the 

facies is separated from undeformed beds by sharp boundaries.  Other than the deformed 

lamination, the facies closely resembles S1. 

 

ix.  Disturbed silty sandstone with contorted lamination (S9) 

Unlike S8 beds, relict internal laminations in S9 beds are well preserved.  The latter have 

typically gradational boundaries and the facies has a lower sandstone-mudstone ratio.  It 

is difficult to accurately measure individual bed thickness due to profound blurring of bed 

boundaries marked by a mix of various grain sizes.  However, distinct boundaries can 

occur with other facies, where marked colour changes and improved internal organisation 

emphasise bed boundaries. 

 

x. Mud-draped wavy/planar sub-parallel sandstone (SM1) 

This facies, like SM2, SM3, SM4 and SM5, comprises sandstone with variable proportion 

of mudstone.  Typically, the mudstone forms thin drapes over sandstone beds that rarely 

exceed 3 cm in thickness.  Unlike other members of the sandstone-mudstone class, one 

or two beds comprising S2 facies are usually sandwiched within its intervals.  The average 

sandstone-mudstone ratio within individual beds is 5:1 and these beds are sharp-based 

and sharp-topped. 
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xi. Sandstone-mudstone grade with disrupted lamination (SM2) 

The presence of sharp bed bases and gradational tops, in addition to discontinuous wavy 

subparallel laminae of thin-to-medium thickness, differentiate SM2 from SM1 facies.  

The discontinuous laminae are often silty in SM2, in contrast to the continuous sandy 

wavy laminae of SM1.  Bed thickness is commonly in the range of <1 cm to 5 cm, and 

M1 and M4 are the most common associated facies.  

 

xii.  Planar-bedded muddy sandstone (SM3)/Interbedded sandstone with laminated 

mudstone (SM4) 

Both SM3 and SM4 facies have similar textural and bedding characteristics.  The former 

comprises a mixture of sandstone and mudstone, giving it a characteristic very light grey 

colour and poor sorting, whereas the sandstone in the latter is both cleaner and better 

sorted.  Individual sandstone beds that make up SM3 are up to 6 cm in thickness, contain 

mudstone clasts, and are marked by sharp, planar boundaries adjacent to mudstone 

laminae.  By contrast, beds composed of SM4 are thinner, lack mudstone clasts and have 

gradational boundaries. 

 

xiii. Interlaminated sandstone with non-laminated mudstone (SM5) 

This TBT facies is composed of alternating lighter (very fine grained-sandstone) and 

darker layers (non-laminated mudstone).  The couplets differ from those of the SM2 

facies by being thinner (< 1 cm to 2.6 cm) and internally graded (from very fine-grained 

sandstone to non-laminated mudstone).  Sharp-bases and gradational tops separate 

individual beds from associated facies.   

 

xiv. Parallel interlaminated mudstone (M1) 

Very fine-grained sandstone/siltstone laminae give the mudstone of M1 facies a 

monotonously thin interlaminated character that distinguishes it from the sand-bearing 

SM5 facies.  The M1 facies has a relatively low siltstone content of about 15% (average), 

with individual lamina having sharp bases and gradational tops.  
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xv.  Lenticular interlaminated mudstone (M2) 

M2 facies is mudstone-dominated but comprises partially connected flat- to lens-shaped 

laminae of siltstone/very fine-grained sandstone that give it a characteristic lenticular 

lamination.  Within individual siltstone/sandstone lenses, sorting is moderate and textural 

grading is subtle.  The thicknesses of these lenses appear to reduce toward the top of a 

facies unit. 

 

xvi. Chaotic mudstone (M3) 

As in the M2 facies, bed boundaries within the M3 facies are sharp-based and sharp-

topped.  The moderately-sorted siltstone/very fine-grained sandstone laminae appear to 

have been loaded into the underlying graded mudstone, giving it a chaotic internal 

structure.  The siltstone-mudstone ratio for the M3 facies is the highest among the 

siltstone-mudstone couplet facies. 

 

xvii.  Graded mudstone (M4)/Ungraded mudstone with isolated flat lenses 

(M5)/Structureless mudstone (M6) 

M4 facies consists of crude, very thin to thin siltstone laminae aligned parallel within a 

background of mudstone.  This repetition of siltstone laminae gives the mudstone a 

graded appearance.  In some cases, however, only very few siltstone lenses (often flat and 

isolated) are present (M5), and these lenses may be completely absent as in the case of 

structureless mudstone (M6).  These three facies are completely lacking in sand content 

and no significant siltstone content is adequate to permit measurements of bed thickness. 

 

4.3.3 TBT/VTBT Facies Associations 

For ease of comparison and analysis, the fine-grained facies have been grouped into 6 

facies associations (fa1 fa6 ) using distinctive attributes such as sand percentage 

and internal structure (Figure 4.13).  These are defined as follows: 

fa1 : average 90-95% sand, TBT and VTBT, beds mainly <5 cm thick, mudstone 

laminae and drapes only, mostly Facies S1 to S9.
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Figure 4.13.  Core photographs of TBT/VTBT facies associations.  Lithofacies identified were grouped into six associations based on their composition, 
sandstone-mudstone ratio, and nature and type of bedding.
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fa2 : average 80-90% sand, TBT and VTBT, some beds up to 10 cm, some medium-

bedded turbidites, mudstone layers more marked than fa1 , mostly Facies S1-S9, some 

Facies SM1-5. 

fa3 : average 70-90% sand/silt, VTBT dominant, some TBT (<5 cm), mudstone 

laminae and drapes, mostly Facies SM1-5, some Facies S1-9.  

fa4 : average 40-60% sand/silt, VTBT dominant, some TBT, mostly SM1-5.  

fa5 : average 20-40% sand/silt, VTBT dominant, rare TBT, mostly Facies SM1-5 and 

M1-3. 

fa6 : average <10% silt/very fine sand, VTBT and mud-only, mostly Facies M1-6. 

 The proportions of these different facies associations (Table 4.2) vary markedly 

between the cored intervals of the four wells (16/07a-7, 16/07a-B27, 16/07a-B14, and 

16/07a-19) subjected to the detailed study (Figure 4.14).  The most sand-rich facies 

(fa1  and fa2 ) characterise the studied core from 16/07a-B27 in the mid-fan lobe 

succession, and the lower half of the core from 16/07a-19.  The more sand/mud-rich facies 

(fa4  and fa5 ) are most common in the 16/07a-B14 core, the channel-margin 

succession, and in the upper parts of core from 16/07a-7 and 16/07a-19 in the slope-apron 

succession. 

 

4.3.4 Bed thickness and sequences 

Bed thickness data for wells 16/07a-7, 16/07a-B27, 16/07a-B14, and 16/07a-19 (Figure 

4.7) are based on selected cored intervals from near the top of the Brae Formation of 

around 20 m in 16/07a-7, 16/07a-B27 and 16/07a-B14, and 35 m in 16/07a-19 (see 

Figures 4.10 and 4.11 for core locations).  These profiles show no convincing vertical 

trends or sequences of bed thickness variation.  Instead they all reflect an irregular or 

oscillation sequence type (Stow et al., 1996), or a random non-cyclic pattern (Piper & 

Stow, 1991).  These are considered typical of slope apron, basin plain and interchannel 

depositional environments.  Small-scale oscillation sequences, compensation cycles or 

microcycles, are quite possibly also present, especially in the mid-fan lobe succession of 

16/07a-B27 (Figure 4.6).  Further work is needed to validate these trends. 

Bed thickness statistics for the measured intervals in 16/07a-7, 16/07a-B27, 

16/07a-B14 and 16/07a-19 (Figure 4.14) are presented as frequency distribution curves
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Table 4.2.  Proportion of facies associations in four wells in the North Brae Field. 

 

Facies 
associations 

Percentage proportion of facies associations in wells 
 

16/07a-7 
 

16/07a-B27 
 

16/07a-B14 
 

16/07a-19 
 

1 0 
 

59 
 

0 
 

67 
 

2 0 
 

35 
 

0 
 

0 
 

3 42 
 

0 
 

43 
 

0 
 

4 58 
 

6 
 

32 
 

13 
 

5 0 
 

0 
 

25 
 

20 
 

6 0 
 

0 
 

0 
 

0 
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Figure 4.14.  Simple lithology logs for the four wells studied in detail.  The logs depict 
proportion of each facies association identified in the wells.  The proportions are plotted 
as pie charts.  Location of sections within cored intervals are shown as blue thick lines in 
Figures 4.10, A and 4.11, A (the same intervals as in Figure 4.7); all are very close to the 
top of the Brae Formation. 
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(Figure 4.15, A) and bar charts (Figure 4.15, B).  Three of the wells are closely 

comparable, each having excess of 90% VTBTs (Figure 4.15, A).  Core from 16/07a-7 

consists of 97.6% VTBTs and 2.2% TBTs, with a mean bed thickness of 0.9 cm and 

standard deviation of 1.0 cm.  Core from 16/07a-B14 comprises 95.3% and 4.6% of 

VTBTs and TBTs, respectively, with a mean bed thickness of 1.2 cm and standard 

deviation of 1.1 cm.  Core from 16/07a-19 consists of 90.3% and 9.8% of VTBTs and 

TBTs, respectively, with a mean bed thickness of 1.3 cm and standard deviation of 1.3 

cm.  By contrast, 16/07a-B27 core has 41.5% VTBTs and 51.6% TBTs, with a mean bed 

thickness of 4.9 cm and standard deviation of 3.6 cm.  In each well, a relatively small 

proportion of beds lie in the medium range of bed thickness (i.e. 10-30 cm).  This amounts 

to between 0.1 and 0.2% in 16/07a-7, 16/07a-B14 and 16/07a-19, but up to 6.9% of beds 

in 16/07a-B27.   

 

4.3.5 Attribute indices 

Understanding the dynamic behaviour of reservoirs is critical to reducing key 

uncertainties and mitigating attendant subsurface risks that impact hydrocarbon recovery 

in TBT/VTBT reservoirs.  To achieve this, a new quantitative approach was developed to 

provide input parameters for reservoir simulation models that will predict flow of 

hydrocarbon fluids in such reservoirs.  The four attribute indices used for this study are 

discussed in Chapter 3. 

Attribute indices plots are presented in Figure 4.16 (A-C).  The Sand 

Connectivity Index (SCI), Facies Ratio Index (FRI), and Sediment Textural Index (STI) 

are all plotted on the vertical axis against facies Net-to-Gross Index (NGI).  The values 

for each of the facies associations are indicated by different colours.  The axes are linear 

and values of respective attribute indices range from 0 to 1.  In the cross plots, fa5  

and fa6  are not considered because of the extreme low values of their attribute indices 

arising from their mud-prone nature.  

Different patterns are clearly observed for each of the four facies associations 

considered.  Facies association 1 fa1  is marked by high-to-very high NGI and SCI, 

a wide range of FRI and a moderate-to-low STI.  Facies association 2 fa2  shows 

similar values but with greater spread of NGI and SCI, and slightly lower values of FRI 

and STI.  By contrast, fa4  has very low-to-moderate NGI, and very low SCI, FRI and 

STI.  Facies association 3 fa3  shows a relatively greater spread of values for all  
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A. 

 

 

 

 

B. 

 

 

Figure 4.15.  Statistical charts showing frequency of bed thickness (A), and mean bed 
thickness and standard deviation (B) within the cored intervals studied in detail. 
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A. 

 

 

B. 

 

 

C. 

 
Figure 4.16.  Cross plots for (A) SCI vs NGI, (B) FRI vs NGI, and (C) STI vs NGI for 
fa1 -fa4 .  The values for each of the facies associations are indicated by different 
colours.  Many of the ‘individual’ points are masking others with exactly the same values.  
The axes are linear and values of respective attribute indices range from 0 to 1.  In the 
cross plots, fa5  and fa6  are not considered because of the extreme low values of 
their attribute indices arising from their mud-prone nature. 
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indices that tend to span between the low values of fa4  and the high values of fa1  

and fa2 .  Such plots can be used to derive average values for each attribute and for 

type facies, which can be used for input into reservoir modelling and flow simulation.  

They can also be used to consider attribute values that are more or less conducive to good 

reservoir properties and performance. 

 

4.3.6 Porosity and permeability 

The results of porosity and permeability measurements are presented in Figures 4.17 and 

4.18 for TBT/VTBT facies associations in 16/07a-B27.  fa1  samples have the highest 

porosity (21.8%), followed by fa2  with 13.5%.  fa3  and fa4  have low porosity 

(10%) (see Figure 4.17).  During the permeability tests, only fa1  did permit 

appreciable flow of helium gas (Figure 4.18) – Kh, 998 mD; Kv, 533 mD (maximum); 

the other facies associations did not permit gas flow in spite of their porosity (Omoniyi et 

al., 2015). 

 

4.4 DISCUSSION 

Thin-bedded turbidites (both TBT and VTBT) have recently come under greater scrutiny 

from the industry in order to maximise return from deepwater investments and to optimise 

recovery from turbidite fields.  From earlier work, it is clear that much still needs to be 

done in the characterisation of TBT and VTBT, particularly in the context of quantifying 

their properties to permit prediction of sand geometry, sand quality, sandstone-mudstone 

ratio, as well as to improve overall understanding of their distribution, architecture and 

dynamic behaviour.  This is of paramount importance in reservoir modelling and 

simulation.  The results presented in this study represent the first steps in developing a 

new approach to quantification of TBT and VTBT facies, which has been applied to the 

North Brae Field in the United Kingdom Continental Shelf. 

 

4.4.1 Depositional architecture 

The wells studied in the North Brae Field penetrate parts of a short-headed submarine fan 

that is part of a more extensive faulted slope-apron sedimentary system (Stow et al., 1982; 

Turner et al., 1987; Stephenson, 1991; Brehm, 2003).  The system is fed by sediments  
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Figure 4.17.  Wireline log-derived porosity log correlated with ambient core-based 
porosity for 16/07a-B27.  fa1  has the highest porosity and fa4  has the lowest.  The 
low porosity values observed in some tight fa1  samples is caused by calcite 
cementation.  The porosities are compared with the sedimentary log covering the cored 
interval in the well (left). 
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A. 

 

 

 

B. 

 

Figure 4.18.  Representative figures showing distribution of porosity and vertical 
permeability (A), and porosity and horizontal permeability (B) in selected TBT facies 
samples.  Only facies that belong to fa1  permitted appreciable gas (nitrogen) flow.  
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sourced primarily from the Fladen Ground Spur in the west via a single input point (Fraser 

et al., 2003).  Wells 16/07a-B8, 16/07a-B17, 16/07a-B1, and 16/07a-B7 were drilled 

through an elongated channel trending approximately west-east direction.  Sand-matrix 

conglomeratic facies dominate in the proximal parts of the main conduit (thickest at 

16/07a-B1) and prograde eastwards into predominantly sandstone facies of the mid-fan 

lobes.  The thin-bedded sand-prone facies of 16/07a-B27 is interpreted here as part of a 

sand-rich lobe lateral to the main channel system, and thicker sandstones in 16/07a-B9 

are interpreted as more proximal parts of another lateral sand lobe (Figure 4.8).  Adjacent 

to the main channel system on the northern flank, and in the proximal slope-apron 

adjacent to the input point conduit, turbidity-current deposition was dominated by mixed 

sandstone-mudstone (16/07a-B14, 16/07a-7 and 16/07a-19) with both TBT and VTBT 

facies. 

Synsedimentary tectonic activity has played a very significant role in both 

sediment supply and sediment architecture of the North Brae Fan.  The style and response 

of TBT-VTBT facies to such tectonic activity is something that requires further 

investigation.  The first look at sequences of bed thickness reveals irregular, non-cyclic 

patterns of thickness variation for most of the TBT-VTBT sections.  There is some 

evidence for more distinctive small-scale oscillation sequences (or microcycles) in 

16/07a-B27.  This may be characteristic of compensation cycles (Mutti & Sonnino, 1981; 

Piper & Stow, 1991) and especially typical of a lobe setting. 

 

4.4.2 Facies, attribute indices and reservoir character 

Very careful logging and detailed study of the TBT-VTBT succession in four selected 

wells led to the definition of twenty individual facies.  These are grouped into six 

distinctive facies associations, which can be more readily recognised and logged in future 

work.  Careful development of a systematic method for characterising these facies 

associations in a rigorous and quantitative manner has led to the definition of four 

attribute indices used in this study:  Facies Net to Gross Index (NGI), Sand Connectivity 

Index (SCI), Facies Ratio Index (FRI) and Sediment Textural Index (STI).  Each index 

ranges in value from 0 to 1, where, for the most part, low values indicate more mud-prone 

facies and high values indicate sand-prone facies.  However, these values do not 

necessarily correspond to poor/good reservoir characteristics.  Cross plots between these 

indices allow us to determine relative properties of the different facies associations and  

 



109 
 

elucidate which are most suitable as potential reservoirs. 

 In this study, NGI>0.7 and SCI>0.7 are proposed for good reservoir 

characteristics.  Only fa1 , fa2  and some fa3  match these criteria.  The index 

level to set for FRI and STI is less clear-cut; a wider range of values appears to favour 

good reservoir characteristics.  These indices should be used in conjunction with the other 

indices.  Porosity-permeability measurements on core plugs closely matched the log-

derived values.  For porosity values, these measures concur with personal evaluation of 

attribute indices.  However, significant permeability measurement was only achieved for 

fa1 , with lower values being obtained for fa2 . 

 

4.5 CONCLUSIONS 

Facies associations 1 and 2 (fa1  and fa2 ) have the best characteristics favourable 

for development in producing and marginal turbidite fields with significant TBT-VTBT 

successions.  This is related to their better porosity and permeability.  In addition, they 

have high sandstone-mudstone ratio and the degree of heterogeneity is relatively low.  

These are followed by fa3 , which can also be a good reservoir where NGI and SCI 

are both moderate-to-high.  SCI is low in fa4 , although sand percentage may be high, 

and as a result, this facies association is unlikely to be a good reservoir.  Facies 

associations 5 and 6 (fa5  and fa6 ) are not considered suitable for conventional 

reservoir development.  In general, the robust quantitative approach presented in this 

study could aid reservoir mapping, improve reservoir characterisation of TBT/VTBT 

sequences, and could serve as input data for reservoir modelling of TBT/VTBTs and 

associated deepwater elements.  The practical applications of these indices for better 

prediction of sand continuity and connectivity, and distribution of small-scale 

sedimentary heterogeneities are explored in subsequent chapters. 
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Chapter 5 
 

The Impact on Oil Recovery of Turbidite 
Architecture across the Connectivity Bridge 
between Channel and Splay Lobe Facies: an 
Integrated Study 
 

 

 
Photo by Bayonle Omoniyi 
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The Impact on Oil Recovery of Turbidite Architecture across the Connectivity 

Bridge between Channel and Splay Lobe Facies: an Integrated Study 

 

Bayonle A. Omoniyi and Dorrik A. V. Stow 

 

This chapter provides some interpretation and further discusses principal results.  It is 

prepared for publication in Petroleum Geoscience.  All the work in the chapter was carried 

out by me with editorial support from my principal supervisor (second author).  Abstract 

and other sections discussed in previous chapters have been removed to avoid repetition.  

References have been collated at the end of the thesis. 
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5.1 INTRODUCTION 

5.1.1 What is the connectivity bridge? 

The majority of oil and gas reservoirs in turbidite systems comprises both thick, or very 

thick-bedded, sand-rich facies and thin, or very thin-bedded turbidites with a lower 

sandstone-mudstone ratio.  These are commonly referred to as high-pay sands or primary 

reservoir facies and low-pay sands or secondary (marginal) reservoir facies, respectively.  

The connectivity bridge is defined in this thesis as the connectivity between these primary 

and secondary reservoir facies.  This bridge principally occurs between: (a) channel and 

channel margin or overbank facies; (b) channel and lobe or basin-plain facies; and (c) 

lobe and basin-plain facies.  Asset management teams working on turbidite prospects 

have recently begun to take a keen interest in thin-bedded turbidites of the overbank, lobe 

and basin-plain settings, and in their relationship with thicker-bedded turbidites with a 

view to understanding their impact on oil recovery (Garland, 1993; Mijnssen, 1997; Slatt 

et al., 1998; Garland et al., 1999; Browne & Slatt, 2002; Sullivan et al., 2004; Bergslien 

et al., 2005; MacGregor et al., 2005; Falivene et al., 2006; Migeon et al., 2006; Manzocchi 

et al., 2007; Labourdette et al., 2008; Saller et al., 2008; Gill & Shepherd, 2010; Richards 

et al., 2010; Worthington, 2010; Funk et al., 2012; Alpak et al., 2013; Amy et al., 2013; 

Rose & Pyle, 2015). 

In many hydrocarbon producing turbidite fields, there have been unexpected 

developments caused by inadequate understanding of the nature of connectivity bridges 

and to correctly model dynamic flow between the primary reservoir facies and their 

secondary thin-bedded reservoir facies counterparts.  This has resulted in both 

underestimation and overestimation of reserves, failure to deliver predicted high-recovery 

rates, uncertainty in the continuity and connectivity of reservoir facies, uncertainty in 

lateral and vertical permeability distribution, uncertainty in pressure communication 

between injector well and producer well, and poorly understood permeability contrast 

between reservoir facies.  Hence many turbidite fields do not achieve optimised 

production and struggle to reach their full potential.  

Post-plateau production in other hydrocarbon producing turbidite fields, 

conversely, has successfully targeted the low-pay thin-bedded sands for recovery of 

hydrocarbons that had been bypassed during the initial recovery phase.  The economic 

recovery of the bypassed zones in the oil leg can prove significant in delaying production 

decline and extending field life.  This has been clearly demonstrated by the mature Forties  
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Field in the Palaeocene North Sea (United Kingdom Continental Shelf).  The initial 

production phase (1975-1993) operated by BP, was mainly from the primary reservoir 

facies of the principal channel sands.  This yielded an estimated oil recovery of around 

50%.  Following transfer of the field from BP to Apache Corporation in 2003, there was 

a strategic re-focus to production from the significant reserves still held in secondary 

reservoir thin-bedded turbidites that were largely unswept during the initial production 

phase (Gluyas & Garrett, 2005).  By 2012, estimated oil recovery had increased to 65%.  

We suggest that many other mature turbidite fields in the North Sea basin have 

equal potential for post-plateau enhanced production by a renewed focus on thin-bedded 

turbidite secondary reservoir facies.  These include, but are not limited to, the Upper 

Jurassic Brae, Miller, Kingfisher, Magnus, Chanter, Petronella, Buzzard, and Cyrus 

Fields (Mound et al., 1991; Rooksby, 1991; Schmitt, 1991; Shepherd, 1991; Waddams & 

Clark, 1991; Garland et al., 1999; Spence & Kreutz, 2003; MacGregor et al., 2005); the 

Cretaceous Scapa Field (McGann et al., 1991); and a range of Paleogene fields in addition 

to the Forties Field, for example the Pierce, Starling, Fram, Maureen, Andrew, Jotun, 

Gannet, Nelson, Arbroath and Montrose Fields (Crawford et al., 1991; Cutts, 1991; Wills, 

1991; Birch & Haynes, 2003; Jolley, 2003; Bergslien et al., 2005; Hempton et al., 2005; 

Gill & Shepherd, 2010; Scott et al., 2010; Kilhams et al., 2011; Kilhams et al., 2012; 

Kilhams et al., 2014; Jones et al., 2015; Rose & Pyle, 2015). 

In many mature turbidite fields, a primary drawback to economic recovery of 

unswept oil in zones of low-pay sands, is inadequate understanding of their areal 

distribution, their permeability heterogeneity, and their connectivity with the primary 

reservoir zones.  The inadequate knowledge in addition to fair-poor well performance, 

low return, poor sweep strategy, complex producer-injector pair design ultimately impact 

decisions that, rather than positioning the field on path of production optimisation, lead 

to a rapid decline in oil production rate.  It is perhaps more important still, for newly 

discovered turbidite fields, to fully understand the secondary reservoir facies and the 

nature of any connectivity bridge to the primary reservoir, to optimise production from 

the outset.  

This chapter focusses on the nature of the connectivity bridge between thin-

bedded turbidites of the low-pay zone and thick-bedded reservoir turbidites.  In other 

words, the application of the novel quantitative approach developed in Chapter 3 is tested 

in this chapter to estimate both lateral and vertical connectivities within the connectivity 

bridge between channel-fill facies and adjacent splay lobe facies.  The approach uses  
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actual data from the North Brae Field in order to derive realistic models of turbidite 

architecture and hence permeability distribution between the main channel reservoir zone 

and a marginal splay lobe.  

Series of waterflood simulations using a realistic injector well (16/07a-B9) in the 

splay lobe, and a producer well (16/07a-B8) within the main channel reservoir were 

developed, in order to evaluate oil production rates, water cut, fluid displacement process 

and sweep, and the occurrence of bypassed oil.  This work does not address real 

production problems for the North Brae Field, which is a mature gas condensate field, but 

simply uses the actual turbidite architecture to develop the method and models. 

 

5.1.2 North Brae Field 

The study area is the North Brae Field, which is discussed in Chapter 4 of this thesis.  

 

5.2 BUILDING THE RESERVOIR MODELS 

5.2.1 Sediment facies  

It is the context of the primary reservoir channel facies and the associated thin-bedded 

turbidite facies of the North Brae Field that is of interest in this chapter.  In particular, 

focus was centred on the connectivity bridge between the two.  The previous 

sedimentological work on the North Brae Field described twenty distinct TBT/VTBT 

facies (Chapter 4).  Eight distinct coarse-grained facies were also recognised in the 

channel succession (Urval Patel, personal communication, 2017).  However, for the 

purposes of reservoir modelling as presented in this chapter, the facies diversity is 

simplified into four principal facies associations (FA1  to FA4 ) on the basis of 

dominant lithology (Figure 5.1).  These facies associations (also known as ‘sediment 

facies’) differ from the TBT/VTBT facies associations in the North Brae Field (see 

Chapter 4), hence the need to use modified acronyms.  The principal North Brae facies 

associations are summarised as follows:   

 

FA1 : Silty/sandy shale – comprising very thin-bedded shale-rich turbidites and 

background shale. 
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Figure 5.1.  Core photographs of principal facies associations identified in the North Brae Field based on lithology. 
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FA2 : Shaly/silty sandstone – comprising sand and silt-rich thin-bedded and very 

thin-bedded turbidites.  

 
FA3 :  Sandstone – comprising mainly medium and thick-bedded turbidites, with 

minor very thick-bedded turbidites and interbedded sand, silt or mud-prone thin-bedded 

turbidites. 

 
FA4 :  Conglomerate – comprising thin to very thick-bedded conglomerates, sandy/ 

muddy conglomerates, and pebbly sandstones.  These are interpreted as turbidites, hybrid 

beds, and debrites. 

 

In general, the channel, as exemplified by the facies distribution of 16/07a-B8, comprises 

mostly FA3  and FA4 , interbedded with minor FA2 .  The splay lobe system, as 

exemplified by facies of 16/07a-B9, comprises approximately equal proportions of 

FA2  and FA3 , with minor FA1  and FA4 .  The modelling and simulation 

take account of the connectivity bridge between wells 16/07a-B8 and 16/07a-B9.  But the 

key to modelling this connectivity bridge is understanding the likely facies correlation 

between the two wells. 

 

5.2.2 Facies correlation  

Direct correlation from the coarse-grained channel fill to the adjacent splay lobe 

necessarily has a high degree of uncertainty.  A core-integrated wireline log correlation 

technique was used to reduce this uncertainty.  Most of the North Brae wells are 

extensively cored and so allow for accurate calibration between sediment facies and 

wireline log characteristics.  The lithostratigraphic scheme is built from a combination of 

gamma ray, neutron-density and sonic logs and corresponding core data.  The derived 

cross section shown in Figure 5.2 illustrates the inferred facies distribution across five 

wells. 

 In order to reduce uncertainty in correlation, three different facies continuity 

scenarios were considered as shown in Figure 5.3.  Scenario 1 demonstrates the least 

facies continuity, scenario 3 shows the greatest facies continuity, whilst facies continuity 

is a little lower in scenario 2 although similar to scenario 3.  The actual connectivity bridge 

between channel and splay-lobe is further characterised using attribute indices (section 

5.2.4). 
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A.  

 

 

B.  

 

 
Figure 5.2.  (A) Core-integrated wireline log correlation (B) Lithostratigraphic 
framework, for the section along line C-C1 (see Chapter 4; Figure 4.8).  The 
lithostratigraphic scheme is based on interpretation using a combination of gamma ray, 
neutron, density, and sonic logs and core data.  The scheme shows sediment stacking 
pattern along the main conduit.  Core locations are shown as black thick lines (5.2, A).  
Numbers at the base are the distances between the wells.  Well depths are in TVDSS, and 
wells are hung at the top of the Brae Formation.  The thin beds within the channel system 
are below resolution in this figure. 
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C. 

 

 

 
 
 
Figure 5.2 continued.  Expanded section between 16/07a-B9 and 16/07a-B8. 
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A. Scenario 1 

 

 

B. Scenario 2 

 

 

C. Scenario 3 

 

Figure 5.3.  The three different facies continuity scenarios used in the study. 
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5.2.3 Populating the models   

The wireline log data for wells 16/07a-B8 and 16/07a-B9 were interpreted to generate 

(sediment) facies logs.  These logs were upscaled using the ‘Most of’ average method, 

which assigns to a cell the most frequently occurring facies association.  For the facies 

property distribution, Sequential Indicator Simulation technique was adequate to achieve 

the objectives of the study.  The detailed correlation scheme for the segment under study 

provides sufficient information for the directions and orientations of the four facies 

associations within the sector of the field that is under consideration.  

Porosity and permeability data for each facies were upscaled using the 

Arithmetic method, and then quality-controlled to remove any abnormal (or negative) 

values.  Conditioned to the facies property, the continuous property logs were normalised 

to remove the effects of spiking and clustering.  The refined data was distributed within 

the 350 ft-thick monozone grid using Sequential Gaussian simulation.  This approach 

honours the well data, the input proportions and distributions, and the property 

variograms. 

The Net-to-Gross (NTG) property was prepared using interpreted results from a 

combination of neutron-density logs.  The combination log was chosen in preference to 

gamma ray log because it is more accurate in delineating volume of shale in 

heterogeneous reservoirs.  The method is described in detail in Chapter 7.  The resulting 

NTG property was conditioned to the facies property and distributed within the 50 ft x 50 

ft x 3.8 ft grid using Sequential Gaussian simulation. 

 

5.2.4 Attribute indices 

The concept of attribute indices is developed in Chapter 3.  Attribute indices calculated 

for the connectivity bridge in this chapter are presented in Figure 5.4 (and Appendix B).  

From these results, it is observed that the three scenarios have quite comparable NGI 

(0.94-0.98) and VCI (0.74-0.87), but differ in their LCI values, which range from 0.28 to 

0.57.  The VCI and LCI combine to yield variable SCI values from 0.48 in scenario 1 to 

0.70 in scenario 3. 
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A.  

 

 

 

B. 

 

 
 
Figure 5.4.  Comparative charts illustrating (A) NGI, VCI, and LCI, and (B) NGI and SCI 
as applied in the study.  Scenario 3 has the highest values of attribute indices and scenario 
1 the lowest.  Scenario 2 lies between the two.   
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5.2.5 Reservoir models 

The reservoir models developed from the above methodology honour the data available. 

The three different facies continuity scenarios (Figure 5.3) reflect the inherent uncertainty 

in facies continuity across the connectivity bridge and so provide a low-case model 

(scenario 1) with less good connectivity, a medium-case model (scenario 2) with 

intermediate connectivity, and a high-case model (scenario 3) with good connectivity.  

 

5.2.5.1 Facies property model 

Figure 5.5 represents the distribution of FA1  to FA4  in the 3D grid.  The facies 

proportion varies as follows: FA1 , 1.8-3.4%; FA2 , 7.3-22.8%; FA3 , 23.8-

43.3%; and FA4 , 36.9-49.4%.  The facies distribution in the upscaled and grid 

properties follow the same trend, with silty/sandy shale being the least abundant, and 

conglomerate, the most abundant.  The facies models for the three scenarios reflect spatial 

variation in continuity of the four facies associations.  

 

5.2.5.2 Continuous property models 

Figures 5.6-5.9 are cross sections from three-dimensional models showing distribution of 

continuous properties, appropriately conditioned to the facies model.  For the three 

scenarios, the net-to-gross is highest in FA3  (1.0) and lowest in FA1  (0.6). 

The porosities of FA1 , FA2  and FA4  are similar: FA1 , 5.6-12.8%; 

FA2 , 4.5-25.1%; and FA4 , 6.1-17.6%.  FA3 , conversely, has a highly variable 

porosity, ranging from 6.4-21.2% in scenario 1, through 6.5-22.6% in scenario 2, to 6.4-

21.2% in scenario 3.  

The horizontal permeabilities for FA1 -FA3  are similar, whereas FA4  

shows marked differences, ranging from 8.4-2193.2 mD in scenarios 1 and 3, and 9.2-

2355.7 mD in scenario 2.  FA3  shows the highest vertical permeability (1460 mD), 

followed by FA2  with 743.2 mD, and FA4  with 644 mD.  FA1  has no 

appreciable vertical permeability.   

The development strategy utilises the same facies-conditioned continuous 

property models. 
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A. Scenario 1 

 

 

 

B. Scenario 2 

 

 

Figure 5.5.  Cross-sectional diagrams showing facies distribution, from 16/07a-B9 to 
16/07a-B8, in scenarios 1-3 (scenario 3 overleaf).  Net sand is highest in scenario 3 and 
lowest in scenario 1.  Although the three scenarios seem to have similar facies continuity 
trends, a closer look reveals small-scale variation in facies distribution.  The facies 
proportion and distribution are based on actual data from the North Brae Field.  The top 
surface is conditioned to well tops (aligned to Top Brae Formation).  These tops vary 
from well to well in terms of subsurface depth (TVDSS), hence the curved shape of the 
reservoir. 
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C. Scenario 3 

 

 

 

 
Figure 5.5 continued. 
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A. Scenario 1 

 

 

 

B. Scenario 2 

 

 

 

Figure 5.6.  Cross-sectional diagrams showing distribution of net-to-gross, from 16/07a-
B9 to 16/07a-B8, in scenarios 1-3 (scenario 3 overleaf).  For these scenarios, the net-to-
gross property was derived from a combination of neutron and density logs.  The 
scenarios have broadly similar net-to-gross distribution. 
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C. Scenario 3 

 

 

 

Figure 5.6 continued. 
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A. Scenario 1 

 

 

 

 

B. Scenario 2 

 

 

 
 
Figure 5.7.  Cross-sectional diagrams showing porosity distribution, from 16/07a-B9 to 
16/07a-B8, in scenarios 1-3 (scenario 3 overleaf).  Small-scale variations in porosity 
influenced by facies distribution clearly distinguish scenario 1 from scenario 2, and 
scenario 3 from the other scenarios.   
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C. Scenario 3 

 

 

 

Figure 5.7 continued. 
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A. Scenario 1 

 

 

 

B.  Scenario 2 

 

 

Figure 5.8.  Cross-sectional diagrams showing variations in horizontal permeability (Kh) 
in scenarios 1-3 (scenario 3 overleaf).  These variations are marked by changes in colour 
and intensity. 
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C.     Scenario 3 

 

 

 

Figure 5.8 continued. 
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A. Scenario 1 

 

 

 

B. Scenario 2 

 

 

Figure 5.9.  Cross-sectional diagrams showing variations in vertical permeability (Kv) in 
scenarios 1-3 (scenario 3 overleaf).  The variations relate to colour changes and intensity. 
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C. Scenario 3 

 

 

 

Figure 5.9 continued. 
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5.3 FLOW SIMULATION 

Although, in fact, North Brae Field is a mature gas condensate field and uses a dry gas 

recycle drive, the actual field data was used to generate the reservoir models (as above) 

and then simulate oil production.  The development scheme entails reservoir depletion by 

water injection into the reservoir through 16/07a-B9 at 20,000 BBL/D, and oil production 

at an equal rate through 16/07a-B8.  Both wells are completed and perforated throughout 

the entire reservoir interval.  The completion method allows assessment of flow patterns 

within the entire interval.  The waterflood displacement strategy is supported by aquifer 

drive.  In contrast to the oil-water contact identified at 12,475 ftTVDSS (Stephenson, 

1991), I have preferred to use the Free Water Level (12,565 ftTVDSS) because, unlike 

the former, it is not influenced by variability in reservoir quality, and hence does not 

fluctuate between wells.  Fluid gradient in the gas condensate column is 0.14 psi/ft (0.33 

g/cc).  The Free Water Level was used as a reference to define the base of the hydrocarbon 

column. 

One simulation case was created for each of the three facies continuity and 

connectivity scenarios considered.  Each case encompasses the porosity, permeability, 

and net-to-gross property models.  Production covered a time period spanning 13 years 

(4748 days). 

 The results of flow simulation carried out on the three scenarios with a primary 

focus on oil recovery reflect strong control of variation in bed-scale facies continuity and 

areal connectivity on reserves, production rates, oil recovery factor, and fluid 

displacement. 

 

5.3.1 Fluids in place 

The reservoir contains two distinct fluids, oil and water.  In association with the oil is 

dissolved gas, which is also produced alongside the oil.  The spatial distribution of oil 

initially in place (OIIP) is presented in Figure 5.10.  Sand-rich FA3  contains the 

greatest amount of OIIP, followed by FA4  and FA2 , whereas FA1  appears to 

be characterised by low residual oil saturation.  Of the three scenarios, OIIP is greatest in 

scenario 3 with 173 MMBBL, which is 1.16% more than the OIIP in scenario 2.  Scenario 

2 has 171 MMBBL OIIP, corresponding to 6.43% more than in scenario 1, with 160 

MMBBL (Figure 5.11).  At the end of production, after 13 years, OIIP in the three 

scenarios stands at 120 MMBBL, 119 MMBBL, and 110 MMBBL in scenario 3, scenario  
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A. Scenario 1. 

 

 

 

 

B. Scenario 2 

 

 

 

Figure 5.10.  Cross-sectional diagrams showing distribution of oil in place prior to start-
up production in scenarios 1-3 (scenario 3 overleaf). 
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C. Scenario 3 

 

 

 

Figure 5.10 continued.  
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A.  

 

 

 

B.  

 

 
 
Figure 5.11.  (A) Oil in place over 13 years of production, and (B) comparative charts 
showing oil in place and water in place at start up and after 13 years (4748 days). 
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2, and scenario 1, respectively, which indicates production of between 30.40 and 31.25% 

of the OIIP.  

 The water initially in place (WIIP) in the three scenarios varies from 128 

MMBBL in scenario 1, 132 MMBBL in scenario 2, to 135 MMBBL in scenario 3.  Water 

in place at the end of production stands at 182 MMBBL, 189 MMBBL, and 193 MMBBL 

in scenarios 1, 2 and 3, respectively, and these values represent respective increase in 

water saturation of 41.63%, 43.33%, and 42.87% (Figure 5.12). 

 The dissolved gas in place prior to start up (GIIP) ranges from 29.4 MMSCF in 

scenario 1, 31.6 MMSCF in scenario 2, to 32.0 MMSCF in scenario 3.  Over the 13-year 

production period, dissolved gas produced stands at 31% in scenarios 1 and 3, and 30% 

in scenario 2, leaving 20.3 MMSCF, 22.0 MMSCF, and 22.1 MMSCF of dissolved gas 

in place, respectively. 

 

5.3.2 Water cut 

Water breakthrough times differ considerably in the three scenarios (Figure 5.13).  Initial 

water breakthrough is observed in scenario 2 after 101 days of production.  In scenario 1, 

it takes 169 days for initial water breakthrough.  In marked contrast, initial water 

breakthrough is observed after 208 days in scenario 3.  In all three scenarios, however, 

the initial water breakthrough is attributed to aquifer drive.  The sudden and variable 

increase in water cut profiles in the three scenarios marks the beginning of injected water 

contributing to water production.  

 

5.3.3 Oil production rate 

The oil production rate decreases with time in each of the three scenarios, but shows a 

slower rate of decline, or even a temporary increase, as the injected water begins to 

enhance oil sweep to the producer, from around 1200 days (Figure 5.14).  There are slight 

differences between the three scenarios in the precise nature of decline in production 

rates.  In general, scenario 1 shows a more rapid decline initially and then is most 

positively affected by the water injection sweep.  Scenario 2 shows a steady decline at the 

lowest rate, but then decreases rapidly after 2350 days.  Scenario 3 shows an intermediate 

rate of decline initially, but then maintains its oil production rate more successfully for 

longer.   
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A. Scenario 1 

 

 

 

B. Scenario 2 

 

 

Figure 5.12.  Cross-sectional diagrams showing section of the reservoir that is bypassed 
by injected water in scenarios 1-3 (scenario 3 overleaf), after 13 years of production.  
Scenario 1 has the least bypassed oil, and scenario 2 the most.  In the context of bypassed 
oil, scenario 3 lies between scenarios 1 and 2. 
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C. Scenario 3 

 

 

  

Figure 5.12 continued.  
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Figure 5.13.  Water cut profiles over 13 years of production.  
Inset: a comparative chart showing initial water breakthrough times in scenarios 1-3. 
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Figure 5.14.  Oil production rate profiles over 13 years of production for scenarios 1-3. 
 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 



142 
 

5.3.4 Oil recovery efficiency and cumulative production 

The oil recovery efficiency in the three scenarios have broadly comparable profiles 

(Figure 5.15).  They have low recoveries at water breakthrough, ranging from 1.2% in 

scenario 2 to 2.2% in scenario 3.  The recovery factor increases towards the end of 

production to 30.8% in scenario 1, 30.5% in scenario 2, and 30.7% in scenario 3.  The 

corresponding cumulative oil production ranges from 492 MMBBL in scenario 1, through 

524 MMBBL in scenario 2 to 532 MMBBL in scenario 3 (Figure 5.16, A).  In addition, 

scenario 1 has the least cumulative gas production (9.1 MMSCF) and the most cumulative 

water production (40.1 MMBBL) (Figure 5.16, B and C). 

 

5.4 DISCUSSION 

Sedimentary heterogeneity has profound impact on key uncertainties associated with 

spatial connectivity of reservoir facies.  In many instances, these uncertainties impinge 

on oil recovery, particularly in thin-bedded turbidite intervals of producing turbidite 

reservoirs.  As a result, many asset teams are becoming increasingly interested in 

improving their understanding of the reservoir to enable them to predict the distribution 

of thin-bedded turbidites and so reduce the uncertainties associated with their distribution 

in time and space.  The need to ground-truth dynamic models carefully conditioned to 

local variation in bed geometry, particularly in relation to facies continuity and 

connectivity, is an important key to optimising field recovery and extending field life. 

This chapter presents the results from the application of a novel and robust 

quantitative approach that can be used as a predictive tool to locate bypassed oil, 

especially in thin-bedded turbidite intervals of turbidite reservoirs, and by extension to 

other associated deepwater reservoirs.  The improved understanding is key to making 

informed decisions relating to depletion strategy, completion method and new well 

delivery.  Real data from the North Brae Field was used to condition realistic reservoir 

models for flow simulation. 

 

5.4.1 Attribute indices and reservoir models 

Three different reservoir scenario models were developed in order to reflect uncertainties 

in facies distribution and continuity from proposed injector to producer wells, especially 

in the region of the connectivity bridge between the two wells.  Each of the different  
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Figure 5.15.  Oil recovery efficiency profiles over 13 years of production for scenarios 1-
3.  
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A.  Oil 

 

 

 

B.  Gas 

 
 
 
Figure 5.16.  Cumulative production profiles for (A) oil, (B) gas, and (C) water (overleaf) 
in scenarios 1-3. 
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C.  Water 

 

 

 

Figure 5.16 continued. 
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facies associations within the reservoir was characterised quantitatively in terms of two 

principal attribute indices – the Facies Net to Gross Index (NGI) and the Sand 

Connectivity Index (SCI).  In general the sand-rich and conglomerate-rich facies 

associations (FA3  and FA4 ) display higher index values (i.e. more favourable 

reservoir characteristics), whereas the thin-bedded turbidite facies associations (FA1  

and FA2 ) display lower values.  

 Good vertical connectivity within FA3  and FA4  is reflected in high 

permeabilities (Kh and Kv).  The distribution of the permeability and the size of 

permeability contrast effectively control fluid flow within the three scenarios considered.  

Since fluids favour high permeability zones and low permeability contrast, both FA3  

and FA4  become preferred carrier beds that favour the passage of fluids.  The FA2 , 

interestingly, has the highest porosity of all the facies associations.  This is largely due to 

the effect of uniform grain sizes and very good sorting that characterises these thin-

bedded turbidites.  

 

5.4.2 Fluid displacement and oil recovery 

Reservoir geometry exerts a strong influence on permeability distribution, which in turn 

impacts markedly on fluids in place, production rate, water cut, and oil recovery factor 

(Figures 5.10-5.15).  In the three scenarios considered, facies distribution profoundly 

influences distribution of net-to-gross, porosity, and permeability, as well as the scale of 

permeability contrast.  The scale of permeability contrast has a pronounced effect on the 

water displacement process within completed intervals in the three scenarios simulated 

(Figure 5.17).  

Based on the flow simulation in each of the three scenarios, the water 

displacement process initially favours passage through the lower layers of the reservoir 

interval, before flooding the entire interval.  Following this initial stage, waterflood front 

advances more quickly in the lower layers in scenarios 2 and 3, than in the upper layers. 

Scenario 1, by contrast, is typified by a distinct piston-like fluid displacement pattern that 

continued for a longer period.  The initial water breakthrough in the three scenarios  
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Figure 5.17.  Comparison of permeability variation and initial water displacement process 
for scenarios 1-3 prior to injected water breakthrough.  Early on, water displacement 
process favours passage through the lower layers of the reservoir interval.  Following the 
initial displacement, waterflood front advances more quickly in the lower layers in 
scenarios 2 and 3 than in the upper layers.  Unlike these two scenarios, scenario 1 has a 
marked piston-like fluid displacement pattern. 
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reflects arrival of the aquifer water at the production well.  The injected water 

breakthrough is marked by an increase in water cut that followed a period of stable water 

cut profile in the three scenarios (Figure 5.13).  The oil production rate declines as the 

aquifer water is coning in, and even then declines still more rapidly, as the injected water 

contributes to coning.  Later on, with more injected water in the system, differential water 

displacement becomes more evident, resulting in injected water bypassing the upper 

layers in favour of the lower layers.  As a result of the differential water displacement 

pattern, the oil leg is largely unswept, enabling a proportion of the oil in the oil leg to 

accumulate in the thief zones located in the mid-section of the system.  The situation 

becomes obvious after approximately 4748 days of production. 

The results indicate that continuity is good for oil flow, but then in high 

continuity layers, as is the case for scenarios 2 and 3, there is a high risk of having greater 

channelling for water flow from the injector to the producer.  This is because, in these 

systems, high connectivity will encourage water to very quickly displace oil in the high 

continuity beds and, once the oil is displaced, these layers will serve as high conductivity 

pathways to cycle water very quickly from the injection well to the production well.  In 

these scenarios, the high conductivity pathways resulted in higher water in place at the 

end of production, increasing in scenario 2 by 43.3%, and in scenario 3 by 42.9%, in 

contrast to 41.6% in scenario 1. 

Connectivity between injector and producer can present an opportunity as well 

as a challenge for oil recovery.  Very low connectivity (low SCI) will pose a significant 

challenge to recovery because of the need for high pump rates to flow water through the 

reservoir.  On the other hand, high-to-very high connectivity (as in scenario 3) is not a 

guarantee of high oil recovery efficiency.  Early on, the very high connectivity will give 

high production rates as observed for scenarios 2 and 3 (Figure 5.14), but then it will 

accelerate water breakthrough, and eventually culminate in more water being produced 

at the expense of oil.  At the end of the production period, water in place in scenario 3 is 

2.1% higher than in scenario 2 and 5.9% higher than in scenario 1.  The percentage oil 

recovery in the three scenarios stands at 30.8% for scenario 1, 30.6% for scenario 2, and 

30.5% for scenario 3.  Scenario 1 clearly demonstrates the least bypassed oil.  It is also 

characterised by more efficient vertical and horizontal sweep than scenario 3.  Scenario 

2 has poor vertical sweep, but moderately good horizontal sweep (Figure 5.18). 

Although the ideal is to recover all the oil (apart from residual oil) before water 

breakthrough takes place, none of the scenarios comes close to this ideal system.  In fact, 

scenarios 1 and 3 both serve as the more optimal system, followed by scenario 2.  
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A. Scenario 1 

 

 

B. Scenario 2 

 

 

C. Scenario 3 

 

 

Figure 5.18.  Comparison of connectivity (SCI) and oil sweep for scenarios 1-3. Scenario 
1 is characterised by more efficient vertical and horizontal sweep, followed by scenario 
3. Scenario 2 has poor vertical sweep, but moderately good horizontal sweep, particularly 
in the lower part of the system. 
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However, scenario 1 has the highest water cut associated with injection drive and scenario 

3 the least.  Water cut profile for Scenario 2 lies between the two profiles (Figure 5.13).  

The much lower acceleration of injected water from injection well to production well in 

scenario 3 enables consistently higher oil production rates even after breakthrough of 

injected water (Figure 5.14).  As a consequence of the higher oil production rates, scenario 

3 has the highest cumulative oil production and the lowest cumulative water production 

(Figure 5.19).  Like scenario 3, scenario 2 has lower water cut, higher oil production rate, 

and higher cumulative oil production than scenario 1.  Unlike these two scenarios, 

scenario 1 represents the worst-case scenario, having highest water cut during both 

aquifer drive and water injection drive regimes.  These shortfalls translate to higher 

cumulative water production, with corresponding lower oil production rates than 

scenarios 2 and 3. 

Wells should be located to increase sweep as much as possible.  With very high 

connectivity, there is attendant risk of creating a thief zone as a short cut between the 

injector and the producer, through which the injected water passes preferentially, which 

subsequently provides a less efficient sweep for the rest of the reservoir. 
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Figure 5.19.  Comparative charts illustrating cumulative oil production and cumulative 
water production in scenarios 1-3. 
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